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Executive Summary

EXECUTIVE SUMMARY

As the NYI SO6s MawrMlet) , Moruirt «Cror@niFtun(cit i ons i nc
market outcomes, evaluating the competitiveness of the wholesale electricity markets,

identifying market flaws, and recommending improvements to the market d&ggyalso

evaluate and recommend improvemeantthe market power mitigation ruleshich are

designed to limit anticompetitive conduct that woetddethe benefits of the competitive

markets. The 2016 State of the Market Report presents our assessment of the operation and
performance of the wholédsgeelectricity markets administered by the NYISO in 2016. This

executive summary provides an overview of market outcomes and highlights, a list of

recommended market enhancements, and a discussion of the highest priority recommendations.

The NYISO operas competitive wholesale markets to satisfy the electricity needs of New York.
These markets establish prices that reflect the value of energy at each location on the network.

They deliver significant benefits by coordinating the commitment and dispggmeration to
ensure that resources are started and dispatc
lowest cost. These markets also provide competitive incentives for resources to perform

efficiently and reliably.

The energy and ancillary sere& markets are supplemented by the installed capacity market,
which provides incentives to satisfyerm\oyl SOG6s
facilitating efficient investment in new resources and retirement of older uneconomic resources.

Key Developments and MarketHighlights in 2016
The NYISO markets performed competitively in 2016. These results are summarized below.
Natural Gas Prices and Load Levels

Mild weather during the winter months of 2016 and high levels of production from the Marcellus
and Utica shale regions led to recdod/ natural gas prices across the state in 2016. Natural gas
prices fell nearly 20 percent in Western New York and 70gmric Eastern New York in the

first quarter of 2016 relative to the same months in 20&ural gas prices recovered slightly
afterthefirst quarter but remained at historically low levels through the end of 2016.

Load averaged 18.3 GW and peaked2al IZ5W in the summer of 2016. Although the summer
peak load level was up 3 percent from 2015, the summer of 2016 was still mild relative to
conditions from 2010 to 2013. The winter of 2016 was much milder than the prior winters, with
average load in thierst quarter being the lowest in the past eight winters.

2016State of the Market Report | |



Executive Summary

Day-Ahead Energy, Natural Gas Prices, and Congestion 2016
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EnergyPrices and Transmission Congestion

Day-ahead and redime energy prices fell approximately 20 to 30 percent across the system
2016 with the largest reduction occurring in the first quarter of 2Ub@se reductions were
largelydriven by the decreases in natural gas prices in 2816rong relationship between
energy and natural gas prices is expected in afuettioning,competitive market because
natural gadired resources are the marginal source of supply in most intervals.

Transmission congestion and losses ledties prices to vary from an average of $18 per

MWh in the North Zone to $40 per MWh in Long Island 018. Congestion revenues collected
in the dayahead market fell 19 percant2016to total $438 million. A large portion of
congestion in the NYISO was associated with congestion on the natural gas pipeline system,
which exhibited significant gas prispreads between Eastern and Western New York
throughout the year. Consequently, the most significant congestion appeared on theE@sntral
Interface, which flows power from Western New York to Eastern New York and accounted for
37 percent of total daghead congestion revenues in 2016.

Transmission bottlenecks became more significant on flows moving east through the West Zone
and on flows moving south out of the North Zone. These transmission corridors, which bring
renewable energy from Canada and Néwk toward load centers in ttf@outheastNew York,
accounted for 30 percent of dajiead congestion revenues in 2016.
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Executive Summary

Installed Capacity Market

Capacity costs fell substantially from 2015 to 2016, down 29 percent in Long Island, 25 percent
in New York Cty, 2 percent in Lower Hudson Valley (i.e., Zones GHI), and 10 percent in the
Rest of State. These reductions were caused primarily by lower load forecasts and reduced
installed capacity requirement©n the supply sidéheretirement and mothballing 460 MW

of older coalfired generation was balanced by increased imports of capacity from PIM.

The Local Capacity Requirements (ALCRsO) have
LCR for New York City fell to 80.5 percent in the summer of 20bén 83.5 percent the

previous year. The current rules for determining the LCRs and IRM are not optimal, and they
produce variations that are difficult to predict, leading to significant market uncertainty. We
recommend changes in the rules that willéow t he costs of satisfying
requirements and lead to more stability and predictability in the requirements. (See
Recommendation #2011c.)

Long RunInvestmentSignals

The economic signals the maiokgeundecigono(ncluding t hat
investment, retirement, and maintenance decisions) can be measured by the net revenues
generators receive in excess of their production costs. Net revenues fell for most new and

existing generators in 2016 because of lowergynand capacity net revenues. However, net

revenues increased significantly for older peaking units because of an increase in operating

reserve prices following the implementation of Comprehensive Shortage Pricing.

Our evaluation indicates that the oalyea where investment in a new Frame 7 gas turbine might

be economic is in the West Zone, where its estimated net revenues are similar to its annual

|l eveli zed cost of new entry (ACONEO) . Howeve
investment in th West Zone if developers believe that the elevated net revenue levels will be
shortlived given that large transmission upgrades are being considered to relieve these

bottlenecks irupstateNew York, or that the very low natural gas prices that have bbserved

in Western New York in recent years may not continue into the future.

Our evaluation finds that some existing steam turbine units may not be profitable to operate in
downstate areas, particularly Long Islariche decisions bindividual steam tuine unitsto

retire in the coming years will likely be based on factors suchiasther they are under long

term contracts, whether their costs are higher due tspéeific disadvantages, and whether

they face extraordinary repair costs because cetboutages.

We also analyze the investment incentives for existing nuclear units and potential new renewable
projects. Low natural gas prices have challenged the financial viability of thesenzission
technologies. Based on futures prices, nuclestalilations in upstate New York are not

2016State of the Market Report | iii
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expected to recoup their goufigrward costs over the next five years from the wholesale market.
In this report, we find that the cost per ton of reducing @@issions varies widefyom: a)
developing new renevates b) retaining existing nuclear generation,cddeveloping new fuel
efficient gasfired generation. This underscores the importance of relying on technudogal
mechanisms to encourage emission reductions such as a tradabksetteemissionredit

program, a cajandtrade carbon market, or a carbon t#&s discussed below, thiecreasing

trend toward resouregpecific subsidies is troubling becatutsereates substantial economic risk
for suppliers whose investment and retirement decisi@nbased on market expectations. At

the same time, it likely increases the costs of achiestnigsionreduction objectives.

Day-Ahead Market Performance

Convergence between dapead and redime prices is important because the-dhagad market
determins which resources are committed each day, affecting fuel procurement and other
scheduling decisions. Dahead energy prices were similar on avetagealttime energy
prices in most areas in 2016. This consistency generally promotes efficient contrpitibems
in the dayahead market.

Virtual trading helped align daghead energy prices with reahe energy prices, particularly
when supply offer changes and modeling differences between thehday and redime

markets would otherwise have led nzonsistent prices. Although effective arbitrage led to low
average profits for virtual trades, virtual traders earneet profit of $14 million in 2016. This
provides a general indication that virtual transactions improved consistency betwedrediay
and reaftime prices at the zonal level.

The hourly mean absolute differential between-dagad and redime prices increased for most

locations from 2015 to 2016, particularly in the West Zone, the North Zone, and Long Island,

which also exhibitedhie highest redaime price volatility. Reatime prices in these areas were

most volatile when transmission capability in the affected area was reduced by transmission

outages. We found that the implementation of the Graduated Transmission Demand Curve
(AWGTDCO0) project | ed to increased congestion p
beginning in February 2016. (See Recommendation #2015

In the reserve market, average @dnead reserve prices were much higher thartireal prices
for most poducts in 2016. Factolsadingto high dayahead reserve prices are discudssdw.

Competitive Performance of the Markets

As the MMU, we evaluate the competitive performance oNWE&EO markets. The energy

market performed competitively in 2016 basa the conduct of suppliers was generally
consistent with expectations in a competitive market. The mitigation measures were generally
effective in limiting conduct that would rais@ergyprices above competitive levels.
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In November 2015, the NYISO plemented the Comprehensive Shortage Pricing project, which
included a package ehergy and ancillary servicesarket design changes. These included an
increasan the NYCA 30minute reserve requirement and a cap on the amount of reserves that
could be sheduled on Long Island resources. Although the available supplyrofrié@e

reserves far exceeds demand in this market, we have found that multiple suppliers consistently
offer reserves at levels above their likely marginal costs in theldegd marketAlthough

many suppliers who offer reserves in this manner are clearly not attempting to raise prices above
competitive levels, inefficiently high offer prices may still lead to inflategtaheacclearing

prices. Given that 3thinute reserve clearingipes werede minimisbefore November 2015,

some suppliers may increase sales of this product after gaining additional experience evaluating
the costs and risks of providing it. Nevertheless, we find that the current cap on Long Island
resources is unnecessarily restrictaed itreduces the available supply and raises clearing

prices. SeeRecommendation #20185.) We will continue to monitor the performance of this
market to determine whether additional rule changes would imphnevearke® performance.

The NYISO perfomed BuyerSide Mitigation evaluations for five Additional CRIS MW
projects in Class Year 2015 (ACY1l50) . Al 1 i
uprates to existing facilities, were determined to be exempt and will not be subject to Qffer Flo
mitigation. We carefully reviewed the process and assumptions used by the NYISO to make

BSM determinations for each Examined Facility, and we found that they were conducted in
accordance with the tariff and that the outcomes were reasonable. Nawtvelé&dentify

several potential enhancements to the test procedBeeRécommendation #20131.)

Uneconomic entry and uneconomic retention in the wholesale electricity market raise concerns
because they artificially alter the supply and demand balancdermining longerm investment
incentives. We recognize that states have legitimate public policy goals that may entail support
for certain types of resources, and we recognize that the current markets do not fully price many
externalities of electrity generation, including environmental emissions. Thus, state subsidies
that can be justified by the cost/value of the externalities could be legitimate. However, we still
have two concerns with such programs. First, state programs to reduce endigsiohs

compensate resources in an efficient-d@ctriminatory manner, and this is unlikely to

encourage efficient investments for achieving the public policy objectives. Second, while
structured similar to longstanding REC programs, the-EenissionCrd i t ( AZECO0) prog
unprecedented in its magnitude, sbasa larger and more immediate effectemergy and
capacitymarketoutcomes Therefore, we will continue to advocate that states utilize markets to
efficiently price and incent investment iew and existing resources to achieve public policy
objectives, rather than rely on resouspecific subsidis that can undermine the leteggm
performance of the wholesale electricity markd®esourcespecific subsidies can lead to

artificial supply supluses will undermine the performance of the market by created sizable risks
for market participants. Hence, we encourage NYISO to begin considering provisions that
would limit disruptive shorterm supplydemand imbalances caused by these public palicies

2016State of the Market Report | v
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RealTime Market Operations and M arket Performance

We evaluate several aspects of market operations, focusing on scheduling efficiency-and real
time price signals, particularly during tight operating conditions. Effigenesare important
because thegewardresourcegor performing reliablyduringtight reattime conditions

Performance of Operating Reserve Providers

Efficient performance incentives encourage investment in resources with flexible operating
characteristics iareas where they are most valuable. Over the coming decade, performance
incentives will become more critical as the entry of new intermittent renewable generation will
require more complementary flexible resourc&his section evaluates two aspectfiofv

market outcomes are affected by the performance of operating reserve providers.

First, weanalyze the performance of gas turbines in responding teugtamstructions in the

reattime market.While there is a wide range in the performance of imldial units, their

reserve market compensation is unaffected by their perform&wwesequently, some gas

turbines that almost never perform as instructed still manage to earn most of their revenue from
the sale of operating reservéSee Recommendatior28162.)

Second we evaluate how the availability and expected performance of operating reserve
providers affects the costs of congestion management in New Yorkl€ispme cases, the
availability of reserves allows the operator to increase transmiésves on certain facilities,
thereby increasing the utilization of the transmission system. Howeuergting resenssare

not compensated for helping managagestion This may lead to inefficient scheduling in the
reattime marketand aes not prome efficientinvestment incentives for gas turbines that can
perform reliably and provideongestion reliefvhile offline. (See Recommendation #2016

Drivers of TransientReal Time Price Volatility

Price wlatility can provideefficientincentives for resourdéexibility, although unnecessary

volatility imposes excessive costs on market participaRtgce volatility is an efficient signal

when it results from sudden changes in system conditions that cannot be predicted by the NYISO
(eg., a generator or line trips offline). However, unnecessary price volatility can occur when the
NYI SO6s mar ket models do not incorporate an o
significantly. Henceit is important to identify the causes\ddlatility. We performed an

evaluation of the drivers of reime price volatility in 2016 and found the following two

categories were most significant

1 Resources scheduled by RTThe RTC model schedules external transactions and gas
turbines on a Xminute basis without considering how large changes in output will affect
themarket on a Bninute basiswhich can lead to brief shortages of raaige capacity.
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1 Flow changes resulting from nanodeled factor$ Includes volatile loop flows and
otherunforeseen variations mon-modeledflows that lead to acute reductions in the
amount of transfer capability that is available to transactions scheduled by the NYISO

Thesechanges can create brief shortagedovergeneration conditions when flexible

gererators cannot ramp quickly enough to compensate for the change, leading to sharp changes
in energy prices and congestion. In this repuetjdentify modeling improvements by the

NYISO that have helped address unnecessary price volatility in Long kstahnd western New

York, andwe discuss potential solutions amtommendurtherimprovements (See
Recommendations #2043 and #20149.)

Efficiencyof Coor di nated Transaction Scheduling (0

CTS enables two neighboring wholesale markets to egehiaformation about their internal
dispatch costs shortly before rdimhe, and this information is used to assist market participants
in scheduling external transactions more efficiently. CTS was implemented with PIJM in
November 2014 and with ISE in December 2015.

We have found that participation in CTS at the primary PJM interface is still modest after more
than two years, while participation at the FBIE interface has been stronger. In 2016, an

average of 180 MW of priegsensitive transaction biagere offered at the PJM border, compared

to 415 MW in the same price range at thedSP border. The large difference in performance

of the two CTS processes is likely the result of large fees imposed on and uplift costs allocated to
transactions at theJM interface, while fees are not significant at the-MEinterface.

Imposing large transaction fees on a4margin trading activity dramatically reduces liquidity

and the overall efficiency of the CTS process. Therefore, we recontireridY1SOwork with

PJM to eliminate these charges at the border. (See Recommendatior9#2015

We estimate nearly $8 million of regional production cost savings was anticipated from the two
CTS processes based on information available at the time interchange schedeldstermined
during 2016. However, only 25 percent of this benefit was actually realized, partly because of
inaccurate regional price forecasts. We recommend improvements to better align RTC and RTD
(that were discussed above as a remedy for unneggs&a volatility) to address this issue.

(See Recommendation #2013.)

Market Performanceunder ShortageConditions

The impact of shortage conditions was substantial in 2016. Most shortages were brief and
relatively small as flexible generation ramped in response to changes in load, external
interchange schedules, and other system conditions. Brief shortages pravidersentives

for resources to provide flexibility and perform reliably. Shortage pricing accounted for a large
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share of the net revenues that a generator could use to recoup capital investment costs,
contributing up tdb59 per kWryear, depending onétzone and availability of the resource.

Transmission shortages occurred in rougkpercent of intervals in 2016, accounting for the
majority of shortage pricing incentives. The implementation of the Graduated Transmission
Demand Cur ve ¢tinEebrDaty®016 lpdtmnjore volatile congespadning

during transmission shortages. This was primarily because of changes in the parameters used to
Arel axo tr ans mi s thoseshortages when theaGiTDCtwas ndt used imtige real
time pricing algorithm. Stakeholders have voted in favor of a N¥EB@posed shoitierm

solution, which we support because it would lead congestion prices to be more consistent with
the severity of the shortage. However, we recommend in thedomgthe NYI1$ develop

GTDCsthat vary according to the importance, severity, and/or duration of the shior{aiee

all congestion during transmission shortag&se Recommendation #2013.)

Operations of NorOptimized PARControlled Lines

While most phaseanglegul at ors (APARsO0O) are operated to
PARs are usetb satisfy bilateral contract flows regardless of whether it is effi¢eedb so

The most significant inefficiencies we identified were associated with: (a) two lirtes tha

normally flow up to 290 MW of power from Long Island to New York City in accordance with a
wheeling agreement between Consolidated Edi so
(ALI PAO); and (b) Ilines between hé¢euwto ¥ @0 k and
MW in accordance with a wheeling agreement between ConEd and PSEG. The operation of

these lines (in accordance with the wheeling agreements) increasaledal/production costs

by an estimated $15 million in 2016.

The ConEdPSEG wheelig agreement was terminated at the end of April 2017. PJM and
NYISO are implementing a replacement protocol that will incorporate the associated PARs into
the NY-PJM AC interface for interchange scheduling and the M2M process. These changes
should leadd more efficient utilization of the associated PARs in 2017.

The ConE€dLIPA wheeling agreement continues to use the 901 and 903 lines in a manner that
raises production costs inefficiently. Hence, the report recommends that NYISO continue to
work with the parties to the ConHdPA wheeling agreement to explore potential changes that
would allow the lines to be used more efficiently. (See Recommendation-82012

Out-of-Market Actions and Guarantee Payment Uplift

Guarantee payments to generators, tisiccount for a large share of Schedule 1 uplift charges,
fell by 39 percent to $43 million in 2016. This was due partly to lower natural gas prices across
the system, particularly in the first quarter of 2016 because of the mild winter weather. Low gas
prices reduced the commitment costs ofiy@sl units needed for reliability.
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In 2016, eliability commitments and OOM dispatch fell by 32 percent and 29 percent,
respectively, which contributed tower guarantee payment uplift. In New York City, the
reduction resulted from: (a) fewer generation and transmission outages that require steam
turbines to run for reliability; and (b) more frequent economic commitment of the units often
needed for local reliability becauserefativelylow natural gas peesin New York City In
western New York, recent transmission upgrades that facilitated several unit retirements in
western New York in late 2015 and early 20&8ulted in lower local reliability needs

Despitethese improvementseveral units were dtibften scheduledut-of-market to manage

flows on 115 kV facilities. These units accounted for more than $15 million of guarantee
payment uplift. In addition, the NYISO frequently toather outof-marketactions to manage
congestion on the 115 kV systeincluding: (a) manually instructing the Niagara generator to

shift output between the generators at the 115kV station and the generators at the 230kV station;
(b) taking certain lines out of service on the primary INWISO interface; (c) derating

interfaces with Ontario, PJM, and Quebec; and (d) using the interzonal Dysinger East, West
Central, and Moses South interface constranata mechaniste manage flows indirectly on

115 kV facilities. Consequently, 115 kV congestiondegnificant effects othe overall

market We continue to recommend that the NYISO model these constraints to allow the market
to price and efficiently manage these constra{@se Recommendation #2012.)

Capacity Market

The capacity market continues to be an essential element of the NYISO electricity markets,

providing economic signals needed to facilitate mabkets ed i nvest ment to sat
planning requirements. The overall market design and rules govéhneicgpacity market are

sound, although this report identifies several afeasnprovementincludingthe following

1 Because New York is highly constrained, the value of capacityfferent locationcan
vary substanti al |planningineedsiaweverf tlyeimariget clnvidt S O6 s
reflect this value because it only recogniftas locations. To improve thdocational
capacity pricesignals we recommend a dynamfiameworkto reflect planning constraints
rather tharaddng capacity zonescrementally over time. (Recommendation #2042

1 Given a set capacity zones, capacity procurements should be optimized to satisfy planning
requirements at the lowest cost, which could be done by setting the IRM and LCRs based
onthe marginal reliabilitywalue of capacity at different locations. This will reduce the
overall costs fomaintaining reliability but requires that the NYISO and its stakeholders
separately establish equitable capacity costs allocation r(fesommendation #20413.)

Finally, to support the competitive performance of the capan#yket we encourage NYISO to
consider provisionso limit disruptive supplydemand imbalances caused by public polithes
subsidize resources to enter the market or remain in the market wheganiomic to retire.

2016State of the Market Report | ix



Executive Summary

Overview of Recommendations

The NYISOelectricitymarkets generally performed well in ZDdnd the NYISO has continued

to improve its operation and enhance its market dedigmetheless,wr evaluation identifies a

number of areasfgotentialimprovement, so we make recommendations that are summarized in

the following table. The table identifies the highest priority recommendations and those that the
NYISO is addressing in the 20Project Plan or in some other effoth generalthe

recommendations that are designated as the highest priority are those that produce the largest
economic efficiencies by lower the production costs of satistyilge sy st emdés needs
improving the incentives of participants to make efficient lergndecisions.

The table also identifies recommendations as scoping/futtiverd is significantvork is
necessary to determitige appropriatesolutionor establish the priority levebr if the anticipated
benefits would be smaller in the shtetm thanin the longterm A detailed discussion of each
recommendatiors providedin SectionXI.

Number Section Recommendation

=
2
I

Future

=
]
=
L

Priority
Scoping/

Energy Market Enhancements- RealTime Pricing and Performance Incentives
Consider rules foefficient pricing and settlement when
20161 | IX.C.2 . . . . .
operating reserve providers provide congestion relief.
Consider means allow reserve market compensation to
reflect actual and/or expected performance.
Modify criteria for gas turbines to set prices in the-taak
market by incorporating stanp costs.

Model 100+ kV transmission constraints in the-déwgad
201412 IX.F.3 and reatime marketsand develop associated mitigation
measures.
Dynamically adjust operating reserve requirements to
201516 IX.A.1 | account for factors that increase or decrease the amoun
reserves that must be held on internal resources.
Utilize constraintspecific graduated transmission deman
201517 IX.A.2 curves to set constraint shadow prices during transmissi V
shortages.
Eliminate transaction fees for CTS transactions at the-P.
NYISO border.
Energy Market Enhancements- Real Time Market Operations
Operate certain PARontrolled lines to minimize
20128 IX.D production costs and create financial rights that compen
affected transmission owners.
VI.D Adjugt look a}head eya_luations of RTD and .RTC to be mq
201213 IX.E consistent with the timing of exteahtransaction ramp and V V
' gas turbine commitment.
Consider enhancing modeling of loop flows to reflect the
effects of expected variations more accurately.

20162 IX.C1

< <

201410 IX.B

<

20159 VLD

< <

20149 IX.E4
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=
2
I

Number Section Recommendation

Priority
Scoping/
Future

Energy Market Enhancements- BPCG Eligibility and Fuel Limitations/Storage
Work with generators in NOx bubbles to ensure their RA
201413 IX.F.2 | compliance plans use the most economic compliance of
available.
Consider allowing generators to submit offers that reflec
201311 IX.B.2 | certain energy storage and fuel supply constraints in the V V
day-ahead market.
Capacity Market Enhancements
Establish a dynamic locational capacity framework that
20121a VILF reflectspotential deliverability constraints to allow prices V V
fully reflect the locational value of capacity.
Grant financial capacity transfer rights between zones w
investors upgrade the transmission system and help sati V

20121c | VILD planningreliability needs without receiving a cesf:
service rate.
20131c  VIL.C Implement locatiorbased marginal cost pricing of capacit V V

that minimizes the cost of satisfying planning requiremet
Enhance BuyeSide MitigationForecast Assumptions to
20132d ll.C deter uneconomic entry while ensuring that economic V
entrants are not mitigated.
Modify the capacity market and planning process to bett
20158 VII.B account for imports from and exports to neighboring con V
areas from importonstrained capacity zones.
Planning Process Enhancements
20157  VILE Reform jthe CARIS process to bgmmify and fund V
economically efficient transmission investments.
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Introduction

I. [INTRODUCTION

This report assesses the efficiency and compe
markets ir2016* The NYISO operates competitive wholesale markets to satisfy the electricity
needs of New YorkThese markets include:

1 Dayahead and redime markets thatimultaneouslyptimize energy, operating reserves
and regulation;

1 A capacity market that ensuréee NYISO markets produce efficient lotgym economic
signals that guide decisions to invest in new generation, transmission, and demand
response resources (and to maintain existing resources); and

1 A marketfor transmission rights that allows participautd hedge the congestion costs
associated with using the transmission network.

The energy and ancillary services markets establish prices that reflect the value of energy at each
location on the network. They deliver significant benefits by coordingttiemgommitment and

dispatch of generation to ensure that resources are started and dispatched each day to meet the
systen@s demands at the lowest cost.

The coordination provided by the markets is essential due to the physical characteristics of
electricityand the transmission network used to deliver it to customers. This coordination

affects not only the prices and production costs of electricity, but also the reliability with which it

is delivered. In addition, the markets provide transparent pricelsitirat facilitate efficient

forward contracting and are a primary component of the-terg incentives that guide

generation and transmission investment and retirement decisions. Relying on private investment
shifts the risks and costs of poor decisionand pr oj ect management fron
to the investors. Indeed, moving away from costly regulated investment was the primary

impetus for the move to competitive electricity markets.

The NYISO markets are at the forefront of market desigrhand been a model for market
development ira number ofreas. The NYISO was the first RTO market to:

1 Simultaneouslyptimize energy and operating reserves, which efficiently allocates
resources to provide these products

1 Impose locational requirementsits operating reserve and capacity markatgchplay
a crucial role in signaling the need for resources in transmissiasirained areas

! NYlI SO MST 30 .TheMarket MonitaringeUsiitshall pfepare and submit to the Boarchanual
report on the competitive structure of, market trends in, and performance of, other compatiiviens in
or affecting, and the economic efficiency of, the New York Electric Marl&itshreport shall include
recommendations for the improvement of the New York Electric Markets or afdh&oring, reporting and
other functions undertaken pursuanfttachment Cand the Market Mitigation Measureés.
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l

Introduce capacity demand curves that reflect the value of incremental capacity to the
system and provide for ineased stability in market signals

Implement @erating reserve demand curyesich contribute to efficient prices during
shortage when resources are insufficient to satialiyof needs of the system

Use a reatime commitment system (i.e., RTC) tltmimmits quickstart units (that can

start within 10 or 30 minutes) and schedules external transactions. RTC runs every 15
minutes, optimizing over a twanda-half hour period. Some other RTOs rely on their
operators to determine when to start gas tedand other quiektart units

Introduce a market scheduling system (i.e., Coordinated Transaction Scheduling) to
coordinate an economic evaluation of interchange transactions between markets.

Implement amechanism that allows inflexible gas turbines dathandresponse
resources to set ergy prices when they are neege#hichis essential for ensuring that
price signals are efficient during peak demand conditions.

Use areattime dispatch systelfi.e., RTD)thatruns every five minutes araptimizes
over aonehourperiod, allowinghe marketto anticipatethe upcoming needs and move
resources to efficiently satisfy the needs.

These markets provide substantial benefits to the region by ensuring that theclmstasipplies

are used to meet demand e tshortterm and by establishing transparent, efficient price signals
that govern investment and retirement decisions in thetlermg. However, it is important for

the markets to continue to evolve to improve alignment between the market design and the
reliability needs of the system, to provide efficient incentives to the market participants, and to
adequately mitigate market power. Hence, Secfioaf the repat provides a number of
recommendations that are intended to achieve these objectives.
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Market Trends and Highlights

II. OVERVIEW OF MARKET TRENDS AND HIGHLIGHTS

This section discusses significant market trends and highlights in 2016. It includes evaluations
of energy and ancillary service prices, fuel prices, generation and demand pattérns,
congestion patterns.

A. Total WholesaleMarket Costs

Figurel summarizesvholesale marketostsover the past eight years blgowing the alin price
for electricity, which reflects thaveaagecost ofservingload from the NYISO marketsThe
energy component of this metric is the lea€ighted average retime energy price, while all
other components are the costs in the areas divided by tHémedbad in the area.

Figure 1: Average All-In Price by Region

20092016
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Average allin prices fell to the lowest levels seen since 2869ss the system, ranging from
$26 per MWh in the North Zone to $55 per MWh in New York City in 2016. Over the eight
years show, variations in natural gas prices have been the primary driver of variations in the
energy component of the ail price although changes icongestion patterns haakso
significantly affected the energy prices at some location®016, energy priseaccounted for

Sectionl.A of the Appendix provides a detailé@scription of the alin price calculation.
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58 percent of the alh price in New York City and 68 to 80 percent of theimlprice in the
other regions.

Average energy pricdsll 18 to 31 percent acrodgfferentregions from 2015 t8016 Most of

the annual reductiorresulted from a mild winter in the first quarter of 2016, which led to much
lower natural gas prices and less frequent peaking conditions than in the previou$4winter.
Higher production from nuclear and hydro urtsocontributed to the lower prices the first
quarter of 2016. However, in the other three quarters of 20diGergy pricesvere slightly

higher tharin 2015becaus®f higher summerdad levels andhultiple lengthy transmission
outages that increased congestion orCtetratEast inteface andn Long Island®

In recent years, increased availability of loast imports from Canada and retirements of coal
generation in western New York have led to increased congestion west of the-Eastral
interface. Congestion on weskteast flowshrough the West Zone and on flows moving south
from the North Zone accounted for 30 percent of all congestion in 2016.

Capacity costs were the second largest component in each region, accounting for nearly all of the
remaining wholesale market cos&verage capacity costiecreased by varying amounts in
different areasrom 2015 to 2016falling:

1 2percent in the Lower Hudson Valley (i.e., Zones G, H, and 1),
1 25 percenin New York City,

1 29 percent in Long Island, and

1 10 percent Rest of State.

Capacity prices fell primarily because of tleeluctions in théCAP Requirement in each region

The retirements of several units reduced the internal capacity in the state, partially offsetting the
capacity price decline. However, increased imports fRJM muted this impact in the Rest of
State regiof.

See Sectiol for discussion of fuel price trends and underlining drivers

See Section D of the Appendix for discussion of load patterns

See Section B of the AppendiXor geneation mix by quarter

See Sectiolf for discussion of transmission outages and their impact on congestion
See Sectioiit for more discussion of these congestion patterns.

See SectioVIl .A for additional details.
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B. Fuel Prices

In recent years, fossil fuel price fluctuations have been the primary driver of changes in
wholesaleenergyprices This is expected in a competitive marketause most of the marginal
costs otthermalgenerators are fuel cost¥able1l summarizes fossil fuel prices in 2015 and
2016 on an annual bas@nd separately for the first quarter and the rest of the’y&he table
also shows average rd@he energy prices in seven regions of New York State over the same
time periods. Representative gas price indices are associated with each of the saven reg

Table 1. AverageFuel Prices and RealTime Energy Prices
20152016

Annual Average Q1 Average Q2 - Q4 Average
% % %
2015 2016 Change 2015 2016 Choane 2015 2016 Ehange
Fuel Prices ($/MMBtu)
Ultra Low-Sulfur Kerosene |$14.87 $12.15 -18% | $16.06 $10.09 -37% |$14.47 $12.84 -11%
Ultra Low-Sulfur Diesel Oil | $11.95 $9.69 -19% | $13.23 $7.71 -42% |$11.53 $10.35 -10%
Low-Sulfur Residual Oil $8.03 $6.59 -18% | $9.40 $4.84 -49% | $7.57 $7.17 -5%
NG - Dominion North $1.33 $1.47 11% | $1.49 $1.22 -18% | $1.27 $1.55 22%
NG - Milenium East $1.26 $1.45 15% | $1.50 $1.18 -21% | $1.18 $1.54 30%
NG - Transco Z6 (NY) $3.84 $2.21 -43% | $8.97 $2.81 -69% | $2.13 $2.01 -6%
NG - Iroquois Z2 $4.26 $2.85 -33% | $9.14 $2.90 -68% | $2.64 $2.83 7%
NG - Tennessee Z6 $4.59 $3.07 -33% | $10.85 $3.24 -70% | $2.51 $3.02 20%
Energy Prices ($/MWh)

West (Dominion) $34.12 $27.61 -19% | $46.20 $22.37 -52% |$29.82 $29.36 -2%
North (Waddington) $26.13 $17.98 -31% | $42.58 $15.06 -65% |$19.46 $19.07 -2%
Central NY (Dominion) $30.46 $22.80 -25% | $48.28 $17.44 -64% |$23.65 $24.64 4%
Capital Zone (Iroquois) $40.67 $30.14 -26% | $77.96 $29.32 -62% |$27.24 $30.41 12%
Lw. Hudson(Millen. East/lroq.$39.91 $30.58 -23% | $71.69 $27.30 -62% |$29.07 $31.60 9%
New York City (Transco) | $40.49 $32.00 -21% | $72.48 $28.89 -60% |$30.34 $32.93 9%
Long Island (Iroguois) $49.23 $40.43 -18% | $86.63 $32.84 -62% |[$37.22 $42.65 15%

Although much of thenergyused by New York consumers is generdigthiydroandnuclear
units, ratural gas units are usually the margs@lirce ofgenerabn that set market clearing
prices, especially inEastern New York.Consequently, energy prices in New York have
followed a pattern similar to natural gas prices over the past several years.

In 2016, average natural gas prices felldoord lowsacrosghe statesince the beginning of the
NYISO markets For the first quarter, gas prices fell nearly 20 percent in Western New York
and 70 percent in Eastern New York from 2015 to 2016 primarily because of:

1 Milder winter weather conditions that led to lowerating demand for gas and higher
guantities of natural gas in storage;

Sectionl.B in the Appendix shows the monthly variation of fuel prices.
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1 Higher production in the Marcellus and Utica shales; and

1 Very low oil prices which also limited the magnitude of increases in natural gas prices.

However, natural gas prices begamise gradually in late spring partly because of growing
demand in the electric power sector and a small drop in natural gas production from the
Marcellus and Utica shales.

Consequently, winteseason increases in natural gas prices and gas price sprseaeEnbe

regions (e.g., between Western and Eastern New York) were relatively small in 2016 compared
to the last three years. The milder winter had several significant effects in 2016, which included
helping reducenergy price spreadm®tween Western and &arn New York and lowering uplift
charges. These and other effects are discussed throughout the report.

C. Generationby Fuel Type

Variations in fossil fuel prices, retirements and mothballing of old generators, and the additions
of new gadired generationn recent years have led to concomitant changes in the mix of fuels
used to generate electricity in New York.

Table2 summarizes the annual usage of generation by fuel type from 2014 to 2016, including:

(a) the average quantities of generation by each fuel type; (b) the share of generation by each fuel
typerelative to the total generation; and (c) how frequently each fuel type was on the margin and
setting reatime energy price¥ The marginal percentages sum to more than 100 percent

because more than one type of unit is often marginal, particularly Wwhesystem is congested.

Table 2: Fuel Type of ReatTime Generation and Marginal Units in New York

20142016
Average Intemal Generation % of Intervals being
Fuel Type GW % of Total Marginal
2014 2015 2016 2014 2015 2016 2014 2015 2016
Nuclear 4.9 5.1 4.7 31% 32% 31% 0% 0% 0%
Hydro 2.8 2.8 2.9 18% 18% 19% 45% 49% 47%
Coal 0.5 0.3 0.2 3% 2% 1% 7% 2% 1%

Natural Gas CC 5.0 5.2 51 31% 33% 33% 60% 67% 68%
Natural Gas Other| 1.6 1.7 1.7 10% 10% 11% 29% 28%  30%

Fuel Qil 0.2 0.2 0.1 2% 1% 0% 6% 5% 3%
Wind 0.5 0.5 0.5 3% 3% 3% 4% 5% 3%
Other 0.3 0.3 0.3 2% 2% 2% 0% 0% 0%

10 Sectionl.B in the Appendixdescribes the methodology that was used terdéne how frequently each type

of resource was on the margin (i.e., setting thetiewd price).
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Gasfired generation accounted for the largest share of electricity production (41 to 44 percent)
from all internal genmating resources in each year of 2014 to 2@t&en bylower natural gas
pricesandhigher load levels during the sumniér.

The small changes iregeration from nuclear resourdeghich accounted foBO percent of alll
generatiopwere driven primarily byariations in the amount of generation deratings and
outages.CoaHfired generatiorcontinued to fall in 2016 becausembthballing andetirement

at the Huntley and Dunkirk statioasd lownatural gas prices in Western New York throughout
the yeaymaking coal production less economi€he continued reduction iil-fired generation
because of mild weather and low natural gas prices in the first quarter oivaéfértly offset

by higher oitfired outputto manage congestion on Long Island in thedtbuarter of 20162

Average generation fromvind, hydro, and other renewable resources did not vary significantly
from 2015 to 2016.Hydro production rose modestly in 2016, particularly in the winter months,
reflecting: (a) mider winter weatherconditions led to increased supply of water (compared to
frequent icy conditions in the prior year); afij increased output from the Niagara facility due
to less frequentongestion in the West Zone

Gasfired and hydro resources were most frequentlythenmargin in recent yearslost
marginalhydro units have storage capacity, leadimgjr offers to includethe opportunity cost of
foregone sales in other hours (when gas units are margirtals, the prices set by hydro units
are also affected by natl gas prices. Other fuel types set prices less frequetaig-fired

units were rarely on the margin in 2016 because the majority oficedigeneration resulted
from out-of-meritdispatch and commitment for reliability

D. DemandLevels

Demand is aother key driver of wholesale market outcom&able3 shows the following load
statistics for NYCA over the past eight years: a) annual summer peak; b) annuapeshkter)
annual average load; and d) number of hours when load exceeded certainTlegedammer
peak level rose 3 percent in 2016 because of warmer weather and more frequent peaking
conditions. Nonethelesshie summer peak load was still significgridwer than those from
2010 to 2013.

Average load levels fell slightly from 2015 to 2016 because of substantially lower load levels
during the first quarter of 2016. vArage loadell 8 percent yeaoveryear in the first quarter of
2016, which exhib#d thelowest levelof the pasteightwinters

11 Figure A7 in the Appendixshows generation mixy region by quarter in 2015 and 2016.

12 Appendix Section.C shows generation by fuel type in the Eastern New York on a daily basis in the winter.

13 See SectiohX .F.0 for additional information about owtf-merit dispatch.
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E.

Figure2 shows the value and frequency of congestion along major transmpsgism the day

Table 3: Peak and Average Load Levels for NYCA

20091 2016
Load (GW) Number of Hours >
Summer Winter Annual
Year Peak Peak P 32GW  30GW  28GW
2009 30.8 243 18.1 0 13 54
2010 33.5 23.9 18.7 13 69 205
2011 33.9 24.3 18.6 17 68 139
2012 324 23.9 18.5 6 54 162
2013 34.0 24.7 18.7 33 66 145
2014 29.8 25.7 18.3 0 0 40
2015 31.1 24.6 18.4 0 23 105
2016 32.1 24.2 18.3 1 33 163

Transmission Congestion Patterns

ahead and redgime marketd? Although thevast majority of congestion revenues are collected
in the dayahead markegtwhere most generation is schedyjedngestionn the realtime
marketis importantbecause it will drive daghead congestion mwelkfunctioning market?

The value of daaphead congestion fell by 19 percent in 20&6ichwas largelydue tothelow

natural gas priceis the first quarter of 2018, Day-ahead congestion revenues rose 21 percent
in the remaining months of the year because of higher load levels in the summer months,

multiple transmission outages on several key transmiggths, and issues with the
of the

i mpl ementati on

Graduated

Tr ans Mi

S Si

Congestion across the CentEast interface accounted for the largest share of total congestion
value in both 2015 and 2016ccounting for 37 percent of congestion value in theatead
market in 2016. Thmajority of this congestion occurred in thesf quarter and in December as
a result of higher natural gas prices and larger gas price spreads between tegigtisy

transmission outages in early 2016 because of the TOTS projedtseanatage of MarciNew

Scotland 345 kV line in Decembalsocontributed to higher congestion in these periods.

14

15

16

17

Sectionlll .B in the Appendix discusses the congestion patterns in greater detail.

Most congestin settlements occur in the daliead marketRealtime settlementarebased on deviatioria

the quantities scheduled relativetie dayahead marketFor example, if 90 MW is scheduled to flow over
an interface in the daghead market and 100 MWssheduled in the redime market, the first 90 MW
settle at dayahead prices, while the last 10 MW settle at-tiaé prices.

The value of dayghead congestion and the emtyead congestion collected by the NYISO may be slightly

different because of ¢hsettlement foseveralgrandfathered transmission agreements thatate NYISO.

See Section¥.A for more discussion of factors that affect congestion.
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Figure 2: Day-Ahead and RealTime Congestion by Transmission Path
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the seond largest share (25 percent) of congestion value in thatdsd market in 20168/ est
Zone congestioin 2016has beeincreagd by significant market changes, includitfy:

1 The implementation of the GTDC project in February 2016;

1 The retirements of @ units in December 2015 and in March 2016 that had previously

helped manage congestion; and
1 The implementation of the composite shift factor at the Niagara plant in May 2016.

However the increase in transmission congestias been limited by

1 Transmis®n upgrades in May 2016; and

1 Two transmission lines between the West Zone and PJMtalezaout-of-serviceto
manage 115 kV congestialuring most of 2016ut this alsdelpeddivert flows away
from congested pattm the 230 kV system

At times, congstion can become severe in the-teéak market on these West Zone 230 kV
constraints partly because of volatile loop flows moving clockwise around Lak& Hrfee

18 See Appendix Section IIT.for more discussion of these factors dinelir impact on West Zone congestion.

19 See Appendix Section ID. for more discussion of the impact of loop flows on West Zone congestion.

20 | 2016 State of the Market Report



Market Trends and Highlights

NYISO implemented two modifications at the end of June 2016 to better manage loof? flows,
which have helped reduce the severity of-temé congestion.

F.

Ancillary ServicesMarkets

Ancillary services and energy scheduling isoptimized Part of thecost of providing ancillary
servicess the opportunity cost of not providing energy wheatlterwise would be economic to
do so. Ceoptimizationensures that tiseopportunity costss efficiently reflected in LBMPs

and reserve clearing price$he ancillary services markets provide additional revenues to
resources that are available during periods whernesources are most economic to provide
operating reserves. This additional reveraeardsresources that have high rates of availability
in the dayahead and redaime markets. Figure3 showsthe average prices of the four ancillary
services products by location in the estyead market isach month of 2015 and 2036.

Figure 3: Average Day-Ahead Ancillary Services Prices
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Although reserve price variations are usually correlated with energy price variations, the figure
shows that the average prices most classes of operating reserves rose from 2015 to 2016. In
addition, he differenial in day-ahead prices betwedme highest value and lowest vahaserve

20

21

See

presentat

i on ALake

Erie Loop Flow Modifications

See Appendiectiond.G andl.H for additional information regarding the ancillary services markets and
detailed description of this chart.
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products became much smaller in 2@&6he price athe NYCA 30-minutereserves rose
sharpy andaccounted for nearly all of the dayiead market reserve costs in 2016

The increase in 3thinute operating reserve pric&asprimarily caused bywo key changes in
market rules made in November 4, 2015 as part of the Comprehensive Shortage Pricin
project??

1 The NYCA 3@minute reserve requirement rose from 1,965 MW to 2,620 MW; and

1 The 30minute reserves on Long Island that can be used to satidiMBA reserve
requirements is now limited to its 30inute reserve requirement (normally 270 to 540
MW).

The limitation on Long Island was intended to ensure that reserves scheduled there would be
fully deliverable following a large contingency outside Lonignsl, but the current limitation

may be overly restrictive. Long Island frequently imports more ¢im&GW from upstate,

makingit possible for a comparable amount of reserves to be held on Long Island to satisfy the
reserve requirementsr the state Deploying the reserves would involeenverting Long Island
thereserves to energyhich wouldredue theimports to Long Island, thereby reducing the
amount of power that must be generated outside Long Island after a contingency. Hence, we
recommend thahe NYISO modify the market software to optimize the upper limit on the
amount of reserves that can be held on Long Istand.

In addition, he price increas®r 30-minute reservewas als@artly attributable to increases in
reserve offer pricem the dg-ahead markah Western New York.These are discussed further
in SectionlV.A.O.

22 There were other changes made in the ancillary service market on November 4, 2015. SekXSkdion

for additional information regarding these changes.

23 See Recommendation #2016.
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III. COMPETITIVE PERFORMANCE OF THE MARKET

We evaluae the competitive performance of the masket energy, capacity, and other products
on an onrgoing basis. This section discusses the findings of our evaluation of 2016 market
outcomes in three areas. Sectfopvaluates patterns of potential economic angigil
withholding by load level in Eastern New York. Secti®analyzes the use of market power
mitigation measures in New York City and in other local areas \whearation is committed for
reliability. SectionC discusgesdevelopments in the capacity market and the use of the market
power mitigation measures in New York City and thd Gocality in 2016.

A. Potential Withholding in the Energy Market

In a competitive market, suppliéhawe strong incentives to offer thaupply at prices close to
their shortrun marginal costs of productioriFuel costs account forghmajorityof shortrun
marginalcosts for most generatoiso he close correspondencesabéctricity prices and fuel
pricesis a positive indicator fathecompetitivenessaheNY |l SO6s mar ket s.

T h eupplys u r foreepergy is relatively flaait low and moderateadlevels andelatively
steep at higtoadlevels which causepricesto typicaly bemore sensitive to withholding and
other anticompetitiveanduct under high load conditionBrices are also more sensitive to
withholding in transmissioconstrained areaghere fewer suppliers compete to serve the load
and manage the congestion into the ai¢ance, our assessment focuses on potential
withholding in Eastern New York because it contains the most transmissnstrained areas.

In this competitive assessment, axaluate potential physical withholding by analyzing

economic capacity that is not offered in réale, either with or without a logglderatingor

outage. We evaluate potentac onomi ¢ wi t hhol di ng b Yheeusputi mat i n
gap is the amount of generation that is economic at the market clearing price, but is not

producing outpubecauséhe supplied effer parametergeconomic or physical parameters)

exceedhe reference level by a given threshtid.

Figure4 andFigure5 show the two potential withholding measures relative to season, lodd leve
and the suppl ¥ &enérator gemtingsfandloutages are sh@vn according to
whether they are sherérm (i.e., seven days or fewer) or letegm.

24 The output gap calculation excludes capacity that is more economic to presextees In this report, he

Mitigation Threshold refers to the thteold used for statewide mitigation, which is the lower of $100 per
MWh or 300 percent of the reference levebwer Thresholdl is the25 percent of the reference leyahd
Lower Threshold 2s 100 percent of the reference level.

25 Both evaluations exede capacity from hydro, solar, wind, landijas, and biomass generators. They also

exclude nuclear units during maintenance outages, since such outages cannot be schedule during a period
when the generator would not be economic. SectlioAsandll.B in the Appendix show detailed analyses
of potential physical and economic withholding.
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Figure 4: Unoffered Economic Capacityin Eastern New York
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Generator outages and deratings in Eastern New York dropped noticeably in the winter 2016
from the previous winter but increased in the summer 2016 from the prior summer. These trends
were driven by:

Y Fewer maintenance outages scheduled during haghritonths2®

1 Milder temperatures in thé/inter 2016 tharn the previous winter, reducing the
incidence of fuel supply limitations on gased units;

1 Tight market conditions in the winter 2015 and the summer 2016 (relative to their
counterparts) led moi the unoffered capacity to be economic during these pegdads;

1 In Southeast New York, one large unit was forced out from-@antg to midSeptember
because of equipment failures.

The amount of output gap Eastern New York remained very low in 204@eragindess than
0.1 percent of total capacity at tseatewidemitigation threshold antl.4 percent at the lowest
threshold evaluated (i.&25 percentibove the reference leyelThese quantities are much
smaller than the potential physical withholding showRigure4.

26 See Figure A22 for this information by month in 2015 and 2016.
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Figure 5: Output Gap in Eastern New York
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Although output gap increased modestly as load rose, the amount was still relativelyrsimall

output gap increasedinhighoad hour s partly because a | arger
tend to be economic at higbad levels Much of this increaseccurredon units that are: (a) €o
gererationresourceshattend to operate inflexibly manner because of the need to divert energy
production to norelectric usesandor (b) generators with gas supply limitations that are

dependat on the consumption of nearby unitkosecosts are difficult to reflect dynamically in

reference levelsin addition, t is generallya positive indicator that the output gaps

comparable for top suppliers and other suppliers dumigig load condibnswhen the market is

most vulnerable to the exercise of market power.

Overall, the patterns of unoffered capacity and output gap were generally consistent with
expectations in a competitive market and did not raise significant concerns regardinglpotent
physical or economic withholding under most conditions.

B. Automated Mitigation in the Energy Market

In New York City and other transmissimonstrained areasdividual supplies are sometimes

needed toelievecongestiorand may benefit from withholding supply (i.e., may have local

market power)Li kewi se, when an individual supplier 0s
reliability, the supplier may benefit from raising its offer prices above competitive leiels

2016State of the Market Report | 25



Competitive Performance

these cases, the market power mitigation measures effectively limit thiy albiiuch suppliers
to exercise market power. This section evaluates the use of three key mitigation measures:

T

Aut omated Mitigation Pr ociThisis®ednthdddp o)
ahead and redime markets to mitigate offer prices of generators that are substantially
above their reference levels (i.e., estimated marginal costs) when their offers would
significantly raise the energy prices in transmissionstrainedireas’’

Reliability Mitigation in New York Cityi When a generator is committed for local
reliability, the stadup cost and minimum generation cost offers of the generator may be
mitigated to its reference levels. A $0 conduct threshold is used tatrahead market
and the AMP conduct threshold is used in the-tiead market.

Reliability Mitigation in Other Areas When a generator is committed for reliability and
the generator is pivotal, the stah cost and minimum generation cost offers of the
generator may be mitigated to its reference levels. A conduct thresholdhadltlee of
$10 per MWh or 10 percent of the reference level is used.

Figure6 summarize the market powemitigation thatwas imposedh the dayahead and the
reattime markets ir2015 and 2016.

Average Mitigated Quantity (MW)

Figure 6: Summary of Day-Ahead and RealTime Mitigation
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27

The conduct and impact thresholds used by AMP are determined by the formula provided in tBe NYIS
Market Services Tariff, Section 23.3.1.2.2.1.
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Most mitigation occurs in the deghead markethere most supply is scheduled. Gas turbines in
the GreenwoodAaten Island pocket accounted for the vast majority of AMP mitigation in 2016
because this area had the most frequent congestion and the lowest mitigation threshold in New
York City. However, he frequency of AMP mitigation in New York Cihas decreasead the

recent years, falling from over 250 MW in 2011 to 17 MW in 2@i6generation additions and
transmission upgrades reduced frequency of congegt@whdularly in the 138kV load pocke@ts

In addition, natural gas prices in New York City have fallelative to other regions of the state,
contributing to less frequent congestion in New York City and lower AMP mitigation.

Reliability mitigation accounted for 78 percent of all mitigation in 2016, 98 percent of which
occurred in the daghead market iR016. These were primarily for DARU and LRR
commitments in New York Citywhichdeclined modestlin 2016%% Unlike AMP mitigation,

these mitigations generally affect guarantee payment Upliftnot energy prices. The reliability
mitigationis critical for ensuring that the market performs competitively because units that are
needed for local reliability usually hagabstantiamarket power.

C. Competition in the Capacity Market

The capacity market is designed to ensure that sufficient camaigilable to meet planning

reserve margins by providing lostgrm signals for efficient investment in new and existing

generation, transmission, and demand response. Buyed e mi t i gati on ( ABSMO0)
used in New York City and the-GLocalityto prevent entities from artificially depressing prices

below competitive levels by subsidizing the entry of uneconomic cagadcBypplyside

mitigation measures prevent a large supplier from inflating prices above competitive levels by
withholding econmic capacity in these are#s Given the sensitivity of prices in these areas to

both actions, we believe that these mitigation measures are essential for ensuring that capacity
prices in the mitigated capacity zones are efficidiitis section discusséssues related to the
useanddesignof capacity market mitigation measures in @01

Application of the BuyefSide Mitigation Measures

The NYISO performed Mitigation Exemption Tests for five Additional CRIS MW projects in
Cl ass Year 20 15eyacieptddingioProjett EdstcAlloeationshin January 2017.
Additional CRIS MW project#nvolve uprates to existing facilitiesnd generally require lower
investment costs and, in some instances, also improve the operating efficiency of the existing

28 See SectiohX .F for more details on reliability commitments in New York City.

29 The buyerside mitigation measures work by imposing an offer floor on mitigated capacity, thereby

preventing such capacity from depressing the clearing p8eeNYISO MST, Section 23.4.5.7.

30 The supplyside mitigation measures work by imposing an offer cap on pivotal suppliers in the spot auction

and by imposing penalties on capacity otherwise withh8EENYISO MST, Sections 23.4.5.2 to 23.4.5.6.
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capady at the facility. As such, all five Additional CRIS MW projects in CY15 were
determined to be exempt and will not be subject to Offer Floor mitigation.

In addition, the NYISO also evaluated fBkamplain Hudson Power Expré3s oj ect ( ACHPE
Pr o] eratCompetifive Entry Exemption. The NYISO reviewed the project documentation,

and confidentially provided a BSM determination to the developer. However, the developer
subsequently failed to post the required security and the CHPE Project was reraoved 5.

We carefully reviewed the process and agsiions used by the NYISO to make BSM

determinations for each Examined Facility, and we found that the test was conducted in

accordance with the tariff and that the outcomes were reaschable.

Improvemerts to the BSM Measures

The NYISO made several modifications to its test methodology before the CY15 BSM
evaluation. In particular, the NYISO enhanced its test procedure for the Part A and Part B tests
by testing units sequentially from lowest to highesthie order of their presumptive Offer Floors
and treating them as price takers. These modifications generally enhanced the alignment of the
test procedure with the Tariff and with the underlying intent of the BSM evaluations. Hence, we
support continuig the use of the modified test procedure in future BSM evaluatfons.

It is still important to refie the BSM evaluation methodology, since an incorrect assessment of
whether a project is economic could either inefficiently restrict investment or allaenmaic

entry that depresses capacity pric€aur past BSMreports have identified concerns wiéveral
assumptions that are used in the BSM evaluafidiiese mainly relate to the test assumptions
regarding forecasted-service capacity supply and capacity requirements, entry dates of the
Examined Facilities, and estimation of interconnection cosble4 provides a list of identified

issues and whether we have recommended addressing the issue with a process improvement
(indicated by an Alo) or w#th a tariff change

81 The NYISO conducted its BSM evaluatiomthree rounds. All Additional CRIS MW projects and the
CHPE project received BSM determinations in the initial round. After the Caithness Il Project (a proposed
750 MW combined cycle unit located in Long Island) dropped out of CY15, all projectseeagidated
BSM determinations in the second round. The CHPE Project was removed from the CY15 after it failed to
post the security for its Project Cost Allocation at the end of the second round. The five remaining CY15
Examined Facilities received revise BSM det er mi nati ons i n Assessmdniohal r ou
the Buyer Side Mitigation Exemption Test for the Class Year 2015 Rroje(ti BSM Report for CY1

82 For additional details, see BSM Report for CY15 Projects at page 50.

33 For examplesee BSM Report for CY12 Projects.

34 See Recommendation #2028 in SectiorXl of this report. For details, see BSM Report for CY15.
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In response to a complaint by the Independent Power Producers of Newhéodgmmission
recognized that the current buysgde mtigation measures do not address all potential conduct
that may suppress capacity priéesTo determine whether the buyside mitigation measures

Table 4: Summary of Recommended Enhancements to the BSM Evaluatisn

Issue:
Interconnection costs may be inflated for some Examined Facilities (Part B test

Starting Capability Period is unrealistic for most Examined Facilities (Part A & B
tests)

Treatment of units in a Mothball Outage or an ICAP Ineligible Forced Outage or
under a retirement notice is unrealistic for some units (Part A & B tests)

Treatment of some currently operating units at risk of retiring or mothballing is
unrealistic for some units (Part A & B tests)

Treatment of Examined Facilities seeking Competitive Entry Exemption may be
i nconsistent with deA&Bltestper sd expec

Treatment of Class Year projects located outside the Mitigated Capacity Zones
be unrealistic (Part A & B tests)

Treatment of exempt Prior Class Year Projects in the Interconnection Queue m.
unrealistic (Part A & B tests)

Estimation of Locational Minimum Installed Capacity Requirements for the
Mitigation Study Period needs refinement (Part A & B tests)

Potential Expansionof Buyer-Side Mitigation Measures

Rec:
T
T

should be expanded to address addititysof conductand capacity zonethe NYISO
evaluaedthe incenives to suppress capacity pricélhe NYISO concluded that there are

incentives to retain existing capacity resources after they are economic to retire or mothball and

submitted a compliance filing proposing a process for monitoring for such aétivity.

We

determines that the generator would have retired but for an -abarket contract!

n

agr ee wi tdetermihagorrégarding thédiscentives tetainexisting unitshat
should retire To address this concernewecommendethe Commission require rulésat
would impose an offer floor on a generator (agasgforward costevel) if the NYISO

January 2017, the Electric Power

Supply As

actioninthe samedocketnd r ef er r e d rteoa ttoh-apprevesbsubsidies tpr

35

36

37

At h

See the Commi ssi on0s Indepeddent Power Protlacers df NelvYork, IBd) V1 ew

York Independent System Operator, Ji&0 FERC 1 61,139.

See NYISO filing dated December 16, 20R&sponse to Information Requestachment Ili page 13 to

20, Docket No. EL1362-002

See MMU6s comments filed on J3@nuary 11,

2016
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retention or repowering of uneconomic uriftsin particular, EPSA argued that: (a) additional
payments to upstate nuclear facilities in the form of ZECs, and (b) the possible resumption of
repowering the Dunkirk fagtly highlight the importance of expanding bwgde mitigation

rules These initiatives together could retain up to 3.7 G\aphcity in the upstate region,

which is unprecedented in magnitude. The largest tranche of new renewable capacity under the
CES (Tier 1) will induce nearly 2 GW of UCAP to enter over the next twelve years, while the
ZEC program could retain up to 3 GW of UCAP more immedigfefherefore, the ZEC

program is likely to have larger and much more immediate price effects.

Uneconomientryanduneconomiagetentionin the wholesale electricity markigiseserious
concerns because they artificially altiee supply and demand balarmecausing artificial

supply surpluses that create sizable risks for market participdhisately, this underminsthe
long-term performance of the wholesale marlkaaid raises costs substantiallfowever, we

also recognize that states have public policy goals that may entail support for certain types of
resources, and wecognize that the current rkats do not fully price many externalitie
electricitygenerationincluding environmental emission$hus statesubsidies that can be
justified by thecost/valueof the externalitiesould be legitimate To protect the market and
balance these comiireg considerations, wencourageheNYISO to consider provisions that
would limit disruptive shorterm supplydemand imbalances caused by public policies that
subsidizeresources to enter the market or remain in the market when it is economic to retire.

Additionally, as discussed in Sectidrill .B, the costs of reducing G@missions varies by
technology and locatiomndstate programs to reduce emissions do not compenesatercesn
anefficient, non-discriminatory manner. For itece, theost of reducing carbon biyuilding
new renewable energy resources is multiples of the cost of other adtianiser, many potential
investments that would reduce carbon emissions receive no compensation ugade the
programs When paymers for the same attribute vary from one technolagg/orsupplier to
anotherthe payments wilhot efficiently facilitate decisions to achieve the public policy
objectiveandwill underminghe wholesalelectricmarkes.

Hence the most efficient policefor reducingarbonmissions are those that establish a value
for carbonemissions that compensates participants in a transparent axgsoominatory
manney whichcould include a carbon tax, a tradeable-teieed emission credit program, or a
capand-trade program. Such programs woalkbw the market to provide incentives to reduce
carbon emissions at the lowest cost.

38 See EPSAO6s request filed on62January 9, 2017 in Docke

39 See page 279 of thi@ean Energy Standard White Pape€ost StudyApril 8, 2016 This assumes a

constant capacity value for wind and solar units. However, the capacity values of these resources will
decrease with increasing penetrations of renewables.
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IV. DAY-AHEAD MARKET PERFORMANCE

The dayahead market enablésms to make forward purchases and sales of power for delivery
in reattime the following day. Thisllows participants to hedge their portfolios and manage
reaktime price volatility. In a welfunctioning market, we expect that dalgead and redaime

prices will notdivergesystematicallypecause participants will adjust thpurchases and sales to
arbitragesuch differencesPrice convergence is desirablsobecause it promotes the efficient
commitment of generatn, procurement of natural gas, and scheduling of external transactions.
In thissection weevaluate the convgence of the daghead and redime energy and ancillary
services priceandanalyze virtual trading and other daljead scheduling patterns.

A. Day-Ahead to RealTime Price Convergene
Convergence oZonal Energy Prices

The following table evaluates pricenvergence at the zonal level by reporting the percentage
difference between the average @dnead price and the average 4tgak price in select zones,
as well as the average absolute value of the difference between houdlyeda/and redime
prices*® These statistics are shown on an annual basis.

Table 5: Price Convergence between Daj\head and ReaiTime Markets

Select Zone20152016
Annual Average (DA - RT)
Avg. Diff Avg. Abs. Diff
Zone 2015 2016 2015 2016
West -5.6% -0.5% 52.8% 58.5%
Central 1.3% 0.3% 37.3% 38.4%
North 1.9% 0.6% 44.1% 58.4%
Capital 0.9% 2.1% 33.0% 34.1%
Hudson Valley 2.3% 0.9% 32.8% 33.9%
New York City 1.0% -1.2% 34.0% 36.6%
Long Island 2.4% 0.5% 41.8% 45.0%

The average absolute difference betweenatead and redime prices increasad 2016 in all
regions and was highest in the West Zone, the North Zone, and Long Island betause

1 More transmission outages in the North Zone, Long Island, and near the Gastral
interface;

1 Increased congestion in the summer of 2016 because of higtideleds; and

40 Sectionl.G in the Appendix shoemonthly variations of average dayead and redime energyprices
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1 The implementation of the GTDC project in February 2016 resulted in higher congestion
costs on most transmission constraints during transmission shortages, which increased
price volatility, particularly in the West Zone and the North Z6he.

The average absolute difference continues to indicate the highest volatility is in Véestern
Northen New York, which is attributable to relatively low production costs of resources there
and the variable effects of congestfoom those areagowardsthe rest of the system. Prices

were particularly high and volatile in the West Zone during periods of congestion on 230kV lines
downstream of the Niagara plant as discussed below in Part 2.

Day-ahead prices were higher on average thanrtimel prices lp a small margin in most areas

in 2016. In general, a small dapead premium is expected in a competitive market, since load
serving entities and other market participants avoid buying at volatilimeaprices by shifting
more of their purchases intibe dayahead market.

Convergencef Nodal Energy Prices

Certain generator nodes exhibited less consistency between averageddyand redime
prices than zonal prices did in 20%6This part of the section discusses three locations where
price convergence was particularly poor in 2016.

First, atthe Niagar&230 kV and 115 kV generator buses in the West Zone, the mean absolute
difference between the hourly nodal premium and thel\jx@onal premium was significant
Thisreflects thatongestiorpatternson the 230kV transmission systewere frequently very
different between daghead and redime in 2016. This pattern was driven bg) changes in the
amount of supply (offered atgaven price level) from Ontario and Niagara after the-dlagad
market b) volatile loop flows around Lake Etiandc) operating practices that do not fully
utilize parallel 115kV transmission lines in order to reduce congestion on the 230k¥#lines.

Sewond, the Valley Stream load pocket in Western Long Island was affected by frequent real
time congestion on the East Garden @iyvalley Stream line that was not weéflected in the
day-ahead market. Thwas primarily caused dgrge differemesbetween dayahead scheduled
flows and actual redime flows across the JamaitaValley Stream PARcontrolled line (i.e.,

4l In general, a GTDC is expected to lower congestion price volatility by putting an upper bourdigpateh

costs, but the GTDC project also included modifications to the pricing and scheduling algorithms that
increased volatility in circumstances when thEDE is not used SeeAppendix SectiorV.F.

42 SeeSectionl.H of the AppendixXor detailed results

43 External transaction bids and offers and generators offers are posted on the NYISO websitsamtha 3

lagged basis. These factors are discussed in more detail in Séi¢ttiGrend 111.D of the Appendix.
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the A901 Lineod), Airheipdcaspikes in the lbath potkétThe dgeemere a |
under which the 901 Line is used to flmewer from the Valley Stream Load Pocket to New
York City results in inefficient market outcomiescausehis load pocketisually has much

higher LBMPs. Inconsistencies between-dsigad schedules and réiahe flows across the 901
Line also contributetb reattime price volatility and poor convergence betweenalagad and
reakttime prices (although rediime price volatility became less significant in May 2016

following changes to the modeling of the 901 Life)Ve recommend the NYISO optimize the
scheduling of the 901 Line in the daahead and redaime markets as discussed in Secti§tD.

Third, the Greenwood load pocket in New York City exhibited much less congestion in the day

ahead market than in retiine *® Day-ahead congestion was understgiely because

uneconomic gas turbinegere frequently scheduled the dayahead market. These schedules

arecaused byoftware changesade whet he MI P (AMi xed | ntwagger Pr oc¢
implementedn December 2014. In our 2015 SOM report, we recommended modifying the

softwareto preventthe dayahead marketom overscheduhg gas turbined! Accordingly, the

NYISO implemented a software modificationttos gas turbine commitment modute

December 2016Now this module does not commit additional gas turbines unless it would

lower bid-production cost&®

At times, he pattern of intr@onal congestion may diffsignificantlybetween the daghead
market andhereakttime market, leading to poor convergence at individual nodestewagh
convergence is good at the zone lev&llowing virtual trading at a disaggregated level would
enable market participants to better arbitrageatsad and redime prices at nodes that exhibit
poor convergence. This would help improve consistency betweeah#ayl and redime

prices and ensu@equate resources are committed in theadeead market in stional areas.

Convergencef Ancillary Service Prices

As discussed in Section lll.Byerage dayahead and redime reserve prices rose for most
reserveproductsn 2016despite the decreaseenergy pricesDay-ahead and redime reserve
prices did not converge well in 201@&verage dayahead reserve prices were much higher than
average redime prices.

a4 The volatility of flows across th@01 Line has been a leadirguse of transient price volatility in Long

Islandas shown in SectiokX .E and of balancing congestion residual uplift as shown in Se¥xtiar0.

45 See SectioW.D in the Appendix for more discussion of this modeling change.

46 SeeSectionlll .B in the Appendix form discussion of daghead and redime congestion patterns

4 See Recommendation #21 in our 2015 SOM repo

48 The solution tolerance in the first MIP run is set at a higher level because of runtime considerations. The gas

turbine commitment module (the second MIP run) uses a lower solution tolerance.
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In addition toincreased demand and overly restrictive limitation on schedulieguesson Long
Island,changes in supply offers following the market rule changes also contributed to the

elevated dayghead price®’ We have reviewed daghead reserve offers and found many units

that offer above the standard competitive benchmarkdés@gmated marginal cost) or do not

offer reserves at all. It is likely that maaf/thesesuppliers offer in this manner because it is

difficult for them to estimate their marginal costs accuratelgnce dayahead offer pricesiay

fall as suppliers @n experience with th80-minute reservenarket We will continue to monitor
day-ahead reserve offer patterasd consider potential rule changes including whether to

modi fy the existing $5/ MWh fAsafe harboro for
measures?

B. Day-AheadLoad Scheduling and Virtual Trading

Convergence between dayead and redaime energy prices continues to lbetterat the zone
levelthan at the node levphrtly because physical loads andual tradersare able to bid at the

zonal level in the daghead marketUnderscheduling load geerally leads to lower daghead

prices while over-schedulingcanraise dayahead prices above re@he prices. Virtual trading

helps align dayahead prices with rediime prices, which is particularly beneficial when

systematic inconsistencies betwekatyahead and redime markets would otherwise cause the
prices to diverge. Such price divergence ultimately raises costs by undermining the efficiency of
the resource commitments in the eédyead market.

Table6 shows the daphead schedules of physical load, virtual trades, and virtual imports and
exports as a percent of raahe load on an annual basis in 2015 and 2016 for various regions in
New York State’! Overall, net schedulddad in the dasahead market wasughly 95percent

of actual N\YCA load during daily peak load hours in 2016, similar to 2015. -&@ad net load
scheduling patterns in each of the sagions were generally consistétween 2015 and 2016

as well.

Table 6 indicates that average net load scheduling tends to be higher in locations where volatile
reattime congestion is more common. Net load scheduling was generally higher in New York
City and Long Island because theyreselownstream of most congested interfaces. Net load
scheduling was the highest in the West Zone in the past two years partly because of high and
volatile realtime congestion on the West Zone 230kV system.

49 Appendix Sections.H andll.D evaluates daghead offer patterns and the convergence betweealdsd

and realtime prices for: 1@minute spinning reserves in Western New York and in Ea®ew York, 10
minute norspin reserves in Eastern New York, andm3idute operating reserves in Western New York.
0 seeMsST23.3.1.2.1.2.1.
51 Figure A-37to Figure A44in the Appendix also show these quantittesa monthly basiatthese locations
in New York.
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Table 6: Day-Ahead Load Scheduling versus Actual Load
By Region, 20152016

. Bilateral+ " "°°  Viwal Vitual  Vitual  Viual Net
Region vear Fixed Load Care Suppl Load Import Export S
Load PRy P P Load
West 2015 99.5% 0.0% -4.6% 24.2% 119.1%
2016 96.7% 0.0% -4.1% 24.7% 117.3%
Central NY 2015 119.6% 0.0% 33.0% 3.1% 89.7%
2016 114.0% 0.0% 30.6% 4.0% 87.3%
North 2015 97.7% 0.0% -51.7% 3.3% 49.3%
2016 98.8% 0.0% -55.7% 5.3% 48.4%
Capital 2015 97.8% 0.0% -21.1% 5.6% 82.2%
2016 98.3% 0.0% -17.7% 5.3% 85.9%
Lower Hudson 2015 76.2% 20.8% -12.1% 6.9% 91.7%
2016 79.7% 19.5% -23.9% 8.6% 83.9%
New York City 2015 89.0% 8.1% -0.5% 4.2% 100.9%
2016 83.2% 13.6% -0.6% 6.3% 102.4%
Long Island 2015 100.7% 0.0% -1.2% 9.3% 108.9%
2016 99.8% 0.0% -1.6% 9.8% 108.0%
NYCA 2015 97.1% 5.3% -11.8% 7.0% -2.9% 0.4% 95.2%
2016 94.2% 7.0% -12.6% 8.3% -2.5% 1.1% 95.3%

Load was typically undescheduled in the North Zone by a large margrimarily in response

to the scheduling patterns of wind resources in this area. Wind genaradasther renewable
generatorsypically operate in reaime above their daghead schedules. In 2016, renewable
generators added an averag®2f MW of additional energy supply in reeime, satisfying
nearly7 percent of the average reahe load outside Southeast New York. These increases in
physical supply after the daghead market providerofit opportunitiedor virtual traders.

In general, he patterns of daygheadschedulingvere generally consistewith the price
premiums exhibited in each of the zon@fiese patternselpedimprove convergence between
day-ahead and redime pricesandin doing sojmproved the commitment of resources. For
example, if comtraintsin the West Zonarenotfully reflected in the daaahead markethe
market will rely heavilyon Niagara generation and Ontario imports emghmitlessgeneration
east of the constraint®ay-ahead scheduling patterns that increase-teesast congestioim
the West Zonéncrease comnmhents east of the West Zone in the-déigad market.

To a large extent, the net dafiead scheduling patterns are ultimately determined by virtual
trading activity. Figure7 summarizes virtual tradingvelsby location in 2016, including
NYIl SO6s internal zonR’es and external interface

52 SeeFigure A46in the AppendixXor a detailed description of the chart.
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Figure 7: Virtual Trading Activity
by Region by Quartef016
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The volume of virtual trading did not change significaimly®016 from the prior yeaVirtual

traders generally scheduled more virtual load in the West Zone, New York City and Long Island
and more virtual supply in other regions. This pattern was stensiwith the dayahead load
scheduling patterns discussed eadied occurredor similar reasons. At the proxy buses, over

70 percent of scheduled virtual transactions were virtual imports. Nearly half of virtual imports
were scheduled at the Ontanterface, which exhibited a significant daiead premium before
2016 because of higher raahe congestion on the West Zone 230 kV facilities 2016,

average dayphead and average rdahe prices were more consistent at the Ontario interface.

The pofits and losses of virtual load and supbave varied widely by time and locatjon
reflecting the difficulty of predicting volatile redéilme prices.In aggregate, virtual traders netted
approximately $14 million of gross profits in 2016dicating ttat they have generally improved
convergence between dalhead and redime prices.Additionally, the average profit per MWh
was relatively low in 2016, indicating that the markets were relativelyavkitraged and
consistent with the good convergenchaiaved in 2016.Good price convergence, in turn,
facilitates an efficient commitment of generating resources.
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V. TRANSMISSION CONGESTION AND TCC AUCTIONS

Congestion arises when the transmission network does not have sufficient capacity to dispatch

the least expensive generators to satigfijmand When congestion occurs, the market software
establishes clearing prices that vagylocation to reflect the cost of meeting load at each

location. These LocatioBas ed Mar gi nal Pri ces -dodidefeMifos 0) r ef
is required at locations where transmission constraints prevent the free flow of power from the
lowestcod resources.

A. Day-ahead and Realime Transmission Congestion

Congestion charges are applied to purchases andisalesling bilateral transactions) the
day-aheadand realtime markes based on the congestion compos@itdayahead BMPs and
reattime LBMPs, respectively® Market participants can hedge congestion charges in the day
ahead market by owningdnsmissiorCongestionContracs ( i T C Gvhich)entitle the holder

to payments corresponding to the congestion charges between two locHtmoveser, thereare

no TCCs for reatime congestion since most power is scheduled through theldsd market

Figure8 evaluates overall congestion by summarizing:

1 Dayahead Congestion Reventieshese are collected by the NYISO when power is
scheduled to flow across congestethsmission lines the dayahead market.

1 Dayahead Congestion ShortfailsThis uplift occuis when the dayahead congestion
revenues collecteby the NYISO are less than the payments to TCC holddrs. is
caused when the amount of TCC sold by the NYISO exceeds the transmission capability
of the power system as modeled in the-dhgad market.

1 Balancing Congestion ShortfallsThis uplift ariseswhen dayahead scheduled flows
over a constraint exceed what can flow oversidu@meconstraint in the regime market.

Congestion revenues collected in the-dagad market fell by 19 percent from 2015 to $438
million in 2016. However, dagheadcongestion shortfalls rose by 170 percent in 2016 to $100
million, while balancing congestion shortfalls were unchanged. These results are discussed in
the subsections below.

53 Congestion charges to bilateral transactions scheduled through the NYISO are based on the difference in

congestion component of the LBMP between the two locations (i.e., congestion component at the sink minus
congestion component at the source). Congestion charges to other purchases and sales are based on the
congestion component of the LBMP at the puraigsr selling location.
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Figure 8: Congestion Revenugand Shortfalls
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Day-Ahead Congestion Revenues

Variations in natural gas prices have significant impact on congestion pattelnevenues
becauseheydetermine the costs of the resources that must be moved to manage transmission
flows. In addition,large gas pde spreads between regionsrease congestion by raising the

cost tradeoffs of moving units to manage interregional flows. Henegrahead congestion
revenues were down 55 percent yeaeryear in the first quarter of 2088 natural gas prices
acrosghe state felll8 to 70 percent. However, dapead congestion revenues rose 21 percent
in the remaining nine months of 2016 because of:

1 Higher load levels in the summer months, which increased flows across the network and
resulted in more frequent trangssion bottlenecks;

1 Costlytransmissioroutages across the CentEst interface, between New Jersey and
the Hudson Valley, on Long Island, and from the North Zone to Central New*Yarid

1 The implementation of the GTDC Project in February 2016, wihicteased the
congestion shadow prices on most transmission constraints during transmission
shortages, leading to similar increases in theatsad market based on expectatins.

54 See Sectioffil in the Appendix for more detailed description of these transmission outages.

55 See SectioV.Fin the Appendix for discussion of the GTDC.
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Congestion on 230kV lines in the West Zone has been signifaarduntingor the second
largest share (25 percent) of dayead congestion revenues in 200&ngestion in th&Vest
Zonewasaffected by offsetting factors in 201€actors that increasemngestiorincluded

1 Themothballtetirement of the last Dunkirk unit December 2015 and two Huntley
units in March 2016, which hdtklped relieve West Zone congestion;

f The implementation of a composite shift factoth@Niagaraplant in early May 20162
1 Average clockwise loop flows around Lake Erie were higher in 2016.

While the following factors helped reduce congestion in the West:Zone

1 Two series reactors on the Packatantley 230 kV linesvere addedih May 2016
which candivert flows from 230 k\paths ¢ parallel 345 kV and 115 kpaths

1 The S. RipleyDunkirk 230 K/ line and Warreffalconer 115 kV line were OO8r most
of 2016 for 115kV transmission security, reshgcflows on congested 230 kV lines.

Day-AheadCongestion Shortfalls

Day-ahead shortfalls occur when thay-aheachetwork capability is less thanetttapability
embedded in the TCCwhile day-ahead surpluses (i.e., negative shortfalls) occur wihgn
ahead schedulexross dindingconstraintexceedhe capability embedded in tR€Cs. Table
7 shows total dayahead congestion shortfalls for selected transmission facility gPdups.

Table 7: Day-Ahead Congestion Shortfallan 2016

Facility Group Annual Shortfalls ($ Million)

West Zone Lines

Niagara Modeling Assumption $2

Other Factors (e.g., Loopflows, Outages) $27
Central to East

Ramapo, ABC & JK PARs $2

Other Factors $32
North to Central $17
NYC Lines $6
Long Island Lines

901/903 PARs -$2

Excess GFTCC Allocations $4

Other Factors $11
Extemal -$2
All Other Facilities $3

56 See Sectioflil .C in the Appendix for discussion of the composite shift factor.

57 See Sectiofil .D in the Appendix for discussion of the Lake Erie loop flows.

58 Sectionlll .B in the Appendix also provides detailed description of each transmission facility group and

summarizes the daghead congestion shortfalls on major transmission facilities.
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Day-ahead congestion gftfalls rose substantially from $37 million in 2015 to $100 million in
2016 primarily because of more costly transmission outages. Notable examplesihclude:

1 $34 million of shortfalls on the CentrBlast interface, most of which was attributable to
outages from January to May to facilitate the completion of the TOTS project and one
345 kV line outage in December that reduced the interface limit by up to 900 MW,

1 $17 million of shortfalls on the transmission paths that typically flow power from North
to Central New York, due primarily to outages of 765 kV transmission facilities at the
Marcy station in April, May, September and October;

1 $11 million of shortfalls on Long Island lines, primarily from the Y49 line outages from
late May to early July anflom early August to late September; and

1 $11 million of shortfalls on West Zone linbecause several facilitiedong the Niagara
PackardSawyerHuntley path were out of serviogtermittentlyduring the year

The NYISO allocatsday-aheadcongestiorshatfalls thatresult from transmission outages to
specific transmission ownef$ In 2016, the NYISO allocated G&rcent othe net totatiay
ahead congestion shortfaifsthis manner, down from 103 percent in 2015. Transmission
owners can schedule ougsgin ways that reduce labor and other maintenance bastsese
savings should blealancedhgainst the additional uplift costs from congestion shortfalls.
Allocating congestion shortfalls to the responsible transmission ovenetsest practice for
RTOs because firovides incentiveto minimize the overall costs of transmission outages.

Congestion shortfalls that were not allocated to transmission owners typically result from
modeling inconsistencies between the TCC andatead markst which incuded

1 Different loop flow assumptions between the TCC auction and thaliegd market.
Higher loop flow assumptions in the dafiead market led to a shortfall of over $10
million in 2016.

1 Grandfathered TCCs that exceed the actual transfer cap#taiityDunwoodie (Zone 1)
to Long Islanc?? This resulted ira shortfall of $4 million in 2016, comparable to 2015.

1 Different scheduling assumptions for the two Rédttrolled lines between New York
City and Long Island (i.e., the 901 and 903 lines). Siloves across these lines are
generally uneconomic, reducing the assumed flow from the TCC auction to the day
ahead market led to surplus congestion revenue of $2 million in 2016.

59 Sectionlll .B in the Appendix discusses the transmission outagesrihat¢sponsible for these shortfalls.

60 The allocation method is described in NYI&®Pen Access Transmission Tart#fection20.

61 Transmission outages can also result in uplift from balancing congestion shortfalls and from BPCG payments

to generators #t must run oubf-merit for reliability due to the outage. The majority of these BPCG
payments (which are discussed in Sectirt) are assigned to the transmission owner.

62 This i s c &txegenrsi 2dd GasT OhetAblel ocati onso
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1 The diference between the TCC auction anddbgahead markeah the assured

distribution ofNiagara generatioat its 230 kV and 115 kV buse$he 115 kV Niagara
generation generally helps relieve congestion on the 230 kV constraints in the West Zone,
while 230 kV Niagara generation exacerbates congestion. In 2016, thosdesthortfall

of $2 million, which fell from a $7 million shortfall in 2015 because the NYISO
implemented a modeling change on the Niagara Plant on May 482016.

Balancing Congestion Shortfalls

Balancing congestion shortfalls result from reductions irtrlnesmission capability from the
day-ahead market to the retine market while surpluses (i.e., negative shortfalls) occur when
reattime flows on a binding constraint are higher than thogbeéndayahead market. Unlike
day-ahead shortfalls, balancimgngestion shortfalls agenerallysocialized through Rate
Schedule 1 chargé$.Balancing shortfalls totaled $19 million in 20a6d werecomparable to
2015. Table8 shows total balancing congestion shortfalyselected transmission facility
groups®®

Table 8: Balancing Congestion Shortfallsn 2016

Facility Group Annual Shortfalls ($ Million)

West Zone Lines

Niagara Modeling Assumption -$0.4

Ramapo, ABC & JK PARs $6

Other Factors (e.g., Outages, Loopflows) $9
Central to East

Ramapo, ABC & JK PARs -$8

Other Factors $4
Capital to HVL (TSASs) $10
Long Island Lines

901/903 PARs $3

Other Factors $1
All Other Facilities -$1

63

64

65

66

See fANiagara Gener atDavakdelsbm dt MIWGnApril 3)p0déat e 0 by

The only exception is that some balancing congestion shortfalls from TSA events are allocated to ConEd.

Figure A56 in the Appendix summarizes the balancing congestion shortfalls on major transmission facilities
for 2015 and 2016 on a monthly basSectionlll .E in the Appendix also provides detailed description for

these transmission facility groups andaaigty of reasons why their actual flows deviated from their day

ahead flows.

The balancing congestion shortfalls estimated intdhediffer from actual balancing congestion shortfalls
because thestimate (a) is partly based on retiine schedulegather than metered injections and
withdrawals; andlf) uses the original constraint shadow costs from the dispatch model therefore does not
reflect the effect of price corrections and Scarcity Pricing Adjustments.
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Similar to 2015, the 230 kV transmission facilities in the West Zoneumted for the largest

share of balancing congestion shortfalls in 2016. The primary din@tgledtransmission
outagesandun-modeled factors (such &sop flows), which collectively accounted for $9

million of shortfalls. Clockwise loop flows around Lake Erie reduce the transmission capacity
available forthe NYISOrealtime market anehcrease congestion on transmission paths in
Western New York.Hence congestion shortfallgpically will arise wherthe actual

unschedulé clockwise loop flowss significantly higher than assumed in the @dnyead market.

There was strong correlation between the severity of West Zone congestion and the magnitude
and volatilityof unscheduled clockwise loop flows.

ThunderStorm Alert (  ASTA @gnstraints accounted faearly $10 million oshortfallsin 2016
most of which occurred on one day in July and two days in Audusting these eventsansfer
capability intoSoutheast New Yorwas greatly reducedl SA-related congestion shaatfsin
2016weremuchhigher than in the pvioustwo summergartly because ofigher load levels
during TSA eventandless congestion relief frothe Ramapo PARbecause of outages.

Operation of the Ramag®ARs under the M2M JOA with PJM has providgghificant benefits

to the NYISO since January 2Q18uteffects were mixed in 2016Additional flows (into New

York) across the Ramapo, ABC, & JK PARNtrolled linesontributed anet of $2million in
estimatedsurpluses We estimatéhat$8 million o surplusegprimarily from relieving Centrat
Eastcongestiorwere offset bys6 million of shortfallsfrom West Zone linesot coordinated

under the M2M JOATo better recognize these competaigectivesthe NYISO modified its
operating practicein November 2015 to limit use of the Ramapo coordination process to periods
when the NYISO does not expect constraints in Western New York to be %ctive.

Theoperation of théwo PAR-controlled lines between New York City and Long Island (i.e., the
901and 903 lines) contributto balancingcongestion shortfallef $3 million in 2016 (and $4
million in 2015). These shortfalls aribecause oflifferencesn the schedule assumptions for

the lines in the daghead market and in the reéathe market. Average reatime flowson these
lineswere similar tdaheaverage dayhead assumptiondHoweverwhen realtime flows were
higher, they often contributed v@ry high prices in Long Islang. For example, reaime flows
from Long Island to New York Cityrothe 901 line exceeded the elyead assumption by an
average ofl4 percent during intervals with reaiine congestion even though they were
consistent on average.

67 See Subsectiofihl .D in the Appendix for more discussion of loop flows and their effect on congestion

68 See NYISO Management Committee meeting minutes for the December 17, 2015 meeting.

69 The analysis discussed in SectM in the Appendix indicates that these lines were the primary cause of

price volatility in the Valley Stream load pocket on Long Island until May 2016 when modeling changes
were made to improve the forecakteattime flows across the lines.
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B. Transmission Congestion Contracts

We evaluate the performance of the TCC market by exagithe consistency of TCC auction
prices and congestion prices in the -@dnead market for the Winter 2015/16 and Summer 2016
Capability Periods (i.e., November 2015 to October 2016).

Table9 summarizes TCC cost and profit for the evaluation period separately fozamakrand
intra-zonal TCCS?

1 TheTCC Cosimeasures what market participants paid to obtain TCC rights from the
TCC auctions. For a particular path, #@C Cosis equal to the purchased TCC MW
multiplied by the TCC price for that path.

1 TheTCC Paymenis equal to the TCC MW between two poimsltiplied by the
congestion cost difference in the ealyead market between the two points

1 TheTCC Profitmeasures the difference betweenTi®C Paymenand theTCC Cost

Table 9: TCC Cost and Profit
Winter 2015/16 and Summ2016 Capability Periods

TCC Cost TCC Profit Profit as a Percent
(8 Million) (8 Million) of Cost
Intra-Zonal TCC
West Zone $34 $18 53%
New York City $10 $3 33%
Long Island $7 $16 235%
All Other 514 -$6 -45%
Total $65 $32 49%
Inter-Zonal TCC
Other to West Zone $68 $41 60%
Other to New York City $16 -$6 -38%
Other to Hud VL $£38 -$17 -44%
Upstate New York to New England $36 -$19 -51%
All Other $10 -$7 -70%
Total $169 -$8 -5%

Market participants purchasing TCCs in the auctions covering tineotizh period from
November 2015 to October 2016 netted a total profit of $24 million. Overall, the net
profitability for TCC holders in this period was 10 percés a weighted percentage of the
original TCC prices).

70 Sectionlll .F in the Appendix describes the methodology to break each TCC intezovtet and intrazonal

components
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Nearly 45 percent (or $102 million) of TCC purchase costs were spent czontdrand intra

zonal transmission paths sinking at the West Zone, which was substantially higher than the $28
million of purchase costs spent in the priofri@nth period. TCC buyers netted a profit of $59
million on these transmission paths in 2016, consistent with highetanticipated dayahead

market congestion in this aréh.

TCC buyers also received a $16 naitlinet profit for net purchases of $7 million on Long Island
that wasprimarily due tomuch higheithanexpected congestion in the third quarter of 2016.
This was driven largely by two transmission outages:

1 The Y49line (i.e., the Dunwodieshore Rd 345 ¥ line) was forced out during most of
the third quartemedudng imports from upstatand leading to higher LBMPs on Long
Island.

1 The 677 lingi.e., the NorthporPilgrim 138 kV line)was partiallyderaed throughout
the quarter, leading to frequardngestion from Northport to other areas of Long Island

The dayahead congestidmetween areas across the Cerfast interfacevas wellbelowthe
prices inthe TCC auctiongparticularduringthe Winter 2015/16 Capability Periods
explained above, natural gas prices pride spreads between areas were miogfer than
expected, particularly at the time of the gmar and sixnonth TCC auctions, contributing to
lower-thananticipatedvestto-eastcongestion This resulted in loer-thananticipated
congestion prices in Eastern New York and at the New England proxy bus as well.
Consequently, TCC buyers netted a 46 percent loss (i.e., $42 rilliosseeson $91 million of
purchase) on intexonal transmission paths sinking at Néark City, Hudson Valley, and New
England.

In general, the TCC prices reflected the anticipated level of congestion at the time of auctions.
The past results of the TCC auctions generally show that the level of congestion was increasingly
recognized B the markets from the annual auction to themsonth auction and from the six

month auction to the reconfiguration auctiorhis isexpectedsince more accurate information

is available about the state of the transmission system and likely marketawidithe
auctionsthatoccur closer to the actual operating peri&ihce 100 percent of the capability of

the transmission system is available for sale in the form of TCCs-aia@mths or longer, very

little revenue is collected from the monthly Refiguration Auctions. Hence, selling more of

the capability of the transmission system in the monthly Reconfiguration Auctions (by holding
back a portion of the capability from the snonth auctions) would likely raise the overall

amount of revenue coltéed from the sale of TCCs

t See Sectioll .C in the Appendix for discussion of West Zone congestion

44 | 2016 State of the Market Report



External Transactions

VI. EXTERNAL TRANSACTIONS

Wholesale markets facilitate the efficient use of both internal resources and transmission
interfaces between ool areas. The latter is beneficial because it allows:

1 Low-cost external resources to compete to serve consumers who would otherwise be
limited to highercost internal resourcges

1 Low-cost internal resources to compete to sévadin adjacenareas; and

1 NYISO todraw on neighboring systems for emergency power, reserves, and capacity
helps lower the costs of meeting reliability standand=sach control area.

New Yorkimports and exports substantial amounts of power flamadjacent control areas
New England, PJM, Ontario, and Quebér addition Long Islandand New York Cityconnect
directlyto PJM and New England acrasightcontrollable lineghat arecollectively able to
importnearly3.5GW directly todownstate area$.”> The BranchburgRamapo line and the J
and K lines connect the Hudson Valley to PJM with more than 2 GW of additional transfer
capability. He n c e, N eotalimpartcdpabidity is substantial relative s load making it
important to schedule thaterfaces efficiently.

A. Summary of SchedulingPattern between New York andAdjacent Areas

Table10 summarizes the net scheduled imports between New afatlneighboring control

areas in 2015 and 2016 during peak (i.e., 6 am to 10 pm, Monday through Friday Hboses.
net imports from neighboring areas averaged nearly 2.9 GW during peak hours in 2016, up 13
percent from 2015.

Table 10: Average Net Imports from Neighboring Areas
Peak Hours, 20162016

Year [Hydro QuebedOntaric PJM New Englane CSC Neptun 1385 VFT HTP| Total
2015 1,149 934 256 -664 186 510 46 61 69 (2,548

2016 1,408 778 382 -664 205 590 39 129 11 (2,878

2 The controllable lines ar¢ghe Cross Sound Cable, the 1385 Lihe, Linden VFT Line,the HTP Linethe
Neptune Cableand three lines known as the A, B, and C lines

3 The A, B, and C lines (which interconnect New York City to New Jersey) were used to flow 1,000 MW from

upstate New York through New Jersey into NewYork Citgemthe ConEdPSEG wheeling agreement that
terminated May 1, 2017These lines were scheduled as part of the primary PJM to NYISO interface rather
than by participansubmitted transaction, so they are evaluated in Seletidh

4 Figure A58to Figure A61in the Appendix show more detailed net scheduled interchange between New

York and neighboring areas by month by interface.
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Controllable Interfaces

As in prior years,mports from neighboring control areas satisfied roughly 30 percent of the
demand on Long Island in 2016. The Neptune linetyaisally fully scheduled during daily

peak hours absent outages/deratings. Net imports over the Cross Sound Cable and the 1385 line
varied in a manner similar to the primary New England intefifdoever in the winter when

natural gas prices in New Englhwere much higher than natural gas prices on Long Island.

Net imports to New York City over the Linden VFT and the HTP interfaces were modest,
averaging 140 MW during peak hours in 2016\ et imports across these two controllable
interfaces typicallyise in the winter months when natural gas prices in New York Citgftar
higher than in New Jersey and fall from May to October when natural gas prices in New York
City are lower than in most aremsPJM.

Primary Interfaces

Average net imports from ighboring areas across tfeur primary interfaces increasdd
percent froml,675 MW in 20150 1,905 MW in 201@luring the peak hourd\et importsfrom
Hydro Quebec to New Yorkccounted for 74 percent of net imports actheprimary
interfaces in 208. Variations in Hydro Quebec impor@senormallycaused byransmission
outages on the interfacélence, aerage net imports rose 23 percen2016 primarily because
of fewer transmission outagés.

Average net imports from Ontario fell 17 percen016as the Ontario interface exhibited more
frequent import limitations and lowetearing prices during periods with West Zone congestion.
Many of the import limitations were imposbg the NYISOto manage congestion on internal

230 kV and 115 kV constirats in western New York Howeverthe NYISO has discontinued

the practice of imposing such limitations for internal 230 kV constraints bettaysean be

managed more efficiently in the dahead and redl i me mar k ednstréined ecur i t vy
commitment ad dispatch’.’

Net imports from PJM and New England across their primary interfaces varied considerably,
tracking variations in gas price spreads between these regions. For exemphork normally
has higher namports from PJM anchigher neexporsto New Englandn the winter season
consistent with the spreads in natural gas prices between these markets in the winten(i.e., N
England> New York > PJM).

5 The HTP interface has a capability of 660 MW and Linden Y&3 a capability of 315 MW.

76 Imports from Hydro Quebec were unusually low in May and October 2015 because of lengthy outages.

" SeeExternal Total Transfer Capability Interface Limifgresented by Wes Yeomans to NYISO Operating

Committee, February 2017 Curtailment of external transactions to manage internal 115 kV congestion is
discussed in SectidiX .F.0.
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C. UnscheduledPower Flows

The pattern of unscheduled power flows (i.e., loop flows) around Egkéhas a significant
effect on power flows in the surrounding control areas. Loop flows that move in a clockwise
direction generally exacerbate wésteast congestion in New York, leading to increased
congestion costs. Although average clockwise tatmn has fallen notably since the IESO
Michigan PARs went into service in April 20Xapid and large fluctuations in loop flows were
still common in 2018%7°

Our analysis shows a strong correlation between the severity of West Zone congestion and the
magnitudeand volatilityof loop flows.8® During realtime intervals in 2016vith no congestion

in the West Zonehe average clockwise loop flowsrerelatively small. However, West Zone
congestion became more prevalent when loop flows were significdre clockwise direction

or when they happened to swing rapidly in the clockwise direcidéafound that:

1 Congestion value on the West Zone 230 kV constraints exceeded $300,000 in only 0.3
percent of all intervals in 2016. However, these intervalswatted for roughly 60
percent of the total congestion value in the West Zone in 2016.

1 During these intervals, unscheduled clockwise loop flows averaged over 160 MW and
changes of unscheduled loop flows in the clockwise direction averaged 40 MW.

Section IX .E discusses additional analysis of transmarigestiorthat iscausedy unscheduled
loop flowsand other factors that are not explicitly modeled in the dispatch software. Sé€tion
discusses the effects of loop flow on é#hyead and balancing congestion shortfall uplift.

D. Efficiencyof External Scheduling by Market Participants

We evaluae external transactioschedulingbetween New York anthethree adjacentontrol

areas with realime spotmarkets(i.e., New England, Ontario, and PJM) in 2016. As in previous
reports, we findhatwhile external transactioscheduling by market participargsovided
significant benefits in a large number of hours, the scheddithgot fully utilize the external
interfaces or achieve all of the potential benefits available fromrietgonaltrading.

8 These PARs are generally operated to better conform actual power flows to scheduled power flows across the

OntaricMichigan interface. The PARs are capable of controlling up to 600 MW of loop flows around Lake
Erie, although the PARs are generally not adjusted until loop flows exceed 200 MW

& Use of these PARs since April 2012 is discussed extensively in Commissikietén. ER111844002

80 See Sectiofil .D in the Appendix for more details

81 Congestion value is a measure of fié@le flow over a constraint times the shadow price of the constraint.

The quantity is used to quantify congestion in Secddn
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Tablel1l1l summarizes our analysshowng thatthe external transaction scheduling process
generallyfunctiored properly and improvéconvergncebetween markets during 2036.

Table 11: Efficiency of Inter-Market Scheduling
Over Primary Interfaces and Schedulédesi 2016

Day-Ahead Market Adjustment in Real-Time
Average Avg l.n e Percent of  Estimated | Average Avg I_n emal Percent of Estimated
Minus . . Minus . .
Net Extemal Ho.uTs in Productpn Net Extemal Ho.uts in Productpn
Imports Price E_fflCle_nt Cos_t _Savmgs Imports Price E_fflCle_nt Cos_t _Savmgs
(MW/h) (S/MWh) Direction (Milion $) | (MW/h) ($IMWh) Direction (Million $)
Free-flowing Ties
New England -698 $0.56 45% -$2 52 $1.30 59% $7
Ontario 871 $7.73 81% $61
PIM 292 $0.17 69% $7 5 $0.09 63% $5
Controllable Ties
1385 Line 70 $1.14 66% $2 -31 $0.53 53% $1
Cross Sound Cable 191 $4.58 73% $12 -1 $2.83 55% $0.1
Neptune 568 $7.95 89% $41 -8 $6.83 59% $0.5
HTP 7 $3.38 82% $0.1 2 $3.78 64% $0.2
Linden VFT 93 $3.56 79% $6 44 $3.21 67% $3

The table shows that transactions scheduled by market participants flowed in the efficient
direction (i.e., from lowepriced area to highgsriced area) in more than half of the hours on
most interfaces between New York and neighboring markets during 2016

In the dayahead market, the share of hours weitlicient scheduling was generally higher foe

five controllable ties than the frélowing ties probablybecause there is generally less

uncertainty in predicting price differences across theseaitaiile lines. A total of $61 million

in day-ahead production cost savings was achieved in 2016 across the five controllable ties. The
Neptune Cable accounted for 67 percent of these savings because the interfpasevady

fully scheduled and thdew York pricewas nearly $8/MWh higher on average in 2016

Reattime transactions between Ontafighich lacks a dayahead markeand New York flowed
in the efficient direction in nearly 81 percent of hodrsiswas partly due to the fact that the
priceon the New York side wasonsistentlyhigher by an average of nearly $8/MWh in 2016.
As a result, aotal of $1 million in production cost savingsas achieved across the Ontario
interface despitehe congestion on the 230 kV system in the West Zbeesubstantial charges
that are assessed to export transactions ($3 to $4 per MWh in a0dahe fact that the NYISO
frequently limited imports from Ontario to secure its internal 115 kV transmission facilities

The right panel in the table evaluatesv participants adjusted their transactions in response to
reakttime prices, indicating that these adjustments were efficient in well over half of the hours.
Such adjustmentscross the PIM and New England primary interfaces eesSuolt total of $12

82 SeeSectionlV .B in the Appendix foradetailed description of this table.
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million savings in production costghile reattime adjustments across the controllable ties were
less frequent. Many of the adjustments resulted from curtailments or checkout failures-of a day
ahead transactiomvhich tended to raiggroduction costsnodesly.

Although significant benefits have been achieved in the majority of hours, there was still a large
numberof hours when power flowed in the inefficient direction on all of the interfacdurs

when large amounts afdditionalefficient flows could have been scheduledhese results

indicate how uncertainty amdher costs and risks interfere with efficient interchange scheduling
which underscores the value of having walictioning,Coordination Transaction Scheduling.

E. Evaluation of Coordinated Transaction Scheduling

Although £heduling by market participants textd improve convergence, opportunities remain

to improve the interchange betweenregioBo or di nati on Transacti on
marketprocessvhereby twoRTOsexchange and use reahe market information to clear

mar ket part i eitepnal transadions morereficientlfihe CTS intrehour

scheduling system has at least three advantages over the hourlyh&dé& scheduling system.

1 CTShbhidsareeal uated rel ati ve t eern driee foreeast,gvhib or i ng

the previous system required market participants to forecast prices in the adjacent market
(more than 75 minutes in advance).

1 The CTS process schedules transactions much cloder tperating timePreviously,
schedules were established 45 to 105 minutes in advance, while schedules are now
determined 15 minutes ahead when more accurate system information is available.

1 Interface flows can be adjusted every 15 minutes insteaceof 60 minutes, which
allows for much quicker response to raale events.

The CTS was first implemented with PJM on November 4, 2014 and witiNES@Gn December
15, 2015. It is important to evaluate the performance of CTS on-gning basigo identfy
and implement improvements.

Evaluation of CTS Bidding

CTS is that it requires traders to submitdide at  wi | | be scheduled onl

forecasted price spread is greater than the bid price, so the process reguffieteat quantiy
of price-sensitive bid$3 Figure9 evaluates the priesensitivity of bids at the PIM and I1SME
interfaces, showinghe average amount of bids at each interface duringlpaas (i.e., HB 7 to

83 Before adopting CTS, the NYISOandISOE consi dered an alternative desig

whichwoul d have scheduled interchange based on the
Concurrent with the publication of this report, we published an initial assessment of whether Tie
Optimization would likely have performed better than CTSHWEO-NE. For additional details aboutis

study, sed-irst Year Evaluation of CTS between New England and New pasented to Joint ISO

NE/NYISO Stakeholder Meeting on April 20, 2017
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22) by month. Only CTS bids are allowed at the-ISPinterface, while both CTS bids and
LBMP-based bids are allowed at the PJM interface. Thus, the figure shows-h&dég bids
relative to the shoiterm forecast so that the prisensitivity of LBMRbased bids can be

directly compared to that of CTS bitfs.

600
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Avg Offered and Cleared Bids (MW)
o

Figure 9: Average CTS Transaction Bids and Offers byMonth
PJM and NE Primary Interface2016

Avg Price-Sensitive Bid MW* Avg Cleared
LBMP-Based CTS Price-Sensitive
<$5 $5-$10] <$5 $5-$10| Bid (MW)*
PJM 145 49 33 49 120
NE 414 117 245

* Includes both imports and exports.
Exclude bids < -$10 (non-price-sensitive).

mm $10 to $20: CTS mEm $10 to $20: LBMP
%5 to $10: CTS == $5 to $10: LBMP
C3-$10t0 $5: CTS m=m-$10to $5: LBMP
—=—Cleared Bids
=
o
Annual | NY/PIM . NY/NE

Participation in CTS at the PJM interfasestill relatively low after two yearsThe amount of
price-sensitive bids (CTS and LBMPasedogethey at the PJM interface was significantly
lower than at the New England interfane2016 and only 30 percent of the price sensitive bids
at the PJM irdrface wereCTS bids An average of 414 MW (including both imports and
exports) were offered betwee$il0 and $5/MWh at the New England interfaoere than

double the amount offereat the PJM interface. Likewise, the cleared pseasitive bids at the
New England interface @emore than double the amount cleared at the PIM interface.

The differences between the two CTS processes are largely attributable to tieektbat are
imposed at the PJWterface while thereare nosubstantiatransmissan charges or uplift
chargentransactions between New York and New Englaflde NYISO chargephysical

84

For example, if the shoeterm price forecast in PIM is $23 $5 CTS bid to import would be scheduled if the

NYISO price forecast is greater than $32. Likewise, a $32 LBisl$ed import offer would be scheduled
under the same conditions. Thus, the LBbH3ed offer would be shown in the figure as comparabl&¥fo a
CTS import bid. Sectiol/.C in the Appendixdescribes this figurenigreater detail.
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exports to PIJM at a ratgpically ranging from$4 to $8MWh, while PIM chargephysical
imports and exportstaansmissiomateand uplift allocatio that averagegss than ¥MWh.
Thesechargesareasignificant economibarrier to achievinghe potential benefitérom the CTS
processsince &rge and uncertaicharges detguarticipantdrom submittingprice-sensitiveCTS
offersat the PJM borderThese results demonstrate thrapbsinglarge transaction feem low
margin trading dramatadly reduces trading arjuidity. Hence, we recommend eliminating
these charge®

Evaluation of CTS Production Cost Savings

We also performed a more geneaasessment of the savings produced by the CTS processes at
both interfaces, which are primarily affected
the charges assessed to the CTS transaéfions.

We estimate that$4.5 million and $3.1 million in @duction cost savings was anticipated based
on information available when RTC determined final interchange schedules at the New England
and PJM interfaces in 20£6.The potential savings wehggherat theNew Englandnterface
because the higher liquigtiof bidding at that interface contribst® larger andnore frequent
intra-hour interchange adjustmentdowever,inaccurate price forecasts reduced the savings that
were actually realized. We estimated that:

1 Only $2 million of$4.5 million in potentibsavingswere realized at the New England
interface and

1 Almostno savings were realized at the PJM interface

Although pojected savings were relatively consistent with actual savings when the forecast
errors were moderate, the CTS process produced machinefficient results when forecast

errors were largerln 2016, nearly 80 percent of projected production cost savings were realized
at the New England interface during intervals when forecast errors from both markets were less
than $20/MWh. Simildy, nearly 70 percent was realized at the PJM interface in such intervals.
However, small or even negative savings were actually realized at both interfaces in a small
number of intervals with large forecast errors, undermining the overall efficiencyf C

The performance of the price forecast shghtly better at théJMinterface than at thlew
Englandinterface during 2016For example, pce forecast errors were less than $5/MWh in

85 See Recommendation #2095

86 SectionlV.C in the Appendix describes this analysis in detail.

87 Our evaluatiortends taunderestimatethe production costavings, because the hourly schedthes we

estimate would have occurred without CilEflectsome of the efficiencies that result from CTS.
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higher share of intervalt thePJMinterfacepartly becaus the priceelasticity of supplyn PJM
is normally greater because of the larger size of the PIJM market

Based onor evaluation of h e N YRTGS @iéedorecast we identifiedwo significant
issues thatontribute tats forecast errors

T

Duringu n i shusdown cyclesR T D oPsicin@ Pass(which executes the rediime
pricing logic) uses unrealistiampassumptionshatcan causéransient price spikebat
increaseCTS schedulingrisks and undermine scheduling incentit®s.

RTC assumes external transactions ramp up to their schedule by the top tieithaiag
interval, whileRTD assumes that external transactions start to ramp five minutes before
the interval and reach their schedule five minutes aftanteeval(five minuteslater

than RTC).2° Theprice differences between RTC and RTD were much larger tiieen
difference in thessumed imports in the two markets exceefEiMW %

Althoughthe intrahour scheduling through CTS process promises substantial savings, achieving
these savings will require:

l

Reducing or eliminating the fees charged to transactions between PJM and thetNYISO
encourage more efficient utilization of the interfaces between the two regions.

Improving the accuracy of the forecast assumptions by Na&OPJMo facilitate
more efficient interchange schedulitly.

We will continue to monitor the performance of CTS between the NYISO and neighboring
markets and recommend improvementstaximize its effectiveness.

88

89

90

91

See SectionX .E for additional details about this issue.

Figure A66in Section IV.E in the Appendix illustrates the ramp profiles that are assumed by RTC and RTD
for external transaction.

See SectiofivV.C in the Appendix for our evaluation in more detail.

See Recommendation #20250 eliminate transaction fees and Recommendation #2818 bring
consisteny between the ramp assumptions used in RTC versus RTD.
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VII. CAPACITY MARKET RESULTS AND DESIGN

The capacity market is designed to ensure that sufficient capacity is available to reliably meet

New Yorkds planning reserve margins. Thi s ma
the signals provi de dandllgry devicesmaiKétstcSdibtateneavn er gy an
investment, retirement decisions, and participation by demand respdmseagacity auctions
havesetclearing pricesince their inceptiofor three distinct locations: New York City, Long

Island, andNYCA. Beginning with the Summer 2014 Capability Period, the capawiket

incorporated an additional capacity Locafity Southeast New York, known as theJG&ocality.

By setting a distinct clearing price in edabcality, the capacity marketan facilitde investment

in areasvhereitisneeded o s ati sfy t he NYhissébos sumasizesithen g n e
capacity market results in 2016, discusses the treatment of exports fromcopstrained

areas, and proposes new rules to better reflect the waresources in different locations.

A. Capacity Market Resultsin 2016

The Capacity Demand Curves determine how variations ioléaeedsupply of capacity affect
capacity clearing price¥. Table12 displays the average spot auction capacity prices for each of
the four capacity localities for the 2017 Capability Year. The table also shows yeaeryear
changes in key factors that drove the change in capawsgfrom theprior Capability Year’®

Table 12: Capacity Spot Prices and Key Drivers by Capacity Zoné&*
2016/17 Capability Year

NYCA NYC LI G-J Locality

Avg. Spot Price

2016/17 Yr ($/kW-Month) $2.28 §7.86 §2.55 $6.36

% Change Yr-Yr -5% -26% -31% 3%
Change in Demand

Load Forecast (MW) -209 -136 -60 -31

IRM/LCR 0.5% -3.0% -1.0% -0.5%

ICAP Requirement (MW) =77 -467 -117 -109
Change in ICAP Supply*

Generation (MW) -319 -56 17 42

Import Capacity (MW) 430

92 Based on the Capacity Demand Curf@she 205/17 Capability Year (i.e., the 2@B1Summer Capability

Period and the 2@!17 Winter Capability Period), 800 MW change iHCAP supply or demandould
change the clearing price b0.20/kW-month in NYCA, $058kW-month in the GJ Locality, $.13kW-
month in New York City, and®&82/kW-month in Long Island.

93 See Section¥| in the Appendix for more information on spot prices and key drivers on a monthly basis.

94 In this table, the MW quantities under fAChange in |

the 2015 Summer Capability Period and 2046 Summer Capability Period.
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While capacity prices increased slightly (3 percent) in thel@cality, prices fell by 5 to 31
percent in the other areesthe 2016/17 Capability Year. The yeareryear changes in
capacity prices resulted from changes in both supply and demanchir@#. On the supply
side, NYCAwide internal generation fell by 319 MW:

1 In Western New York, 450 MW retired or mothballed at the Huntley and Dunkirk plants
in the first quarter of 2016; and

1 In New York City, small reductions in capacity resulted frim@ mothballing of multiple
Astoria GT and Ravenswood GT units.

1 However, these internal capacity reductions were offset by a net increase of over 400
MW in imports during the summer months, some of which persisted in the Winter
Capability Period, puttingownward pressure on prices.

On the demand side, the ICAP requirement fell in every capacity zone, including

1 77 MW (or 0.2 percent) in NYCA because of a modest decrease in the peak load forecast
that was offset slightly by a 0.5 percent increase inRi; |

1 2109 MW (or 0.7 percent) in the-GLocality due to a small decrease in the LCR from
90.5 to 90 percent;

1 467 MW (or 4.7 percent) in New York City primarily because of a decrease in the LCR
from 83.5 to 80.5 percent, compounded by a decrease in théopddkrecast; and

1 117 MW (or 2 percent) in Long Island primarily because of a decrease in the LCR from
103.5 percent to 102.5 percent.

As observed in the previous year, changes in LCRs continue to be a key driver of the most
significant yeatoveryearcapacity price changes in New York. As such, it is important to
establisnL.CRsthat will procure capacity in a cost efficient manner. Under the current method
for determining LCRs, the -@ Locality LCR tends to rise and fall with the amount of capacity
resources in the region. Conversely, the Zone J and Zone K requirement rises when capacity
leaves the Lower Hudson Valley and $allhen capacity is added to the Lower Hudson Valley.
Such variations are inefficient and create significant market uncegrtdihe next subsection
discusses our recommendationimproving the method for calculatimgj LCRs

B. Efficient Locational Requirements Under the Current Zone Configuration

Capacity markets should be designed to facilitate investment in new and exagiawify by
providing efficient price signals that reflect the value of additional capacity in each loGdigy.
improved reliability from dditional capacity depends on where it is located, so the capacity
pricesin each locatiorshould be proportionabtsuchreliability improvements. This will direct
investment tahe most valuablecaionsand reduce the overall costrafintainingreliability.
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To achieve these efficient locational capacity prices, LCRs must bersetitoize the cost of
satisfyingthe resource adequacy criteria. Téuksection discussasprovements irthe

calculation of LCRs thawould lead to more efficient price signals and lower capacity costs.

PartO identifies concerns with the current rules for setting capaequirements in each area.

PartO discusses two approaches for implementing a locdtam®d marginal cost pricing
mechanism in the capacity market t h t he NYI SO0s current zones

CapacityPricesand Requirements Under th€urrent Rules

The oneday-in-tenyear resource adequacy standard can be met with various combinations of
capacity in different areas of New York. The current annual process for determining the IRM

and LCRs is known as 9% TheUnfied Neéthodolegy wad mdtithtedd o | o g y
to define the minimum LCRs for the localities in a manner that provides some balance in the
distribution of capacity between upstate and downstate regions. However, the Unified

Methodology does not consider economic orcefficy criteria, so the LCRs are not based on

where capacity would provide the greatest reliability benefit for the lowest cost. Setting

IRM/LCRs such that the capacity demand curves reflect the marginal reliability value of

additional capacity in eachdality would provide incentives for more efficient investmamd

lower overall capacity costs

The following table illustrates the inefficiency that results from the IRM/LCRs for the 2017/18
Capability Year by comparing the marginal reliability value appacity in each region. It shows

that reliability is valued much more highly in some areas than in other areas. The table is based
on the system at the losigrm equilibrium that is modeled in the demand curve reset process,

which assumes each localitgls a modest excess (known as its
system is more reliable than the 0.1 LOLE minimum criteria. An Excess Level is assumed so

that the demand curve in each area is set sufficiently high to ensure the system never exceeds the
0.1 LOLE criteria. This modest excess results in an LGlghtly below0.072%

The tableshowstwo scenarios: (a) the base scenario illustrating the equilibrium in the demand
curve reset where each area contains an amount of capacity equal to the Exalesmtl€la) an
alternative scenario where small amounts of capacity are shifted in order to reduce costs without
increasing the LOLE.

9 Seel ocational Minimum Installed Capacity Requirements Study Covering the New York Balancing

Authority Area for the 2017 2018 Capability Year

9% The demand curve reset process is required by tariff to assume thaethge level of excess in each

capacity region is equal to the size of the demand curve unit in that region. Tt2028 Hemand curve
reset assumed proxy units of approximateél§ RIW (ICAP) in each areaFor the MARS results discussed
in this sectionthe basease was set close to the Excess Level in each area, although the amounts were
slightly different. The amount of capacity in ZarleandK was actuallya total 0f36 MW (UCAP) lower

than the Excess Level and the amount of capacity in Zonesand’D was80 MW (UCAP) higher than the
Excess Level. These differences should not affect the overall conclusions from the analysis.
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For the base scenario, the table shows the following for each area

T Net CONE of Demand Curve UiiiBased on thedur demand curves for the 2018
Capability Year.

9 NYCA LOLE at Excess Level in Demand Curve Re$htsis a single value for NYCA
that isfound by setting the capacity margin in each area to the Excess Level from the last
demand curve reset

1 Change inLOLE from 100 MWJCAP Additioni The estimated reliability benefit
(reduction inLOLE) from placingl00 MW ofadditionalUCAP in the area for the Base
scenario’’

1 Annual Cost of 0@ LOLE Improvemerit This iscalculated based dhe ratio ofthe
NetCONE of Demand Curve Urtih the Change in LOLE from 1001W UCAPAddition
Thisis the annual levelized investment cost necessary fol0a triprovement in the
LOLE from placing capacity in the ar@athe Base scenatf§ *°

The tablealso show$iow cagacity investment costs could be reduced by purchasing more
capacity in areas where it is cadfective (Zone K) and less capacity in areas where capacity is
expensive (Zones-#4 and Zone J). The alternative scendhistrateshow capacity costs would
vary with the following quantities

1 Adjustment to Installed CapacityThis shows an example set of additions and
subtractions in each area for illustrative purposes.

1 Estimated Change in LOLE This shows the LOLE changes that would result from the
additions and subtractions areas that net @ zrochange in LOLEoverall. We
calculate this bynultiplying the additions and subtractions in each émetheChange in
LOLE from a 100 MWAddition for each area

1 Change in Cost of CapacityShows the resuttg annual change in capacity investment
cost, which is an efficiency gain rather than a wealth transfer between market parties

97 These values were obtained by starting with the system at Excess Level with an LOLE of 0.072 and

calculating the chage in LOLE from a 220 MW ICAP addition in each area. For each are@htimgge in
LOLE from 100 MWJUCAP Additionwas approximated based on the change in LOLE from a 220 MW ICAP
addition divided by (1 minus the average EFORd for the zone) scaled down.

98 For example, for Zones-Kk: $93/kWyear x 1000kW/MW =+ (0.003LOLEchange/100MW) x

0.001LOLEchange = $2.7 million.

9 Note, this value expresses the marginal rate at which LOLE changes from adding capacity when at the

Excess Level However the actual cosif improving the LOLE by 0.001 might be somewhat higher since
the impact of additional capacity tends to fall as more capacity is added at a particular location.
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Table 13: Cost of Improving Reliability from Additional Capacity
By Locality, 2017/18 Capability Year

. S Capacity Area

Base Scenario - Equilibrium in Demand Curve Reset

AF | 6l | 3 | K |NycA
Net CONE of Demand Curve Unit ($/kW-yr of UCAP) (1) $93  $137 $157 $93
NYCA LOLE at Excess Level in Demand Curve 0.072
Change in LOLE from 100 MW UCAP Addition (2) |-0.003 -0.004 -0.005 -0.005
Annual Cost of 0.001 LOLE Improvement @)/(2)| $2.7M $3.3M $3.3M $1.7M
Alternate Scenario - Reduced Capacity Cost
Adjustments to Installed Capacity (UCAP MW) 3) -140 0 -65 140 -65
Estimated Change in LOLE (2)x(3)| 0.005 0.000 0.003 -0.008| 0.000
Change in Cost of Capacity (1)x(2)| $-13M  $0M 3$-10.2N $13M |-$10.3M

The table shows large disparities in the annual levelized cost of improving reliapiagding
capacity in different locationseeAnnual Cost of 0.001 LOLE Improvementhe table shows
thatimproving the overall NYCA annual LOLBy 0.001 in the Bse Scenario by adding
capacity on Long Island would cost $1.7 million, roughly half the cost of achieving the same
benefit by adding capacity in New York City or the Lower Hudson Valley, and almost 40
percent less than adding capacity outside of SoutheastY ork 1

The large disparities between areas in the costs of additional reliabilitAfireial Cost of
0.001 LOLE Improvementlustrate that the current IRM and LCRs ar determined
optimaly. These resultsuggest

1 The statewide IRM and the IECfor Zone J (New York City) exceed the levels that
would be necessary to minimize the overall cost of capacity investment; and

1 Recognizing the benefits of exports from Zone K (Long Island) to tld_Gcality would
likely be necessary to minimize the oakbicost of capacity investment

The alternate scenario illustrates the potential cost savings by ren20®&MW of capacity

from Zones AF and Zone Jand adding 140 MW of capacity to Zone K for export to thé G
Locality. By shifting capacity from highost areas to lowsost areaghe NYISO could achieve

the same LOLE by purchasing less capacity and s&40d million is annually in this example.
These results anustrative and larger optimal shifts in requirements could achieve much larger
costreductions Hence, we recommend thaese cosbenefit considerationsetaken into

account in determining the IRM/LCRs for each Locality and in devising rules for the treatment

100 The values in th€hange in LOLE from 100 MW UCAP Additimw changed considerably in 201or
the Gl area (from-0.006 in the previous report based on MARS simulations before the TOTS projects to
0.004 in this report). Itis likely that the TOTS projects, which increased transfer capability on the UPNY
SENY interface, account for much &ii$ reduction. The marginal value of capacity in theaBea should
fall as a result of new transmission into the area, and ideally, this would be reflected in a reduced LCR.
However, the current method of calculating LCRs does not lead to efficiemti@ts in the LCR.

2016State of the Market Report | 57



Capacity Market

of exports from exportonstrained capacity zones (e.g., Zone We deschetwo approaches
in PartO of this subsectioto implement locatiofbased marginal cost pricing of capacity to
achieve these savings that we reotend the NYISO investigafé!

Location-BasedMarginal Cost Pricing for Capacity

One approach would adjust the LCRs and IRM considering the capacity demand curves in each
area with the objective of minimizing overall cost of satisfying the res@dequacy criteria,
recognizng the reliability benefits to the -G Locality from allowing capacity exports from Zone

K. A second approach would determine spot capacity prices as a function of the LOLE results
for the asfound system in each auction. Beaipproaches are described briefly below

Approach 1

Tablel3illustrates how capacity could be shifted to reduce cost while maintaining a target

LOLE corresponding to the Excess Level, which is likely to be arodw By iterating

bet ween the LOLE model (AMARSO0O) and the deman
subtract capacity from different locations until reaching an equilibrium point wiefstual

Cost of a 0.001 LOLE Improvemdree fourth row oTablel13) is the same in all four areas,

indicating no further capacity cost reductigmiossible. Call this the optimal capacity allocation
scenario. The optimal capacity allocation scenario should also satisfy interzonal transmission
security criteria. GE has developed software to shift capacity in an iterative fashion as described
abowe, which can be used to identify the optimal capacity allocatfon.

The LCRs could be determined taking this optimal capacity allocation scenario and

proportionately increasing load until the system reaches 0.1 LOLE. However, this would result
inanexce si vely high Arequiremento for Zone K jus
relatively low there. Thus, it may be appropriate to limit the li@Rease irzone K(and

corresponding decrease in thel@cality), and instead credikports from Zone Koward

satisfying the GJ Locality LCR%® We recommend the NYISO and GE augment its model to

treat Zone K (and other exparpnstrained locations) in this fashion.

101 gee Recommendation #2018.

102 For a discussion of this model, sekernative Methods for Determining LCR®Besented by Zachary Stines

to Installed Capacity Working Group, April 4, 2017.

103 This would entail setting: (a) axport limit when additional exports would no longer be fungible with

capacity from other zones in Southeast New York, (b) one or more benefit ratios to discount additional
exports when the export limit is exceedad (c) clearing Zone K exports on theJ&ocality demand curve

This concept is discussed further in Section VIBGf 2013 State of The Market Report for the New York

ISO Marketsandon slides 1522 in2013 State of the Market Report Recommendation to Enhance Locational
Pricing in theCapacity MarketPresented by Market Monitoring Unit to Installed Capacity Working Group,
August 20, 2014
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Approach 2

An alternative approach to determining efficient capacity prices at each loeatida involve
calculating the incremental reliability benefit (as measured by the MARS model) of adding
capacity to the aBund system in each spot capacity auction. This would require developing a
single capacity demand curve or value for the systeamtgying the cost of improving LOLE
(expressed adollarsper unit change in LOLE). The capacity price at each location would be
equal to the product of: (a) the demand valugallarsper unit change in LOLE and (b) the
marginal effect on LOLE from aditbnal MW in the zone for the asleared systert?* This

approach would require fewer approximations and simplifying assumptions and, thus, would be
less resourcetensive prior to the spot capacity auction.

C. Treatment of Export Transactions from Import-Constrained Localities

A generator in the @ Locality sold 500+ MW of capacity into the ISTE Forward Capacity

Auctions for the 2018/19 and 2019/20 commitment periods, raising questions about how the

NYISO should treat capacity export transactions frormaort-constrained zon¥> When a
generator in Rest of State (AROSO0) exports ca
of clearing the NYCA capacity demand curve. However, it would be inappropriate to simply

ignore a generator in an imparonstrained locality because it is exporting, since the generator

still helps satisfy the need for capacity within the constrained locality.

Until recently, the NYISO did not have rules to account for such transactions efficiently when

setting capacity pces. To address this issue, the NYISO filed new rules in November 2016

(which were mostly accepted) while recognizing that some issagsieedo be addressed in a
subsequent filing (APhase 20) . Whil ep t hese e
fully, it is important that the Phase 2 proposal establishes rules that

1 Set prices for imports from external control areas to the NYISO that are consistent with
the basis for the Loc%ITihtey NEYN SlOa@drsg & uF a eetnd r
set prices formportsthat ardower than the value they provide to the NYISThis
could lead the NYISO to forgo imports even when they provide additional reliability
value to the NYISO at a lower cost than alternative resources.

104 5ee2013 State of the Market Report Recommendation to Enhance Locational Pricing in the Capacity

Market, presented by Market Monitoring Unit tastalled Capacity Working Group, August 20, 2014, Slides
26 & 27.

105 The Roseton 1 generator sold 511 MW in FCA 9 and 532 MW in FCA 10. Information pertaining to
capacity obligations in the FCA 9 and itfAuctanuct i ons ¢
20182019 Obligat20290 Famdvai d20C@pacity Auction Obliga
section ahttp://www.isane.com/marketeperations/markets/forwamchpacitymarket/?load.more=1

106 The LEF represents the share of the exportingues that could be replaced by capacity outside the

importconstrained area.
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1 Recognize the local riability value that the exporting generatemtinue tgprovide to
the importconstrained areas in NYISQAddressing tfs issuemay involve establishing
and pricing a locateliability product that would include obligatiots NYISOfor the
supplier. This will produce efficient prices and incentives because it brings into
alignment : the NYI SO6s planning needs, I
with all of the resources that are contributing to satisfying its needs.

1 Make changes to thaitigation thresholds applied to the exporting genertdiair are
coordinated with the rule changes to compensate exporting genéoatibiesir local
reliability value(see previous bullet)lf the exporting generator is not compensated, it
will be necessarto have a looser threshold (so that mitigation is not applied to efficient
export transactions)If the exporting generator is compensated, a tighter threshold would
be appropriate.

In general, efficient market design will lead to prices and corresposdttigments with

generators that are consistent with the value and/or cost to the system. Adhering to this principle
will provide efficient incentives for participants to engage in ctomsler transactions and lower
costs. Absent thesehtreeelements ba reasonable lontgrm solution, it will be difficult to
expectthatth&l Y1 SO6 s golutompvallpedlce efficient longerm economic signals

and scheduling across the bordelence, we recommend that the NYISO address these design
elements in ta second phase of its proposal.

D. Financial Capacity Transfer Rights for Transmission Upgrades

A developer would not have an incentive to build a new generator in New York without being
able to earn revenue from the sale of capacity. Likewise, developkeasswinot have efficient
incentives to build new transmission without capacity revenues the reflect their contribution
toward satisfying t hrvesth&nkn®&andnassiqgrhnssignificantly nee d s .
reduce the cost of maintaining adequatéaiied reserve marginenhance the deliverability of
existing resourcesnd reduce the effects of contingenci@s. provide efficient incentives to
invest in transmission, we recommend that transmission develegerse financial capacity
transferrip t s (i Eo@rdspoading to the benefits of the upgritie.

The value of the rightshould be based on the amount by which installed capacity requirements
are reduced by the facilityThus, efficient compensation equals the product of the following
three inputs:
1 The effect on the TTC of one or more interfaces from adding the new facility &s-the
found system,

1 The marginal effect of a change in TTC on the LOLE ofagi®und system, and

107 5ee Recommendatio@121cin SectionX.
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1 The value of reliability in dollars per unit of LOLE. This demavalue is described
under Approach 2 in the previous subsection.

To illustrate this concept, suppose a project were to increase TTC forfthendssystem on
interface A by 200 MW and interface B by 50 MW. Further suppose that the marginal LOLE
effectof increasing TTC of interface A by 100 MW-13.002, and the marginal LOLE effect of
increasing TTC of interface B by 100 MW-3.001. Suppose the value of reliability determined
in the demand curve reset was $2 million 182001 per year. In this aasthe project would
receive a FCTR in the first year with a value 8fGmillion = {(200MW x-0.002 per 100MW)

+ (50MW x -0.001 per 100MW)} x $2 million pe.001. To ensure revenue adequacy, the
effect of the new facility on interface TTC shouldrbealculated as often as the locational
capacity requirements, which currently happens on an annual basis.

Similarly, it would also be appropriate to compensate (or chame)generatioprojectsfor

their impact on deliverability constraintsroughcapaity transfer obligations (i.e., negative
valueFCTRS). In some cases, it would be more efficient (i.e.;efbsttive) for a project

developer to accept negative FCTRs than make transmission upgrades (if the value of upgrading
the transmission system s/wer than the cost of the upgrades). Such compensation would
provide incentives to interconnect at points that increase the deliverability of other generators.
Such charges would be more efficient than assigning SDU costs, since these can beta barrier
efficient investment if the SDU costs are higher than the value of the upgrade.

E. Incorporating Capacity Market Benefits and Other Reforms to CARIS

The NYISO has an economic transmission planning process known as the Congestion
Assessment and Resourceelgr at i on Study (ACARI S0) . The pr
costof-service compensation through the NYISO tariff when a project is expected to be

economic based on a tardefined beneficost analysis. However, since being established in

2008, no tansmission has ever been built and received cost recovery through CARIS. The

NYISO is currently evaluating solutions for two transmission needs under the new Public Policy
Transmi ssion Need (APPTNO) assessmena process
Western New York PPTN and an AC Transmission PE®PNHowever, the competitive

wholesale markets price congestion and should provide incentive to make investments to relieve
congestion when it is caesffective. The use of the PPTN assessment procesduoe

congestion in New York highlights deficiencies in the CARIS process, which we discuss below.

We identify several deficiencies in the CARIS process, including: (i) assumptions that
systematically undervalue projects, (ii) deficiencies in forecastiogels, and (iii) elements that
may make an economic project ineligible for funding. We recommend the following changes to

108 Each order is atthed to the corresponding project solicitation letter that is posted on the NYISO website at

http://www.nyiso.com/public/markets_operations/services/planning/planning_studies/index.jsp
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address these deficienciedle recommend changing the following assumptions that
systematically undervalue projects

1 Capacity MarkéBenefits The benefitcost ratio that is used to identify economic
projects ignores capacity market benefithichundervalus transmission projects that
make significant contributions to satisfyi
benefits sbuld be quantified using the metric discussed in Subsebtion

1 Retirements and New Entry Assumptidi@3ARIS starts with a base case from the
Comprehensive Reliability Plan (ACRPO), bu
purpose that is not suited to evaluating the economics ofraeamissionnvestment.

CARIS should recognize that if a new transsios project goes forward, it will likely
affect the retirement and/or entry decisions of other resodfées.

Quality forecasting is essential so we recommend the following enhancements to the models that
are used to evaluate projects:

1 Gas System Modeb i Unprecedented levels of congestion have arisen on the natural
gas pipeline system since 20thathas been the principal driver of congestion in the
energymarkes. Thus, efficient electricity transmission investments cannot be identified
without improvements to the forecasts of future congestion on the gas pipeline system.

1 Electric System Modelg i The NYISO uses GE MAPS to model the electrical syggem
sound platforln However, enhancements are restih better represent contingencies,
other realtime events, and transmission outages that contribute to congestion.

There are elements of the CARIS process that could prevent an economic project from moving
forwardthat we recommend the NYISO modify

1 80 Rercent Voting RequirementBefore an economic project is funded, the project must
garner approval from 80 percent of the beneficiaries. Vghibd a votenay be
appropriate to ensure that only projects that are clearly economic move faivea80,
percent requirement isinreasonablfigh. This supermajority requirememtay enable a
small group of participants to block an economic investment

1 $25 Million Threshold To be evaluated in CARIS, a project must coste thar$25
million, whichmayprecludeeconomic projects or preveiitfrom being sized optimally.

These recommendations address many of the impedimehts CARIS procest investment
in economic transmission projectd/e recommend thahé NYISO review the CARIS process
to identify any aditional changes that would be valugtdedmake the changes necessary to
ensure that the CARIS process will identify and fund economic transmssi@tcts!©

109 This would require the development of a set of new entry conditbased on the costs of hypothetical wind,

solar, combined cycle, and simple cycle units. In addition, this would require CARIS to measure the benefit
of a project based on the market value of energy and capacity in the scenario with the projdnt rather
comparing the base case scenario to the scenario with the project

110 gee Recommendatigt?20157 in SectionXI.
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F. Implementing a More Dynamic Locational Capacity Market Framework
Deficienciesin the Current Process for New Zone Creation

The new capacity zone forthels Local ity in Southeast New Yor Kk
enhanced the efficiency of the capacity market signaldpbltyears to create after it wiasvas

first needed This delay has haggeral adverse consequences that illustrate the importance of
promptly creating new capacity zones when they are needed.

1 The capacityn Zones G, H, and | felby 21 percent from 2006 to 2018ven as the need
for resourcetn SENY interface became moapparent Sane of this capacity may have
been economic to remain in service if thel Gocality had beeoreatedsooner.

1 Retiremensin Zones G and H resulted in higher LCRs for Zones J anih khe three
years prior to the creation of theJ3_ocality,the LCR for Zone J rose from 80 percent to
86 percentind led tanuch higher capacity prices in Zon&1il

1 For several years prior to creating thel Gocality, the Highway Deliverability Test
preventedsomeeconomiccapacity suppliers outside SENY from sellthgir capacity
which increased the capacity prigesfficiently in Zones A to F.

In summarygarliercreation of the @ Locality would have facilitated more efficient investment

and reéirement decisionsgnd lowered overall capacity costs significanfiyh e NYI SO6s cur
NCZ processs destined t@roducesimilar outcomes becausenill not createof other new

capacity zones a timely and efficient mannefTo understand why, omeust recognize that a
transmission bottleneck can create two issues from a planning perspective:

1. It can prevent surplus capacity on the unconstrainted side of the bottleneck from being
deliverable to load on the constrained side (i.e., deliverabilitg)ss

2. Second, it can require additional capacity to be procured on the constrained side of the
bottleneck to meet the reliability needs of the load pocket (i.e., reliability issue).

The first problem with the NCZ process is thas based on the Highay Deliverability Test
criterion It ignores entirely the reliability issue that would justify the creation of a new capacity
zone. Hence, if the NYISO identifies areas where capacity is needed tdtewedability needs

a new capacitgone will notbe created unless there is also a deliverability problem

The ®condproblem is that the Highway Deliverability Test is performed with onlyettisting
resources WItICRIS rights Hence, if new resources are entering or imports are being offered
that ae not deemed deliverable because of a highway constraint, the NCZ Study writera

be triggered. This is a case where a new zone is needed to allow thengheeunconstrained
side of the bottlenedo fall to reflect theexcess capacity, whiahill help facilitate more

efficient capacity trading with external areas and investment decisions.

111 A one percent increase tihe LCR equated to a $1.30/kkWonth increase in capacity prices given the

2013/14 capacity demand curve for New York City.
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Third, the NCZ study process is lengthy and uncertain, occurring just oncd@awveygars, and
leading to the creation of a capacity zone in no lesstBanonths from the filing date. This
process would be particularly inadequate if the unexpected retirement of large generation
resources led to significant unmet reliability needs that were not properly reflected in the
capacity market for several yeanghich may needlesspromptregulated investment.

The Indian Point retirement provides a salient example of the problems that could arise from the
issues listed above. If Indian Point retire in 2021, anadsl® resource adequacy violations

for Easten New York or theareasouth of the UPNYConEd interface, the NCZ process would

not consider creating an additional zone for any time before. 202fct, it would not trigger

the creation of a new zone atiélthere are ndlighway Deliverabilityconstraints.

Because of the issues with the current process for defining additional capacity zones, we
recommend the NYISO move talgnamicframework where potential deliverability and
resource adequacy constraints are used tdgfiae a set of capayiinterfacesand/or zones*?

Pre-Defining Capacity Marketinterfacesand Zones

To ensure efficient locational pricing of capacitye recommenthat theNYISO pre-define
potentialcapacity interfacesr zones that would be modeledtmcapacityauctiors. Once
defined, the NYISO would ceasts deliverability testing of new resources sitice capacity
market would efficiently limit sales from these resources by bintiegelevant constrainis

the capacity auction. Upgrade of these constraintdd befacilitatedby the locational price
differences in the capacity, energy, and ancillary services markets. Finally, unexpected
retirements that have significant reliability implications in an area would cause locational
capacity prices to move immeddat and provide efficient price signals to the market. In some
cases, retirements may be avoided altogether by the improved price signals in an area.

The NYISO has a set of intgonal transmission interfaces that are used in the planning process
to identify potential future Highway Deliverability issues and deficiencies in the RINW&.

capacity market is the primary mechanism for satisfyindithel $@8ource adequacy needs.
Hence, it may be appropriate for the capacity market to incdade or all ofthe same eleven
inter-zonal interfaces that are modeled in the RfAWere NYISO to model the seven
unmodeled interfaces, some of theould suddenlypind inthefuture if certain generats retire.
Modeling the interfaces witillow the market to immediately begin producing efficient

economic signals to facilitate a rapid and efficient response by the marketpants

112 g5ee Recommendation #2014 in SectiorX .

113 The2016 RNA modeled the following 11 interface between zones: Dysinger Ea&)(AVest Central (B

>C), Volney East (€E), Moses South (B E), Central East + Fras&silboa (E>F), UPNY-SENY (E+F
>G), UPNY-CE (G>H), Millwood South (H>I), Dunwoodie South ¢>J), Y49/Y50 (}>K), CE-LIPA (J-
>K).
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VIII. LONG-TERM INVESTMENT SIGNALS

A well-functioning wholesale market establishes transpaneatefficientprice signals to guide
generation and transmission investment and retiredeasions. We evaluate lowgrm
investmensignals by calculating the net revenue that generatorsvould have received from
the NYISO marketandcomparing it to theorrespondingg o st of New bithter y
generator We also examine the investment signals for several older existiffgeghs
technologies and for several zexmission technologied\et revenue is the total revenue that a
generator would earn in the New York markets less its variable production ko&stors seek

( A CC

to earn sufficient net revenue to recover the cost of their capital investments in generating units

A. Net Revenues of Ga§ired and Dual-Fuel Generators

Figure10shows the estimated net revenues compared to the CONE or Going Forward Costs

(AGFCso0) for sever al -firegpnéssfronoZ015m02019. arThedigueex i st i n

shows the incremeritaet revenues that would result from dézél capability and the estimated
number of running hours as a percent of all hours in thelYar.

Figure 10: Net Revenue and CONE by Location for Ga$-ired and Dual Fuel Units
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114 sectionVIl .A of the Appendix provides detailed CONE, GFC, and net revenue results for more locations,

technologies, and gas price assumptions. Run hours are provided by fuel type-foeldablinits.
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Net Revenue Summarfpr Gas Units

From 2015 to 2016, net revenues varied depending on the technology and location

1 Capacity net revenues were either relatively flat (in NYCA antll®cality) or fell (in
Zones J and K) because capacity requirements nedreed-°

T The energy and ancillary services (AE&ASO0)
technologylocation combinations and decreased for others.

- Energy margingell because of mild weather during the winespeciallyin Western
New York,lowering E&AS net revenues of units that rely on energy revenues (e.g.
combinedcycle units).

- Reserve revenues increased because of much higgeweprices raising theE&AS
net revenues of units that rely on reserve revenues (e.g. peaking units).

Based orforward prices for electricity and natural gage estimatedhighernet revenues

20172019 formost unitdocated outside 8w York City because athe expectedupward trend

in energy marginswith a large (2%0 35 percentyearoveryear increase observed2017. In

New York City, energy margins are expected to fall slightly because natural gas prices there are
expected to increase to levels closah®prices irother aras in Eastern New York.

Implications of Net Revenue Evaluation for Gas and Dtfaliel Units

The 2016 net revensestimatesor peaking unitsnclude substantiakeservaevenuedecause

of much higher reserve priceBor instance, the 2016 E&AS net revenuesiodlder existing

GT-10 unit (assumed heat rate of 15000 Btu/kwWh) were wihipercent of the E&AS net
revenues of a 2x1 combined cycle unit (assumed heat rate of 6964 Btu/kWh) in most locations
andslightly more tharthe combined cycle unit in the Capital zoHé.

The high reserve prices could also impact capacity prices in&@ll2019. The ICAP demand
curve Reference Point will be adjusted annually based on updates to thE@hSsind the

E&AS net revenues of the demand curve unit. For the 20134pability Year, the updated
E&AS net revenues will be based on 2016/17eathan 2013/14. Therefore, the demand curve
uni t 6 s E &A Srefleat the higlereserve uegesiues from 2016/17, which will partially
offset theunusually high energy margins from the Polar Vortex (in January 2014).

Of the hypothetical new unitge evaluated, the most favorable for new investment appears to be
a new Frame 7 unit in the West Zone. Although the estimated net revenues for a new Frame 7

115 Capacity prices and requirements are discussed further fiois®¢l.A .

116 However, the capacity that was actyacheduled for reserveliring 2016was considerably less than the

total amount of potential supply of reserves in several z(ssesSectiotV .A.0). Consequently, the reserve
netrevenueseceived bymanypeaking unitsare likely to besubstantially lower than the net revensbswn
in this report
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unit were slightly | ower than the annual | eve
forecasednet revenues are comparable to its CONE from 2017 to 2019. However, these market
conditions will not likely induce new investment in the West Zone if developers believe that the
elevated net revenue levels will be sHoreéd. The proposed transmissiapgrades in Western

New York are likely to reduce the energy prices thétezurthermore, the pattern of unusually

low natural gas prices for Western New York in recent years is likely to change since gas

production from the Marcellus and Utica shaleiwag has leveledff. New investment could

still occur at sites with specific advaige and portions of the 115kV system will see higher

energy prices if the NYISO begins to model 115 kVstmaintsin its energymarkets.

Of the existing fossifuel tedinologieswe evaluated, steam turbine units in downstate areas are
the most challenged economically. Net reverfaesteam turbineare substantially lower than
the estimated GFGn Long Islandandroughly comparable to the estimated GRGlew York

City. The decision byndividual steam turbine units retire in the coming yeassill likely be
based onwhether: they are under lonterm contracts, thef&FCs are higher due to sispecific
disadvantages, artdey faceextraordinary repaicostsassociated witkequipment failures.

The additional revenues from dtfakl capability werale minimisn 2016 primarily because of
low gaspricesand themild winter. The expected returns over the next three years are not (by
themselves) sufficierfor some units tanairtain the capability and modest inventories of§il.
However, dual fuel capabilities provide a hedge against gas curtailment under tight supply
conditions and may augment the capacity revenues by reducinglateld outages. Thus,
investors in new and existing units may still prefer to install and maintain dual fuel capability,
particularly as they consider possible changes in market conditions over thermi¢’

B. Net Revenues of Nuclear and Renewable Generators

Figurell compares the estimated net revenues for existing nuclear units, new arghore
offshore windunits, and new utility scale solar PV plants from 2014 to 2019. For comparison,
we show the estimated GFCs for the nuclear units and the CONE estimates for the renewables.

Energy revenues account for 87 percent of the estimated net reveceiged by nuclear units
in upstate New York over the last three years. Consequently, itteenet decisions for nuclear
units are largely driven by expected energy pricaher than capacity price3.heestimated

117 The NYISO s currently evaluating proposals for the Western New York Public Policy TransmissiomNeed i

response to a New York PSC order.

18 pual fuel cost and inventory estimates were derived

r e p o rStudydorEstdblish New York Electricity Market ICAP Demand Curve Parandeters

119 The additionatiuatfuel revenues for CC and ST units in recent years have generally been sufficient to incent

dual fuel capability.
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nuclear plant net revenues were lower thaththe ownerestimated GFCandtheU.S. average

costs for large and small nucledamts in the Central Zorfer the past two yearg® The nuclear

plants in upstate New York will be eligible for payments for the sale of Zero Emissions Credits
(AZECso0) beginning in April 2017. Based on r
payments appeanecessaryor singleunit nuclear plants outside Southeast New Ytorkecover

their operating costss these assets are unlikely to recoup tBE{Escosts from the wholesale

markets alone through 2018iowever, whether ZEC payments are necessary for-onuilti

nuclear plants depends on ssfgecific costs that may differ from the U.S. averages.

Figure 11: Net Revenues of Nuclear and Renewable Units
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Renewablegesourcesely on multiple revenue streams from the NYISO marketsstaté and
federalincentive programsWind and solar resources are intermitisotther capacity value is

relatively low. Over half of the net revenues tloese resources 2016 wee from federal and

state programs, such as Renewabl e Energy Cred
Tax Creditst?! Even with these subsidies, however, the estimated net revenues for offshore

wind and solaPV units werewell belowtheir CONE leels ineveryyear. The economics of the

onshore wind unitareconsiderably better than the solar PV and offshore wind.units

120 See SectioWIl .C of the Appendix.

121 For more detail on PTCs and ITCs see Sec¥brD in the Appendix.
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Although newrenewableaunitsandexistingnuclearunitsdo not appear to be econonticey may

have value foachievwng public policy goalsto reduce carbon emission§here are several

proposls tosupplementing the revenues these resources receive from the NYISO markets
which will likely affectthe long term economic signals for all generatofdew York For

instance, both renewable and nuclear units have very low operating costs, so they tend to lower
both energy and capacity prices.

To the extent tbse proposalsatisfy legitimate public policy objectives, it is most economic to
structure a mechamsin a technologyneutral mannerExhibiting an undue preference for

certain technologiewill ultimately increase the cost of meeting the public policy objectives. To
illustrate this, we estimated the cost-pam of reducing C@emissions using severgéneric
investments (recognizing that the costs of individual projeitssary) and their 201719 net
revenues The costs of reducing carbon emissiomnaubstantially by technology and location:

1 Efficiency upgrades at existing combined cycle plaotsdd reduce C&emissions at
virtually no net cost??

1 Retaining existing nuclear capacdta single unit facilityn upstate New York would
cost$26 per ton'

1 Retaining existing nuclear capac#ya multiunit facility outside Southeast New York
would cost$13 per ton.

9 Building a new2x1 combined cycle unit in Zone G would co4f7$o $144per tonfor a
unit with access to gas pricatithe Millennium East index and the Iroquois Zone 2 index
respectively*?*

1 Using onshore wind, utilibgcale solar P\and offshore wind resources on Long Island
would cost €8, $175and 984 per ton, respectivel§£>

The results indicate the value of utilizing a technolagutral approach in pursing carbon

reductions in New York, such as a carbon tax oraraghtrade marke In fact, the Regional

Greenhouse Gas Initiative is a successfutaragtrade market that has been implemented in the
region and could potentially be modilZnged to a
markets the provide incentives to aclievNew Yor ks pwohldliketyredusd i cy go
the costs of achieving the goadghieve larger reductions more quickdpd minimize adverse

effects on the NYISO capacity and energy markets.

122 For instance, an Advanced Gas Path upgrade at a GE 7F 250 MW unit with a 65 percent capacity factor in

New York City that i mproves the facilityds heat rat e
economic investment based on the NYISO market nee®rlone.

123 This assumes that a retiring nuclear unit in Zone C would lead to increased generation with an average

carbon intensity 0.45 tons per MWh.

124 This assumes that the new combined cycle units in Hudson Valley would displace generationawétage

carbon intensity of 0.55 tons per MWh.

125 This assumes that the new renewable units on Long Island would displace generation with an average carbon

intensity of 0.65 tons per MWh.
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IX. MARKET OPERATIONS

Thepurposeof the wholesale market is to coordinate resources efficiently to satisfy demand
while maintaining reliability. The daghead market should commit the lowesst resources to
meet expected conditions on the following day, and thetiraal market shouldispatchthe
available resources efficiently. Clearing prices should be consistent with the castsatfhihg
resources to satisfy demand while maintaining reliability. Under shortage conditions, the real
time market should provide incentives foraesces to help thEYISO maintain reliability and

set clearing prices that reflect the shortafjeesources

The operation of the redéilme market plays a critical role in the efficiency of market outcomes
because changes in operations can have lafget®bn wholesale market outcomes and costs.
Efficient reaktime price signals are beneficial because they encourage competitive conduct by
suppliers, participation by demand response, and investment in new resources and transmission
where they are mostluable

This section evaluates the following six aspects of market operations, focusing on the efficiency
of scheduling and whether rei@he prices provide appropriate incentives, particularly during
tight operating conditions:
1 Market Performance und&hortage Conditions
Efficiency of Gas Turbine Commitments
Performance of Operating Reserve Providers
Operations of NotOptimized PARControlled Lines
Drivers of TransienRealTime Price Volatility

= =4 =4 A A

Supplemental Commitment & Out of Merit Dispatch for Reilisy

The final subsection shows the uplift from Bi
which are driven primarily by supplemental commitment anebdumerit dispatch.

A. Market Performance under Shortage Conditions

Prices that occur under shorgagpnditions are an important contributor to efficient kergn
price signals. Shortages occur when resources are insufficient to meet the enagilkzmyl
servicemneeds of the system while satisfying transmission constraints. Efficient prices also
reward suppliers and demand response resources for responding durtimge eshlortages.
Incentivesfor good performance during shortage conditiongelaabeneficial effect on the
resource mix in the long run becaukeyshifts a portion of net revensiérom the capacity
market to the energy markethich tends to lower overall costs to consumers
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In this subsection, we evaluate the operation of the market and resulting prices intingereal
market when the system is under the following thypes & shortage conditions:

1 Operating reserve and regulation shortdg&bese occur when the re@he model is

unable to schedule the required amount of an ancillary service at a marginal cost less than

the Ademand curveo f or -optimeatiaon efgnerigyaadne nt .
ancillary services, the foregone value of the ancillary service is reflected in LBMPs.

1 Transmission shortag@&sTheseoccur whermmodeledpower flows exceed the limit of a
transmission constrainClearing prices for energy in the constrained area are set
according to several methods during transmission short&yes.

1 Reliability demand response deploymeni/hen the NYISO anticipates a reliability or
security issue, it can deploy demand respornsaurees for a minimum of four hours,
typically at a cost of $500 per MWh.

Operating Reserve andRegulationShortages

The frequency of shortagéor NYCA 30-minute reserves and regulatimse substantially in
2016while otherreserveshortages were veigfrequent Regulation shortages ocoedin 4.2
percent of intervals in 2016, up from 1.4 percent in 2015. NYGAB(ute reserves shortages
increased from virtually none in 2015Q@a? percent of intervals in 2016. All other reserves
shortages occurden less than 0.1 percent of all intervals in 2015 and 2016. While they are
infrequent, shortages of regulation, Eastermii@ute reserves, and NYCA 3fiinute reserves
collectively increasdannual average LBMPs Eastern Nw Y ork by 6 to 8 percent in0161%7

The increase in shortages for regulation and NYCAnR@Qute reserves was mostly attributable
to several changes made to shortage pricing of ancillary services prioddogember 2015 as
part of the Comprehensive Shortage Pricing project that:

1 Increased NYCA 3@ninute reserve requirement from 1,965 MW to 2,620 #Mand
limited the amount of reserves scheduled on Long Island resources.

1 Reduced the lowest demand curve values: (a) from $50 to $25/MWh for NY-CA 30
minute reserves, and (b) from $80 t&#2Wh for regulation??®

Notwithstanding these market enhancements that better recognize and price ancillary services
shortages, we have identified circumstances when the NYISO tends to schedule more operating
reserves than necessary. This is becauseYh8®irelies only on internal resources to satisfy

126 gectionV.Fin the Appendix describes these methods in greater detail.

127 gSee SectioW.E in the Appendix for this analysis.

128 This was done to reflect the requirement to restormitiite reserves tb,310 MW within 30 minutes

following the systembs | ar ge dYSRG RepapilityyRules&nt i ngency
Compliance ManualVersion 39, See Section E.1 Operating Reserves: Establishing the Minimum Level of
Operating Reserve, Requirement R6.

129 see SectioV.E in the Appendix for a complete list of changes in demand curves for ancillary services.
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operating reserve requirements some caseshisignores the capability and the economic

value of imports for maintaining security in the reserve region. For exampheinu@e

operating reserves areld in Eastern New York to ensure that if a large contingency in Eastern

New York results in a sudden overload of the Ceriamdt Interface, sufficient reserves can be

deployed to reduce flows to maintain security. This need could ajsarthgmet party more

economically byreducing flows across the Centiast interface before the contingency occurs
(thereby fAiholding reserves on the interfaceo0)

Accordingly, we recommend the NYISO modify the market models to dynamically determine
the optimal amoumnf reserves that should be held in Eastern New York considering that the
need can also be met by reducing-poatingent flows over the Centrghst Interface.

Likewise, we recommend the NYISO dynamically determine the optimal amountroinge
reserveshat should be held in SENY considering that the need can also be met by reducing
flows over the UPNYSENY interface:3°

TransmissionShortages

A transmission shortage ocsuvhen power flows exceed the limit of a transmission constraint

in the realtime market During transmission shortagdéke wholesale markethouldset efficient

prices that reflect theeverityof shortage anthatprovide generation and demand response

resources incentives performreliably. Previous State of the Market Repdrts/e shown a

poor relationship between the severity of transmission constraint shortages andtiheereal

pricings. Specifically, we found that small shortages tended to produce high congestion shadow
prices while large shortages tended to produce stoafiestion shadow prices. In general, this

was because transmission shortages wehate r esol
is, raising the limit to a level that could be resolved by the market soft#are.

In February 2016, the NYISO implementthe Graduated Transmission Demand Curve
(AGTDCO) project, which was expected to i mpro
transmission shortage and the corresponding congestion shadow prdareéistep GTDC

would limit the marginal cost of fdispatch for a transmission constraint: at $350/MWh for

small shortages, at $2,350/MWh for moderate shortages, and at $4,000/MWh for large shortages.

Figure12 examnes whether constraint shadow prices reflect the severity of operating conditions
for four groups of transmission constraints before and after the implementation of the GTDC (by
comparing outcomes from 2015 against outcomes from 2016 after the impleameintati

February). The figure also shows the placement of the three steps of the GTDC.

130 5ee Recommendation #2016 in SectiorX! .

131 Appendix SectiorV.F provides additional information about transmission shortages and thysiana
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Figure 12: Real-Time Transmission Shortages with the GTDC
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Figurel2 shows thatransmission shortage quantitganerally decreased 2016 while the
constraint shadow prices during shortages generally increfsedth yearsthere was a pattern
of high shadow pricefor very small shortages and lower shadow prices for large shortages.
While many of the shadow prices were set by the GTDED16(which is evident whenever a
red dot is set somewhere along the tkstsp GTDC in the figure), there were many intervals
when the shadow prices exceeded the $350 and $2,350 steps of the GTDC.

The pattern of outcomes kigure12 reflects howthe GTDC Project was implementebh some
intervals,the use of the GTDC limited+dispatch costs as expected and led to a clear

relationship between the size of the shortage and the congestion shadow price of the constraint.
However,the market software continued to use the relaxation techtoqesolve the majority

(61 percent) of transmission constraint shortadtes the GTDC was implementdout the
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constraint relaxation limit adjustment was reduced from 8 MW to 0.2##\Whe continued use
of the relaxation technique combined with theuest limit adjustment led to higher shadow
prices and smaller shortages in most intervals.

Ultimately, the NYISO determined that these pricing outcomes were not consistent with the tariff
provisions related to pricing during transmission shortageshand YISO filed for a waiver

until such time as the market software can be modifie@he NYISOrecentlyfiled to modify

the pricing logic during transmission shortages in two wéy&irst, the GTDC will be used for

the vast majority of constraints, andé¢ r el axati on techni g@QRMavi | I o
constraints3® Second, the second step of the GTDC will be reduced from $2,350/MWh to
$1,175/MWh.
We support the NYI $Oisteptpwardsebnmsnating uanecessarysphice r t
volatility and ensuring that there is a logical relationship between the shadow price and the
severity of the shortageThis will appropriately limit redispatch costs and provide better price
signals to market participants. After the skiertn proposal is impteented, we recommend that
the NYISO replace the single GTDC with constrapécific GTDCs that can vary according to
the importance, severity, and/or duration of a transmission shdrtage.
Reliability DemandRespons®eployment
The NYISO implementeche Comprehensive Scarcity Pricing project in June 2016, which was
intended to set LBMPs at appropriate levels during EDRP/SCR deployments. Ideally, the
scarcity pricingrulessoul d al |l ow demand response resources
shortagevould have occurred if the demand response had not been deployed. The previous
132 The constraint relaxation limit adjustment is used with the relaxation technique in the following way. The
reattime market model first calculates the minimum feasible flow over the transmission constraint. Then,
the model resolves using aanstraint limit equal to the minimum feasible flow plus the relaxation limit
adjustment. Thus, the 0.2 MW adjustment imposes a much tighter limit on the final solution, leading to
higher shadow prices and smaller violations than the 8 MW adjustment.
133 SeeNew York Independent System Operator, IDocket No. ER17758, Request for Tariff Waiver
(January 6, 2017).
134 SeeNew York Independent System Operator, IDocket No. ER171453,Proposed Tariff Revisions to
Clarify and Enhance Transmission Comasiit Pricing, (April 21, 2017).
135 A Constraint Reliability Margin (ACRMO) is a smal/l
physical limit of a facility and (b) the limit that is used in the market software. A CRM is used to account
for differences between physical flows and actual flows that result from loop flows and ottmexdeted
factor€RMoOAZemestraints are constraints for which nc

uncertainty regarding umodeled factors. A zer@RM is typically used for facilities that connect
generation pockets to the grid because overloads on such facilities can be addressed by small output
reductions from the generation facility.

136 Recommendation #2015/ in SectiornXI.
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shortagepricing rules often set LBMPs at excessively high levels during demand response
deployments by allowing them to set price even when a shortage would not have occurred
without the deployment. Under the new rule, a more reliable modeling technique is used within
the realtime model to determine whether a reserve shortage would have occurred without the
demand response deployment.

In 2016, the NYISO activated demand r@sge on only one dajugust 12 During this event,
an estimated nearly 1 GW of demand response was depiogéaonedor systemwide
capacity needfor five afternoorhours'®’ Our evaluation finds thatemand responseas
neededo prevent a capacitjeficiency in 18 intervalél.5 hoursXuring the Shour deployment
periodand thaB80-minute reserves were priced at $500/MWh during all 18 inteasls
intended™®® The improved consistency betweaktime price signals and actual system
conditionsis a significant enhancemenionetheless, in retrospect, the actual amount of demand
response that was needed to avoid a reserve shortagayabout350 MW. This implies an
overdeployment oflemand respondsy more than 600 MW Consequent|y$1.1 million of
guarantee paymenigas paido demand responsesources® This underscores the benefits of
efforts to improve demand forecastiagddevelop procedures that would allow it to deploy a
subset (rather than all) of the demand responseneasoin a particular zone.

B. Efficiency of Gas Turbine Commitments

We evaluate the efficiency of gas turbinégi G Tamjnitment in the redime market, whichs
important because excess commitment regulllepressed redime prices and higher uplift
costs while undercommitment leaslito unnecessary price spiked/e found that 54 percent of
the capacity committed by the retame market model in 2016 was clearly economic over the
initial commitment periogconsistent with recent yeat®. This evaluation demed a gas turbine
economic if the asffered cost was less than the LBMP revenue over the initial commitment
period of one hourThis likely understates the share®T commitments that are efficient for
two reasons. First, the efficient commitmengaajfas turbine reduces LBMPs in some cases such
that the LBMP revenue it receives is less than its off&condjn some cases,@as turbindghat
is committed efficiently may still not set the LBMP duéhtmw the realtime pricing
methodology determinashether agas turbings eligible to set the LBMP*

137 Actual peak load was 31.5 GWrhe NYISO estimates that load would hpealedat32.4 GW without

demand response.

138 See SectioV.G in the Appendix for this analysis in greater detail.

139 This includes roughly 150 MW of demandpense that was activated by utilities from their own demand

response programs.

140 SeeFigure A69in the Appendix for details of this analysis.

141 sSee NYISOMarket Services ariff, Section 17.1.2.1.2 for description of reéhe dispatch process.
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Tablel14 evaluates the extent to whighs turbinesvere economidout appeared to be
uneconomic because they did not set the LEMR portion of the initial commitment peridtf

Table 14: Hybrid Pricing and Efficiency of Gas Turbine Commitment in 2016

New York City Load Pockets Long

Greenwood Other 138 kV 345 kV | Island

# of Unit Starts 959 1117 148 1999

% of Unit-Intervals that are:

Uneconomic 32% 42% 50% 40%

Economic - Not Setting Price 10% 12% 8% 11%

Economic - Other 59% 46% 42% 48%
Est. Avg. Annual LBMP Impact If

Economic Units Set Price ($/MWh) $0.43 $0.49 $0.10 $1.51

We found that gas turbines that were committed in merit in 2016 were clearly economto in 50
68 percent othe fiveminute intervals duringher initial one-hourcommitment periodbutthey

did not set the LBMP in 14 to 20 percent of the intervals when they were economic. We
estimated that allowing these economic gas turldimest prices would have increased the-real
time LBMPs by an average of $3.90 to $6MWh for each start in New York City and Long
Island. For all of 2016 this would increase LBMPs by an average of $0.40 to $1.50 per,MWh
with the largest effect in Long IslandHowever, the increase in LBMPs would be concentrated
during peak conditions vem gas turbines are used to satisfy the needs of the system.

Gas turbines are usually started during tight operating conditions when it is particularly
important to set efficient redime price signals that reward available generators that have
flexible operating characteristicdncentivesfor good performance alsmprovethe resource
mix in the long run P shifting net revenues from the capacity market to the energy market.

The NYISO implemented changes to improve upon the {setiéng rules for quicstart units on
February 28, 2017. Specifically, the NYISO eliminated a step in the RTD software that led some
units to not set the clearing price even when they were econtidthough this is a

significant improvementhe pricing logic still does not reflect the stapt costs of the gas

turbine in the pricesetting logi¢ which we continue to recommend that the NYISO incorporate

into the pricesetting logict** The Commission has also recognized the need for thegettiag

logic to consider the staup and other commitment costs of gas turbifies.

142 seeSectionV.A in the Appendix for details of this analysis.

143 see NYISO filingin Docket ER17549 to modifypricing logic for Fixed Block UnitsDecember 4, 2016.

144 see Recommendation #2018 in SectiorX| .

145 In Docket RM173-0 0 0 , see the Commi ssionbs NOPR on Fast Start
comments of Potomac Economics, dated March 1, 2017.

76 | 2016 State of the Market Report



Market Operations

C. Performance ofOperating Reserve Providers

Thewholesale markethould provideefficientincentives for resources to help tR¥1SO

maintain reliabilityby compensating resircesconsistent witlthe valuethey provide Efficient
performance incentivesncourage participation by demand response and investment in resources
with flexible operating characteristioas areasvhere they are mostluable Over the coming
decadeperformance incentives will become more critical as the entry of new intermittent
renewable generation will require more complementary flexible resources.

This section analyzes the performance of gas turbines in responding“apstastructions in the
reattime marketevaluates how the availability of and expected performance of operating
reserve providers affects the costs of congestion management in New Yorn@discuses
how the compensation of these resources is affected by their performance.

Performance of Gagurbinesin Responding to Startip Instructions

Figurel3 summarizes the performance of offline gas turbine units in responding tagstart
instrudions that result from imerit commitment by the RTC model. Performance is shown
separately for 10ninute gas turbines (units that are qualified to sell-Sgnchronous 10

Minute Reserves) and 3finute gas turbines (units that are qualified to sell-Sgnchronous
30-Minute Reserves). For each unit in the NYCA, the figure shows the average number of MWs
the unit was producing after 10 or 30 minutes as a percentage of the amount it offered in 2016.

Figure 13: Average Production by GTs after a StartUp Instruction
Economic RTC Stari2016

40
10-Minute GTs 30-Minute GTs
35
(2]
=
[
> 30
(@]
=
=
© 25
(0]
[
(0]
O 20
-
o
@
o 15
IS
2
10
oIl - | = Eulls
X 2 X ERXR SRR E XXX R B
O O O O O O o o o o o O O O O O o o o o
4 AN MO < O © ~ 0o o O 4 N MO < 1O © ~ 0o o O
. .
T X X X X R 8 8 ¥ o - - - - -
o O O O O O O O O g o O O O O O O O o g

Average Output as Percent of Scheduled MWs after 10/30 Minutes

2016State of the Market Report | 77



Market Operations

These figures show a wide range of performance by individual units in 2016. -Fondi@
units,roughly halfof units had an average response of 80 percent or better,mdriéethan
threequarters of the 3tninuteunits had an average response of 80 percent better.

Units that perform poorly in response to stgstinstructions tend to have higher EFORdSs, which
leadsto proportional reductions itheir capacity paymenté® Likewise, gas turbines that fail to
respond lose the opportunity to sell energy when it would be profitable. However, there is no
mechanism for discounting the operating reserve compensation of gas turbines based on their
performance.Hence some gas thines that almost never perform still earn most of their
revenue from the sale operating resenge**’ Hence, perating reserve providers are
compensated the same regardless of whether they perform reliably in response to NYISO
instructions sothe maket does not provide efficient performance incentives to generators
scheduled for reserves. To address these concerns, we recommend that the NYISO consider
ways to base payments to reserve providers on perforni&nce.

Use ofOperatingReserves to ManageeW York City Congestion

The NYISO isordinarily required to maintain flows such that if a contingency were to occur, no
transmission facility would be loaded aboveits Ldng r m Emer gency (ALTEO)
immediatelyafter thecontingency. However, in somases, the NYISO is allowdd operate a

facility above LTE if postcontingency actions would be available to reduce flows to LTE

quickly after a contingency*® Postcontingency actions include the deployment of operating
reserves and adjustments to phasgle regulators. The use of pasintingency actions to help

satisfy transmission security criteria is important becaws®iivs the NYISO to increase

utilization of the transmissioimterfacesnto load centerandredue the congestiorcosts.

The vdue of rules that allow congestion to be managed with reserve capacity rather than actual
generation dispatch becomes apparent when reserve capacity and otkenpogéncy actions
suddenly become unavailable. In such cases, transfer capabilityéededequiring more

generation in the load pocket to manage congestion. In 2016, we found that 92 percent of
congestion (as measured by reale congestion value) on the 345kV system in New York City
occurred on just four days when there was a tempoeduction in the availability of reserves
downstream of the constrainthese are evaluated in thable15, which showghe impact of

these reductions on market outcomes on four days in 2016. On these days, the affected facilities
were the Dunwoodi#o-Mo t t haven | i nes ( fdéhbay,the talfie’sBowsthei nes ) .
constrained facility and the tightest ré@he transfer limit that was used based on the available

146 gsee Appendix Sectiovil.C for information about the distribution of EFORdSs for individual gas turbines.

147 see Appendix Sectiovll .A for more information about the net revenof gas turbines.

148 Recommendation #2015in SectionXl.

149 SeeNYISO Transmission and Dispatching Op&ras Manual Section 2.3.2.
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postcontingency actions. The table also reports the differential between tienedmit and
the dayahead limit, which i®ased on the expected availability of poshtingency actions.
Lastly, the table shows the average-dagad and redgime LBMPs during the event and the
amount of balancing congestion shortfall uplift that resulted from the event.

Table 15: Effects of PostContingency Actions on Congestion Management in NYC
Four Selected Days in 2016

Limiting Minimum Reduction from NYC LBMP BMCR
Date & Hours Facility RT Limit DA Limit DA RT Uplift
February 12, Hrs 10-21 71 Line LTE + 100 MW 109 MW $35 $57 $90k
February 14, Hrs 9-22 72 Line LTE + 50 MW 159 MW $77  $103 $747k
December 15, Hrs 9-22 72 Line LTE + 150 MW 54 MW $98 $119 $305k
December 16, Hrs 9-10 71 Line LTE + 150 MW 54 MW $128 3125 $46k

On the four days shown in the table, one of the Dunwetmeotthaven 345 kV lines was
constrained to a transfer limit that was 54 to 159 MWwedlte dayahead limit. These events
led to much higher redgime LBMPs on three days, increased production from peaking units in
the city, andgenerate@1.2million of balancing congestion shortfall uplift. Althoughdbe
effects were limited téour days in 2016jts significance will increase if congestion becomes
more frequent on theonstraintsnto New York City soit would be beneficiafor the NYISOto
begin to consider the implications of tissue

Operating reserve providers are not compensated for helpimgnagdransmission security
requirementswhich reduces their incentives to be available in the short term and the incentives
to invest in flexible resoges in the long termin addition,when the reatime market dispatches
such reserve capacity, it reduces the available resandesay lead to a reduction in the transfer
capabilityinto New York City In some cases, it would be more efficient to continue scheduling
the unit to provide resees. Hence, we recommend the NYISO evaluate wayftoiently

schedule andompensate operating reseurgts thatcan help satisfy transmission security

criteria while providing reserves®

D. Operations of Non-Optimized PAR-Controlled Lines

The majorityof transmission lines that make up the bulk power system are not controllaple and

thus, must be secured by redispatching generation to maintain flows within appropriate levels.
However, there are still a significant number of controllable transmissies that source and/or

sink in the New York Control Area (ANYCAO) .
(AHVDCO) transmission | ines, Vcntrolleddineg anBr equen
PhaseAn gl e Re g u l-cortrolled lifesi EanR@Ab)e transmission lines allow power

150 Recommendation #201Bin SectionXl.
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flows to be channeled along pathways that lower the overall cost of generation necessary to
satisfy demand. Hence, they have the potential to provide greater benefits than conventional AC
transmission linesControlleble transmission lines that source and/or sink in NYCA are

scheduled in three ways

1 Some controllable transmission lines are scheduled as external intedfealested in
SectionVI.D that assessexternal transaction schedulifg.

T MOpt i mi z ecdnirolldel AnBs are optimized in the setisat they are normally
adjusted in order to reduce generation redispatch costs (i.e., to minimize production
costs) in the daphead and redgime markets.

1 fNonopt i mi z-eodtwlledPliAeR arscheduledccording to various operating
procedures thatra not based on reducing production costsich are evaluated below

Table16 evaluates the consistency of the direction of power flows oroptmized PAR

contrdled lines and LBMP differences across these lines in 201& iSione for nine PAR
controlled lines between New York and neighboring areas and two between New York City and
Long Island. This is shown separately for the portion of flows scheduledem#yahead

market versus the portion that is from balancing adjustments in thimeamnarket.

Table 16: Efficiency of Scheduling on NorOptimized PAR Controlled Lines!®? 153

2016
Day-Ahead Market Schedule Adjustment in Real-Time
Avg NYCA  Percentof Estimated Avg NYCA Percent of Estimated
Avg . . . . Avg . . . .
Flow Price minus  Hours in  Production Flow Price minus Hours in Production

MW) Avg Outside  Efficient Cost Savings MW) Avg Outside Efficient Cost Savings
Price ($/MWh) Direction  (Million $) Price ($/MWh) Direction  (Million $)

Ontario to NYCA

St. Lawerence -19 $5.64 52% $2
New England to NYCA

Sand Bar -76 -$11.53 91% $8 -0.3 -$10.63 51% $0.4
PJM to NYCA

Waldwick -825 $3.62 24% -$26 130 $3.18 54% $3

Ramapo 146 $4.05 67% $11 188 $3.71 55% $4

Farragut 624 $3.15 73% $18 -71 $3.38 45% -$2

Goethals 203 $3.63 76% $6 73 $3.21 57% $1
Long Island to NYC

Lake Success 157 -$5.38 3% -$8 -2 -$5.81 60% $0.1

Valley Stream 65 -$7.38 2% -$5 3 -$10.99 24% -$2

151 This includes the Cross Sound Cable (an HVDC line), the Neptune Cable (an HVDC line), the HVDC line
connecting NYCA to Quedx, the Dennison Scheduled Line (partly VV&ntrolled), the 1385 Scheduled
Line (PAR-controlled),the HTP Scheduled Line (an HVDC linend the Linden VFT Scheduled Line.

152 This table reports the estimated production cost savings from the actuathsseofransmission lines. They

arenotthe production cost savings that could have been realized by scheduling the lines efficiently.

153 As discussed further in SectidhC of the Appendix, tls metrictends to undeestimate the production cost

savings from lineshat flow from lowpriced to highpriced regions However, f tends to oveestimate the
production cost increases from lines that flow from kagiced to lowpriced regions.Nonetheless, is a
useful indicator of theelativescheduling efficiency of individual lines.
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In the dayahead market, PARontrolled lines that were used to support contractual wheeling
agreements were scheduled less efficiently than otherd®sRolled lines.

Waldwick and Goethals/Farragut line©perated under theonEdPSEG wheeling agreemie

to wheel up to 1000 MW from Hudson Valley to PJM and then on to New York City. Although
power flowed in the efficient direction noughly three quartersf thehours across the
Goethals/Farragut lines, power flowed in the efficient direction in onlye2dent of hours

across the Waldwick lines. These led to an estimated net increase of $2 millioraimedaly
production costs (an increase of $26 million accrued on the Waldwick lines, which was offset by
a reduction of $24 million accrued on the Goésfiaarragut lines).

Lake Success and Valley Stream PARgerated the 901 & 903 lines under the CothHelA
wheeling agreement to wheel up to 290 MW from upstate to Long Island and then on to New
York City. In 2016, pwer flowed in thenefficientdirection in97 percent of hoursmuch more
inefficient than any of the other PAgbntrolled lines Thetransfers acroghese lines

1 Increasedlay-ahead production costs by $13 million in 2016 because prices on Long
Island were typically higher than those iniN&ork City where the 901 and 903 lines
connect™

1 Restrict output from generators in the Astoria East/Corona/Jamaica pocket where the
lines connect andtthe nearby Astoria Annex. Restrictions on the output of these New
York City generators sometimexreases price in a much wider area (evhen theeis
an eastern reserve shortageluringa TSA event with severe congestion into Southeast
New York).

1 Increase the consumption of gas from the Iroquois pipeline, which normally trades at a
significant premium over gas consumed from the Transco pipeline.

1 Drive-up generation output from older lesgl-efficient gas turbines and steam units
without Selectie Catalytic Reduction capability, leading to increased emissions of CO
and NOXx pollution in norattainment areas.

Realtime adjustments in flows were generally small relative teatasad scheduled flows, since

most of these PARontrolled lines were opated to the same schedule in the-dhgad and

reattime markets. Likewise, reéiime production cost savings were low because the operating
protocols for most of these linase not responsive toarket conditions. However, the Ramapo

line and St. Lawnece line show relatively significant production cost savings irtneed

because these lines are operated to flow a share of the external transactions between control areas
that are submitted by traders and to managetiraal congestion.

Overall, heseresults indicatsignificant opportunities to improube operation of these lines,
particularly the Waldwick and Farragut/Goethals lines and the hie®geeriNew York City and

154 These lines connect to the Jamaicalub,i ch i s | ocated within the Astori a

pocket, 0 an ar ea -dorfstaainedi s frequently export
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Long Island The ConEdPSEG wheeling agreemenaisterminated at the end ofphil 2017.

PJM and NYISO implemeata replacement protocol that incletbe Waldwick and
Farragut/Goethals lines as part of the-RIM AC interface for interchange scheduling and also
adds these lines to the M2M coordinated congestion management ptet@8sThe new

process will be a significant improvement over the 1,000 MW wheeling agreemesticarid

lead to more efficient scheduling across these lines.

The 901 and 903 lines will still be operated under the CdriBA wheeling agreement for the
foreseeable futur®’ It would be highly beneficial to modify this contract or find other ways
under the current contract to operate the lines more efficieAttiiough this should benefit both
parties in aggregate, it méipancially harm one party. Henci would be reasonable to create a
financial settlement mechanigimt would ensure that both parties benefit from the chadhiges
We recommend the NYISO work with the parties to this contract to explore potential changes
that would allow the lines to hesed more efficiently>®

E. Transient RealTime Price Volatility

Volatile prices can be an efficient sigmdithe value of flexible resources, although unnecessary
volatility imposes excessive costs on market participaots is important to identify theauses

of volatility. In this subsection, we evaluate scheduling patterns that led to transient spikes in
reakttime prices for individual transmission constraints and the poatmnce constraint (i.e., the
requirement that supply equal demand) in 2016e &ffects of transmission constraints are more
localized, while the powdbpalanceand reserveonstraing affect prices throughout NYCA.

Although transient price spikes occurred in less than 5 percent of all intervals in 2016, these
intervals were importa because they accounted for a disproportionately large share of the
overall market costs. In generahnecessargrice volatility makes it more difficult for market
participants, the NYISO, and neighboring system operators to commitspaitkesoures and
schedule external transactions efficiently. Hence, reducing unnecessary price volatility will lead
to more efficient interchange between markets, lower production costs across markets, and less
uplift from BPCG and DAMAP payments.

155 For more information on the new process, GeaEd/PSEG Wheel Replacement Protdcdpdate

presented by David Edelson to the Marsstues Working Group, April 24, 2017.

156 See Appendix Sectiovi.B for additional information about the M2M process.

157 See NYISO OATT Section 18, Table 1-Aong Term Transmission Wheeling Agreements, Contract #9
governs the operation of the lines between New York City and Long Island.

158 The proposed financial right is slribed in Sectiofil .G of the Appendix.

159 see Recommendation #2082n SectionX| .
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Drivers of TransientReal Time Price Volatility

Table1l7 summarizes the most significant factors that contributed teirealprice volatility in
2016 and shows their contributions to the price spike for the poalance constraint aride
most volatiletransmissiorconstraints Contributions are also shovor: (a) resources that are
scheduled by RTGuch as external interchangad (b) flow changes from emodeled factors
such as loop flowsand (c) other factors, such as load and generator détatésr each
constraint category, the most significanbtrdution category is highlighted.

Table 17: Drivers of Transient RealTime Price Volatility
2016

Power  West Zone Central DLl - - 1o

. Shore Rd Island
Balance 230kV Lines East 345KV Consiraints
Average Transfer Limit n/a 711 1721 800 277
Number of Price Spikes 363 1101 242 318 965
Average Constraint Shadow Price 235 1239 352 373 464
Source of Increased Constraint Cost: (%) (%) (%) (%) (%)
Scheduled By RTC/RTD 63% 6% 33% 66% 29%
External Interchange 32% 6% 14% 37% 7%
RTC Shutdown Resource 24% 0% 11% 24% 14%
Self Scheduled Shutdown/Dispatch 6% 0% 8% 5% 7%
Flow Change from Non-Modeled Factors 5% 78% 50% 16% 64%
Loop Flows & Other Non-Market 1% 50% 18% 10% 21%
Niagara Generator Distribution 0% 11% 0% 0% 0%
Fixed Schedule PARs (excl. Ramapo) 0% 11% 22% 4% 43%
Ramapo PARs 0% 6% 9% 0% 0%
Redispatch for Other Constraint (OOM) 4% 0% 1% 3% 0%
Load/Wind/Generator Derates 33% 17% 18% 18% 7%

Note: theFixed Schedule PAR®ntribution for the Long Island constraints was largely eliminated in

May 2016 by an enhancemeigalissed below.

Resources scheduled by RTC (e.g., external interchange and gas turbievams)twere a key
driver of transient price spikes for the DunwoetiéShore Road 345kV line into Long Island
and the powebalance constraint. RTC evaluates tgses at 18ninute intervals and may shut
down large amounts of capacity or reduce imports by a large amount without considering

whether resources will have sufficient ramp in eachibute period to satisfy the energy,
reserve, and other operating reqoemnts.

Flow changes resulting from nanodeled factors were a key driver of price spikes for intra
Long Island constraints. In particular, flow variations on lines makmthe ConEd.IPA

160

to transient realime price spikes.
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wheel were a key driver elatility across thécast Garden Cityo-Valley Stream lines until

May 2016when the NYISO changdatie modeling othesefixed-schedule PAR® the realtime
market Prior to May, these PARs contributed to volatility becaR$® and RTGnaccurately
assumd the flow across these linewld remain fixed at the most recent telemethralue

which wasonly true if the PAR waperfectlyadjusted in response to variations in generation,
load, interchange, and other PAR adjustmemsMay, the NYISO began forecasj flows on
these twolines basd on the operating plan of opemabf the facilities®! This has greatly
reduced transient price spikes on Long Island, particularly in the Valley Stream load pocket.

Loop flows and other nemarket factors were the primary driver of constraints adrasgVest

Zone 230kV Lines. For example, clockwise circulation around Lake Erie puts a large amount of
nortmarket flows on these lines. Circulation can be highly volatile and difficult to predict since

it depends partly on facilities that are scheduledida the NYISO market.

InconsistencieBetween RTC and RTD

Differences i the ramp assumptions for units that iaréhe process of shuttirgpwnand
changes in external transactions schedules between RTC and RTD are a principal driver the price
volatility evaluated above.

1 Generators shutting downay reduce outpuhorequickly than RTC recognizes because
it assumes it hak5 minutes oframp capability from one evaluation period to angther
leading it toshutdown several gas turbines simultaneowsidresuling in a transient
shortage. RTDuns everyfive minutes, but RTDis unable to delay the shdbwn of a
gas turbine for five minutes even if it would be economic to do so.

T The Al ook aheado ev assunetrdansactiensrampainab D and RT
guarterhour (i.e., at :00, :15, :30, and :45), while external interchange schadtliedly
ramp over 1@minute periods from five minutes before the quateur to five minutes
after (i.e., from :55 to :05, from :10 to :20, etchhis inconsistencfrequently causes the
system to be short in the interval at the quarter ficur at intervaleending :@, :15, :30,
and 45) because the external transactions have not finished ramping

To reduce unnecessary price volatility that results from rangiternal interchange and
shuttingdown generation, we recommend the NYISO consider one or more of the following
enhancements to improve the modeling of ramp in RTC and ¥ D:

1 Add two neaiterm lookahead evaluatioperiods to RTC and RTRroundthe quarter
hourto allow them to accuratebnticipatethe ramp needs f@ decommitment oan
interchange adjustment. For example, for the RTC that evaluates CTS transactions for
intervatending :15, evaluations could be added at :10 and :20.

161 geelnitialization of Lake Success and Valley Stream RARRssented by David Edelson at the April 5, 2016

Market Issues Working Group.

162 gee Recommendation #2013 in SectiorX| .
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1 Adjust the timing othe lookahead evaluations of RTD and RTC to be more consistent
with the ramp cycle of external interchange. This could be done by evaluating intervals
ending :05, :20, :35, and :50 rather than :00, :15, :30, and :45.

1 Enable RTD to delay the shdbwn ofa gas turbine for five minutes when it is economic
to remain orline.

1 Better alignthe ramp rate assumed in the leadkead evaluations of RTC and RTD for
steam turbine generatonsth the actual demonstrated performance to account for units
thatoftenramp at a rate that is lower than their claimed ramp rate capability.

1 Addressinconsistelesb et ween t he ramp assumptions usef¢
RTDG6s pricing pass when uaheatkshedale e r ampi ng

Potential Solutions to Adress NoaModeled Factors

To reduce unnecessary price volatility from variations in loop flows and other factors not

explicitly modeled in the dispatch software, we recommend the NYISO consider developing a
mechanism for forecasting additional adjustmémsn the telemetered value for loop flows that
result from factors not scheduled by the NYI S
the fact that the cost resulting from forecast errors is asymmetric (i.e., the cost of-an over

forecast may be uth greater than the cost of an unfieecast of the same magnituded.

F.  SupplementalCommitment & Out of Merit Dispatch for Reliability

Supplemental commitment occurs when a generator is not committed economically in-the day
ahead market, but is needed rfeliability. It primarily occurs in three waysa)(Day-Ahead

Reliability Units (ADARUO) commitment that ty
owners for local reliability prior to the economic commitment in the SCUDé&yAhead

LocalReliah | ity Rul e (ALRRO) commitment that takes
within the dayahead market process;am)l ( Suppl| ement al Resource Eval

commitment, which occurs after the dalyead market closes.

Similarly, the NYISO and locdransmission owners sometimes dispatch generatoif-onérit

order (AOOMO) in order to: (a) manage constra
not fully represented in the market model; or (b) maintain reliability of the lower voltage

transmission system and the distribution system.

Supplemental commitmenitscrease the amount of supply available in-teak, while OOM
dispatch causes increased production from capacity that is normally uneconomic, which
displaces production from econantapacity. Both of thesections tend to depress rdhe
prices whichundermingincentives fothe market to maintaireliability and generatagplift
costs Henceijt is importantto minimize supplemental commitmeand OOM dispatch

163 see Recommendation #2094n SectionX .
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SupplementalCommitmentin New York State

Figurel4 summarizes the quantities of four types of reliability commitment (i.e., DARU, LRR,
SRE, and Forecast Pass) by region in 201528i6. The first three types of commitment are
primarily for local reliability needs. The forecast pass ensures that sufficient physical resources
are committed in the daghead market to meet forecasted laad reserve requirements. The
figure showslte total capacity committed in each category, and it shows the minimum
generation level of the resources committed.

Figure 14: Supplemental Commitment for Reliability in New York
By Category and Regio20151 2016
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The figureshows that roughly 440 MW of capacity was committed on average for reliability in
2016, down roughly 32 perceinrom 2015. Similar to 2015, the vast majority of reliability
commitment in 2016 occurred Mew York Cityand Western New Yorkvhich accountetbr
70and24 percentrespectively

Reliability commitments in Western New York fell roughly 50 peréer2016to anaverageof
105 MW. Recentransmission upgradedlowed units previously committed frequently for
reliability (at the Huntley and Duni plant9 in Western Mdw Y ork to mothball or retiren the
first quarter of 2016 Subsequentlythe vast majority of DARU commitmenigerein the
Central Zone at the Cayuga (Milliken) plaatmaintain reliability on the 115 kV system.
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In New York City,reliability commitment fell 24 percent to average 306 MW in 2Q@bétly
because there were fewer costly generation and transmission outages i l28I&duced the
need to commit additional resources to satisfy the INthermal and voltage requirenigin the
subregionson the 138 kV system. Additionalligwer relative gas prices, nuclear outages, and
high summer loads causaditsthat were frequentlpeeded for local reliabilityo becommitted
economicallymoreoftenin 2016, particularly in theecond and third quarters.

LRR Commitmentin New York City for NOx Bubble Constraints

The NOx bubble constraints were established by the NYISO in the LRR pass of SCUC for three
generator portfolios in New York City based on the compliance plans thdwiille the
Department of Environmdhetplang eCon oer ViéStyisd re m( AN E
meet certain emissions limits. These NOx bubble constraints require operation of arstesam

a combineetycle unit in order to reduce the overall N@xission rate from a portfolio

containing higheemitting gas turbine unit$? Supplemental commitmenter these constraints

occur only during the fivenonth ozone season (May to September). They are categorized as for

local reliability, so the resulting owtf-market costs are uplifted to local customers.

NOXx bubble commitments accounted for 11 percent of all reliability doment in New York
City in 2016. These commitmenigenerally do noteduceoutputfrom older gas turbines (as
intended). Table18 summarizes our angis of the effects of the NOx bubble constrabmts
load leve) showing energy production (as a percent of total production in théiblg from gas
turbines in the NOx bubbles and steam units committed for the NOx brdoiseraints

Table 18: Energy Production from NOx Bubble Generators

2016
Daily Load Generation Output from GTs Generation Output from STs
Levels in NOx Bubble Committed for NOx
Low 5% 90%
Medium 23% 10%
High 72% 0%
Total 100% 100%

In 2016, 95 percent of energy production from the gas turbines in the NOx Bubbles occurred on
days with medium to high load levels, while 90 percent of the energy production from steam
units committed for the NOx constraints occurred on-load days.Hence most of the NOx

bubble commitments were made on {m&d days when older gas turbines rarely operated. In

164 n May 2014, the NYISO updated one of three NGRR_constraints to reflect that one portfolio can use a

combined cycle instead of a steam unit to balance the sitngle | e t ur bi nes. See ARaven
Station Nitrogen Oxide Emission Control Strategy for Compliance with 6 NYCRR Subpa?t 227

165 see SectioV.H in the Appendix for our evaluation of NOx emissiongriare detail.
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virtually all cases where a steam turbine was running at the same tirgastuabine, the steam
turbine was already committed for econosrocarother reliability need.

When steam turbine units were committed for the NOx bubble constramtyutputusually
displaced output from newer cleaner generatiddew York Cityand/or displacedmportsto
the city. Our analysis shows that:

1 An average of over 1.5 GW of offline capacity from newer and cleaner generators
(equipped with SCRs) in New York City was available and unutilized in hours when
steam units were committed onlyrfthe NOx bubble constraint; and

1 The steam units emit approximately 13 times more NOx per MWh than the newer
generators with emissiereduction equipment.

Hence, we estimate that these NOx bubble commitments adnakbasedoverall NOx

emissions in New York City because the commitment of steam turbine units typically €erowds

out generation from new fuel efficient gener a
capability rather than the older GTs they were intendedsfate. These commitments also

resulted in uplift that was socialized to other parties and distorted clearing prices from the
commitment of oubf-market resources. Owners of generation in NOx bubbles likely have

options to comply witlRACT thatmay resilt in lower emissions at lower cost. Hence, we

continue to recommend that the NYIS@nk with generators in NOx bubbles to ensure their

RACT compliance plans uske most economic compliance option availdffe.

Out of Merit Dispatch

Table19 summarizes the frequency (i.e., the total stationrs) ofOOM actionsover the past

two yeardor the following four regions(a) West Upstate, which includesn&s A through E;

(b) East Upstate, which includes Zones F through I; (c) New York City, which is Zone J; and (d)
Long Island, which is Zone K&’

The quantity of OOM actions fell by 29 percent in 2016. Most of the decline occurred in
Western New York, whickvas primarily attributable to transmission upgrades that allowed the
mothballof the last Dunkirk unit at the end 015 (vhich was frequentlgispatcheddOM for
local reliability needs Nonetheless, the largest share of OOM station hours w¥Yestern

New York, most of which occurrenh the second and third quarters whiea Milliken units were
frequently dispatched OORMb securehe Elbridje-State Street 116V lines. These actions
account for a large share of the guarantee payment uplift in 2016 (see $€ddpn

166 see Recommendation #2013 in SectiorX!.

167 Figure A80in the Appendix shows our analysis on a quarterly basis and shows top two stations that had

most frequent OOM dispatches in 2016 for each region.
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Table 19: Frequency of Outof-Merit Dispatch
By Region, 20152016

Region OOM Station-Hours
2015 2016 % Change
West Upstate 5050 2854 -43%
East Upstate 222 279 26%
New York City 613 312 -49%
Long Island 1621 1849 14%
Total 7506 5294 -29%

The Niagarageneratomwas often manually instructed to shift outpetween the generators at

the 115kV station and the generators at #89kV station to secureertain 11%V and 230kV
transmission facilitiesHowever, these were not classified &88Min hours when the NYISO

did not adjust the UOL or LOL of the Resourda.2016, this manual shift was requiredatout
600hours to manage 115 kV constraints an@30hours to manage 230 or 345 kV constraints.

This pattern has continued since the Heynteactors were activated in May 20a&hough a

larger share of the manual shifting was done to secure the 115 kV system since the reactors have
been in service

Given that frequent DARU commitments and OOM dispatches were taken to manage congestion
on the 115 kV network in the Western New York, and they incurred sizable ugipntinue

to recommend the NYIS@odeltheup-state 115kV transmission constraints in the-dagad

and realtime marketgo allow them to be priced and managed efficietfity

OOM dispatcton Long Islandrose modestly in 2016. Most of theé8®M instructionsoccurred
in the third quarter asigher load andtransmission outages led to increhseedgo dispatch
peaking generators to managermal and/oltage constraints oméeastend of Long Island.

G. Guarantee Payment Uplift Charges

The NYISO recovers the payments it makes to certain market participants that are not recouped
from LBMP and other market revenues through uplift chardtds.important to minimize uplift
chages because they are difficult to hedge and do not provide transparent economic signals to
market participants and potential investors. When markets reflect reliability requirements and
system conditions, uplift charges should be relatively |&Wwe following figure shows

guarantee payment uplift for four local reliability categories and thredaoahreliability

categories in 2015 and 2016 on a quarterly B&3is.

168 See Recommendation #2012 in SectiorXl. The NYISO already models the 115kV system in its network

security analysis software, but we recommend also modeling constraints for pricing and scheduling purposes
that are currently managed with OOM actions that are cos#yfect LBMPs.

169 SeeFigure A8l andFigure A82in the Appendix for a maerdetailed description diis analysis
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Figure 15: Uplift Costs from Guarantee Payments in New York
By Category and Regior20151 2016
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The figure shows that the guarantee payment uplift totad8arfiilion in 2016, down39 percent
from 2015.17° Thedecline resulted from less reliability commitment and OOM dispatch as
discussed in Sectida In additionower natural gas pricatecreased the commitment costs of
gasfired units particularly in New York City. However,gher load levels on sevemays in
July and Auguslked to: (a) lIgher DAMAP payments to New York Jiand Long Island gas
turbines, (b) higher guarantee payments to New York City units for the Minimum QOil Burn
requirement, and (c) higher guarantee payments to demand resourdeRRISER activation,
partly offsetting the overall decrease in 2016.

Western New York accounted for 42 percent of the total guarantee payment uplift in 2016, which
was higher than New York City (29 percent) for the sectraightyear. More than 85 percen

(or $15.5 million) of total guarantee payment uplif¥ifestern ew Y ork was local uplift.

Nearly all of thislocal uplift was paid to several units that were committed for reliability and/or
dispatcheddOM to manage congestion on the 115tkAhsmissia facilities (which are

discussed earlier)This uplift would likely be largely eliminated if these constraints were

model ed i n -aNedd aBddédbne maakgts.

170 The 2016 number was based on billing data available at the time of reporting, which may be different from

final settlement.
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X. DEMAND RESPONSEPROGRAMS

Participation by demand response in the market is beneficial for many reasons. Demand
response contributes to reliable system operations;teongresoure adequacy, lower costs,
decreased price volatility, and reduced supplier market power. Even modest reductions in
consumption by endsers during higiprice periods can significantly reduce the costs of
committing and dispatching generation to satisg/nkeds of the system. These benefits
underscore the value of designing wholesale markets that provide transparent economic signals
and market processes that facilitate demand respdinse sectiorevaluats existing demand
response progranaddiscusgson-going efforts of the NYISO to facilitate more participation

Demand response programs provide incentives for retail loads to participate in the wholesale

market. Two of the programs,D&yh ead Demand Response Program (
DemandSide Ancil ary Services Program (ADSASPO), prov
response resources to participate in theategad market and theancillary services markets.

The other three progrags mer gency Demand Response Program (
Resouces (ASCRO), and Target ed D erendiabiitydmandgd ons e |
response resources that are called when the N¥%ISke local Transmission Ownfrecasts a

shortage. Currentlynore than 94 percent tfe1.3GW of demand response oesces

registeredn New York arereliability demand responsesources

Special Case Resources Program

The SCR program is the most significatémand response program operated by the NYV&I©

roughly 1,192 MWof resources participatirig 2016 The primary incentive to participate in

this programig¢ hat SCRs can sell capaciibhtheSummet he NYI S
2016 Capability Period, SCRs made contributions to resource adequacy by satisfying:

1 4.1 percent of the UCAP requirement for New K Qity;

1 3.2 percent of the UCAP requirement for the Gocality;

1 2.1 percent of the UCAP requirement for Long Island; and

1 3.6 percent of the UCAP requirement for NYCA.
However, the registered quantity of reliability program resources fell 50 percem2610 to
2016 primarily because of enhancements to auditing and baseline methodologies fem8€RS
2011. These have improved the accuracy of baselines for some resources, reducing the amount
of capacity they are qualified to sell. Business decidignmaarket participants also contributed

to the reduction. This was partly driven by relatively low capacity prices in some areas in recent
years and reduced revenues as a result of the enhanced auditing and baseline methodology.
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DemandSide Ancillary Sevices Program

This programallows demaneéside resources to offer operating reserves and regulation service in
the wholesale marketWhen the program was initially set up in 2008, DSA&sburce$had

difficulty setting up communications with the NYISO thgh the local Transmission Owner
Consequently, no DSASP resources were fully qualified until 2012 vileelNY1SOenabled
resources to communicad@ectly with the NYISO. Currently, approximately 110 MWs of
DSASP resources actively participate in thekag providing considerable value by reducing

the cost of ancillary services in the New York market. These resources were capable of
providing up to 16 percent of the NYCA-b@inute spinning reserve requirement in 2016.

Day-Ahead Demand Response Program

No resources have participated in this program since 2Gh@n that loads may hedge with
virtual transactions similar to DADRP schedules, the value of this progrgmessionable.

Demand Response and Scarcity Pricing

In an efficient market, clearingipes should reflect the cost of deploying resources to satisfy
demand and maintain reliability, particularly undearcityconditions. NYISO has special
scarcitypricing rules for periods when demand response resources are deglo2€d6, the

NYISO deployed reliability demand response resources on one day (August 12) in all zones from
13:00 to 18:00 for systemvide capacity needs. The new Comprehensive Scarcity Pricing Rule
(effective on June 1, 2016) was active during the entire é{fent.

171 See SectioV.G in the report for a detailed evaluation of pricing outcomes for this event.
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XI. RECOMMENDATIONS

Our analysis in this report indicates that M¥éISO electricity markets performed well in 2§

although we recommeratiditionalenhanementgo improve market performanc&ighteen
recommendations are presented in seven categories below. A new numbering system is used in
this report whereby eaclkeecommendation is identified by the SOM report in which it first

appeared and the number used in that report. For example, Recommendatic@ &20ihally
appeared in the 2015 SOM Report as Recommendation #8. The majority of these
recommendations wereade in the 2015 SOM Report, but Recommendations #2Giti

#20162 are new in this reporfThe followingtablesummarizes our current recommendations.

Number Section Recommendation

=
2
I

Priority
Scoping/
Future

=
]
=
L

Energy Market Enhancements- RealTime Pricing and Performance Incentives
Consider rules for efficient pricing and settlement when

20161 | IX.C.2 . . > : .

operating reserve providers provide congestion relief.

Consider means allow reserve market compensation to

reflectactual and/or expected performance.

Modify criteria for gas turbines to set prices in the-teak

market by incorporating stanp costs.

Model 100+ kV transmission constraints in the-déwgad
201412 IX.F.3 and reatime marketsand develop associated mitigation V
measures.
Dynamically adjust operating reserve requirements to
201516 IX.A.1 | account for factors that increase or decrease the amoun
reserves that must be held on internal resources.
Utilize constraintspecific graduated transmission demant
201517 IX.A.2 curves to set constraint shadow prices during transmissi V
shortages.
Eliminate transaction fees for CTS transactions at the-P.
20159 | VID NYISO border.
Energy Market Enhancements- RealTime Market Operations
Operate certain PARontrolled lines to minimize
20128 IX.D production costs and create financial rights that compen
affected transmission owners.
VI.D Adjugt look a}head eya_luations of RTD and RTC to be mq
201213 IX.E consistent with the timing of external transactionramp a \/ \/
’ gas turbine commitment.
Consider enhancing modeling of loop flows to reflect the
effects of expected variations more accurately.

< <

20162 IX.C.1

201410 IX.B

<

< <

20149 IX.EA4
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Number Section Recommendation

=
2
I

Priority
Scoping/
Future

Energy Market Enhancements- BPCG Eligibility and Fuel Limitations/Storage
Work with generators in NOx bubbles to ensure their RA
201413 IX.F.2 | compliance plans use the most economic compliance of
available.
Consider allowing generators to submit offers that reflec
201311 IX.B.2 | certain energy storage and fuel supply constraintise V V
day-ahead market.
Capacity Market Enhancements
Establish a dynamic locational capacity framework that
20121a VILF reflects potential deliverability constraints to allow prices V V
fully reflect the locational value of capacity.
Grant financial capacity transfer rights between zones w

20121c  VILD investors up_gra_u_:ie the transmission system and help sati V
planning reliability needs without receiving a coét
service rate.

20131c  VIL.C Implement locatiorbased marginatost pricing of capacity V V

that minimizes the cost of satisfying planning requiremet
Enhance BuyeSBide Mitigation Forecast Assumptions to
20132d ll.C deter uneconomic entry while ensuring that economic V
entrants are not mitigated.
Modify the capacity market and planning process to bett
20158 VII.B account for imports from and exports to neighboring con V
areas from importonstrained capacity zones.
Planning Process Enhancements
20157  VILE Reform jthe CARIS process to bgmntify and fund V
economically efficient transmission investments.

This section describes each recommendation, discusses the benefits that are expected to result
from implementation, identifies the section of the report where the recommendati@huiated

in more detailandindicates whether there is a current NYISO project or stakeholder initiative

t hat might address the recommendati on. The ¢
Priorityo are di scus s aUsubsectiondis@ssessevdral subsecti o
recommendations that we considered but chose not to include this year.

A recommendation is categorized as fAscoping/f
First, there is significant uncertainty regarding thgxscof the solution that would be necessary

to address the underlying issue that motivated the recommendation. Second, some additional

work may be necessary to investigate the costs and benefits of potential solutions before deciding
on the priority level. Third, the anticipated benefits would be smaller in the gieon than in

the longterm, so it is appropriate to take additional time to consider.
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A. Criteria for High Priority Designation

As the NYISO MMU, we are responsible for recommending market haeges to improve

market efficiency. In each of our annual state of the market reports, we identify a set of market

rule changes that we recommend the NYISO implement or consider. In most cases, a particular
recommendation provides higdvel specificsassuming that the NYISO will shape a detailed

proposal that will be vetted by stakeholders, culminating in a 205 filing to the FERC or a

procedural change. In some cases, we may not recommend a particular ,dmltitozy

recommend the NYISO evalgghe costs and benefits of addressing a market issue with a rule

change or software changé&/e makerecommendations that have the greatest potential to

enhance market efficiency given our sense of the effort level that would be required. In each
report,afey recommendations are identified as f#AHigh

When evaluating whether to designate a recommendation as High Priority, we assess how much
the recommended change would likely enhance market efficiency. To the extentalvkedoe
quantify the benefits that would result from the enhancement, we do so by estimating the
production cost savings and/or investment cost savingsvthdtl resultbecause these represent

the accurate measures of economic efficiednyother casesve quantify the magnitude of the
market issue that would be addressed by the recommendaAsahe MMU, we focus on

economic efficiency because maximizing efficiency will minimize the costs of satisfying the
syst embs n e e-drsn. Otheeptntial measuteoah lpnefits that largely capture
economic transfers associated with changing prices (e.g.stehorgenerator revenues or

consumer savings) do not measure economic efficiency. Therefore, we do not use such measures
when suggesting priies for our recommendations.

The NYISO operates a $5+ billion per year wholesale market for electricity. With the majority
of wholesale market costs attributable to fuel and other inputs, it can be difficult to substantially
lower the overall cost of pduction. Initiatives that reduce production costs often require
significant upfront capital costs (e.g., replacement of a lessffielent generator with a new
generator). Consequently, market rule changes that reducsigogfisantlywithout requring

an investment in new infrastructuresult inlarge savings relative to the market development
costs(i.e., a high benefito-cost ratio) Such changes that would produce sustained befafits

ata number of yearsarrant a high priority designaho

In addition to these considerations, we often consider the feasibility and cost of implementation.
Quick, low-cost, norcontentious recommendations generally warrant a higher priority because
they consume a small er p oopmhentoesouroes. OntheothlrY | SOO6 s
hand, recommendations that would be difficult to implement or involve benefits that are

relatively uncertain receive a lower priority.
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B. Discussion of Recommendations

Energy Market Enhancementsi RealTime Pricing and Performance Incentives

201612: Consider rules for efficient pricing and settlement when operating reserve
providers provide congestion relief. (Scoping/Future)

The NYISO is required to maintain flows such that if a contingency were to occur, no

transmission facility would be loaded above its Ldhg r m Emer gency ¢ALTEO) r
contingency.In some cases, the NYIS®allowed touse operating resersand otler post

contingency operating actioits satisfy this requirement. This allows the NYISO to increase

utilization of the transmission system into load centers, thereby reducing production costs. Since
theseoperating reserve providers are not compendatdakelping manage congestion, the

marketdoesnot provide efficient signals for investment in new and existing resources with

flexible characteristics. Hence, we recommend the NYISO evatugaeado efficiently

compensate operating reserves that helpage congestion.

20162: Considermeansto allow reservemarket compensationto reflect actual
and/or expected performance. (Scoping/Future)

Operating reserve providers are compensated the same regardiesstbéyperformwhen
deployed bytheNYISO. Consequently, the markdbesnot provideefficient performance
incentivesto generatorshat are frequently scheduled for reservés address th concern, we
recommend the NYIS©@onsidermeando base paymentsr reserve on past performance.

201410: Modify criteria for gas turbinesto set prices in the reaitime market by
incorporating start-up costs.

It would be appropriate to amortize stapt costs of gas turbines over the initial commitment

periodand reflect theecostk in the pricesetting lggic. Thi s wi | | al |l otmet he NYI
energy prices to reflect the full costs of the resources neededtbi sfy t he systemds
will also help ensure thgas turbinethatareeconomicowill recover theircosts through LBMP
revenuesather than through guarantee payments

201412: Model 100+ kV transmission constraints in thelay-aheadand real-time
markets and develop associated mitigation measures. (Current Effort)

Market incentives for investment in resources on the 115kV systemstate New York are
inadequatgpartly because these facilities are nmideled n t he NYI SO6s ener gy
services marketsCurrently, these constraints are managed primarily througbfeuntrket

actions, whichhas raised guarantee paymeandcontributed to the need for cesftservice

contracts to keep older capacity in servit@some cases, these constraints are managed

indirectly in the dayahead and redime markets by reducing the transfer limits on internal and
external interfaes, which ianuchless efficient than modelintpe 115kV facilities in the NYISO
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markets We recognize that implementing the processes to manage these constraints in the day
ahead and redime markets would be a significant effostnce it would requiradditional
coordination with the local Transmission Owner

Some 115kV transmission constrairasselocal market poweconcernswhichareaddressed
with mitigation measures that limit suppbér a kta ektiadt igflated guarantee payments.
Once tlese constraints are modeled and pricedptitigation measures should be expanded to
address the potential exercise of market powedajahead or reaime energymarkes.

201516: Dynamically adjust operating reserve requirements to account for factors
that increase or decrease the amount of reserves that must be held on
internal resources. (Scoping/Future)

In some cases, the reserve requirement for a local area can be met more efficiently by importing
reserves (i.e., reducing flows into the area aedtiing the unusedterfacecapability as
reserves)rather than scheduling reserves on internal generation. The report identifies two
examples where this functionality would provide significant benefits.

1 Operating reserves itone Kare limited insatisfing operating reserve requirements for
SENY, Eastern NY, and NYCA can be increaséong Island frequently imports more
thanoneGW from upstateallowing larger amount of reserves on Long Island to support
the requirementsutside of Long Island. @verting Long Island reserves to enengy
these cases woultk accomplished by simphgdudng imports to Long Island, thereby
reducing theequired generatioautsideof Long Island

1 The amount of operating reserves that must be held on internalaescan be reduced
when there is unused import capability iBastern New York an8ENY. In fact, it is
often less costly toedue flows across Central Eagt the interface into SENY to hold
reserves on these interfaces rather than holéisgrves omnitsin Eastern New York

Hence, we recommend that the NYISO modify the market software to optimize quantity reserves
procured on Long Islanaind other areas in Eastern New York given the cost of holding reserves
on the transmission interfaces into theseas.

201517. Utilize constraint-specific graduated transmission demand curves to set
constraint shadow pricesduring transmission shortages (High Priority,
Scoping/Future)

Historically, tr ansmi ssion constraints that could not
was raised to a level that wouddcommodate the flow However, this does not lead to efficient

reattime priceghat reflect theeeliability consequences of violatirtige constraint.To address

this pricing concern, some organized wholesale market operators have enhanced their shortage
pricing by using transmission demand curves that set the constraint shadow prices when a

constraint cannot be resolved. The NYISO legun to use a graduated transmission demand
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curve to set prices during some transmission shortages. However, the majority of transmission
shortages are still resolved by relaxation rather than the use of a demand curve to set prices.

In the shorterm,the NYISOhasfiled aproposal to reform transmission constraint priging

which we support In the longterm, we recommend the NYISO replace the single graduated
transmission demand curve with ones that can vary according to the importance, sevésity, and
duration of the transmission constraint violation.

20159: Eliminate transaction fees for CTS transactions at the PJIMNYISO border.

The efficiency benefits of the CTS process with PIJM have generally fallen well short of
expectations since it was implented in the fourth quarter of 2014. We have observed far
greater utilization of CTS bidding at the ISE interface since it was implemented in 2015.
The lower utilization of CTS with PIM can partly attributed to the relatively large fees that
are clarged tahese CTS8ransactions, while fees were eliminated betweenN&Eand NYISO.

It is unlikely that CTS with PIM will function effectively as long as transaction fees and uplift
charges are large relative to the expected value of spreads betw&etsntdence, we
recommend eliminating transaction feswl uplift chargebetween the PJM and NYISO.

Energy Market Enhancementsi RealTime Market Operations

20128: Operate certain PAR-controlled lines to minimize production costs and
create financialrights that compensde affected transmission owners

Significant efficiency gains may be achieved by improving the operation of thecBat#lled
linesbetween New York City and Long Islafice., the901 and 903 lings These lines are
scheduled accding to the terms of lorgtanding contracts that pdate open access
transmission tariff 206, these linewerd\sthedol€ddnstheseyr k et s .
ahead market in the inefficient direction (i.e., from the pghed area to the lowriced area)
97 percent of the time Their operation increased production costs by an estimdtgdlion,
and ofterrestriced production by economic generation in New York City.

We recommend that the NYISO work with the parties to the underlying whegjiregments to

explore potential changes to the agreements or to identify how the agreements can be
accommodated within the markets more efficiently. Since more efficient operation would

benefit one party financially at the expense of the other, it sonedble to create a financial

settlement mechanism to compensate the party that would be giving up some of the benefits from
the current operation. We discussha mechansm in Sectionlll .G of the Appendix.

201213: Adjust look ahead evaluations of RTD and RTC to be more consistent with
the timing of external transactionramp and gas turbine commitment.
(Current Effort, High Priority, Scoping/Future)
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Differences is the ramp assumptions for units that are in the process of stiattingnd

changes in external transactions schedules between RTC and RTD are a principtlelpriee
volatility evaluated above. To reduce unnecessary price volatility that results from ramping
external interchange and shuttidgwn generation, we recommend the NYISO consider one or
more of the following enhancements to improve the modelimgrop in RTC and RTD:

1 Add two neaiterm lookahead evaluation periods to RTC and RTD around the quarter
hour to allow it them to accurately anticipate the ramp needs fecamdmitment or
interchange adjustment. For example, for the RTC that evaluife¢r@nsactions for
intervatending :15, evaluations could be added at :10 and :20.

1 Adjust the timing of the loolahead evaluations of RTD and RTC to be more consistent
with the ramp cycle of external interchange. This could be done by evaluating sterval
ending :05, :20, :35, and :50 rather than :00, :15, :30, and :45.

1 Enable RTD to delay the shdbwn of a gas turbine for five minutes when it is economic
to remain orline.

1 Better align the ramp rate assumed in the dab&ad evaluations of RTC and RTor
steam turbine generators with the actual demonstrated performance to account for units
that often ramp at a rate that is lower than their claimed ramp rate capability.

1T Address inconsistencies between thendr amp

RTD6s pricing pass when uaheatksshedale e r ampi ng

20149: Consider enhancing modeling ofoop flowsto reflect the effects ofexpected
variations more accurately (Scoping/Future)

Variations in loop flows were among the leading causes ctirealtransient price spikes in

2016. To reduce unnecessary price volatility from variations in loop flows and other factors not
explicitly modeled in the dispatch software, we recommend thiSRYonsider developing a
mechanism for forecasting additional adjustments from the telemetered value for loop flows.
This forecast should be Abiasedodo to account
errors is asymmetric (i.e., the cost ofaverforecast may be much greater than the cost of an
underforecast of the same magnitudédditional scoping is necessary to evaluate the relative
complexity, costs, and benefits of these and other potential solutions to this recommendation.

Energy Market Enhancementsi BPCG Eligibility and Energy Limitations/Storage

201413 Work with generators in NOx bubbles to ensure their RACT compliance
plans use the most economic compliance option available.

Our analysesontinues tandicate that the NOx buld constraints did not lead to reductions in

NOx emissions and actually led to higher overall NOx emissions. These commitments also
result in uplift that is socialized to other parties and distort clearing prices. Owners of generation
in NOx bubbles likly haveoptions to comply with NOx requirements that wébkult in lower
emissions at lower cost. Hence, we recommend that the NYISO work with generators in NOx
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bubbles to determine whether they have other available options for NOx RACT compliance that
would result in more efficient operation of their units.

201311 Consider allowing generators to submit offers that reflect certain energy
storage and fuel supply constraints in the daaahead market. (Current
Effort, Scoping/Future)

There are at least twgpes of energy supply constraihat cannot be adequately reflected in
the dayahead generator offers.

1 Hydroelectric plants have inventory constraints thaylimit their output over a 24hour
period. Likewise, output from ofired and duafueledgenerators is often limited by oil
inventories or air permit restrictions. It would be beneficial for such generators to
conserve their limited inventory for periods when it is most valuable.

1 During periods of high gas demarmyhsfired generators mayebsubject to hourly OFOs
that require them to schedule a specific quantity of gas in each hour difculgeriod.
A supplier that offers a flexible range in the eyead market is at risk of being
compelled taschedule enough gas to runtathighessingle hourlyday-ahead schedule
levelfor the entire24-hour gas dayThis subjects the generator to significant financial
risks when it is scheduled in the dalgead market

Currently,generators with such limitations would likely responddgingtheir offer prices

which isimpreciseand can lead taneconomioutcomedor the supplier and the market overall
Hence, allowing generators to submit offers that reflect quantity limitations over teodéd/
facilitate more efficient scheduling andging when they are subject to fuel or other production
limitations.

Capacity Market Enhancements

20121a Establish a dynamic locational capacity framework thateflects potential
deliverability constraints to allow prices tofully reflect the locationalvalue
of capacity. (High Priority, Scoping/Future)

The existing rules for creating New Capacity Zones will not lead to the timely creation of a new
capacity zones in the future when: (a) additional capacity is needed to meet resource adequacy
criteria in areas that are not currently zones, (b) when th&XYé s C | Beliverabititg a r

Test is inefficiently restricting new entry and capacity impat$¢) when the net cost of new

entry varies by a wide margin within a large capacity rethahwill predictably lead to

deliverability and resource adequassues

Establishing a dynamic locational framework by-gedining interfaces and corresponding zones
based on system planning requiremewdsild ensure that locational capacity prices would
immediately adjust to reflect changes in market conditiondiding the retirement of key units

i n the st argaillsess & ghethegthefrdtireneent is anticipated or unexpetiesi
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will, in turn, allow investors to be more confident that the reliability needs will be fully priced
and facilitate timbgy marketbased investment.

Under the current rules, when a New Capacity Zone is created, stgipieand buyeside

market power mitigation rules are automatically applied to the new zone. However, if a
comprehensive set of interfaces (and corresipgrzbnes) were prdefined based on system
planning requirements, it would not necessarily be appropriate to apply mitigation rules to every
zone. Therefore, we recommendatripling the application of market power mitigation from

the process of creatirghew zone.

This recommendation is identified as a high priority because the current zone configuration is
likely to inflate capacity costs in westereW York by a substantial margiWe recognize that

a process to prdefine capacity zones will be moefficient after the implementation of
Recommendation #2018 because this would ensure that the resulting LCRs would be set
appropriately.

20121c. Grant financial capacity transfer rights between zones when investors
upgrade the transmission system antlelp satisfy planning reliability needs
without receiving a costof-service rate. (Scoping/Future)

This is simil ar rtulastoprdvide TNiYsmiSs@bd Gongestian Cantnatts
(ATCCso0) . New transmi ssi o0n typvenrtedacds that birdin i ncr
t he N Ychpaaddonsrket Hence, transmission projects can provide resource adequacy
benefits that are comparable to capacity fresources in constrained areasccordingly,

transmission should be compensated foréseurce adequacy benefits through the capacity

market. Creating financial capacity transfer rights will help: (a) provide efficient incentives for
economic transmission investment when it is less costly than generation and DR alternatives, and
(b) reducébarriers to entry that sometimes occur under the existing rules when a new generation
project is required to make uneconomic transmission upgrades. Additional scoping is necessary
to evaluate the extent to which this rule would affect the viability oketdased transmission
investments/?

20131c. Implement location-based marginal cost pricing of capacity that minimizes
the cost of satisfying planningequirements. (High Priority, Current Effort)

The oneday-in-tenyear resource adequacy standardlmamet with various combinations of
capacity in different areas of New York. The demand curve reset process sets the capacity
demand curve for each locality relative to the IRM/LCR without considering whether this results

172 This recommendation would provide more efficient signafgrfansmission investment regardless of

whether Recommendation #2018 is adopted. However, capacity prices that overvalue generation (before
Recommendation #201Rc is implemented) could cause generation to preempt efficient transmission
investment.
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in a consistent relationship beten the clearing prices of capacity and the marginal reliability
value ofcapacity in each LocalityThe resulting capacity prices do not provide efficient signals
for investment, which raises the overall cost of satisfying the capacity needs.

Establiing capacitydemand curves thagflect the marginal reliability value of additional
capacityin eachLocality wouldlead to capacity prices that will facilitateore efficient
investmentnd retirement, anidwer overall capacity costdVe describe twgossible
approaches in this report for implementing this recommendation, and the NYISO is currently
evaluating one approach.

This recommendation is designated as a high priority bedawgk lead to large investment cost
savings, more price stabilitygnd more predictable requirements. Although comprehensive
estimates of the potential savings are not yet complete, S&dtid0 summarizes an analysis
showing that even very limited adjustments in the 2017/18 #iRW.CRs woud produce

substantial savings, supporting the conclusiondpéimizing these requirements would lead to
large annuasavings under the current zone configuration. Accordingly, we place a high priority
on this recommendation.

20132d: Enhance BuyerSideMitigation ForecastAssumptions. (Current Effort)

The set of generators that is assumed to be in service for the purposes of the exemption test is
important because the more capacity that is assumed to be in service, the |dorectsted
capacityrevenwesof the Examined Facilitythereby increasing the likelihood of mitigatitinge
Facility even if it is economicThe Tariff requires the NYISO to include all existing resources
other than Expected Retirements, which leads to the inclusion of mothiedt®urces that are
unlikely to reenter This also results ithe exclusion of resources that have submitted a
retirement noticgbutthatretain the ability to reenter the marketThese inclusion rules should
be reevaluated considering recent chamgesher BSM rules, including newly created
exemptions for competitive entry, renewables, andssgdply resourcesWe recommend the
NYISO modify theBSM assumptionto allow the forecasted prices and project interconnection
costs to be reasonably costeint with expectations.

20158: Modify the capacity market and planning process to better account for
imports from and exports to neighboring control areas from import
constrained capacity zones. (Current Effort)

The NYISO recently filed tariff provisiathat will allow it to recognize the local reliability

benefits from capacity that is exported from an imjoortstrained capacity zone. However,
additional refinement is needed to ensure that such resources are properly accounted for in the
planning moelsand to provide efficient incentives to import and export capatignce, ve
alsorecommendhat the NYISO: ajlefinealocal reliability product provided by such resources
andb) set efficient clearing prices at external interfaces that are intezcted with more than
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one capacity zoneln coordination with these ruledie NYISO should also consider changing
the market power mitigation threshold for resources that expogether, these changes will
facilitate efficient utilization othe primay interface with ISO New Englarehd reduceapacity
costs in both markets in the coming years.

EnhancePlanning Processs

20157: Reform the CARIS process to better identify and fund economically
efficient transmission investments. (Scoping/Future)

The current economic transmission planning process does not accurately estimate the economic
benefits of proposed project8Ve identify in this reporteveral key assumptionatlead

transmission projects to be systematically undgdued. Additionally, the current requirement

for 80 percent of the beneficiaries to vote in favor of a proposed projaelysto prevent

economic projects from being fundede recommend that the NYISO review the CARIS

process to identify any additional changes thatld/be valuable, and make the changes

necessary to ensure that the CARIS process will identify and fund economic transmission
projects.

C. Discussion of Recommendations Made in Previous SOM Reports

During the development of each State of the Market Repontewview the progress that has

been made toward the evaluation and/or implementation of recommendations made in previous
reports. Normally, we remove a recommendation from the list if the NYISO has responded to
the substance of the recommendation by madlifyn operating practice or by filing market rule
changes and the Commission has accepted them (or they are largely uncontested). In some
cases, we remove a recommendation from the list if it becomes apparent that the cost of
implementation would be sidgigantly greater than originally anticipated, there is a material
change in the underlying drivers for the recommendation, or there is little préspadopton.

Market Developments Since the 2015 SOM Report

The NYISO has moved forward with marketaehs in response to the following
recommendations from the 2015 State of the Market Report.

#6717 Modify the pivotal supplier test to prevent a large NYC supplier from circumventing the
mitigation rules by selling capacity in the forward capacity auctio@s the strip and monthly
auctions) to avoid being designated as a pivotal supplier for. NW& NYISO implemented this
recommendation before tlsammer 201 ¢apacity auction.

#81 Modify the capacity market and planning process to better actmurdpacity that is
exported to neighboring control areas from imgmmmstrained capacity zone8lthough we
have repeated this recommendation in this report, the NYISO has made significant progress
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towards implementing this recommendation since laat. y&he NYISO filed oiNovember 30,
2016a package of changes to address the most imminent concerns related to this
recommendation, and the NYISO is working with Stakeholders to address remaining$sues.

#1071 After the ConEePSEG wheeling agreement éngs, work with PIM to coordinate
scheduling of the associated controllable lines (i.e., the A, B, C, J, and K lines) to minimize
production costs across the two regiofte NYISO implemented this recommendation on May
1, 2017.

#1371 Consider enhancingadeling of loop flows and PARontrolled lines to reflect the effects

of expected generation, load, and Rédhtrols on line flows more accuratelglthough we

have repeated this recommendation in this report, the NYISO has made some progress towards
implementing this recommendation since last year. In particular, the NYISO made
improvements to the modeling of PA#®ntrolled lines between New York City and Long

Island.1"*

#1471 Modify criteria for GTs to set prices in the réamhe market by allowing GT® be eligible

to set price in the final pricing pass and incorporating-staxtosts The NYISO partially
implemented this recommendation on February 28, 2017 by addressing our concerns with the
eligibility of GTs to set price. However, we continugécommend the NYISO incorporate
startup costs-"

#2171 Improve assumptions in the commitment logic of the DAM to avoid scheduling
uneconomic gas turbineTheNYISO implemented this recommendation in December 2€716.

Other Recommendations Not Included a@he List for 2016

This subsection describescommendationom 2015and one earlier recommendation that was

not resolved, budre not included in this reporf.he 2015 State of the Market Report

recommended expanding the bugate mitigation measures to address additional actions such

as subsidizing uneconomic existing capacity to suppress capacity prices. We have recommended
that the Commission adopt a mitiigan measure to address such conduct and this issue is

173 The Commission approved most of these with an order in Docket-BER3@00, dated January 27, 2017.

NYISO discussed the status of remaining issuédpidate on Capacity Exports from Localitiagsthe April
12, 2017 Business Issues Committee.
174 see SectinIX.E.

175 gee Recommendation #2019.

176 seeSectionlV.A.0.
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pending before the Commission in a complaint proceedgpfter the Commission orders on
this proposal, we will reassess the adequacy of the {sigemitigation measures.

Additionally, the state ofhe market reports from 2002 to 2012 recommended that the NYISO
adopt virtual trading at the st#onal level. Since its introduction in November 2001, virtual
trading at the zone level has consistently helped improv@lklegd scheduling decisions when
systematic differences in modeling and/or behavior between thaltzgd and redgime markets
would have otherwise led to under/oEmmitment in the daghead market’® Virtual trading

at the subzone level would likely improve the efficiency of-dagadcommitments, fuel
procurement decisions, and consistency betweerakesd and redime prices in areas with
persistent differences. Although we continue to see significant persistent differences between
day-ahead and redime prices and associated eduling inefficiencies that could be ameliorated
by virtual trading at the subzone level, we removed the recommendation from the list after the
2012 report because the proposal did not make significant progress in the stakeholder process in
the previous @ven years.

177 see discussion in Sectidih.C.0.

178 Beginning in 2002, each state of the market repartdiscussed the effects of virtual trading and

inconsistencies between dafiead and redime market outcomes that would be addressed by virtual trading
at the sukzone level.
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Appendix i Market Prices and Outcomes

I. MARKET PRICES AND OUTCOMES

The New York ISO operates a mesettlanent wholesale market system consisting of
financially-binding dayahead and redime markets for energy, operating reserves, and
regulation (i.e., automatic generatioontrol). Through these markets, the NYISO commits
generating resources, dispatchesgration, procures ancillary services, schedules external
transactions, and sets markétaring prices based on supply offers and demand bids. The
NYISO also operates markets for transmission congestion cordratiastalled capacity, which
are evaluated in Sectiofi§ andVI of the Appendix.

This section of the appendix summarizes the market results and performancéimtb@l
following areas:

1 Wholesale market prices;

Fuel prices, generation by fuel type, and load levels;
Fuel usage under tight gas supply conditions;
Ancillary services prices;

Price corrections;

Day-ahead energy market performance; and

= =4 A4 A4 A -2

Day-ahead ancillargervices market performance.

A. WholesaleMarket Prices
Figure A1: Average AlIn Price by Region

The first analysis summarizes the energy prices and other wholesale market costs by showing the
all-in price for electricity, which reflects the total costs of serving load from the NYISO markets.
The altin price ircludes the costs of energy, uplift, capacity, ancillary services, and NYISO cost

of operations. The alh price is calculated for various locations in New York State because

both capacity and energy prices vary substantially by location.

The energy pdes in this metric are loasleighted average retime energy prices. The capacity
component is calculated based on clearing prices in the monthly spot auctions and capacity
obligations in each area, allocated over the energy consumption in that aeeaplifth

component is based on local and statewide uplift from Schedule 1 charges, allocated over the
energy consumed in the area. For the purposes of this metric, costs associated with ancillary
services are distributed evenly across all locatidtigure A1 shows the average afl prices

along with the average natural gas prices from 2009 t6 20the followingsevenlocations: (a)

the West Zonéi.e., Zone A) (b) the North Zone (i.e., Zone D); (c) Central New Y @tk.,

Zones B, C, and E; (d) the Capital Zone (i.e., Zone F); tle Lower Hudson Valley region (i.e.,
Zones G, H, and I)f] New York City (i.e., Zone J); ang)Long Island (i.e., Zone K). The
majority of congestion in New York occurs betweard within theseegions.
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Appendix i Market Prices and Outcomes

Natural gas prices are based on the following gas indices (plus a transportation charge of $0.20
per MMBLtu): (a) the Dominion North index fadhe WestZone and areas in Central New Yprk

(b) the Iroquois Waddington index for North Zone; @ Iroquois Zone 2 index foihe Capital

Zone and Long Islandd) the average of Iroquois Zone 2 index andMiéennium Eastindex

for Lower Hudson Valley’® and(e) the Transco Zone 6 (NY) index for New York Cit#.6.9
percent tax rate is also reflected in the natural gas prices for New York City.

Figure A-1: AverageAll-In Price by Region
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Figure A-2: Day-Ahead Electricity and Natural Ga3osts

Figure A2 showsload-weightedaverage natural ga®stsandloadweightedaverage dayahead
energy prices irach month of 201fr the seven locations shownhkigure A1. The table in
the chart shows the annual averages of these quantities for 2015 and\2B&6gh much of
the electricity used by New York consumers is generated from layahaucleargenerators,
natural gas unitasually set the energy price ag timarginal unitespecially in Eastern New
York. This is evident from the stromgsitivecorrelation of electricity prices with natural gas
costsshown in the figure.

179 The liquidity at the Millennium index prior to summer 2012 was significdeg than exists today. Days

without prices prior to June 2012 at the Millennium index were calculated instead using the Tetco M3
index price.
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Energy Prices ($/MWh)

To highlight changes in electricity prices that are not driven by chamdesl prices, the
following figure summarizes the monthly average marginal heat rate that would be implied if
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Figure A-2: Day-Ahead Electricity Pricesand Natural GasCosts
By Month, 2016

2015 2016
LBMP NG Cost| LBMP NG Cost
””” m West (Zone A) $32.21  $1.53 | $27.37 $1.68
m CentralNY (Zone BCE)| $30.88 $1.53 | $22.76  $1.68
@ North (Zone D) $26.61 $4.31 | $18.00  $2.94
,,,,, ® Capital (Zone F) $41.07 $4.62 | $30.70  $3.11
@ LHV (Zone GHI) $40.70 $3.68 $30.73 $2.39
””” B NYC (Zone J) $40.58 $4.26 $31.32 $2.57
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Figure A3: Average Monthly Implied Marginal Heat Rate

natural gas were always on the margin.
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ThelmpliedMarginal HeatRate equals the daghead electricity priceinus a generic unit
VariableOg r at i ons
the natural gasost and greenhouse gas emission cost (i.e., RGGI Allowance'®ostus, if
the electricity price is $50 per MWthe VOM cost is $3 per MWlhe naturabas price is $5
per MMBtu, and the RGGI clearing price is $3 per £&lowancethis would imply that a
generator with 8.1 MM Btu per MWh heat rate is on the margf.

and

Ma i nt edivided bythe fgeficgsDivadincludeo s t

Natural Gas Prices ($/MMBtu)

Figure A-3 shows the loadveighted average implied marginal heat rateanh month of 2016

for the seven locations shownhigure A1 and inFigure A2. The table in the chart shows the
annual averages of the implied marginal heat rates in 2015 and in 2016 at these seven locations
By adjusting for the variation in natural gas prices, the implied marginal heat rate shows more
clearly the seasonal variation in electricity prices.

180

181

The generic VOM cost is assumed to be $3 per MWh in this calculation.

In this example, the impliecharginal heat rate is calculated as ($50/MW88/MWh) / ($5/MMBtu +
$3/ton * 0.06 ton/MMBtu emission rate), which equals 9.1 Nt per MWh.

2016 State of the Market Report| A-3

t

h



Appendix i Market Prices and Outcomes

Figure A-3: Average Monthly Implied Marginal Heat Rate
Day-Ahead Market2016
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Figure A4 i Figure A5: Price Duration Curves and Implied Heat Rate Duration Curves

The following two analyses illustrate how prices varied across hours in recent years and at
different locations.Figure A4 shows seven price duration curves for 2016, one for each of the
following locations (a) theWestZone (i.e., Zone A)(b) the North Zone (i.e., Zone D)X

Central New Yorki.e., Zons B, C, and F; (d) the Capital Zone (i.e., Zone F); (e Lower
Hudson Valley regiofi.e., Zones G, H, and I)f)(New York City (i.e., Zone J); and)(Long

Island (i.e., Zone K)Each curve irfFigure A4 shows the number of hours on the horizontal axis
when the loadveighted average retime price foreach regiorwas greater than the level shown
on the vertical axisThe table in the chart shows the number of hours in 2016 at each location
when the reatime price exceeded $100, $200, and $500 per MWh.

The price duration curves show the characteristic distribution of prices in wholesale power
markets in which asmall number othours exhibitedrery high price that are typically

associated with shortageBuring shortage prices can rise to more than ten times the average
price level, so a small number of hours with price spikes can have a significant effext on th
average price level. Fuel price changes from year tocgaberevealed by the flatter portion of
the price duration curve, since fuel price changes affect power prices in almost all hours.
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Figure A-4: Real-Time Price Duration Curves by Region
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To identify factors affecting power prices other than fuel price chafggse A5 shows
corresponding implied marginal heat rate duration curves at each location during 2016. Each
curve shows the number of hours on the horizontal axis whemgted marginal heat ratef

each sukregionwas greater than the level shown on the vertical aii® calculation of the

implied marginal heat rate is similar to the on&igure A3 excef that this is based on real

time prices. The inset table compares the number of hours in each region when the implied heat
rate exceeded 8 and 11 MMBtu per MWh between 2015 and 2016.
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Figure A-5: Implied Heat Rate Duration Curves by Region
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Key Observations: Wholesale Market Prices

1 Average aHin prices of electricity ranged fronoughly$26MWh in the NorthZoneto
$55MWh in New York City in 208, down 17 to 25 percent from 2015

- The decreases were mainly attributableeductions in prices for both energy and
capacity across the state.

- However, the decrease in energy prices was more pronounced and energy accounted
for the majority of the alin price in all regions.

1 Capacity costs accounted 8@ percent of the alin price in New York City and@to 29
percent of the alin price in the othesix regions

- Higher capacity costs in New York Citgflectthat: a)there isgenerally moreexcess
installed capacity outside New York Cityaninside New York City and b)the
Reference Point on the capacity demand curve is higher for New York City than for
other areas.

1 Average energy pricedecreased by 18 to 3ikrcentacross all New York regions from
2015 to 2016.

- Most of the annual reductions occurred in the first quaift@016, mainly driven by:
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T Significantly lower natural gas prices (see Subse@ipn
T Higher nuclear and hydro production (SaésectiorB); and
T Lower load levels and less frequent winter peaking condi{sees Subsection).

- However, energy prices in the other three quarters of 2016 were slightly higher than
levels seen in the same period of 2015, because:

T Natural gas prices across the state after the first quarter of 2016 were generally
similar to prices witnessed in the sauperiod of 2015 (see Subsecti®h

T Load levels were higher in the summer of 2016 (see Subsé&ti@md

T Lengthy transmission outages on the Ceriiiadt interface and into Long Island
led to more frequent congestion in affected regions (see Sétdion

1 Average capacity costiecreaseth all regions from 2015 to 2016, falling by 2 percent in
the Lower Hudson Valley (i.e., Zones G, H, and I), 25 perceNew York City, 29
percent in Log Island, and 10 percent in the Rest of State.

- The primary driver behind the decrease in all zones were reductions in the Local
Capacity Requirement (ALCRO) in each regi
needed for procurement (see Subsedipn

- The retirements of several units reduced the internal capacity in the state, partially
offsetting the capacity price decline due to the LCR changes mentioned above.
However, increased imports from PJM muted this impact in the Rest of State region.

1 Similar to 2015, the West Zone exhibited in 2016: a) the highest average energy prices in
Western New York (i.e., including Zones A to E); and b) the largest number of hours
(i.e., 23 hours) when retilme prices exceeded $500 per MWh in all areas.

- This was driven by high congestion levels on the 230 kV facilities in the West Zone
in 2016 (see Sectiadl ).

- Transmission congestion in the West Zone could not be resolved using available
physical resources in slightly less than 2 percent of all intervals in 2016, resulting in
transmission shortages and very high congestion costs (wiimpheEmentation of
GTDC) in this area during these intervals (see Sedtjon

1 The average implied marginal heat rates rose from 2015 to 2016 in Eastern NewtYork bu
fell in Western New York.

- The increase in Eastern New York generally reflected higher load levels during the
summer months and more frequent congestion across the cteawtahterface and
into Long Island because of lengthy transmission outages.

- The derease in Western New York occurred primarily in the first quarter of 2016.

T The implied marginal heat rates in most regions of Western New York were
higher than in Eastern New York because energy prices in Western New York
often rose to the levels in East New York when the Centr&last interface was
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not fully constrained, while natural gas prices for most of Western New York
(indexed to Dominion North trading hub in this report) were still very low.

T In the first quarter of 2016, the reduction in elygpgces in Western New York
(because of reductions in Eastern New York) was more pronounced than the
reduction of natural gas prices in Western New York.

- The average implied marginal heat rate in the North Zone was substantially lower
than in other regias) indicating that gaired resources in this area were rarely
economic.

B. Fuel Pricesand Generation by Fuel Type

Figure A671 Figure A-8: Monthly Average Fuel Pricemnd Generation by Fuel Type

In recent years, fossil fuel price fluctuations have been the primary driver of changes in
wholesale power prices because most ohtlginal production costs of fosdiliel generators

are fuel costs. Although much of the electricity generated in New York is fromeigdnac
andnuclear generators, natural gas units are usually the marginal source of generation. Hence,
natural gas pces more directly affect wholesale power prices.

Some generators in New York have diiadl capability, allowing them to burn either oil or

natural gas. These generators usually burn the most economic fuel, although some may burn oil
even when it is merexpensive if natural gas is difficult to obtain on short notice or if there is
uncertainty about its availabilityn addition, New York City and Long Island reliability rules

(which are discussed further in SectMit) sometimes require that certain units burn oil in

order to limit the exposure of the electrical grid tsgible disruptions in the supply of natural

gas. Since most large steam units can burn residual fuel oil (No.6) or natural gas, the effects of
natural gas price spikes on power prices are partly mitigated by generators swit¢heigito

Natural ga price patterns are normally relatively consistent between different regions in New
York, with eastern regions typically having a minor premium in price to the western zones.
However, bottlenecks on the natural gas system can sometimes lead to sigtffiesences in
delivered gas costs by area, which can produce comparable differences in energy prices when
network congestion occurs. The natural gas price differences generally emerge by pipeline and
zone. We track natural gas prices for the followpielines/zones, which serve different areas

in New York.

Tennessee Zone 6 prices are representative of gas prices in portions of New England;
Transco Zone 6 (NY) prices are representative of natural gas prices in New York City;

Iroquois Zone 2 pricesarepresentative of gas prices in Capital Zone and Long Island,

= =4 A =

Iroquois Zone 2 prices and Millennium East prices are generally representative of natural
gas prices in the Lower Hudson Valley; and

9 Dominion North prices are representative of prices miqas of Western New York.
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Figure A6 shows averageoal, natural gas, and fuel pitices by month fronr2013 to 2016
The table compares the annual average fuel prices for these four years.
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Figure A-6: Monthly Average Fuel Index Prices'®?
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Figure A7 shows the quantities of generation by fuel type in seven regions of New York in each
quarter of 2016 as well as for NYCA as a whoéfé. The table in the chart shows annual average
generatiorby fuel type from 2013 to 2016.

Figure A8 summarizes how frequently each fuel type was on the margin and settitigueeal
energy prices in New Y@&rState and in each region of the state during 204@ére than one type

of unit may be marginal in an interval, particularly when a transmission constraint is binding

(different fuels may be marginal in the constrained and unconstrained dieasye, tle total for

all fuel types may be greater than 100 percent. For example, if hydro units and gas units were

both on the margin in every interval, the total frequency shown in the figure would be 200
percent. When no unit is on the margin in a particigion, the LBMPs in the region are set

by: (a) generators in other regions in the vast majority of intervals; or (b) shortage pricing of

ancillary services or transmission constraints in a small share of inteNeduel type for each
generator in botkharts is based on its actual fuel consumption reported to the U.S.
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Appendix i Market Prices and Outcomes

Figure A-7: Generation by Fuel Type in New York
By Quarter byRegion,2016
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Figure A-8: Fuel Types of Marginal Units in the RealTime Market in New York
By Quarter by Regior016
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Key Observations: FuelPrices andGeneration by Fuel Type

T

On average, reported fuel oil prices fell nearly 20 percent from 2015 to 2016 but
bottomedout in the first quarter of 2016.

- Lower fuel oil prices helped reduce the severity of natural gas price spikes during
winter operations.

Natural gas prices, whidiave the strongest effect amolesale energy pricesxhibited
the most variation over time and between regions in recent years.

- These variations affected generation patterns, import levels, congestion patterns,
energy price spreads, and uplift chargelsich are discussed throughout the report.

Natural gas prices and gas spreads between regions (e.g., between Western and Eastern
New York) exhibited a typical seasonal pattern

- They tended to rise in the winter mon#ssa result of higher deman#iowe\er, the
magnitude of the increase in 2016 (relative to the rest of the year) was muted
significantly compared to the previous several winters

T For example, first quarter 2016 prices at Transco Zone 6 NY were roughly 40
percent higher than the average @& tamaining months in 2016. In contrast first
quarter 2015 prices at this index were more than 420 percent higher than the
remaining nine months of that year.

I Consequentlygas spreads between Western and Eastern New York ave@ged
to 238percent intefirst quarter of 2016still up notably from an average b29
to 182percent in othequarters, but significantly less so than what occurred in
previous years

- The combined effects of lower heating demand because of milder weather conditions,
higher poduction from the Marcellus shales, and very low oil prices limited the
increase in natural gas prices in the 2015/2016 winter.

Gasfired (44 percent), uclear(31 percent), and hydro (19 percent) generation accounted
for 94 percent of all internal genarat in New York during 2016.

- Average nuclear generatiéell 320 MW from 2015, reflecting increased
maintenance and refueling outages at multiple units across the year

- CoakHired generation continued to fall in 2016, reflecting th@hballfetiremeniof
the Huntley and Dunkirk units and low natural gas prices that made coal production
uneconomic most of time.

- Gasfired steam turbine generators produced considerably more in the third quarter of
the yeatin bothNew York Cityand Long Island than in thather quarters.

i This generally reflected higher load levels and associated higher needs for local
reliability in thedownstate area during the summer season.
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- Average oilfired generation felsubstantially from 2015, primarily because lower
natural gas pees in the first quarter of 2016 made oil production less economic.

i However, this was partially offset by higher oil production on Long Island in the
third quarter of 2016 because of higher load and lower imports from upstate New
York (due to transmissn outages).

- Average generation from wind, hydro, and other renewable resources did not vary
significantly from 2015 to 2016.

T Nonetheless, hydro production in the West Zone rose modestly in 2016,
particularly in the winter months, reflecting: (ajlaer winter weather conditions
led to increased supply of water (compared to frequent icy conditions in the prior
year); andb) increased output from the Niagara facility duées frequent
congestion in the West Zone.

1 Gasfired resources (68 percemrfcombined cycle units) and hydro resources (47
percent) were on the margin most frequently during 2016.

- Most hydro units on the margin have storage capacity, leading them to offer based
partly on the opportunity cost of foregone sales in other houmsn(\ghs units are
marginal). Thus, the price levels set by hydro units are also affected by natural gas
prices.

C. Fuel Usage Under TightGas Supply Conditions

The supply of natural gas is usually tight in the winter season due to increased demand for
heathg. Extremeweather conditions often lead to high and volatile natural gas prcksge
share of generators in Eastern New York have-tivlcapability, allowing them to switch to an
alternative fuel when natural gas becomes expensive or unavaitddweever, the increase of
oil-fired generation during such periods may be limited by several factors, including:

1 Not having the necessary air permits;
1 Low onsite oil inventory; and

1 Physical limitations and gas scheduling timeframes that may limitetkigility of dual-
fueled units to switch from one fuel to the other.

This subsection examineactualfuel usage in the winter @016 focusing on days when supply
of natural gas was very tight. THiad a big impact on the system operations, espgaiall
Eastern New York.

Figure A9: Actual Fuel Use and Natural Gas Prices in the Winter

Figure A9 summarizs the average hourly generation by actual fuel consumed in Eastern New
York on a daily basis during the first quarter of 20Iiee figure showactual generation for the
following fuel categories: (a) oil; (maturalgas; (c)hydrg (d) nuclear; and (edll other fuel

typesas a group.n addition, the figure shosvthe dayahead natural gas price index for Iroquois
Zone 2 and Transco Zone 6 (NYJhe figure also compares these ditas by month between
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the first quarter of 2015 and 2016dh day in the charepresents a 2hour gas day, which
starts from 10 am on each calendar day and ends at 10 am on the next calendar day.

Figure A-9: Actual Fuel Use andNatural Gas Prices
EasterrNew York, First Quarter of 2016
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Key Observations: Fuel Usage Under Tight Gas Supply Conditions

1 Oil-fired generation in EastnNew Y ork totaled roughl\800 GWh in the first quarter of
2016, downnotablyfrom over1,500GWh in thefirst quarter oboth 2014 an@015.

- Gas supply constraints were much less frequent and severe than in the previous years
(because of factors discussed in subse®&ion

- As aresult, gaprices exceeded3#MM Btu'84 on just five consecutive dayi® mid-
February(while gas pricesvere ovei$15/MMBtu on 22 day#n 2015 and over
$20/MMBtu on 27 days in 20}4

i This5-day period accounted fomostof oil-fired generation in the quarter.

1 The largedifference in theamount of oil usdetween 2015 and 201l&strates the
difficulty in predicting (before the winter) how much oil will be needed over the entire
winter season.

184 This applies to the Iroquois Zone 2 price only; Transco Z6 NY prices remained below $7 per MMBtu on

these days.
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D. Load Levels

Figure A10: Load Duration Curves for New York State

The interactiorbetweerelectric supply and consumer dematgsbdrives price movements in

New York. The amount of available supghanges slowly from year to year, so fluctuations in
electricity demand explain much of tekeortterm variationsn electricity prices. The hours with

the highest loads are important because a disproportionately large share of the market costs to
consumers and revenues to generators occur in these hours.

Figure A-10illustratesthe variation in demand during each of the last three yashowing

load duration curvesLoad duration curves show the number of hours on the horizontal axis in
which the statewideohd was greater than or equal to the level shown on the verticalTédnas.

table in the figure shows the average load level on an annual basis for the past three years and the
number of hours in each year when the system was under high load condgigisa@.

exceeded 28, 30, and 32 GW).

Figure A-10: Load Duration Curves for New York State
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Key Observations:Load Levels

1 Annual peak load rose 3 percent from 2015 due primarily to warmer weather conditions

in thesummer of 2016.

Number of Hours
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- Although the peak load level was not the highest, the average load level in the
summer was higher than most prior summers (since 2009).

1 However, winter weather conditions were milder than in the prior winters, resulting in
substantially lower load levels in the winter of 2016.

- Inthe first quarter of 2016yarage loadell 8 percent and peak lodell 5 percent
from a year ago.Both levelswere close to the lowest levels over the last ten winters.

E. Day-Ahead Ancillary Services Prices

Figure A11: Day-Ahead Ancillary Services Prices

The NYISO schedules resources to providergy, operating reserves, amgulation service in

the dayahead and redime markets. The NYISO eoptimizes the scheduling of these products
such that the combined cost of all products is minimized. Given that available supplies must
satisfy energy demand and ancillary servieggiirements simultaneously, enesgyd ancillary
servicegricesbothreflect the costs to the system of diverting resources to provide ancillary
services that would otherwise provide energy. Hence, ancillary services prices generally rise and
fall with the price of energlpecause it influences the level of these opportunity costs

The NYISO has four ancillary services productsnii@ute spinning reserves, -hlinute total
reserves, 30ninute reserves, and regulation. In addition, the NYISO has lochtes®ave
requirements that result in differences betwdisstern EasternandSoutheasNew York

reserve pricesFigure A11showsthe average daghead prices fahese four ancillary services
products in each month of 2015 and 2016. The prices are shown separately for the following
three distinct regions: (a) Southeast New York (including Zonr&3; @) the Capital Zone

(Zone F, in Eastern New York but outsideuBeeast New York); and (c) West New York
(including Zones AE).

The stacked bars show three price components for each region:itiati@ spinning

component, the Xhinute norspin component, and the-B@inute component, each representing
the cost of reeting applicable underlying reserve requirements. Take Southeast New York as an
example,

1 The 3Gminute component represents the cost to simultaneously meetthe 3@
reserve requirements for Southeast New York, East New York, and NYCA,

1 The 10minutenonspin component represents the cost to simultaneously meet-the 10
minute total reserve requirements for East New York and NYCA (Southeast New York
does not have a separaterihute total reserve requirement); and

1 The 10minute spinning component regents the cost to simultaneously meet the 10
minute spinning reserve requirements for East New York and NYCA (Southeast New
York does not have a separaterfihute spinning reserve requirement).

Therefore, in the figure, the d@inute reserve price in each region equals itmdtute
component, the tfinute norspin reserve price equals the sum of itg1@8Aute component and
10-minute norspin component, and the-blinute spinning reserve pricguals the sum of all
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three price components. The inset table compares average final prices (not the components) in
2015 and 2016 on an annual basis.

Figure A-11: Day-Ahead Ancillary Services Prices
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Key Observations: Dayahead Ancillary Service Prices

1 The average prices for most classes of ancillary services rose from 2015 to 2016 in
contrast to the decline in energy prices.

- The increase was due primarily to the increase ahBlute operating reserve price
beginning in November 2015, which resulted from changes in market rules and offer
patterns (this is evaluated in more detail in Sediid»of the Appendix).

1 The differences in daghead prices between various reserve products became much
smaller in 2016.

- The largest average difference was onlyp&MWh (betweerSoutheast New York
10-minute spinning prices anWest New York30-minure reserv@rices)in 2016
much lower than the4662MWh in 2015

- This indicates that all reserve requirements exce@¥@A 30-minute requirement
were binding much less frequentty2016
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F. Price Corrections

Figure A12: Frequency of Realime Price Corrections

All real-time energy markets are subject to some level of price corrections to afmount

metering errors and other data input problems. Moreover, price corrections are required when
flaws in the market operations software or operating procedures lead prices to be calculated

erroneously. Accurate prices are critical for settling marketstictions fairly and sending

reliable reaitime price signals. Less frequent corrections reduce administrative burdens and
uncertainty for market participants. Hence, it is important to resolve problems that lead to price

corrections quickly to maximizgrice certainty.

Figure A-12 summarizes the frequency of price corrections in theti@al energy market in
each montlirom 2014 to 2016 The tablan the figureindicateshe change of theequency of
price correctionsver the past several years.
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Figure A-12: Frequency of ReaiTime Price Corrections
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Percentage of Intervals Corrected

2010 0.06%
2011 0.11%
2012 0.16%
2013 0.06%
2014 0.11%
2015 0.05%
2016 0.05%
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Key Observations:Price Corrections

1 The frequencyand significancef corrections have been at very low levels, around 0.1

2016

percent of reatime pricing intervals in each of the past seven years.

In 2016, he frequency of price corrections was slightly highehine because of

software errorsHowever, heeffects of these errors on the market outcomes were not

substantial.
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G. Day-Ahead Energy Market Performance

The dayahead market allows participants to make forward purchases and sales of power for
delivery in realtime. Participants can use the eaty@ad market to hedge risks associated with

the realtime market, and the system operator usesat@ad bids and offers to improve the
commitment of resources. Loads can insure against price volatility in thiemmeaharket by
purchasing in the dagheadmarket. Suppliers can avoid the risk of startipgtheir generatsr

on an unprofitable day since the eayead auction market will only accept their cff@hen

they will profit from being committed. In addition to the value it provides individual nharke
participants, perhaps the greatest value of theatt@ad market is that it coordinates the overall
commi t ment of resources to satisfy the next

In a wellfunctioning system with daghead and redaime markets, we expect thday-ahead
and realtime prices will not systematically diverge from one another. lfalasad prices were
predictablyhigherthan realtime prices, buyers would increase purchases irtiraal
Alternatively, if dayahead prices were foreseealolyer than realtime prices, buyers would
increase purchases dakieadvice versa for sellers)

Price convergence is desirable because it promotes the efficient commitment of generating
resources, procurementfoiel, and scheduling of external transactioisaddition,persistent
differences between dahead and redime prices can undermine incentives for suppliers to
offer their resources at marginal costhe dayahead marketWe expect random variations
resulting from unanticipated changes in suppigt demand between the two markets on an-hour
to-hour basis, but persistent systematic differences betweeahday and redime prices

would raise potential concerns.

In this section, we evaluate/d aspects of convergence in prices betweeratead and real
time marketsand look for evidence of persistent differencésst, we examine the consistency
of average dayhead energy prices with averageHtéak energy prices at the zone level.
Secondwe evaluate the consistency of averageatsad and redaime energy prices at
individual nodes throughout the state.

Figure A13 & Figure A14: Average DayAhead and Realime Energy Prices

In general, dayahead prices are based on the expectations efimeimarket outcomes and are
influenced by several uncertaintiesrsi demand can be difficult to forecast with precision and
the availability of supply may change due to forced outages or numerous other factors. For
example, the operators may commit additional generation for reliability after treehdag

market, incrasing the supply available to the réiaie market. Second, special operating
conditions, such as thunderstorm alerts, may alter the capability of the transmission system in
ways that are difficult to arbitrage in dapead market#Accordingly, dayaheadorices reflect

the probabilityweighted expectation of infrequent highiced events in the retime market.

Figure A13andFigure A14 compare daaphead and redime energy prices in WeZbne

Central Zone, North Zone, Capital ZommdHudson Valley, New York City, and Long Island.

The figuresareintended to reveal whether there are persistent systematic differences between the
loadweightedaverage dayahead prices and retiine prices at key locations in New YorKkhe
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bars compare the average dgdead and redime prices in each zone im& month of 2016.
The inset tables report the percentage difference between the averadeddyrice and the

average reaiime price, as well as the average absolute value of the difference between hourly
day-ahead and redime prices in the past e years. The latter metric measures the typical

difference between the dahead and redime prices in each hour, regardless of which is
higher. This metric is substantially affected by +t@ale price volatility.

Figure A-13: Average DayAhead and RealTime Energy Pricesin Western New York
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Figure A-14: Average DayAhead and RealTime Energy Prices inEastern New York
Capital,Hudson Valley, New York Cityand Long Island 2016
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Figure A15: Average Reallime Price Premium at Select Nodes

Transmission congestion can lead to a wide variation in nodal prices withire, while the

price of each zone is a loagkighted average of the nodal prices in the zone. Hence, the pattern
of intrazonal congestion may differ between the-dagad market arttie reattime market,

leading to poor convergence at individual nodes éveaghconvergence is good at the zone

level.

The pattern of intrazonal congestion may change between thehéag market and the real
time market for many reasons:

1 Generators may change their offafter the dayahead marketThis is common during
periods of fuel price volatility or when natural gas is more easily procuredldzad.

1 Generators may be committed orcmmitted after the daghead market, changing the
pattern of transmission flows.

1 Constraint limits usetb manage congestion may change from theatead market to
the realtime market.

1 Transmission constraints that are sensitive to demand may become more or less acute
after the dayahead market due to differences between expectecctuaload

1 Transnission forced outages, changes in the scheduled transmission maintenance, and
differences in phase angle regulator settings can result in different congestion patterns.
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In general, virtual trading and prisensitivdload bidding help improve convergenby

facilitating arbitrage between dahead and redime prices. But the NYISO is currently unable
to allow market participants to submit virtual trades and price sensitive load bids at the load
pocket levebr more disaggregated leyeb good convernce at the zonal level may mask a
significant lack of convergence within the zone. Tdnalysisexamines price statistics for
selected nodehiroughoutNew York Stateto assesprice convergencat the nodal level.

Figure A15shows average deghead prices and retine price premiums i2016for selected
locations in New York City, Long Island, and Upstate New Y:§PkThese are loaweighted
averages based dmet dayahead forecasted load. The figure includes nodssverakegiors
that generally exhibited less consistency between averagehgayl and average reathe prices
than other nodes. These are shown separately for the summer months (June jptAagust
winter months (December, January, and Februang,other months because the congestion
patterns typically vary by season.

Figure A-15. Average RealTime Price Premium at Select Nodes
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185 In New YorkCity, NYPA Pouch is the NYPA Pouch GT 1 bus. In Long Island, Barret is the Barrett 1 bus
andFarrockaways Farockaway ST dus. Orangevilland High Sheldon are twwind turbinelocations
in the Central Zondiluntley 67, NEG West Lockporyiagara230kV, and Niagara 115kV East represent
generator locationi;m the West Zone.
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Key Observations: Convergenc®f Day-Ahead and RealTime Enerqgy Prices

1 Averageday-ahead pgces were generally within 1 to 2 percent of avenragétime
prices inall areasn 2016

- Although a small averaggay-aheadpremium was generally desirable in a
competitive market, smaléaktime premiums occurred in some areas because large
reattime spikes on a few days (due to unexpectattime events) outweighed small
day-aheadoremiums on other days.

1 Atthe zonal level, egrgy price convergendas measured by the mean absolute
difference between hourly deghead and redime prices for the yearyas worsen all
regions from 2015 t@016, due to the following key drivers:

- More transmission outages in the North Zone, into Long Island, and across the
CentralEast interface ledbtincreased price volatility in affected areas during outage
periods in 2016 (see Sectith of the Appendix for more details).

- Price volatility increased in Sdutast New York in the summer of 2016 because of
higher congestion levels associated with higher load levels.

- The implementation of the GTDC in February 2016 resulted in higher congestion
costs on most transmission constraints during transmission shovi&ges)ed to
higher price volatility in affected areas. (See Sec¥ipn

1 Atthe nodal level, a few locations exhibited less consistency between averasajecddy
and realtime pricesMost notably:

- In Long Island, the Valley Stream load pocket (represented by the Barrett and
Farrockawayocationg oftenexhibited a highereaktime price premiunthan the
zonalreaktime price premiunibecause of redglme congestiommn the East Garden
City-Valley Stream line that is not waiéflected in the daghead market.

- In the West Zonelthoughthe average price premiumssatiect nodes (e.ghe
Huntley locationthe Niagara 230 k\nd 115 kVbuses) did nodeviatesignificantly
from the zonal average price premiyrige mean absolute difference between nodal
premiums and zonal premiums was significant

- Thisreflects that differentongestiorpatternson the 230kV transmission system
frequently occurred between daliead and redime, driven by differences in
Ontario importsNiagara generatigrandloop flows around Lake Erie.

- Allowing disaggregated virtual trading in these areas would address these differences
by allowing participants the opportunity to arbitragem.
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H. Day-Ahead Reserve Market Performance

As in the dayahead energy market, a wpkrforming dayahead ancillary service market will

produce prices that converge well with réale market prices. The NYISO -@ptimizes the
scheduling of energy, epating reserves, and regulation service such that the combined

production cost of all products is minimized in the-@dngad and redgime markets. The energy

and ancillary services markets place demand on the same supply resources, so prices for energy
and ancillary services are highly correlated, and scarcity in the energy market is generally
accompanied by a scarcity of ancillary services.

In the market for energy, virtual trading improves convergence betweeshéayg and redime

prices, which hels the ISO commit an efficient quantity of resources in theath@ad market.

In the ancillary services markets, on the other hand, only ancillary services suppliers participate
directly and no virtual trading of ancillary services is allowed. Procureaiemcillary services

is managed by the 1ISO, which obtains the same amounts of ancillary services indhealhy

and realtime markets based on reliability criteria and without regard to price. Therefore, when
systematic differences arise between-dhgad and redime ancillary services prices, ancillary
services suppliers are the only entities able to arbitrage them and improve convergence.

Figure A1671 Figure A19: Distribution of dayahead price premiums for reserves

To evaluate the performance of the @dnyead ancillary service marketise following four
figuresshow distributions of daghead premiums (i.e., dahead prices minus retine prices)
in: (a) Western 3@ninute reserve prices; (b) Westernmihute spinning reserve prices; (c)
Eastern 1@minute spinning reserve prices; dall Eastern 10ninute norspin reserve prices.

In each of the four figurethe dayahead premiuns calculated at the hourly level agcbuped
by ascending dollar randan $0.25 trancheshown on thex-axis Thefrequency is shown on
they-axisas the percentage of hours in the year. For inst&igare A-16 shows thatheday
ahead Western 3@inutereservepriceswerehigher than realime prices by a nage of $5/MWh
to $5.25/MWh during roughl®5 percentof the hours in 2016

The figurescompare the distributions between 2015 and 2016. The distribbibnsen the
15th percentile and the 85th percendite also highlighted in shaded areas (light iidue015
andlight orange fo2016. The inset tablesummarize the following annual averages in 2015
and 2016: (a)he average dagthead price(b) the average redime price (c) the difference
between the average dalead price and the re@he price and (d)the average absolute
difference between the dahead price and the rei@the price.
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Figure A-16: Day-Ahead Premiums for 30Minute Reserves in West New York
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Figure A-17: Day-Ahead Premiums for10-Minute Spinning Reservesn WestNew Y ork
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Figure A-18: Day-Ahead Premiums for 10-Minute Spinning Reservesin EastNew Y ork
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Figure A-19: Day-Ahead Premiums for10-Minute Non-Spin Reservein EastNew York

40%

35%

30%

25%

20%

% of Hours

15%

10%

5%

0%

201571 2016
Metric 2015 2016
Avg. Day-Ahead Price | $3.41 | $5.38
Avg. Real-Time Price | $0.83 | $1.20
Average Price $2.59 | $4.18
Difference
Average Absolute Pricel
Difference $4.06 | $6.24
[DA - RT] - - 2015
2016
A
The shaded areas indicate :,
the difference between the )
15th and 85th percentiles 1
for 2015 and 2016. 1! N
[ L J \
[ A
LISTAY B Y AR K o
] Wy .
N\ /\ _ e SwAWES J /
6\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\m\\b
7= B B B R S R D e T RO T S A A TS B A N
# B8 6 8 § @ o < S F F q g § 86 N F g R
V3 oo M b WD e g ©O N M Y D O~ 0 o

Day-Ahead Price Premium (DA Minus RTPrices)

2016 State of the Market Report| A-25



Appendix i Market Prices and Outcones

Key Observations:Day-Ahead Reserve Market Performance

1 Reserve prices are relatively consistent from-begtay in the dayaheadmarket butare
much more volatile in the aétime market.

- Realtime reserves priceme based on the opportunity cost of not serving energy
(because of enforced $0 availability offer in reale) andare normallyery close to
$0 due to the excess available reserves in most hours.

T For exampleWestern 36minute reserve prices were zero in more tBapercent
of reattime intervals in 2016.

T Reattime prices spike during periods of tight supply and high energy demand,
which can be difficult for the daghead market to predict.

- While day-ahead reserves pricalso depend on opportunity costs, tlaegalsobased
0 n s u papallabilayroffer®, which depend diactors such as thexpectations of
reattime prices and the risks associated with selling reserves in treheag
market.

1 Although dayahead price premiums are generally expected in a competitive market
without virtual trading, the daghead price premiums have been abnormally large since
November 2015 when the Comprehensive Shortage Pricing project was implemented.

- Realtime prices rose modestly for most reserve products from 2015 to 2016,
reflecting higher load levels in the summer, higher reserve requirements, and higher
demand curve values following the Comprehensive Shortage Pricing project
implementation.

- Day-ahead re=rve prices rose notably in 2016, particularly fom3idute reserves in
Western New York because of changes in market rules and supply offers (which are
evaluated in more detail in Sectitirof the Appendix).

I.  Regulation Market Performance

Figure A201 Regulation Prices and Expenses

Figure A-20shows the regulation prices and expenses in each month of 2015 and 2016. The
upper portion of the figure compares the regulation capacity prices in trehdagl and real

time markes. The lower portion of the figure summarizes regulation costs to NYISO customers,
which include:

1 DayAhead Capacity ChargeThis equals daphead capacity clearing price times
regulation capacity procured in the dalyead market.

1 RealTime Shortag&kebaté This arises when a regulation shortage occurs in the real
time market and regulation suppliers must buy back the shortage quantity at-tiraeeal
prices.

1 Movement Chargé This is the compensation to regulation resources for dispatching up
and awn to provide regulation service. The payment amount equals the product of: (i)
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the realtime regulation movement price; (ii) the instructed regulation movement; and
(i) the performance factor calculated for the regulation service provider.

Figure A-20: Regulation Prices and Expenses
by Month, 20152016
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Key Observations:Requlation Market Performance

1 Monthly average ay-ahead regulation capacity prices wgeserallyconsistent with
reattime capacity prices 2016.

1 From 2015 to 2016, average dalyead regulation capacity prices fell 10 percent, average
reattime capacity prices fell 5 percent, and total regulatimstsfell 5 percent

- These decreases were generally in line with the reduction in energy priceseover th
same period, becaudeetopportunity cost of not providing energy or reserves during
tight market conditions accounts for a significant portion of the clearing price for
regulation capacity.

e However, egulation movement chargesse slightly andlid na vary in similar
proportion to the natural gas prices and/or load levels.

- The clearing price for regulation movement is determined by the regulation
movement offer pricef the marginal resource, so it is not directly affected by the
opportunity cost of not providing energy and/or reserves.
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Il. ANALYSIS OF ENERGY AND ANCILLARY SERVICES BIDS AND OFFERS

In this section, we examirenergy and ancillary servicegl and offer pa#rns to evaluate
whether the market is functionimgficiently and whether market participant conduct is
consistent with effective competitiof.his section evaluates the following areas:

1 Potential physical withholding;

Potential economic withholding;

Market power mitigation;

Ancillary services offers in the deahead market;

= =4 4 =

Loadbidding patterns; and
1 Virtual trading behavior.

Suppliers that have market power can eseritin electricity markets by withholding resources

to increase the market cleagiprice. Physical withholding occurs when a resource is derated or
not offered into the market when it would be economic for the resource to produce energy (i.e.,
when the market clearing price exceeds the marginal cost of the resource). Suppliespomay al
physically withhold by providing inaccurate information regarding the operating characteristics
of a resource (e.g., ramp rated minimum down time Economic withholding occurs when a
supplier raises the offer price of a resource to reduce its cagfmw competitive levels or
otherwise raise the market clearing pri€atential physical and economic withholding are
evaluated in subsectiodsandB.

I n the NYI SO6s mar ket design, the competitive
producing additional output. Absent market power, a supplier maximizes pgofitedhucing

output whenever the productignstis less than the LBMP. However, a supplier with market

power profits from withholding when its losses from selling less output are offset by its gains

from increasing LBMPsAccor di ngl y, t posverMitgat®rOndeasuresavork by t
capping suppliersé offers at an estimate of t
substantially above marginal cost if the uncapped offers would have a substantial impact on

LBMPs. Market power mitigation by tHeYISO is evaluated in Sectidd.

The NYISO ceoptimizes the scheduling of energy and ancillary services in thaltzgd and
reattime markes. This cooptimization causes the prices of both energy and ancillary services
to reflect the costs to the system of diverting resources to provide ancillary services that would
otherwise provide energyCo-optimization also reduces the potential for suppliers to exercise
market power in a particular ancillary service product market because it allows the market to
flexibly shift resources between products and thus increase the competition to provide each
product. Ancillary services offer patterns are evaluated in Sdotion

In addition toscreening the conduct of supplieitss important to evalate how the behavior of
buyers influences energy pricednderscheduling load generally leads to lower-@dead
prices and insufficient commitment for reahe needs. Ovescheduling tends to raise day
ahead prices above rea@he prices. Thus, magk participants have incentives to schedule
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amounts of load consistent with re¢ahe load. The consistency of daghead load scheduling
with actual load is evaluated in Sectign

Virtual tradingplaysan importantole in overall market efficiency by impraw price
convergence between dahead and redime marketstherebypromotingefficient commitment
and scheduling of resources in the -@dwygad market When virtual trading is profitable, it
generally promotes convergence betweenatagad and redime prices and tends to improve
the efficiency of resource commitment and scheduling. The efficiency of virtual trading is
evaluated in SectioR.

Thisreport includeseverakenhancement® theanalysis of potential physicahdeconomic
withholding that were shown for periods before 2015. Generallgrthancements include
improvements in the criteria we useidentify capacity that would have been economic to
produce energyThese enhancements include:

1 Using intervallevel realtime prices instead of hourintegrated prices;
1 Considering the effectsf rampconstraints on commitment and dispatch;

1 Using RTC forecast prices to determine when gas turbines would have beenwgiarted
and shuidown if they had offered differently;

- The evaluation is done once every 15 minutes: a) forganthen the quiclstart
unit is offline; and b) for shedlown after the unit has satisfied its minimum run time.
The minimum down time is respected between commitments.

1 Accounting for prices of all classes of operating reserves when determining economic
dispatch levels fononquick-start units;

A. Potential PhysicalWithholding

We evaluate potential physical withholding by analyziag-ahead and redime generator
deratingsof economic capacity as well as economic capacity that is unoffered-tinmeal A

derating occurgvhen a participant reduces the maximum output available from the plant. This
can occur for a planned outage, a kiegn forced outage, a shaerm forced outageor without

any logged outage recard\ derating can be partial (maximum output is redubatljs greater

than zero) or complete (maximum output is zetdhoffered economic capacity in retthe

includes quickstart units that do not offer in refiine and online baseload units that offer less

than their full capability.The figures in thisection show the quantity oéchings and unoffered
reattime capacity as a percent of tob@pendable Maximum Net Capabiltyi DMNCo0) f r om
all generators in a region basedtba most recent DMNC test value of each gener&bort

term Deratingsnclude capacity that is derated for seven or fewer days. The remaining deratings
are shown akongTermDeratings 18°

We focus particularly on shetérm deratings and reime unoffered capacity because tlaeg
more likely to reflect attempts to physicallythhold than longerm derangs, sincet is less

186 For our analyses of physical and economic withholding, we exclude unoffered capacity from hydro, solar,

wind, landfill-gas and biomass generators.
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costly to withhold a resource for a short peridaking a longterm forced outage would cause a
supplier to forego the opportunity to earn profits during more hours when the supplier does not
have markepower. Nevertheless, the figures in this section evaluate-teng deratings as

well, since they still may be an indication of withholding.

We focus on suppliers in Eastern New York, since thisiastadesroughlytwo-thirds of the
St at e @mairds semedal areas wilimited import capability, and is more vulnerable to the
exercise of market power thaviestern New York.

We also focus on economic capacity, since derated and unoffered capacity that is uneconomic
does not raise prices above comitpee levels and, therefore, is not an indicator of potential
withholding.

The figures in this section show the portion of derated and unoffered capacity that would have
been economic based on Reference Levels and market prices (although nucleas units ar
excluded during planned maintenance outatjésJhis assessment determines economic
commitment of baseload units basedday-aheadorices consideringstartup, minimum

generation, and incrementasts. Economic dispatch of baseload units is baseB DD prices
considering ramp rate limitatiod® Quick-start units that were economic to commit must have
been economic at both forecast RTC prices and settlement RTD {fices.

Figure A21 & Figure A22: Unoffered Economic Capaciby Month

Figure A21 andFigure A22 show the broad patterns in deratings andtiee# unoffered
capacity in New York State and Eastern New York in each month of 2015 and 2016.

187 This evaluation also includes a modest threshold, which is described in SubBegt®n A Lower Thr es h

1.0

188 If a baseload unit was committed by the DAM, optihiabatch and potential physical withholding of

incremental energy ranges was evaluated at RTD prices, even if the units DAM reference costs were above
the DAM prices.

189 In this paragraph fApriceso refers to both energy an
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Figure A-21: Unoffered Economic Capacityby Month in NYCA
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Figure A-22: Unoffered Economic Capacityby Month in East New York

2015- 2016

m Offline GT - Unoffered

Z Online - Unoffered or Non-Dispatchable
O Short-Term Outage/Deratings

E Long-Term Outage/Deratings

JIFIM|A|M|J|J|A|S|O|N|D
2016

2016 State of the Market Report| A-31
I




Appendix i Bids and Offers

Figure A-23 & Figure A24: Unoffered Economic Capacity by Load Level & Portfolio Size

Most wholesale electricity production comes from blasel and interradiateload generating
resources Higher-cost resources are used to meet peak loads and constitute a very small portion
of the total supply. This causes the market supply curve ¢orbparativelyflat at low and

moderate output levels and steeply slogeldigh output levels. Therefore, as demand increases
from low load levels, pricesgse graduallyuntil demand approaches peak leyatswhich point

prices can increase quickly as the costlier units are required to meet load. The shape of the
market supply curve has implications for evaluating market paveenely that suppliers are

more likely to have market power in broad areas under higher |oaltions.

To distinguish between strategic and competitive conduct, we evaluate pgibysiall
withholdingconsideringnarket conditions and participant characteristics that would tend to
create the ability and incentive to exercise market power. lbmhepetitive conditions,

suppliers maximize profits by increasing their offer quantities during the highest load periods to
sell more power at the higher peak priCHsus, we expect competitive suppliers to schedule
maintenance outages during kead peiods, whenever possibléNonetheless, more frequent
operation of generators during high load periods increases the frequency of forced outages,
which can reduce the amount of capacity offered into the ma@agiacity that is on forced

outage is moreHiely to be economic during higbad periods than during lel@ad periods.

Alternatively, a supplier with market power is most likely to profit from withholding during
periods when the market supply curve becomes steep (i.e., atdniggnd periods) becauthat

is when prices are most sensitive to withholdiktenee, we evaluate the conduct relative to load
and participant size iRigure A23 andFigure A-24to determinevhether the conduct is
consistent with workable competition.
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Derating as a Percent of Capacity

Figure A-23: Unoffered Economic Capacityby Supplier by Load Level in New York
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Figure A-24. Unoffered Economic Capacityby Supplier by Load Level in East New York
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Key Observations: Unoffered Economic Capacity

1 The general pattern of deirajs was reasonably consistent with expectations for a
competitive market in both 26&and 208.

- Derated and unoffered economic capacity aver@gggdercent of total DMNC in
NYCA, and2.5percent in Eastern New York in 28lcomparable to the 2015 levels

- Derated and unoffered economic capacity was mostly attributable tedong
maintenance deratingsméking up 4&ercentf the total derated and unoffered
economic capacitin NYCA and52 percent in Eastern New York in 28)1

- Most of this economicapacity on longerm maintenance was scheduled during
shoulder monthssQ percent in NYCA and6 percent in Eastn New YorR.

- Shortterm deratings, driven largely by forced outages, were ogunsistenfcross
load levelghan longterm deratingsbutthey were stilhighestduring thesummer
months.

- During the summer months (i.e., June to August) ob2@dtal economic deratings
and unoffered capacity was ab@ytercentof total DMNC in NYCA and Eastern
New York, roughly twice as high as the pregorear.

- Long and Shoffrerm Outage/Deratings primarily drove this increase, with a few
large older generators experiencing persistent outages across the summer months.

1 In Eastern New York, the sheterm economic deratings occurred more frequently in
2016(17 percent higher than 2015) but still accounted for a similar share of total
economic deratings and unoffered capacity as in 2015. The average econortecriong
deratings decreased by 20 percent in Eastern New York from 2015 to 2016.

- Longterm deratigs were down especially in the shoulder months.

- The increase in economic shagtm deratings within Eastern New York occurred
among many suppliers rather than a small number.

1 Althoughlongtermderatings areat likely to reflect withholdinginefficiert long-term
outage scheduling (i.e., to schedule an outage during a period that the capacity is likely
economidor a significant portion of the timié the outage could be scheduled at a better
time) raises significant efficiencyconcerns.

- The NYISO carrequire a supplier to fechedule a planned outage for reliability
reasons, but the NYISO cannot require a supplier-szhedule for economic
reasons, and there are no mitigation measures that would address outage scheduling
that is not consistent wittompetitive behavior. It would be beneficial for the
NYISO to consider expanding its authority to reject outage requests that would take
economic capacity owdf-service during relatively high load conditions. However,
any such process would require sfgraint resources for the NYISO to administer
effectively.

A-34 | 2016 State of the Market Report



Appendix i Bids and Offers

- However, resources with low marginal costs may have few, if any, time periods when
their capacity would not be economic. So, such resources will show up as derated
economic capacity, regardlessvdfien they take an outage (except for nuclear units
which are excluded during their planned maintenance outages).

B. Potential EconomicWithholding : Output Gap Metric

Economic withholding is an attempt by a supplieinttate its offer price to raise LBMPdave

competitive levels.In general, aupplier without market power maximizes profit by offeritsy

resources at marginal cost becausted offer pricesor other offer parameters prevenge unit

from beng dispatched when it would have been prafiga Hence, we analyze economic
withholding by comparing actual s gwhpdhiganof fers
estimate of marginal cost that is used for market power mitigatidfit An offer parameter is

generally considered to ladoe the competitive level if it exceeds the reference level by a given
threshold.

Figure A-25andFigure A26: Output Gap by Month

One useful metric for identifyingotential economic withholdings t he @ dlet put gapo
output gap is the amount of generation that is economic at the market clearing price, but is not
producing output Huwecassumeetbawnet dh® omnfieéds co
is equal to its reference level.o determine whether a unit is economic, we evaluate whether it

would have been economic to commit based orateaad prices and whether its incremental

energy would have been economic to produce based etimegprices. Since gas turbines can

be startedn realtime, they are evaluated based on-teak prices.Like the prior analysis of

potential physical withholdingve examineghe broad patterns of output gap in New York State

and Eastern New York, and addréss relationship of the output gap to tharket demand level

and participant size

The following four figureshow the output gap usittigree thresholdghe statewide mitigation
threshold(i.e., the standard conduct threshold used for mitigation outside New York ®Hich
is the lower off100perMWh or 300 percent of ;andtgoeadddionalt or 6 s

lower threshold. Lower Threshold 1is3ber cent of a gen@andéddwerr 6s r ef
Threshold2is10per cent of a g e n.eTheawo mwedthrsholdsfarer e nce | e\

190 The method of calculating reference levels is described in NYISO Market Services Tariff, Attachiment H

NYISO Market Monitoring PlarMarket Mitigation Measures, Section 3.1.4. Bomegenerators, the

reference levels are based on an average ofthe jeaeras 6 accepted bids during co
the previous 90 days. The theory underlying this approach is that competitive conditions that prevail in

most hours provide a strong incentive for suppliers to offer marginal costs. Hence, past aftmpted

provide a benchmar k f o Forsomggemeeators, the reférenceneset igbiasedhon ¢ o st
an estimate of its fuel costs, other variable production costs, and any other applicable costs.

191 Due to the Increasing Bidsin Real Tipd BRT) functionality, a generator 6:
adjusted directly by a generator for a particular hour or day to account for fuel price changes. The NYISO
monitors these generateet IBRT reference levels and may request documentatiotastibting a
generator IBRT.

192 The output gap calculation excludes capacity that is more economic to provide ancillary services.
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included to assess whether therayhave beembuse of market power that does not trigger the
thresholds specified in the tariff for imposition of mitigation measures by the H&@ever,
because there is uncertainty in the estimation of @ugimal costs of individual units, results
based on lower thresholds are more likely to flag behavior that is actually competitive.

Figure A-25: Output Gap by Month in New York State
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Figure A-26: Output Gap by Month in East New York
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Figure A27 & Figure A28. Output Gapby Supplier and Load Level

Like the analysis of deratings in the prior subsection, it is useful to examine the output gap by
load level and size of supplier because the incentive to economically withhold reseurces
positively correlated with these factors. Hence, these figures indicate how the output varies as
load increases and whether the largest three suppliers exhibit substantially different conduct than
other suppliers.
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Figure A-27: Output Gap by Supplier by Load Level in New York State
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Figure A-28: Output Gap by Supplier by Load Level in East New York
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Key Observations: Economic Withholdingi Generator Output Gap

1 The amount of output gaaverage@bout 0.Ipercent of total capacity at the mitigation
threshold and roughly.3 percent at the lowest threshold evaluated @® percent) in
2016 for NYCA.

1 Output Gap did rise modestly as load rose. This was due to the following factors:

- The Output Gap Calculation takes market prices as fixed. However, committing an
extra unit would tend to lower Dahead prices, especially during high load periods.
Therefore, uncommitted units which show up in our Output Gap calculation may not
truly have been economic to commit.

- Some units, predominantly -@eneration resources, consistently offer inflexibly,
reducing market commitment and dispatch. This uncommitted capacity appears
economic (and shows up as Output Gap) increasingly atldéghperiod.

- Most cageneration resources operate in a relatively inflexible manner because of the
need to divert energy production to relectric uses. Small portfolio owners
generally do not have an incentive to withhold supply.

1 Overall, the output gap level #016 did not raise significant concerns on economic
withholding.

C. Day-Ahead and RealTime Market Power Mitigation

Mitigation measures are intended to mitigateses of market power while minimizing

interference with the market whéns workably competite. The NYISO applies a conduct

impact test that can result in mitigationagbarticipand bid parameters (i.e., incremental energy
offers, starup and minimum generation offers, and physical paramet&r®.mitigation

measures are only imposedwtsen pp |l i er s 6 ¢ o-dealined dondecixtloesholdss we | |
and when the effect of that conduct on market outcomes exceeedefieid market impact
thresholds®® This framework prevents mitigation when it is not necessary to address market
power, while #owing high prices during legitimate periods of shortage.

The dayahead and redime market software is automatedserform the conduct and impact
tests and implement the mitigatiomhe mitigation measures are designed to allow prices to rise
efficiently to reflect legitimate supply shortages while effectively mitigating inflated prices
associated with artificial shortages that result from economic withholding in transmission
constrained areas.

When a transmission constraint is binding, one or reoppliers may be in the position to

exercise market power due to the lack of competitive alternatives in the constrained area. For
this reason, more restrictive conduct and impact thresholds are used fordoneirained load
pockets in New York City.The in-city load pocket conduct and impact thresholds are
determined by a formula that is based on the number of congested hours experienced over the

193 See NYISO Market Services Tariection23.3.1.2 and 23.3.2.1.

2016 State of the Market Report| A-39



Appendix i Bids and Offers

preceding twelvanonth period® This approach permits the-aity conduct and impact
thresholds to inceese as the frequency of congestion decreases, whether due to additional
generation or increases in transmission capability. Asitynoffer fails the conduct test if it
exceeds the reference level by the threshold or moreityloffers that faithe conducttestare
tested for price impact by the market softwalfetheir price impact exceeds the threshold, they
are mitigated.

When local reliability criteria necessitate the commitment of additional generatieror more
suppliers may be in the pdsih to exercise market power due to the lack of competitive
alternatives in théocalarea. For this reasotie NYISO filed in 2010 to implementore
restrictive conduct and impact thresholdsen a single supplier is pivotal for satisfying local
reliability criteria outside New York City?® The RestOf-State Reliabilityconduct and impact
thresholddimit the startup cost and minimum generation cost offers of such units to conduct
thresholds of the higher of $10 per MWh or 10 percent of the referereté%e

While uncommon, a generator can be mitigated initially in theadteaad or redime market and
unmitigated after consultation with the NYIS&. Reversing a mitigation can occur for several
reasons:

1T A generator s r ef er aasopplieringiatesl consulsation witlitbec u r a t
NYISO to increase the reference level before the generator was mitigated.

T A generatorés reference | evel on a particu
level that the NYISO approved for the generdiefore the generator was mitigaté®.

1 The generator took appropriate steps to inform the NYISO of a fuel price change prior to
being scheduled (either through IBRT or some other means), but the generator was still
mitigated.

T A gener at o mpchande significantlyoby time of day, although the-dagad
market software is unable to use reference levels that vary by time of day, so such a
generator may be mitigated in a particular hour of theadesad market and then
unmitigated once the propeeference level is reflected.

194 Threshold = (0.02 * Average Price * 8760) / Coasted Hours. This threshold is defined in the NYISO
Market Services Tariff, Section 23.3.1.2.2.1.

195 More restrictive conduct and impact thresholds already existed for New York City generators when they

were committed for local reliability. The stamp cost and minimum generation cost offers of such units
are effectively subject to $0 thresholds. See NYISO Market Services Tariff, Section 23.5.2.1.

196 See NYISO Market Services Tariff, Section 23.3.1.2.3.

197 NYISO Market Services Tariff, Section 23.3a8/$ out the requirements for consultatidrhis occurs after

the market date, so any effect of the mitigation on LBMPs is unchanged by unmitigation.

198 The hierarchy of information that is used to calculate reference levels is provided in NYISO Market

Sewices Tariff, Section 23.1.4. It is possible for a generator to havelsalsit or LBMFbased reference
level that is less accurate than the reference level determined through consultation.
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Figure A29 & Figure A30: Summary of DayAhead and Realime Mitigation

Figure A-29 andFigure A30summarize the amount of mitigation in New York that occurred in
the chy-ahead and the retime markets irR015 and 2016. These figures do not include
guarantee payment mitigation that occurthimsettlemensystem

Thebars in the upper panel of the figuredicate the percent of hours whi@erementaknergy

offer mitigation was imposed on one or more units in each category, while thie iaedower
panelindicate the average amount of capacity mitigated in hours when mitigation oq@asred

well as the portion that was unmitigatedjiitigated quantities are shovseparately for the

flexible output ranges of units (i.encrementaEnergy) and the nefiexible portions (i.e.

MinGen)!*° In each figure, the left portion shows the amount of mitigation by the Automated
Mitigation Procedur e cainAilEd anjts inload podkets oeNew n o mi ¢ a
York City, and the right portion shows the amount of mitigation on the units committed for

reliability in New York City, Long Island, and the upstate area.

Figure A-29: Summary of Day-Ahead Mitigation
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199 Mitigation of gas turbine capacity is shown in the Incremdatergy category whenever the incremental

energy offer or the startup offer is mitigated.
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Figure A-30: Summary of ReatTime Mitigation
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Key Observations: Dayahead and Reakime Mitigation

1 Most mitigation occurs in the deahead market, since this is where most supply is
scheduled.

- In 2016, nearly all of mitigation occurred in the eltyead market, of which:
i Local reliability (i.e., DARU and LRR) units accounted for 78 percent.

T Most reliability commitment occurs in the daahead market, making the
instances of reliability commitment mitigation more prevalent in the day
ahead market.

T These mitigations generally affected guarantee payment uplift but not LBMPs.

T Gas turbines in the Greenwo8tkten Island load pocket (which had the lowest
mitigation threshold and most frequent congestion in New York City) accounted
for most of the remaining mitigation.

1 The quantity of mitigation declined modestly from 2015 to 2016 primarily because of
lower DARU and LRR commitments in New York City (see SectioH in the
Appendiy.
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D. Ancillary Services Offers

The NYISO ceoptimizes the scheduling of energy and ancillary services in thaltzgd and
reattime market. This coptimization causes the prices of both energy and ancillary services to
reflect the costs to the system ofefting resources to provide ancillary services that would
otherwise provide energy.

The ancillary services markets also include ancillary services demand curves that represent the
economic value placed on each class of reserves. When the reservemregsfsicannot be

satisfied at a costf less than the demand curve, the system is in a shortage and the reserve
demand curve value will be included in both the reserve price and the energy price. This
approach is recognized for producing efficient priceésnd) shortages of reserves because it
provides a mechanism for reflecting the value of reserves in the price of energy during shortages.

This subsection evaluates the efficiency of ancillary services offer patterns, particularly in light
of the relationship between dapead and redaime ancillaryservicesmarkets. In an efficient
market, we expect suppliers to respond to predictatfiereifces between dahead and real

time ancillary service prices by raising or lowering their offer prices in theadagd market.
However, the high volatility of red@lme reserves clearing prices makes them difficult for market
participants to predidh the dayahead marketHigh volatility of reaitime priceds a source of

risk for suppliershat sell reserves in the dapead markesincesuppliersmustforegoreattime
revenuesf they have already sold reserves in the-dagadnarket. Some sapliers may reduce
their exposure to this risk by raising their reserves offer prices in thattsad market.

Figure A-31to Figure A35. Summary of Ancillary Services Offers

The following five figures compartae ancillary services offers for generators in the aasad
marketfor 2015 and 2016 on a monthly b&sais well as on an annual basibhe quantities
offered are shown for the following categori&¥:

1 10-minute spinning reserves in Western New York,

1 10-minute spinning reserves in Eastern New York,

1 10-minute norspinning reserves in Eastern New York,
f 30-minute operating reserves in NYCA! and

1 Regulation.

Offer quantitiesare shown according to offer price level for each categOffers for the five
ancillary services products from all hours and all resources are included in this evaluation.

200 The quantity ofLO-minute norspinning reserveffers in Western New Yoris very small and is not

reported here

201 This category only includes the reserve adtyathat can be used to satisfy therdthute reserve

requirements but not the 4finute reserveequirements That is, the reported quantity in this chart
excludes the 1@ninute spinning and ttinute norspin reserves from the total -Bdinute reserve
capability.

2016 State of the Market Report| A-43



Appendix i Bids and Offers

1200

1000

800

600

400

Reserves Offer Quantity (MW)

200

Figure A-31: Summary of West 10Minute Spinning Reserveffers
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Figure A-33: Summary of East 10Minute Non-Spin Reserveffers
Day-Ahead Market, 2012016
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Figure A-34: Summary of NYCA 30-Minute Operating ReservesOffers
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Figure A-35. Summary of Regulation CapacityOffers
Day-Ahead Market, 201-2016
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Figure A36: Day-Ahead Reserve Offers That Satisfy NYSOMinute Requirement

The NYISO implemented the Comprehensive Shortage Pricing Project (CSPP) in early
November 2015, which made several market design changes that affect reserve and regulation
markets. One notable change in market outcomes was higineinG& reserve price$®®> The

next analysis evaluates the drivers of the increase.

Figure A-36 summaries eserve offershat can satisfy NYCA 3@ninute operating resve
requirement in each quarter of 2015 and 28%¥6 These quantities includeth 16minute and
30-minute and both spinning and nepin reserve offersalthoughthey are not shown separately
in the figure Only offers from dayahead committed (i.e., me) resources and available offline
guick-start resources are included in this evaluat@other resources do not directly affect the
reserve prices.

The stacked baiis the figureshow the amount of reserve offers in selected price ranges for
West NY (Zones A to E), East NY (Zones F to J), and NYCA (excluding Zoné&#f)g Island
is excluded because tharrent rulesimit its reserve contribution to the broader areas (i.e.,

202 SeeFigure A1lin the Appendix.

203 The fourth quarter of 2D0elc5 ,i sr espprlieiste nitnitnog fithcet Ot weon dp
the inplementation of CSPP.
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SENY, East, NYCA).As a result, Long Island reserve offers have little iohgen NYCA
reserve prices.

The two blackbars in the figureepresent the equivalent averagen3@ute reserve requirements
for areas outside Long Islahefore and after the market rule chanddss is calculated as
NYCA 30-minute reserve requirememinus30-minute reserves scheduled on Long Island.
Where the lines intersect the bars provides a rough indication of reserve wphids however,

is generally lower than actual reserve prices becapigertunity costs are not reflectedthe
figure.

Figure A-36: Day-Ahead Reserve Offers That Satisfy NYCA 3Minute Requirement
Committed and Available Offline Quie8tart Resources, 2042016
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Key Observations: Ancillary Services Offers

1 The quantity ofancillary servicesfferedfrom all five categorieslid not change
significantly on an annual basis from 2015 to 2016.

- However, there were monthly variations that exhibited a typical seasonal pattern.

T Reserves and regulation offer quantities were lower in the spring dickfialin
the summer and winter becausereplanned outages ocaedin theshoulder
months when supply is less valuable.
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1 The NYISO implemented the Comprehensive Shortage Pricing project on November 4,
2015, which made several market design changesfteateal reserve and regulation
market outcomes.

- Most notably, the NYCA 30ninute reserve prices rose significantly afterwards. (See
Appendix Section.E).

- The increase was driven partly by:
T The increase iNYCA 30-min reserve requirement from 1,965 to 2,620 Manl

T The limit placed on thamount of reserves scheduled on Ldsignd resources
An average of 423 MW of 3finute reserves was scheduled on Long Island in
2016, dowr230MW from 2015.

I The purpose of this limitation is to ensure that the quantity of reserves
scheduled on Long Island does not exceed the capabilitye afansmission
system to deliver them to other zones. However, this limitation is
unnecessarily tight and we recommend increasing it to a more reasonable
level 2% For example, when Long Island is importing a net of 900 MW from
the rest of NYCA, it shouldsually be possible to schedule 900 MW of
reserves on Long Island so that if a contingency were to occur in another
portion of NYCA, net imports to Long Island would fall to 0 MW.

i Taken together, these two factors increasediémeandor 30-minute resergs
outside Long Island b885MW from the previoug/ear.

- Thepriceincreasewvas also attributable to increaseseaserve offer prices
particularly in Western New York

T In Western New York, wer 8 percent of the reserve capadiitycluding both10-
minute and 3dninute)was offered above $4/MWh in 2016, whilearly55
percent was offered less than $2/MWh in 2@ti6r to the rule change

T We havereviewed this offer change and found no significant competitive
concerns.

T In Eastern New York, songenerators also increased the amount eingtute
reserves offered at less than $5/MWh.

204 See Recommendation #2016.
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E. Analysis of Load Bidding and Virtual Trading

In addition toscreening the conduct of suppliers pdrysical andeconomic withholding, it is
important to evaluateow the behavior of buyers influences energy prices. Therefore, we
evaluate whether load bidding is consistenhwibrkable competition. Load can sehedutdd
in one of the followindive ways:

1 Physical Bilateral Contracts These schedules allow parpants to settle transmission
charges (i.e., congestion and losses) witiNiéSO between two pointand to settle on
the commodity sale privately with their counterpartisdoes not represeatl of the
bilateral contracting in New York becausetmapants have the option of entering into
bilateral contracts that are settled privaf@y., contracts for differences)

1 Day-Ahead Fixed Loadl This represents load scheduled in the-dagad market for
receipt at a specific bus raglless of the daghead price. It is the equivalent of a load
bid with an infinite bid price.

1 Price-Capped Load Bids Thisis load bid into the daghead market with a bid price
indicating the maximuramountthe Loader vi ng Entity (R SEO?Q)

1 Virtual Load Bidsi These are bids to purchase energy in theadtesad market with a bid
price indicating the maximum amount the bidder is willing to pay. Virtual load
scheduled in the daghead market is sold barkthe realtime market. Thevirtual buyer
earrs or pays the difference between the -@dnead and redime prices. Virtual trading
is currently allowed at thiwad zondevelin New Yorkbut not at a more disaggregated
level.

9 Virtual Exportsi These are external transactions in the export diredtatrare
scheduled in the daghead market but are withdrawn or bid at high price levels in real
time. They are similar to virtual load bids, but they are placed at the external proxy buses
rather than at the eleven load zones.

The categories of load listeabove are important because they each tend to increase the amount
of physical resources that are scheduled in theati@ad market. ual supplyand virtual

imports, on the other hand, tend to reduce the amount of physical resources that are scheduled
the dayahead market. Virtual supply is energy thaifferedfor salein the dayahead market

with an offer price indicating the minimum amount the market participant is willing to accept.
Virtual supply sold in the daghead market is purchasectbhdrom the reatime market.

Figure A37to Figure A44: Day-Ahead Load S&dules versus Actual Load

Many generating units have long lead times and substantial commitment costs. Their owners
must decide whether to comntiitemwell in advance of redime before they can be certain that
the unit will be economic. The dahead rarket provides these suppliers withhaansof being
commitedonly when it is economic to do so. These suppliers are willing to sell into the day
ahead market if daghead prices are generally consistent with-tiea prices. Thus, efficient

205 For example, a LSE may make a praapped bid for 500 MW at $60 per MWh. If the estyead clearing
price at its location is above $60, the bid would not be accepted in trghday market.
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unit commitment relies on consistency between theatsad and the reime markes. The
following figureshelpevaluate the consistenbgtweerday-ahead load scheduling patterns and
actual load, providing an indication of the overall efficiency of theatasad market.

We expect dayahead load schedules to be generally consistent with actual load in a well
functioning market. Undescheduling load generally leads to lower-@wead prices and
insufficient commitment for redlme needs. Ovescheduling teds to raise daghead prices
above reatime prices. Thus, market participants have incentives to schedule amounts of load
consistent with reaime load.

The following eight figureshow dayahead load schedules and bids as a percent efrreal
loadduring daily peak load hours in 2015 and 2@16arious locations in New Yo a

monthly average basisVirtual load(including virtual exportscheduling has the same effect on
day-ahead prices and resource commitment as physical load schedalingy are shown
together in this analysis. Conversely, virtual sugplgluding virtual importshas the same

effect on dayahead prices and resource commitment as a reduction in physical load, so it is
treated as a negative load for the purposes obtiady/sis. For each perioghhysical load and
virtual load are shown by bars in the positive direction, while virtual supply is shown by bars in
the negative direction. Net scheduled load, indicated by the line, is the sum of scheduled
physical and virtal load minus scheduled virtual supplhe inset table shows the overall
changes in scheduling pattern from 2015 to 2016. Virtual imports and exports are shown for
NYCA only and are not shown for any of the safeas in New York.

Figure A-37: Day-Ahead Load Schedules versus Actual Loash West Zone
Zone A 2015i 2016
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Figure A-38: Day-Ahead Load Schedules versus Actual Loash Central New York
Zones B, C, & E 2015i 2016
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Figure A-39: Day-Ahead Load Schedules versus Actual Loaih North Zone
ZoneD, 20157 2016
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Figure A-40: Day-Ahead Load Schedules versus Actual Loash Capital Zone
Zone F,20151 2016
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Figure A-41. Day-Ahead Load Schedules versus Actual Loaith the Lower Hudson Valley
Zones G, H, & 1,20157 2016
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Figure A-42 Day-Ahead Load Schedules versus Actual Loah New York City
Zone J20157 2016
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Figure A-43. Day-Ahead Load Schedules versus Actual Loaih Long Island
Zone K,201571 2016
120%
110%
100%
90%
T 80% Net Scheduled Load
o
3 7o% SIS
g 60% D Bilateral + Fixed Bid Load ® Price-Capped Bid Load ®Virtual Load ® Virtual Supply
= s00 1 o
=
8 40% 101% 0% -1% 9% 109%
° 0% -2% 10% 108%
a 30%

20%
10%
0%
-10%

DL s << s g WO z A0
2015

DL s < s g WO z A0
2016

Long Island (Zone K)

2016 State of the Market Report| A-53
I



Appendix i Bids and Offers

Figure A-44: Day-Ahead Load Schedules versus Actual Loath NYCA
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Key Observations: Dayahead Load Scheduling

1 Overall, load in the daghead market was scheduledatghly 95percent of actual load
in NYCA during daily peak load hours in 2016, similar to 2015 levels.

- The scheduling pattern in each of the-segionswas generally consistent between
2015 and 2016 as well.

1 Average load scheduling tends to be higher in imponstrained locations and/or at
times when acute retilme congestion is more likely.

- This has led to a seasonal pattern in some regions.x&mpée:

T Loadscheduling in the Capital Zone typically rose in the winter months because
of much higher congestion across the Certadt interface.

T Loadscheduling in Lower Hudson Valley (i.e., Zone G, H, and I) generally
increased in the summer monthsanmtacute reaime congestion into Southeast
New York was more prevalent (due partly to frequent TSA events).

T Virtual supply rose in the Lower Hudson Valley in 2016 (particularly in the
shoulder months), likely in response to lower congestion levelshigtartea.

- This has also resulted in locational differences between regions.
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T Average load scheduling was generally higher in New York City, Long Island,
and the West Zone than the rest of New York because congestion was typically
more prevalent in these ae

T This was patrticularly true for the West Zone in recent years because of increased
congestion on the 230 kV system. Batyead load scheduling was the highest in
the West Zone, averaging nearly 120 percent in both 2015 and 2016.

1 Underscheduling was 8k prevalent in West Upstate outside the West Zone.

- This is generally consistent with the tendency for renewable generators to increase
reaktime output aboveheir dayaheadschedules.

- For example, load was typically unegsegheduled in the North Zone hyarge
margin, primarily in response to the scheduling patterns of wind resources in this area
(which typically rose in reaime above their daghead schedules).

F.  Virtual Trading in New York

Virtual tradingplaysan importantole in overall marketfficiency by improwng price
convergence between dahead and redime marketstherebypromotingefficientcommitment
and scheduling of resources in the -@dnead marketVirtual trading in the daghead market
consists of purchases or sales of enéngy are not associated with physical load or physical
resources. Virtuabids and offerprovide liquidity to the dayahead market becausey
constitute asubstantiakhare of the priceensitive supply and demarttat establish efficient
day-ahead pces.

Virtual transactionshat arescheduled in the daghead market settigainstreattime energy

prices Virtual demand bids are profitable when the-teak energy price is higher than the
day-ahead pricewhile virtual supply offers are profitablehen the dayahead energy price is

higher than the redime price. If prices are lower in theéay-aheadmnarket than in the redime
market, a virtuatradermay purchase energy the dayahead market argkll it back in the real

time market which will tend to increase daghead prices and improve price convergence with
the realtime market. Hence, profitable virtual transactions improve the performance of the day
ahead marketThe New York ISO currently allows virtual traders to schedule transadion
arbitrage the price differences at the load zone level betweeahdayl and redime.

Market participants can schedule virtiigbe transactionat the external proxy buses, which are
referred to a¥irtual ImportsandVirtual Exportsin this report. These types of external
transactions act the same way as the virtual bids placed at the load zones (i.e., the imports and
exports that are scheduled in the-@dnead market do not flow in retiine). Since the virtual
imports and exportsave a similar effect on scheduling and pricing as virtual load and supply,
they are evaluated as part of virtual trading in this section.

Figure A45: Virtual Trading Volumes and Profitability

Figure A45summarizesecent virtual trading activity in New Yoty showingmonthly
average scheduled quantities, elmeduled quantities, and gross profitability for virtual
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transactions i2015and2016 The amount of scheduled virtual supply in the chart includes
scheduled virtual supply at the load zones and scheduled virtual imports at the external proxy
buses. Likavise, the amount of scheduled virtual load in the chart includes scheduled virtual
load at the load zones and scheduled virtual exports at the external proxy®resss.

profitability is the difference between the price at which virtual traders boudtgadah positions

in the dayahead market compared to the price at which these positions were covered in the real
time markef?6 207

The table below the figure shows a screen for relatively large profits or,l@gsek identifies
virtual transactions vih gross profits (or losses) larger than 50 percent of the average zone (or
proxy bus) price. For example, an averagé3tfMW of virtual transactions (or2lpercent of

all virtual transactions) netted profits larger than the 50 percent of their zgm@xXgrbus)

prices inDecember of 2016Large profits may be an indicator of a modeling inconsistency,
while a systematic pattern of losses rbayan indicator of potential manipulation of the-day
ahead market.

Figure A-45: Virtual Trading Volumes and Profitability
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Profit > | MW | 537 562 315 296 561 763 471 284 239 3751078 627 692 638 1003 354 431 460 596 398 360 281 261 490
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3
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206 The gross profitability shown here does not account for any other related costs or charges to virtual traders.

207 The calculation of the gross profitability for virtual imports and exports does not account for the profit (or

loss) related to pricdifferences between dahead and redime in the neighboring markets.
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Figure A46: Virtual Trading Activity

Figure A-46 summarizes virtual trading by geographic regidine eleven zones in New York

are broken into seven geographic regions based on typical congestion patterns. Zone A (the
West Zone) is shown separately because of increased congestion on the 230 kV system in recent
years. Zone D (the North Zone) is shogeparately because generation in that zone exacerbates
transmission congestion on several interfaces, particularly the CEastinterface. Zone F

(the Capital Zone) is shown separately because it is constrained from Western New York by the
CentralEast Interface and from Southeast New York by constraints in the Hudson Valley.

Zones J (New York City) and K (Long Island) are shown separately because congestion
frequently leads to price separation between them and other areas. The chart also ssimmarize
trading activities related to virtual imports and exports with neighboring control areas. The
Ontario proxy bus, the primary PJM proxy bus (i.e., the Keystone proxy bus), and the primary
New England proxy bus (i.e., the Sandy Pond proxy bus) are exdiseyparately from all other
proxy buses.

The lower portion of the figure shows average quantities of scheduled virtual angplyrtual
load and their gross profitability for tleevenregionsand four groups of external proxy buses
each quarter 2016 The upper portion of the figure shows the average number of virtual
bidders in eaclocation The table in the middle compares the overall virtual trading activity in
2015and2016

Figure A-46: Virtual Trading Activity 298
by Region by Quartef016
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Profits or losses are not shown for a category if the average scheduled quantity is less than 50 MW.
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Key Observations: Analysisof Virtual Trading

T

The volume of virtual trading did not change significantly from month to month in 2016,
generally consistent with 2013.he pattern of virtual scheduling was similar as well.

- Virtual traders generally scheduled more virtual loathenWest Zone, New York
City, and Long Island, while Zones B through | generally schedulae virtual

supply.

- This was consistent with typicday-aheadoad scheduling pattermiscussed in
subsetion E for similar reasons

Over 70 percent of scheduled virtual trades at the proxy buses were virtual imports in
2016.

- Some of the import and export transacsiont hat are c¢cl assi fied
actually physical dayahead transactions that did not flow in riale because the
transmission service was not available in the neighboring market or the transaction
was curtailed. Such transactions are not syatieally excluded and they account for
a portion of the losses accrued on virtual imports and exports.

- About 46 percent of virtual imports were scheduled at the Ontario proxy bus, which
exhibited an average dahead premium in 2016 because of highertiesd
congestion on the 230 kV transmission facilities in the West Zone from Nitgara
Packard and Packatd-Sawyer.

In aggregate, virtual traders netted approximately $14 million of gross profits in 2016 and
$10 million in 2015.

- Profitable vrtual transactionsver the periodndicatke that they have generally
improved convergence between d#yead and redime prices.

T Good price convergence, in turn, facilitates efficigsy-ahead market outcomes
andcommitment of generating resources.

- However, pofits and losses of virtuaéladeshave varied widelypy time and location
reflecting the difficulty of predicting volatile redilme prices.

The quantities of virtual transactions that generated substantial profits or losses were
generally snall in 2016, consistent with prior periods.

- These trades were primarily associated with hightiesd price volatility that
resulted from unexpected events and did not raise significant manipulation concerns.

- For example, virtual load netted a profit of $6.4 million on August 12, 2016 because
of reattime price spikes that resulted from unexpected system capacity deficiency.
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[I. TRANSMISSION CONGESTION

Congestion arises when the transmission network does not have sufficient capacity to dispatch

the least expensive generators to satisfyddmands of the systenwWhen congestion occurs,

the market software establishes clearing pricesvéirgtby location to reflect the cost of meeting

load at each locationThese LocatiorBa s ed Mar gi nal Prices -dosiL BMPs @
generation is required at locations where transmission constraints prevent the free flow of power

from the lowet-cost resources.

The dayahead market is a forward market that facilitates financial transactions among
participants. The NYISO allows market participants to schedule transactions in thieedaly

market based on the predicted transmission capage#tyiting in congestion when some bids to
purchase and offers to sell are not scheduled in order to reduce flows over constrained facilities.
Congestion charges are applied to purchases and sales in thieedand realtime markes

based on the congesti component of the LBMP. Bilateral transactions scheduled through the
ISO are charged the difference between the LBMPs of the two locationgh@.price at the sink
minus the price at the source).

Market participants can hedge congestion chargegeidayahead market by owning TCCs,
which entitle the holder to payments corresponding to the congestion charges between two
locations. A TCC consists of a source location, a sink location, gadrdity(MW). For
example, if a participant holds 150 MW of TCC rights froomeA to zone B, this participant is
entitled to 150 times theifference between th@ngestion pricgat zone BandzoneA.

Excepting transmission losses, a participant can perfeetige a bilateral contract between two
points if it owns a TCC between the points.

Incremental changes in generation and load from theatdagd market to the retaine market

are subject teongestion charges payments in the redéilme market As inthe dayahead

market, charges for bilateral transactions are based on the difference between the locational
prices at the two locations of the bilateral contract. There are no TCCs fantreaongestion

This sectiorsummariesthreeaspects ofransmission congestion and locational pricing:

1 Congestion Revenue and Shortfal/e evaluatehe congestion revenues collected by
the NYISO from the dayahead market, as well as tt@ngestion revenughortfalls in the
day-ahead and redgime markets amhidentify majorcause®f theseshortfalls.

1 Congestion on Major Transmission Path$his analysis summarizes the frequency and
value of congestionn majortransmission paths in the dapead and redime markets

1 TCC Prices and DaAhead Market Congaenh i We review the consistency of TCC
pricesandday-ahead congestion, which determine payments to TCC holders.

A. Summary of Congestion Revenue and Shortfalls iR016

In this section, we summarize the congestion revenues and shortfalls that are colécted a
settled through the NYISO markets. The vast majority of congestion revenues are collected
through the dayahead market, which we refer todes~aheadcongestiorrevenues These are
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collected by the NYISO when power is scheduled to flow across ceadgestrfaces in the day

ahead market. The revenue collected is equal to the marginal cost of relieving the constraint (i.e.,
constraint shadow price) in the dajead market multiplied by the scheduled flow across the
constraint in the daghead market®

In addition to dayahead congestion revenues, the NYISO incurs two types of shortfalls that
occur when there are inconsistencies between the transmission capability modeled in the TCC
market, the dayahead market, and the ré¢mhe market:

1 Day-ahead Cong#tion Shortfall§ These occur when the dajpead congestion revenues
collected by the NYISO are less than the payments to TCC hoBlesdfallsgenerally
arise when the quantity of TCGsldon a path exceeds the transfer capability of the path
modeledn the dayahead market when it is congast'® Day-ahead congestion
shortfalls are equal to the difference between payments to TCC holders aaitedaly
congestion revenued.hese shortfalls are partly offset by the revenues from selling
excess TCCs

1 Balancing Congestion ShortfalisThese arise when dahead scheduled flows over a
constraint exceed what can flawer the constraint in the retaime market!! To reduce
flows in real time below the daghead scheduléhe ISOmust increasgeneration oithe
import-constraineside of theconstraint and reduce generation on the expamstrained
side of the constraint. These redispatch costs (i.e., the difference between the payments
for increased generation and the revenues from reduced generatiotwno #reas)s the
balancing congestion shortfall thatrecovered through uplift.

Figure A47: Congestion Revenue Collections and Shortfalls

Figure A-47 showsday-ahead congestion revenue and the two classes of congestion shortfalls in
each month of 2015 and 2016. The upper portion of the figure shows balemegestion

revenue shortfalls, and the lower portion of the figure showsatlagd congestion revenues
collected by the NYISO and dahead congestion shortfalls. The sum of these two categories is
eqgual to the total net payments to TCC holders in eamttm The tables in the figure report

these categories on annual basis.

209 The shadow price of a transmission constraint represents the marginabvilleesystem of one MW of

transfer capability. For example, if 100 MW is scheduled to flow across a constrained line with a shadow
price of $50/MWh in a particular hour in the dalgead market, the NYISO collects $5,000 in that hour
(100 MW * $50/MWh).

210 For example, suppose 120 MW of TCCs are sold across a particular line. If 100 MW is scheduled to flow

when the constraint has a shadow price of $50/MWh in an hour in thehaéayl market, the NYISO will
have a dayahead congestion shortfall of $1,00Ghat hour ((120 MW 100 MW) * $50/MWh).

211 For example, suppose 100 MW is scheduled to flow across a particular line in thieedamymarket. If 90

MW flows across the line when it has a shadow price of $70/MWh in an hour in tHenmeaharket, the
NYISO will have a balancing congestion shortfall of $700 in that hour ((100iN}Y MW) * $70/MWh).
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Figure A-47: Congestion Revenue Collections and Shortfalls
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Key Observations: Summary of Congestion Revenueand Shortfalls

1 Day-aheadcongestion revenues totaled roughty88million in 2016, down19 percent
(or $101 million) from 2015.

- The reduction primarily occurred in the first quarter of 2016, during whickatiagd
congestion revenues fell 55 percent (or $156 million) from last yea

I This was consistent with the 18 to 70 percent reduction in natural gas prices
across the state over the same period (see Sé&jon

- However, dayahead congestion revenues rose 21 percent (or $54 million) in the
remaining months, partly offsetting the overall reduction for the year. Signifi
drivers of higher congestion costs include:

I Transmission outages, which are discussed for major transmission facilities in
SubsectiorB;

T Higher load levels in the summer months (see Setti®dy and

i The implementation of the GTDC, which is discussed in Sedtibn

1 Day-ahead congestion shortfalls rose 170 percent (or $63 million) from 2015 to 2016
primarily because of more transmission outages, while balancing congsstitialls
were little changed.

- The locations and causes of thekertfallsare analyzed in Subsection C.
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B. Congestion on Major Transmission Paths

Supply resources in Eastern New Yarle generally more expensive than those in Western New
York, while themajority of the load is located in Eastern New York. Hence, the transmission
lines that move power from the legost to highcost parts of the state provide considerable
value. Consequently, transmission bottlenecks arise as power flows from WesteYotkdao
Eastern New York, leading to significant congestielated price differences between regions.
This subsection examines congestion patterns in theatsad and redime markets.

In the dayahead market, the NYISO schedules generation andksetl on the bids and offers
submitted by market participants and the assumed transfer capability of the transmission
network. When scheduling between regions reaches the limits of the transmission network,
congestion price differences arise between regin the dayahead market.

Market participants submit bids and offers in the-dhgad market that tett their expectations

of reattime prices andcongestionso dayahead congestion prices are generally consistent with
reattime congestion priceslo the extent that differences arise betweenatsad and redime
congestion patterns, it suggests that unexpected operating conditions may have occurred in the
reattime market. Consistency between dayead and redime prices is beneficial for maek
efficiency because it helps ensure that the resources committed each day are the most efficient
ones to satisfy the needs of the system intiesd. Therefore, it isisefulto evaluatehe

consistency otongestion patterns in the dakieadand realtime markes.

Figure A48- Figure A50: Day-Ahead and Realime Congestion by Path

Figure A-48to Figure A50 show the value and frequency of congestion along major
transmission lines in the dahead and redime marketFigure A48 compares these quantities
in 2015 and 2016 on an annual basisijevRigure A49 andFigure A50 show the guantities
separately for each quarter of 2016.

Thefiguresmeasure congestion in two ways
1 The frequency of binding constrainnd

1 The value of congestion, whick equal to thenarginal cost of relieving the constraint
(i.e., constraint shadow cost) multiplied by the scheduled flow across the cortétraint.

In the dayahead market, the value of congestion equals the congestion revenue collected by the
NYISO, whichis the primary funding source for TCC payments. In thetrewd market, the

value of congestion does not equal the congestion revenue collected by the NYISO, since most
reattime power flows settle at deghead prices rather than réiahe prices. Nonéieless, the

reattime congestion value provides the economic significance of congestion in thieneesal

market. The figure groups congestion along the following transmission paths:

1 WestZone Lines: Transmission lines in the West Zone on the 230 kV system

212 The shadow price of a transmission constraint represents the marginal value to the system of one MW of

transfer capability.
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Westto Central: Primarily Westto-Central interface, Dysinger East interface, and
transmission facilities in the Central Zone

North to Central: Primarily transmission facilities within and out of the North Zone.
Central to EastPrimarily the Centil-to-East interface.

Capital to Hudson Valley: Primarilines leading into Southeast New York (ethe
New Scotlaneto-LeedsLine, the Leeddo-Pleasant Valley Line)

NYC Linesin 345 kV system: Lines leading into and within thewNy ork City 345 kV
system.

NYC Linesin Load Pockets: Lines leading into and withiawY ork City load pockets
and goups of lines to Bw Y ork City load pockets that are modeled as interface
constraints.

Long Island: Lines leading into and within Long Island.

External Inerface: Congestion related to the total transmission limits or ramp limits of
the external interfaces.

All Other: All of other line constraints and interfaces.

Figure A-48. Day-Ahead and RealTime Congestion by Transmission Pt
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Figure A-49: Day-Ahead Congestion by Transmission Path
By Quarter, 2016
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Figure A-50: RealTime Congestion by Transmission Path
By Quarter, 2016
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Appendix i Transmission Congestion

Key Observations: CongestiorRevenue by Path

1 Congestion across the CentEast interface accounted for the largest share of congestion
value in both daayghead and redaime markets in 2015 and 2016.

- In 2016, the Centratast interface accounted for 37 percent of congestion value in
the dayahead market and 29 percent in the-teaé market.

T The majority of this congestion occurred in the first quarter and in December as a
result of higher natural gas prices and larger gas price spreads between regions
(which are typical in the wiet season).

T Transmission outages in January to May (taken for transmission work for the
TOTS projects) and the outage of Maidgw Scotland 345 kV line in December
also contributed to higher congestion in these periods.

1 Congestion on 230kV lines in the BteZone rose notably in recent years, accounting for
the second largest share of congestion value in 2016.

- There were notable changes from a year ago in the pattern of West Zone congestion,
driven by various factorsThe following increased congestion
I The implementation of GTDC in February 2016. (SeetionV.F)

T Themothballftetirement of the last Dunkirk unit in December 2015 and two
Huntley units in March 2016, which haelpedrelieve West Zone congestion.

T The implementation of a composite shift factor at Niagéaat in early May
2016 (see Sectiohl.C)

T Average clockwisdoop flows around Lake Erie were higher in 2016.

- The following factors helped reduce congestion in the West:Zone

T The addition of two series reactors on the Packardtley 230 kV #77 and #78
lines in midMay 2016, which can be used to divert a portioflamfls from 230
kV facilities to parallel 345 kV and 115 kV facilities.

i The S. RipleyDunkirk 230 kV line and Warrefalconer 115 kV line were taken
OOS during most of 2016 for 115kV transmission security, but these also reduced
flows on frequently congestl 230 kV lines.

1 Transmission outages led to higher congestion in the North Zone in the second quarter
and on Long Island in the third quarter (see Sedtlob for more details).

- The MosesSouth interface was frequently used to manage congestion on some 115
kV transmission constraints during outage periods.

- Themagnitudes of congestion shadow prices on these constraints were increased by
theimplementation of GTDC in February 2016. (S==tionV.F)
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1 Congestion was generally more severe in thetres market than in the deghead
market on some intraonal transmission patHs?

- In the West Zone, congestion on 230k¢ilities often rose in realime becausef
several factors

T Lake Erie circulation, which is highly variable and difficult for the NYISO to
predict, has a significant effect on flows across these transmission facilities.
When clockwise circulation is higher than asgadl in the dayahead market
and/or increases suddenly, it can result in severdinealcongestion that must be
resolved with very costly resources. However, when clockwise circulation is
lower than assumed, it usually results in no congestion. Sdile@iaculation
around Lake Erie tends to result in higher 4tgake congestion costs. The NYISO
implemented two modifications at the end of June 2016 to better manage loop
flows: a) a cap of 0 MW on the courvelockwise loop flows in the RTC
initialization; and b) a limit of 75 MW on the maximum change of loop flows
between successive RTD initializatiof'd. These modifications have helped
reduce the severity of reiime congestion during periods with highly volatile
loop flows.

T Generation and importgstream of these constraints is typically offered at much
lower prices in the redlme market than in the deghead market, increasing
congestion in redime.

T Redispatch options are often limited by parallel constraints on the 115 kV system,
which are arrently managed with Owdf-Merit dispatch instructions and by
taking certain lines out of service to divert some power flows away from
congested facilities (sdagure A-80).

- In New York City, congestion into the Greenwood load pookietn rose in realime
because of

I The tendency for brief small transmission constraint violations to cause very high
shadow prices ineattime; and

i Scheduling of nbeconomic gas turbines in the dalyead market, which resulted
from software changes that were made in conjunction with the introduction of the
MI P (AMi xed I nteger Piaegdmarked ThedNdI$Q war e
made software modifications to addsekis issue in December 2016.

- In Long Island, acute congestion often occurred intiegd as a result of sheterm
ramping limitation caused by:

213 The related inconsisteres between daghead and redgime LBMPs are evaluated in Appendix Section

|.G. Factors that contribute to transient periods of extremetiraalcongestion are evaluated in Appendix
SectionV.D.

214 See presentation fALake Erie Loop Flow Modifications
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T Large schedule changes in imports across the Scheduled Lines (i.e., Neptune,
Cross Sound Cable, and the8%3.ine);

T Shutdown of gas turbines that would have been economic to remain online; and

T Sudden flow variations on PABbntrolled lines between Long Island and New
York City (i.e., the 901 & 903 lines). Previously, the NYISO based its -sbiort
forecastof flows on these lines on the last telemetered flow on the line. Starting
in April 2016, the NYISO began to forecast the flows on these lines based on their
scheduled flow, which has helped reduce-teaé transitory high price spikes on
Long Island, peicularly in the Valley Stream load pocket.

C. West Zone Congestion and Niagara Generation

Transmission constraints on the 230kV network in the West Zone have become more frequent in
recentyears, limiting the flow of power towards EastereviNy ork. Besides many factors

discussed above, this subsection discusses issues related to the modeling of the Niagara Power
Plant that has had significant effects on congestion management in the West Zone.

The Niagara Power Plant has a total of 13atimiver and 12 pum¢storage water turbines.

Three rurof-river turbines are electrically connected to the 115 kV West Buses, foof-run

river turbines are connected to the 115 kV East Buses, and the restaixiuer turbines and

twelve pumpstorage turbineare connected to the 230 kV Buses. The units at the 115 kV Buses
generally help relieve congestion on the most congested 230 kV transmission lines in the West
Zone, while units at the 230 kV Buses tend to exacerbate these transmission constraints.
Howeve, these impacts are not consideogdimally by the optimization engine that schedules
generation at the Niagara plarihstead, these 25 units are currently modeled as one single
generator for pricing and dispatch. The marginal congestion impact Bfahewas measured

based on: a) the generation shift factor of 230 kV units alone before May 4, 2016; and b) a
composite generation shift factor that is based on the most recent telemetered distribution of the
Plant output from all 230 kV and 115 kV uniimce May 4, 20161° Often timesNYISO

procedures use manual instructions to shift generation among the individual units at the Niagara
plant to alleviate congestionThese circumstances lead to events when the transmission system
in the West Zone is naitilized as efficiently as possible.

Figure A51- Figure A53: West Zoné€ongestion and Niagara Generation

Figure A51illustrates the abovmentioned inefficiency by showirptential redispatch options
for transmission constraintom different modeling of the Niagara Plaiitie figure shows the
redispatch optionsn a sample day (September 10, 2Gbd6}he most frequently congested
constraints in the West Zonitre NiagaraPackard and Packafawyer 230 kV lines.

215 Although the individual units are not considered in the pricing and dispatch component of RTD, they are

considered in the Network Security Analysis (ANSAO)
NYISO on this issue at the April 5, 2016 Markstues Working Group meeting: ddimgara Generation
Modeling Updatepresented by David Edelso
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The potential flowinpact from dispatchable resources is measured based on their upper
operating limits.The Import/Export category reflects the potential relief from 1,000 MW
adjustments in PJM and Ontario DNI levelhe PAR category reflects the potential relief from
making260 MW adjustments ieach of thd_.33 andL34 PARs which allow a portion of the
imports from Ontario to flow into the North Zone rather than the West.Z@iad resources,
which cannot balispatckedupin reattime, are also shown in the figuie the purpose of
illustrating their typical impact on the constraiftt&ised on their actual output)

Figure A-51: Potential Redispatch Options for West Zone Congestion
September 10, 2016
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Transmission Constraint and Shift Factor

Figure A52illustrates howthe twomodeling assumption®efore and after May 4, 2016)

related to the system impacts of the Niagara plant differ from the actual impacts of the plant.

The scatter plotshow the impact on constrained facilities in the West 2012015 and 2016
(after May 4), wherete hori zont al axi s s hows andheeertRal D
axis reflects where output was actually increased (or decreased) at the plantn@gsufact
dispatch performance relative to thentnute signal).Hence, a point on the diagonal line
indicates consistency between modeled impact and actual imgaetable summarizes the
average absolute value for both quantities as well as thegavaiféerential between the
modeled impact and the actual impact.
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Figure A-52: Impact of Niagara Generation on West Zone Constraints
Modeled Impact versus Actual Impact, 26A®16
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Figure A53: Niagara LBMPs and UndeUtilization of 115 kV Circuits

Figure A-53 estimates the remaining benefisit might have occurred if the distribution of
generation at Niagara was optimizeceach month of 2015 and 2016 by showing:

1 Production Cost SavingsEstimated savings fromeducing congestion tshifting
generation from 230kV units to 115kV units that have available head room at the Niagara
plant.

1 Additional Niagara Generation Potenfiahdditional Niagara generation (in MWhs) that
would be deliverablérom the entire planf output from the 1BkV units was
maximized.

1 Average estimated LBMPs for the West Zone, Niagara 230 kV Bus, Niagara East 115 kV
Bus, and Niagara West 115 kV Budhis illustrates the impact of shifting generation
among individual Niagara units.
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Figure A-53: Niagara LBMPs and Under-Utilization of 115 kV Circuits
By Month, 2015 2016
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Key Observations:West Zone Congestion and Niagara Generation

1 Most potential redispatdffor the two most congested West Zone constraista) the
Niagara plantbuta large portions not availableas the plant is dispatched as a single
unit based either oa shift factor at the 230 kV bus or on a composite shift faEtgure
A-51illustrates that:

- If dispatched individuallyNiagara units would account for 62 and 50 percent of
potential redispatch options for managing congestion on th&dwoonstraintsn the
WestZone However, only 20 and 67 percent of these redispatch options are
availablewhenthe plant is dispatched as a single unit dasea composite shift
factor.

- Itis more difficult to manage congestion on the NiagRaakard constraint due to
much largr inconsistences between modeled and actual Niagara redispatch.

T Operators often lower the Pack&dwyer limit to prevent overloads on Niagara
Packard because the Pack&alvyer constraint has more predictable effects on
congestion.This further reducethe usable transfer capability in the West Zone.

1 Figure A52shows that ansistency between the modeled and actual impacts was poor
for both old and new modeling agaches for the Niagara plant.

A-70 | 2016 State of the Market Report



Appendix i Transmission Congestion

Although te average differential between modeled and actual impact is large relative

to average modeled impéotr both modeling approachéz.4 v 35 MW in 2016,5.0
v 8.9MW in 2015) the average differential has besmaller under the new modeling
approach.

In general RTD overestimated the impacts from-déspatching Niagarander the
old modeling approachyhile RTD underestimats the impactainder the new
modeling approach.

1 Although LBMPs at the Niagara 115 kWic&a230 kV Buses were very similar when West
Zone congestion was not present, LBMP differences were significant during periods of
congestion.

West Zone 230 kV congestion occurred in roudtyand5 percent of alreaktime
intervalsin 2015 and 208.

Onaverage, LBMPs weredd to $64/MWh higher at the Niagara 115 kV Buses than
at the Niagara 230 kV Buses during these interiva®)15 and ®1to $117MWh
higher in 208.

Negative LBMPst the 230 kV bus in 201€uggest oveutilization of 230kV units at
the Niagara plant.

1 We estimate that if th&15kV circuits were fully utilized to relieve t#30kV constraints
in the West Zone?®

Production costs would have been reduced by an additidnatiilion in 2015 and
$3.7million in 2016 (assuming no changes in the constraint shadow costs).

T However, this does not consider ttapitalupgrade costs required to fully
optimizethe resource

An additional90 and48 GWh of Niagara generatiowould have been deliverable
2015 and 208.

T This would have reduced LBMPs in other zones as well, although we have not
estimated the effect on statewide average LBMPs.

Nonetheless, thexisting NYISOmanualprocedures that shift the distribution of

generation at the Niagara plant (between 115kV &@#\2 units)helpedreduce
congestion costsn days \ith congestion irthe West Zone

216

Note, these estimates undsate the true potential increase in deliverable generation and improvement in
production costs for two reasons. First, odineatesdo not consider the amount of additional water that is
used when individual water turbines operate above or below the optimal operating point (i.e., where cubic
feet of water per MWh is lowest). This is substantial during uncongested intervaighehtl5kV
generators are owvattilized by a manual dispatch instruction relative to the optimal operating point of the

turbine. Second, our estimates do not consider the increase in production costs that results when the 230kV

generators are owvettilized when their LBMP is negative.
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D. Lake Erie Circulation and West Zone Congestion

The pattern of looflows around Lake Erie has a significant effect on power flows in the
surrounding control areas. Lofipws that move in a clockwise direction around Lake Erie
generally exacerbate wetsteast transmission constraints in New York, leading to increased
congestion costs in New Yonhile counterclockwise loop flows alleviate wesb-east
congestionn New York.

Phase angle regulators (APARsO) were installe
April 2012 partly to control loop flows around Lake Erie. In general, these PARs are used to
maintain loop flows at the MISTESO interface to less th&®0 MW in either direction.

Because of the configuration of surrounding systems, the volume and direction of loop flows at

the MISGIESO interface is comparable to the loop flows at the HREISO interface. The

volume of loop flows has been reducedcsithe PARs were installed in 2012, but excursions

outside the 200 MW band still occur on a daily basis, so loop flows continue to have significant
effects on congestion patterns in the NYISO.

Figure A54: Clockwise Loop Flows and West Zone Congestion

Unscheduled clockwise loop flows are primarily of concern in the congested intervals, when they
reduce the capacity available for scheduling internal generation tg sateshal load and

increase congestion on the transmission paths in Western New York, particularly in the West
Zone.

Figure A-54llustrates how and to what extent unscheduled loop flows affected congestion on
West Zone 230 kV constraints in 2015 and 2016. The bottom portion of the chart shows the
average amount of: (a) unscheduled loop flows (the blue bar); and (b) changeshadutes

loop flows from the prior Bninute interval (the red line) during the intervals when-tiead

congestion occurred on the West Zone 230 kV constraints. The congested intervals are grouped
based on the following ranges of congestion values: ¢a)ttan $10,000; (b) between $10,000

and $50,000; (c) between $50,000 and $100,000; (d) between $100,000 and $200,000; (e)
between $200,000 and $300,000; and (f) more than $308,06@r a comparison, these

numbers are also shown for the intervals witttoongestion.

In the top portion of the chart, the bar shows the percent of total congestion values that each
congestion value group accounted for in each year of 2015 and 2016, and the number on top of
each bar indicates how frequently each congestiore\goup occurred. For example, the chart
shows that the congestion value was more than $300,000 during 0.3 percent of all intervals in
2016, which accounted for nearly 60 percent of total congestion value in the West Zone.

217 The congestion value for each 230 kV constraint is calculated as (constraint flow x constraint shadow cost

x interval duration) Then this is summed up for all binding 230 kV constraints for the same interval. For
exampe, if a 900 MW line binds with a $300 shadow price and a 700 MW line binds with a $100 shadow
price in a single Bninute interval, the resulting congestion value is $28,333 = (900MW x $300/MWh +
700MW x $100/MWh) * 0.083 hours.
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Figure A-54: Clockwise LakeErie Circulation and West Zone Congestion
2015- 2016
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Key Observations: Lake Erie Circulation and West Zone Congestion

1 West Zone congestion was more prevalent when loop flows were clockwise or happened
to swing rapidly in tk clockwise direction.

- A correlation was apparent between the severity of West Zone congestion (measured
by congestion value) and the magnitude of unscheduled loop flows and the
occurrence of sudden changes from the prior interval.

1 A small number of intevals accounted for relatively large share of the total congestion
both 2015 and 2016.

- This has been accentuated by the implementation of the QF@€xt in February
2016, which has resulted in higher congestion shadow prices during congested
intervak.

- In 2016, just 0.3 percent of intervascounted fo60 percent of the total congestion
value in the West ZoneThis reinforces the importance of efforts to improve
congestion management during periods of extreme congestion.
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E. Day-Ahead and BalancingCongestion Shortfallsby Path or Constraint

Congestion shortfalls generally occur as a result of inconsistent modeling of the transmission
system between markets. Balyead congestion shortfalls indicate inconsistencies between the
TCC and dayahead marketyhile balancing congestion shortfalls indicate inconsistencies
between the daghead market and the raahe market. These two classes of shortfalls are
evaluated in this subsection.

Figure A55: Day-Ahead Congestion Revenue Shortfalls

Day-aheadcongestion revenue shortfalls generally arise when the quantity of TCCs sold for a
particular path exceeds the transfer capability of the path modeled in tabemy market

during periods of congestion. Similarly, surpluses occur when the quantity of TCCs sold for a
path is less than the transfer capability of the path in theldesd market during periods of
congestion. The NYISO minimizes dapead congestion revenuguses and shortfalls by
offering TCCs in the forward auction thaflectthe expected transfer capability of the system.

In addition, transmission owners can redpo&entialday-ahead congestion revenue shortfalls by
restricting the quantagsof TCCsthat are offered by the NYISO.

The NYISO determines the quarggof TCCs to offer in a TC@uction by modeling the

transmission system to ensure that the TCCs sold are simultaneously feasible. The NYISO uses
a power flow model that includes an assuroedfiguration of the transmission system. The
simultaneous feasibility condition requires that the TCCs awarded be feasible in a contingency
constrained economic dispatch of the NYISO transmission system. If this condition is satisfied,
the congestion kenues collected should be sufficient to fully fund awarded TCCs. However, if
transmission outages occur that were not modeled in the TCC auction or the assumptions used in
the TCC auctionge.g., assumptions related to PAR schedules and loop feres)herwise not
consistent with the assumptions used in theatssad market, the congestion revenues collected
may be insufficient to meet TCC obligations.

Figure A-55shows dayahead congestion shortfalls by transmission path or facility in each
month of 2015 and 2016. Positive values indicate shortfalls, while negative values indicate
surpluses The shatfalls are shown for the following paths:

1 West Zone Lines: Transmission lines in the West Zone.

M North to Central: Transmission lines in the North Zone, the M8sesh Interface, and
Marcy 765Marcy 345 line.

Central to East: Primarily the Centigastinterface.
New York City Lines: Lines leading into and within New York City.

Long Island Lines: Lines leading into and within Long Island.

== =2 =2 =

External: Congestion related to the total transmission limits or ramp limits of the external
interfaces.

1 All Others: All other types of constraints collectively.
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The figure also shows the shortfalls resulted from some unique factors separately from other
reasons for select transmission paths.

Day-ahead Congestion Residual ($ in Millions)

1 For West Zone lines, the figure shows separately the shortfallsacfudtn differences
in assumed generation at the Niagara 115 kV Buses between the TCC auction and the
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For the CentraEast interface, the figure shows separately the shortfalls resulted from

differences in assumed flows on the PAR controlled lines between New York and New
Jersey (including Ramapo, ABC, and JK PARs) between the TCC auction and-the day
ahead market.

1 For Long Island lines, the figure shows separately the shortfalls resulted from:
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Differences in assumed schedules across the two PAR controlled lines between Lake
Success and Valley Stream in Long Island deathaica in New York City (i.e.,
901/903 lines) between the TCC auction and theathad market.

Figure A-55. Day-Ahead Congestion Shortfalls

20151 2016

Category

Annual
Shortfall ($M)

2015 2016

West Zone Lines
Niagara Modeling Assumptior
Other Factors

$7.5 $1.8
$9.7 $27.2

Central to East
Ramapo, ABC & JK PARs
Other Factors

$0.9 $1.9
$5.7 $31.7

North to Central

$14.1 $17.2

NYC Lines

$3.1 $6.2

Long Island Lines
901/903 PARs
Excess GFTCC Allocations
Other Factors

-$11.3 -$2.0
$4.4 $4.3
$8.7 $10.6

Extemal

-$9.6 -$2.4
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Figure A56: Balancing Congestion Revenue Shortfalls

Like dayahead congestion shortfallglancing congestion revenue shortfalls arise when day
ahead scheduled flows across a particular line or interface exceed-ttmeeabnsfer apability.
When this occurs, the ISO mustdispatchn real time by purchasing additional generation in the
import-constrained area (where regghe prices are high) and selling back energy in the export
constrained area (where raathe prices are low)The balancing congestion shortfall is the cost
of this redispatch. The changes in transfer capability between trehdag and redime

markets are most often related to:

1 Deratings and outages of transmission lin®ghen these occur after the dalyead
market, they reduce the transfer capability of relevant transmission interfaces or facilities.
They may also change the size of the largest contingency relative to a particular
transmission interface or the distribution of flows over the transmisgstem, thereby
reducing the available transfer capability of other transmission facilities.

1 Constraints not modeled in the dalyead market Reliability rules require the NYISO to
reduce actual flows across certain key interfaces during TSA evente B5A events
are not modeled in the dahead market, they generally result in reduced transfer
capability between the daghead market and retiine operation.The imposition of
simplified interface constraints in New York City load pockets in theties market
that are not modeled comparably in the-dagad markedlso results in reduced transfer
capability between the deghead market and retine operation

1 Hybrid Pricingi This methodology treats physically inflexible gas turbines as flexible i
the pricing logic of the regime market model. Differences between the physical
dispatch logic and the pricing logic can lead to unutilized transfer capability on interfaces
that are congested in real time, leading to balancing congestion reveniiglshor

1 PAR Controlled Line Flow$ The flows across PARontrolled lines are adjusted in real
time operations, which can result in flows that are very different from thaluzad
assumptions. These differences can affect the flows across multipfadeseThis
includes flow adjustments on PAdntrolled lines that result from the Coordinated
Congestion Management (fAiM2MO) process betw

1 Unscheduled loop flows loop flows from other regions use a portion of the transmission
capabiliy across many interfaces in New York, reducing the portion of transmission
capability available to the NYISO market in the direction of the loop flows. A balancing
congestion revenue shortfall occurs when the loop flows assumed in tabeky
market ardower than the actual loop flows on congested interfaces in real time.

The net cost of #aredispatchin reattime due to changes from dapead (i.e., balancing

congestion shortfallg} collected from loads through uplift charges, most of which is ikl

to load throughout the state. Howeweportion associated with facilities that require special
operation during TSA events is charged to Consolidated Edison whose customers benefit most
directly from the additional reliability.

Similar toFigure A55, Figure A56 shows balancing congestion shortfalls by transmission path
or facility in each month of 2015 and 2016. For select transmission paths, the figure also shows
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the shortfalls resulted from soraaique factors separately from other reasons. Positive values
indicate shortfalls, while negative values indicate surpluses

Figure A-56. Balancing Congestion Shortfall3'®

201571 2016
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% [ Other Factors $0.9 $0.7
g -$4 I |Extemal $1.3 -$2.0
g = |PIM M2M Payment -$2.1 -$1.2

O3 |All Other Facilities -$0.5 $2.2
-$6
-$8
J‘F‘M‘A‘M‘J‘J‘A‘S‘O‘N‘D J‘F‘M‘A‘M‘J‘J‘A‘S‘O‘N‘D
2015 2016

Key Observations CongestionShortfalls

Day-AheadCongestionShortfalls

1 Day-ahead congestion shortfalls totatezhrly $100million in 2016, up 169 percent from
2015 primarily because ofiorecostly transmission outages2016

- In 2016, roughly $66 million (or 66 percent) were allocated toorsiple
Transmission Owners for transmission outages.

1 Nearly 84 million of shortfalls accrued on the Centist interface, most of which was
attributable to the following transmission outages:

218 The balancing congestiahortfalls estimated in this figure may differ from actual balancing congestion

shortfalls because the figure: (a) is partly based ortiraal schedules rather than metered injections and
withdrawals; (b) assumes the energy component of the LBMP isuthe at all locations including proxy

buses (while the actual proxy bus LBMPs are not calculated this way under all circumbtfooe£\pril

20149; and (c) uses the original constraint shadow costs from the dispatch model therefore does not reflect
the efect of price corrections and Scarcity Pricing Adjustments.
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- Multiple transmission lines were taken OOS from Januarydy ¥ facilitate the
completion of the TOTS projects, including:

T a)The Fraseoopers 345 line waOSfrom early January to early March

T b) The EdiecNew Scotland 345 line was out of service in most of March

T ¢) The MarcyCoopers 345 line was OOS in mos$tApril;

T d) The EdicFraser 345 line was OOS from late April to late Maryd

T e)The RamapdRock Tavern 345 line was OOS in most of April and May.
- One Ramapo PAR was OOS from late June throughout the rest of the year.

- The MarcyNew Scotland 345 line v8a0OS in most of December, which reduced the
interface transfer capability by up to 900 MW.

1 The West Zone constraints accounted for $29 million of shortfalls in 2016.

- Several facilitiemlong the Niagar®@ackardSawyerHuntley path were out of service
intermittentlyin during the yearaccounting for roughly X million of shortfalls
(mostly in March and April)

- Inconsistencebetween the TCC auction and tierahead markeh the assumed
distribution ofNiagara generatio(230 kV vs. 115 kV) accountedif $2 million of
shortfalls.2°

i The modeling change of the Niagara Plant on May 4, 2016 led to persistent
surpluses (~$3 million), compared to persistent shortfalls before the change (~$5
million).

- Of theremaining $6 million of shortfalls a large porbn was attributable to different
loop flow assumptions between the TCC auction andidlyahead market

f Transmission constraints categorized as AN
shortfalls in 2016.

- Nearly 45 percent of shortfalls acedion the MoseSouth interface on 10 days
(including one week in October) during which one 765 kV transmission line was
OOS and reduced the interface transfer capability by more than 2,000 MW. The
MosesSouth interface is typically utilized in order tecsire 115kV facilities that are
not modeled in the daghead and redgime market software.

- Most of the remaining shortfalls accrued on one of the Marcy 765/345 kV lines when
the parallel path was OOS on many days in April, May, September and October.

1 Long Island lines accounted for $15 million of shortfalls in 2016.

219 This is categori zed asoufinNiearg afirVae sMm tZediguen gL i Ansessuomp t i o n
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- Most of these shortfalls accrued when the Y49 line was out of service from late May
to early July and from early August to late September, which greatly reduced import
capacity into Long land.

- Additional $4 million of shortfalls resulted from grandfathered TCCs that exceed the
transfer capability of the system from Dunwoodie (Zone 1) to Long Istdhd.

- The two PARcontrolled lines between New York City and Long Island (i.e., the 901
and 9@ lines) consistently caused congestion surpluses becatsedfferences in
the schedule assumptions on these two lines between the TCC auction and the day
ahead marke#??

T The TCC auctions typically assumed a total of 286 MW flow from Long Island to
New York City across the two lines while the dalyead market assumkxver
value® an average af93MW in that direction in 208 and 222 MW in 2016

T Since flows from Long Island to New York City across these lines are generally
uneconomic and raiggoduction costs, reducing the assumed flow from the TCC
auction to the daghead market led to significant surplus congestion reyenue
which reinforces the notion that scheduling the 901 and 903 lines in an efficient
manner would substantially reduce pnotion costs.

Balancing Congestion Shortfalls

M Similar to 2015, the 230 kV transmission facilities in the West Zone accounted for the
largest share of balancing congestion shortfalls in 2016.

- The primary drivers werérle deratings and unexpected changdesap flows which
accounted for $9 millionf shortfalls.

M TSA constraints accounted fover $9 million ofshortfalls, most of which occurred on
one day in July and two days in August.

- Transfer capability into SENY was greatly reduced during TSA events, contributing
to nearly $8 million of shortfalls.

- Large schedule deviations on the ABC and JK lines on these days also contributed
over $1 million of shortfalls.

- TSA-related congestion sktfallsin 2016were notably higher than in the prior two
summers due in part to:

T Higher load levels during TSA events tlysar, and

T Less congestion relief from Ramapo PARs because of outages.

220 This i s ¢ a&txeegenrsi zGFdl CCa Al ¢ o cialt o mopistheflig@end Li nes o
221 This is categoriaeadeas ALDNOl/ 93 aMAIRL i neso in the fi
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1 The operation of Rama@g®AR under the M2M JOA with PJM hasopided significant
benefit to the NYISO in managing congestion on coordinated transmission flowgates,

- Additional flows (into New York) across the Ramapo, ABC, & JK Rédrtrolled
lines contributed an estimate8 fillion of surpluses (primarily from thed®apo
PAR) on the Centratast interface in 2016.

- This, however, was offset by nea$§ million of shortfalls on the West Zone lines
(currently not under M2M JOA).

i Nearly $5 million was attributable to large deviations on ABC/JK wheel
(particularly undedelivery from NY to PJM on the JK lines).

i Ramapo PAR accounted for roughly $1 million of shortfalls in 2016, notably
lower than the $6 million in 2015. This was partly because the NYISO modified
its operating practice in November 2015 to limit use ofRhenapo congestion
coordination process to periods when the NYISO does not expect constraints in
Western New York to be activé?

F.  TCC Prices and DAM Congestion

In this subsection, we evaluate whether clearing prices in the TCC auetiereonsistent uth
congestion prices in the dajead market. TCCs provide an entitlement to the holder for the
day-ahead congestion between two points. In a-fueittioning market, the price for the TCC

should reflect a reasonable expectation of theatsad congeisin. Perfect convergence cannot

be expected because many factors affecting congestion are not known at the time of the auctions,
including forced outages of generators and transmission, fuel prices, weath&éhertzare two

types of TCC auction€entalized TCC Auctions and Reconfiguration Auctions.

1 Centralized TCQAuctionsi TCCs are sold in these auctions am@nth products for the
Summer Capability Period (May to @bte or the Winter Capability Period (Nember
to April), as tyear products fotwo consecutive capability periods, and agear
products for four consecutiv@apability Periods. Most transmission capability is
auctionedas6-month products. Th€apability Period auctions consist of a series of
rounds in whicha portion of the gaability is offered, resulting in multiple TCC awards
and clearing pricesParticipants may offer TCCs for resale or submit bids to purchase
additional TCCs in these auctions.

1 Reconfiguration Auctionis The NYISO conducts a Reconfiguration Auctimmceevery
monthfor the followingmonth for which the TCC will be effective. Participants may
offer TCCs for resale or submit bids to purchase additional TCCs in the Reconfiguration
Auction. Each monthly Reconfiguration Auction consists of only one round.

Figure A57. TCC Cost and Profit by Auction Round and Path Type

Figure A57 summarizes TCC cost and profit for the Winter 2@& and Summer 208
Capability Periods (i.e., the 48onth period from November 28through October 2@). The

222 See NYISO Management Committee meeting minutes for the December 17, 2015 meeting.
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TCC Cosimeasures what market participants paid to obtain TCC rights fron@ealictions.
For a particular path, thECC Cosis equal to the purchased TCC MW multiplied by the TCC
price for that path. Th€CC Profitmeasures the difference betweenT®C Paymentwhich is
equal to the TCC MW between two points multiplied by thegestion cost difference in the
day-ahead market between the two points, and'th€ Cost

The figure shows the TCC costs and profits for each round of auction in-theritB period,
which includes: (a) three rounds of eymar auctions for the exactrsa 12month Capability
Period; (b)ive rounds of sixmonth auctions for the Winter 2816 Capability Period; (c) three
rounds of sixmonth auctions for the Summer B)apability Period; and (d) twelve
reconfiguration auctions for each month of thendéhth Capability Period. The figure only
evaluates the TCCs that were purchased by Market Participants in these auctions.

For the purposes of the figure, each TCC is broken into-auteal and intr&zonal components,
making it possible to identify portigrof the transmission system that generate the most revenue
in the TCC auction and that are most profitable for the buyers of TCCs. Each TCC has a Point
Of-l njection ( A-BfONidt)h darnadwaa HRoAiPnQWOo ) . The POI
generator bus, a NYAZone, the NYISO Reference Bus, or an external proxy bus. For the
purpose of this analysis, all transacted TCCs in the auctions are unbundled into the following
standard components: (a) POI to the Zone containing the POI (POI Zone), (b) POI Zone to the
Zone containing the POW (POW Zone), and (c) POW Zone to POW. When a TCC is unbundled
into standard components for this analysis, the original TCC is replaced by up to three TCCs.
The three standard components are further grouped into two categorieter{ayme TCCs,

which include all unbundled POI Zone to POW Zone TCCs; and (b}Zotta TCCs, which

include POI to POI Zone TCCs and POW Zone to POW TETs.

The figure shows the costs and profits separately for thezotra and intezone components of
TCCs. The table in the figure summarizes the TCC cost, profit, and profitability for each type of
TCC auction for the two categories of TCC pathibe profitability is measured by the total TCC
profit as a percentage of total TCC cost.

223 For example, a 100 MW TCC from Indian Point 2 to Arthur Kils2nbundled to three coropents: &)

A 100 MW TCC from Indian Point 2 to Millwood Zongh)(A 100 MW TCC from Millwood Zone to New
York City Zone; andg) A 100 MW TCC from New York City Zone to Arthur Kill 2. Componefé) and
(c) belong to the intrezone category and Compori€h) belongs to intezone category.
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Figure A-57: TCC Cost and Profit by Auction Round and Path Type
Winter 2015/16 and Summer 2016 Capability Periods
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Table A1 & Table A2: TCC Cost and Profit by Path

The followingtwo tables compare TCC costs with TCC profits for botraizonal paths and
inter-zonal paths during the Winter 2816 and Summer 2@L.Capability Period (i.e., the 12
month period from November 28through October 2@). Each pair of POl and POW
represents all paths sourcing from the POI and sinking at the POW-.zdmigrpaths are
represented by pairs with different POl and POW, while intigal paths are represented by
pairs with the same POI and POW. TCC costs@ofits that are higher than $2 million are
highlighted with green, while TCC costs and profits that are lower-gfamillion are
highlighted with light red.
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Table A-1: TCC Cost by Path
Winter 2015/16 and Summer 2016 Capability Periods

POI Pow WEST GENESE CENTRL MHKVL NORTH CAPITL HUDVL MILLWD DUNWOD N.Y.C. LONGIL OH HQ NPX PJM | Total
WEST -$1 $0 $0 $15 $0 $0 $0 $0 -$20 $0 $0  $0 | $10
GENESE $0 $0 $1 $0 $0 $0 $0 $0 $0 $0 $0 $7
CENTRL $34 -$1 $0 $24 $0 $0 $0 $0 $0 $0 $0  $0 | $62
MHK VL $16 -$1 $0 $2 $2 $0 $0 $0 $0 $0 $0  $19 $0 | $29
NORTH $4 $1 $5 $15 $0 $0 $0 $0 $0 $0 $0 $0 $0 | $25
CAPITL $0 $0 $0 $0 $0 $0 $0 $0 $0 $3  $0 | $11
HUD VL -$1 $0 -$1 $0 $0 $1 $14 $0 $0 $0 $14 $0 | $37
MILLWD $0 $0 $0 $0 $0 $1 $0 $1 $0 $1
DUNWOD $0 $0 $0 $0 $0 $1 $0 $0 $4
N.Y.C. $0 $0 $0 $0 -$1 $0 -$2 $0 $8
LONGIL $0 $0 $0 $0 -$2 $0 $0 $0 $3
OH $10 $0 $2 $0 $0 $0 $0 $0 $12
HQ $0 $0 $1 $16 $0 $0 $0 $0 $17
NPX $0 $0 $0 $0 $0 $0 -$2 $0 -$2
PIM $0 $0 $0 $0 $0 $0 $7 $0 $10
Total $102 -$10 $8 $19 -$4 $26 $39 $1 $0 $27 $10 -$21  $0 $39 -$1 | $235
Table A-2: TCC Profit by Path
Winter 2015/16 and Summer 2016 Capability Periods
POW,|
POI WEST GENESE CENTRL MHKVL NORTH CAPITL HUDVL MILLWD DUNWOD N.Y.C. LONGIL OH HQ NPX PJM | Total
WEST -$2 $0 $0 -$12 $0 $0 $0 $0 $0 $0 $0  $0 | -$15
GENESE $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 %0 $3
CENTRL $18 $0 -$6 $0 $0 $0 $0 $0 $0 $0  $0 $9
MHK VL $10 $1 $0 $0 $0 $0 $0 $0 $0  -$7 $0 $6
NORTH $2 $1 $2 $0 $0 $0 $0 $0 $0 $0  $0 | $11
CAPITL $0 $0 $0 $0 $0 $0 $0 $0 $0 -$3  $0 | -$4
HUD VL $2 $0 $0 $0 $0 $0 -$5 $0 $0 $0  -$9 -$1 | -$18
MILLWD $0 $0 $0 $0 $0 $0 $0 $0
DUNWOD $0 $0 $0 $0 $0 $0 $0 $0 -$1
N.Y.C. $0 $0 $0 $0 $0 $0 $0 $0 $4
LONGIL $0 $0 $0 $0 -$1 $0 $0 $0 $15
OH $5 $0 $0 $0 $0 $0 $0 $0 $6
HQ $0 $0 $0 $8 $0 $0 $0 $0 $9
NPX $0 $0 $0 $0 $0 $0 $1 $0 $1
PJM $0 $0 $0 $0 $0 $0 -$2 $0 -$3
Total $59 -$9 -$9 $15 -$1 -$8 -$18 $0 $0 -$3 $17 $1 $0 -$20 -$1 | $24

Key Observations: TCC Prices andProfit ability

1 TCC buyers netted a total profit of $24 million in the TCC auctions during the reporting
12-month period (November 2810 October 20@), resulting in an average profitability
(profit as a percent of TCC cost) of 10 percéttt.

1 TCC buyers have netted sizable profit on transmission paths sinking at the West Zone in
the recent years because of higtiemanticipated congestion in this ardar(reasons
discussed in Sectidil .B).

224 The reported profits exclude profits and losses from TCC sellers (i.e., firms that initially purchased TCCs

and then sold back a portion in a subsequent auction). In addition, purchases in the TCC auctions that
include months outside the evaluatedmi@nth period are not included as well. Therefore, this evaluation
does not include any twgear TCC auctions nor the two egear TCC auctions that were conducted in the
Spring of 2015 and 2016. This is because it typossible to identify the portion of the purchase cost for

such a TCC that was based on its expected value during the period from November 2015 to October 2016.
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- In 2016, TCC buyers spent $16#llion (44 percent of total purchase costs) on these
paths and netted a $59 million of profit.

- These were significantly higher than the $28 million of purchase costs and $25
million of profit in the prior 12month period.

1 TCC purchase costs on paths altimg transmission corridor from PJM to Hudson Valley
Zone to New England fell substantially from $181 in 2015 to $24 million in 2016.

- This followed the notable loss of $105 million on these paths in 2015 (for the reasons
detailed in our 2015 SOM report).

- TCC buyers netted a $12 million loss in 2016 as well.

i Day-ahead congestidmetween areas across the Cerirast interfacevas well
belowthe TCC pricesluringthe winter months as mild winter weather led to
much lower natural gas prices and lower loagle (relative to the prior winter).

1 TCC buyers netted a $16 million profit on a $7 million purchase on Long Island because
of much higheithananticipated congestion in the third quarter of 2016.

- The Y49line (i.e., DunwodieShore Rdputage reduced imports from upstate during
most of the quarter; and

- The 677 lingi.e., NorthportPilgrim) derating led tdrequentcongestion from
Northport to other areas of Long Island throughout the quart

G. Potential Design of FinancialTransmission Rights for PAR Operation

This subsection describes how a financial right could be created to compensate ConEd if the
lines between NYC and Long Island were scheduled efficiently (rather than according to a fixed
schedule) in aa@rdance with Reommendation 20128. An efficient financial right should
compensate ConEd: (a) in accordance with the marginal production cost savings that result from
efficient scheduling, and (b) in a manner that is revenue adequate such that the financial right
shout not result in any uplift for NYISO customers. Note, this new financial transmission right
would not alter the TCCs possessed by any market party.

Concept for Financial Transmission Right

An efficient financial right should compensate ConEd for the dyasftcongestion relief

provided at a price that reflects the marginal cost of relieving congestion on each flow gate in the
day-ahead and redgime markets. These are the same principles upon which generators are paid
and load customers are charged.néte a transmission right holder should be paid:

DAM Payment =
M r=Y% =Yk

A dd. . B
=N LA LSS LI

RTM Payment =
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1 7e r= 7a 13l Haa 49 H K

= h T VArF -

Total Payment = DAM Payment + RTM Payment, where a negative payment would result in a
charge to ConEd. To illustrate, suppose there is congestion in the DAM on the interface from
upstate to Long Island (Y50 Line), from upstate to N(B@nwoodie), and into the Valley

Stream load pocket (262 Line) while the 901 Line flows are reduced below the contract amount:

T

= =2 A2 4 A4 A4 -5 -2

TCC MWgo1= 96 MW

DAM MW go1 = 60 MW
DAM SPyso = $10/MWh
DAM SPounwoodie= $5/MWh
DAM SPz62 = $15/MWh
DAM SFoo1, yso= 100%
DAM SFg01,bunwoodie= -100%
DAM SFgo1,262= 100%

DAM Paymengo1 = $720 per hour £60 MW 96 MW) x {(-100% x $10/MWHh +
(100% x $5/MWH + (-100% X $15/MWH}

Since DAM payments are made for deviations from the TCC modeling assumptions, the new
financialtransmission right would not alter the TCCs possessed by any market party.

RevenueAdequacy

Just as the LBMP compensation to generators is generally revenue adequate, the new financial
transmission right would also be revenue adequate. This is illasbtde following
scenarios:

T

Base&ase Scenario Provides an example of the current market rules where the NYISO
receives revenues from loads that exceed payments to generators, thereby contributing to
DAM congestion revenues.

PAR Relief Scenarito Shows how a PARcontrolled line could be used to reduce
congestion, allowing the owner of the line to be compensated without increasing uplift
from DAMCRs.

PAR Loading Scenarib Shows how the owner of the line would be charged if the DAM
schedule increadecongestion relative to the TCC schedule assumption.

These scenarios use a simplified four node network, including: Upstate, NYC, Valley Stream,
and Rest of Long Island. The four nodes are interconnected by four interfaces:

T

The Dunwoodie interface fne Upstate to NYC,

1 The Y50 Line from Upstate to Rest of Long Island,
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1 The 262 Line from Rest of Long Island to Valley Stream, and
1 The PARcontrolled 901 Line from Valley Stream to NYC.

For simplicity, the 901 Line contract amount that is used in the d@@on is rounded to 100
MW.

The Base Case Scenario shows that a net of $22,500 of DAM congestion revenue is collected
from scheduling by generators and loads. The table also shows the amount of DAM congestion
revenue that accrues on each constraindlityacin this example, DAMCR equals $0 because

the flows on each constrained facility are equal to the capability/assumption in the TCC model.
Since the 901 Line contract moves power from a high LBMP area to a low LBMP area, it
reduces congestion revenhby $2,000, but it does not cause DAMCR because it is consistent
with the TCC auction.

The PAR Relief Scenario shows that if the 901 Line flow is reduced from 100 MW to 10 MW, it
reduces the generation needed in Valley Stream and increases generatf@) rnedNicing

overall production costs by $1,800 as compared to the Basecase Scenario. Since LBMPs do not
change in this example, payments by loads are unchanged and $1,800 of additional congestion
revenues are collected. The collection of additional estign revenues allows the NYISO to
compensate ConEd $1,800 for the PAR adjustment, and DAMCR remains at $0.

The PAR Relief Scenario shows that if the 901 Line flow is increased from 100 MW to 120
MW, it increases the generation needed in Valley Streameatutes generation in NYC,
increasing overall production costs by $400 as compared to the Basecase Scenario. Since
LBMPs do not change in this example, payments by loads are unchanged and $400 less
congestion revenue is collected. The collection ofdesgestion revenue requires the NYISO
to charge ConEd $400 for exceeding the contract amount, and DAMCR remains at $0.
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BASECASE SCENARIO

Gen/Load
Payments

Transmission
Revenue

Node LBMP

Upstate $25
NYC $30
Valley Stream $50
Rest of Long Is. $35

Total
Net (Gen minus Load)

Shadow
Interface Price
Dunwoodie $5
Y50 $10
262 Line $15
901 Line Contract -$20

Total

Load Generation

10000 13000
4000 1900
350 150
2500 1800
16850 16850
0
Interface
Flow
2000
1000
300
100

DAMCR (Gen minus Load minus Congestion)

Load
Revenue
$250,000
$120,000

$17,500
$87,500

Generator
Payments
$325,00(
$57,00C
$7,50C
$63,00C
$475,000  $452,50(
$22,50C

Congestior
Revenue
$10,00C
$10,00C
$4,50C
-$2,00C

$22,50C
$0

PAR RELIEF SCENARIO (901 Line Flow Reduced from 100 MW to 10 MW)

Gen/Load
Payments

Transmission
Revenue

Node LBMP

Upstate $25
NYC $30
Valley Stream $50
Rest of Long Is. $35

Total
Net (Gen minus Load)

Shadow
Interface Price
Dunwoodie $5
Y50 $10
262 Line $15
901 Line Contract -$20
901 Line Adjust -$20

Total

Load Generation

10000 13000
4000 1990
350 60
2500 1800
16850 16850
0
Interface
Flow
2000
1000
300
100
-90

DAMCR (Gen minus Load minus Congestion)

Load
Revenue
$250,000
$120,000
$17,500
$87,500

Generator
Payments
$325,00(
$59,70C
$3,000
$63,00C
$475,000 $450,70C
$24,30C

Congestior
Revenue
$10,00C
$10,00C
$4,500
-$2,00C
$1,80C

$24,30C
$0

2016 State of the Market Report| A-87



Appendix i Transmission Congestion

PAR LOADING SCENARIO (901 Line Flow Increased from 100 MW to 120 MW)

Gen/Load
Payments

Transmission
Revenue

Node LBMP

Upstate $25
NYC $30
Valley Stream $50
Rest of Long Is. $35

Total
Net (Gen minus Load)

Shadow
Interface Price
Dunwoodie $5
Y50 $10
262 Line $15
901 Line Contract -$20
901 Line Adjust -$20

Total

Load Generation

10000 13000
4000 1880
350 170
2500 1800
16850 16850
0
Interface
Flow
2000
1000
300
100
20

DAMCR (Gen minus Load minus Congestion)

Load
Revenue
$250,000
$120,000
$17,500
$87,500

Generator
Payments
$325,00(
$56,40C
$8,50C
$63,00C
$475,000 $452,90(
$22,10C

Congestior
Revenue
$10,00C
$10,00C
$4,500
-$2,000
-$400

$22,10C
$0
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V. EXTERNAL INTERFACE SCHEDULING

New Yorkimports a substantial amount of power frioar adjacent control areaSew
England, PJM, Ontario, ar@uebec In addition to the four primary interfaces with adjacent
regions, Long Islandnd New York Cityconnect directlyo PJM and New England acrdsse
controllable lines: the Cross Sound Cable, the 1385 theel.inden VFT Linethe HTP Line,
and tle Neptune Cable. The controllable lines are collectively able to imparty2.2 GW
directly todownstate are&$>22® The total transfer capability between New York and the
adjacent regions is substantial relative to the total power consumption in Newmaking it
important to schedule the interfaces efficiently.

Efficient use of transmission interfaces between regions is beneficial in at least two ways. First,
the external interfaces alloaccess t@xternal resourcesvhich lowers the cost of servihgad

in New York to the extent that lowenst external resources are availalili&kewise, bwer-cost

internal resources gain the ability to compete to skagin adjacent regionsSecond, lte

ability to draw on neighboring systems for emergency power, reserves, and capacity helps lower
the costs of meeting reliability standamdsach control areawWholesale markets should

facilitate the efficient use of both internal resources and trasgoni interfaces between control
areas.

This sectn evaluates the following fiv@spects of transaction scheduling between New York
and adjacent control areas:

1 Scheduling patterns between New York and adjacent areas;
1 Convergence of prices between Newk and neighboring control areas)d
1 The efficiency of Coordinated Transaction Scheduling.

225 The Cross Sound Cable (ACSCO0), which cadmommpatt s Long
up to 330 MW to New York. Likewise, the Neptune Cable, which connects Long Island to New Jersey, is
frequently used to import up to 660 MW to New York. The Northpoftlo r wal k | i ne (fA1385 L
which connects Long Island to Connecticufrégjuently used to import up to 200 MW (the capability
increased from 100 MW to 200 MW in May 2011 following an upgrade to the facility). The Linden VFT
Line, which connects New York City to PJM with a transfer capability of 315 MW (this increased from 300
MW on November 1, 2012), began normal operation in November ZD®Hudson Transmission
Project (AHTP Lined) connects New York City to New
began its normal operation in June 2013.

226 In addition to he controllable lines connecting New York City and Long Island to adjacent control areas,

there is a smal/l controllable Iline between upstate
Scheduled Lined and whi ch i ginteriade badwedn®New Yorkgndr at el y f
Quebec.
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A. Summary of Scheduled Imports and Exports

Figure A58to Figure A61: Average Net Imports from Ontario, PJM, Quebec, and New
England

The following four figures summarize the net scheduled interchanges bétiseeYiork and
neighboring control areas in 2Dand 206. The net scheduled interchange does not include
unscheduled power flows (i.e., loop flows). For each interface, average scheduled net imports
are shown by month for peak (i.e., 6 am to 10 pm, Motldaygh Friday) and ofpeak hours.

This is shown for the primary interfaces with Ontario and PJFdare A58, the primary

interfaces with Quebec and New Englamdrigure A59, and the controllable lines connecting
Long Island and New York City with PJM and New Englan&igure A60 andFigure A61.

Figure A-58. Monthly Average Net Imports from Ontario and PIJM
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Figure A-59: Monthly Average Net Imports from Quebec andNew England
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Figure A-60: Monthly Average Net Imports into New York City
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Figure A-61. Monthly Average Net Imports into Long Island
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Key Observations: AverageNet Imports

1 Average net imports from neighboring areas across the primary interfaces ind4ased
percenfrom 1,675MW in 2015 to 1,905in 2016 during the peak hours.

Net imports from HK) averagedoughly 1,410MW, up 23 percent from 2015 and
accounting fof74 percent of net imports across the primary interfac@916

T Variations in HQ imports normally reflect transmission outages on the interface.

T Theincrease in 2016 was due largely to fewer transmission outages (unusually
low imports in May and October 2015 resulted from lengthy interface outages).

Average net imports from Ontario fell 17 percent from 2015 to 2016.

T The reduction reflected import transfer limitations on the interface and West Zone
congestion that leads to low clearipigces for Ontario imports (see SectidnC
in the Appendix).

Net imports from PJM and New England across their primary interfaces varied
widely by month. These variations were correlated with variations in gas price
spreads between these regions. For example,

i New Yorknormally has higher n&tports from PJM anchigher retexporsto
New Englandn the winter seasgronsistent with the spreads in natural gas
prices between these markets in the winter (i.e., NE > NY > PJM).
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1 Average net imports from neighboring areas into Long Island over the three controllable
interfacesaveraged about 835 MW during peak hours in 2016, up 13 percent from 2015.

- The Neptune Cable was normally fully scheduled. Variations in net imports typically
are caused by transmission outages. The increase in 2016 reflected fewer
transmission outages.

- Sdeduling pattern acroskd Cross Sound Caldedthe 1385 linevaried in a
manner similar to the scheduling pattern across the primary New England interface,
driven by similar factors.

- Importsover the three controllable interfacscount for a large shaof the supply
to Long Island serving roughly 3@ercent of the load in Long Islandlth 2015
and2016.

1 Average net imports from New Jersey to New York City over the Linden VFT and the
HTP interfaces averaged roughly 140 MW during peak hours in 2@l®odestly from
the prior year.

- Scheduling patterns across the two interfaces were generally consistent with the
scheduling pattern across the primary PJM interface, driven by similar factors.

B. Price Convergence and Efficient Scheduling with Adjacent Marlets

The performance of New Yorkoés whol esal e el ect
use of internal resources, but atsothe efficient use of transmission interfaces between New
York andneighboring control areaslrading between neighboring markets tends to bring prices
together as participants arbitrage price differences. When an interface is used efficiently, prices
in adjacent areas should be consistent unless the interface is constrained. A lack of price
convergence indicates that resources are being used inefficastiighercost resources are
operating in the higipriced region that could have been supplanted by increased output from
lower-cost resources in the lepriced region Efficient schedulings particularly important

during shortages when flows between regions have the largest economic and reliability
consequences. Moreover, efficient scheduling can also alleviatg@weration conditions that

can lead to negative price spikes.

However,one cannot expect that trading by market participants alone will optimize the use of the
interface Several factors prevent retaine prices from being fully arbitraged.

1 Market participants do not operate with perfect foresight of future market conditions
the time that transaction bids must be submitted. Without explicit coordination between
the markets by the 1ISOs, complete arbitrage will not be possible.

Differences in scheduling procedures amarkettiming serve as barriers to full arbitrage.

There are transaction costs associated with scheduling imports and exports that diminish
the returns from arbitrage. Participants cannot be expected to schedule additional power
between regions unless they anticipate a price difference greater than tiese cos

T The risks associated with curtail ment and c
schedule external transactions when expected price differences are small.
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Figure A62 Price Convergence Between New York and Adjacent Markets

Figure A-62 evaluates scheduling between New York and adjd@€atmarkets across

interfaces witlopen schedulingThe Neptune Cable, the Linden VFT Lirtee HTP Lineand

the Cross Sound Cable are omitted bec#usge are Designated Scheduled Linesadieinate
systems are used to allocate transmission reservations for scheduling ofRif@shave real

time markets, which allow participants to schedule matdkebarket transactions based on
transparent price signals in each region. Based on the prevailing prices in each market, we can
evaluate whether the interface is scheduled efficiently.

Figure A62 summarizes price differences between New York and neighboring markets during
unconstrained hours in 2016. In these hours, there were BONdbnstraints that prevented
scheduling. However, in some of these hours, there may have been constraints that prevented the
other ISOs from scheduling transactions. In the figime horizontal axishowsthe range of

price difference between New Yk and the adjacembntrol areast the border. The heights of

the bargepresenthe fraction of hours in each price difference category

Figure A-62: Price Convergence Between New York and Adjacent Markets
UnconstrainedHours in Reallime Market, 2016
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Table Al: Efficiency of IntefMarket Scheduling

Table A1 evaluates the consistency of the direction of external transaction scheduling and price
differences between New York and New England, PJM, and Ontario during 2016. It evaluates
transaction schedules and clearing prices between New Ydrtharthree markets across the

three primary interfaces and five scheduled lines (i.e., the 1385 Line, the Cross Sound Cable, the
Neptune Cable, the HTP Line, and the Linden VFT interface).
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The table shows the following quantities:

T

T

Average hourly flows étween neighboring markets and New York. A positive number
indicates a net import from neighboring areas to New York.

Average price differences between markets for each interface. A positive number
indicates that the average price was higher on theY@Ww side than the other side of
the interface.

The share of the hours when power was scheduled in the efficient direeipfigm the
lower-price market to the highgariced market).

The estimated production cost savings that result from the #ovess each interface.

The estimated production cost savings in each hour is based on the price difference across

the interface multiplied by the scheduled power flow across the intefface.

The vast majority of power is scheduled in the-dagad marketvhile small balancing
adjustments are typically made in the ridale market. So, this analysis is shown separately for
the portion of flows scheduled in the dalyead market versus the portion that is from balancing
adjustments in the retime market£?® However, for Ontario, the analysis assumes aatead
schedule of 0 MW since Ontario does not operate satiagd market.

Table A1 evaluates the efficiency dii¢ hourly net scheduled interchange rather than of

individual transactions. Individual transactions may be scheduled in the inefficient direction, but
this will induce other firms to schedule counterflow transactions, thereby offsetting the effect of
theindividual transaction. Ultimately, the net scheduled interchange is what determines how
much of the generation resources in one control area will be used to satisfy load in another
control area, which determines whether the external interface is usgehdiy.

227

228

For example, if 100 MW flows fror®JMto New York across its primary interface during one hour, the
price in PIMis $50 per MWh, and the pridée New Yorkis $60 per MWh, then the estimated production
cost savigs is $1,000 (=100 * $10). This is because each MW of flow saves $10 by allowing a $60 per
MWh resource in New York to ramp down and be replaced by a $50 per MWh resoBiddd ifT his

method of calculating production cost savings tends to uvesténatethe actual production cost savings
when power flows from the lowygriced region to the higpriced region, since if flows in the efficient
direction were reduced, the cost of the marginal resource in the importing region would rise while the cost
of the maginal resource in the exporting region would fall. However, this method of calculating
production cost savings tends to cestimate the actual production cost increases when power flows from
towards the lowpriced region, since if flows were reduced ttost differential between the marginal
resources in each region would converge.

For example, if 100 MW is scheduled from the lpviced region to the highriced region in thelay

ahead marketheday-ahead shedule would be considerefficientdirection and if the relative prices of
the two regions was switched in treattime marketand the flow was reduced to 80 MW, the adjustment
would be shown a20 MW and theaeaktime schedule adjustment would be considez#itient direction

as well.
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Table A-1: Efficiency of Inter-Market Scheduling
Over Primary Interfaces and Scheduled Lin@916

Day-Ahead Market Adjustment in Real-Time
Average Avg I_n temal Percentof  Estimated | Average Avg I_n temal Percent of Estimated
Minus . . Minus . .
Net Extemal Ho_urs in Pmductlgn Net Extemal Ho_urs in Productlgn
Imports Price E.fflme. nt CosF saV|ngs Imports Price E.ffICIe. nt CosF SaV|ngs
(MW/h) (S/MWH) Direction (Million $) | (MWih) (S/MWh) Direction (Million $)
Free-flowing Ties
New England -698 $0.56 45% -$2 52 $1.30 59% $7
Ontario 871 $7.73 81% $61
PIM 292 $0.17 69% $7 5 $0.09 63% $5
Controllable Ties
1385 Line 70 $1.14 66% $2 -31 $0.53 53% $1
Cross Sound Cablel 191 $4.58 73% $12 -1 $2.83 55% $0.1
Neptune 568 $7.95 89% $41 -8 $6.83 59% $0.5
HTP 7 $3.38 82% $0.1 2 $3.78 64% $0.2
Linden VFT 93 $3.56 79% $6 44 $3.21 67% $3

Key Observations: Efficiency of Inte-Market Scheduling

T The distri

buti on

of

p r i c ernaldnteffates indicates ¢hat

the current process does not maximize the utilization of the interface

acro

- While the price differences are relatively evenly distributed around $0, a substantial
number ofunconstrained¢hours(6 to 13 percenthad price differences exceeding
$20MWh for every interfacén 2016

1 Transactions scheduled between Ontario and New York flowed in the efficient direction
in 81 percent of hours during 2016, significantly higher than on thdl&eeg
interfaces with PMl and New England.

- As aresult, @otal of $1 million in production cost savingsas achieved across the
Ontario interface in 2016, higher than the combined savings of $17 million over the

PJM and New England freowing ties.

T This was partly due to tHact that the price on the New York side was higher by
an average of nearly $8/MWh in 2016 (compared to an average of less than

$1.3/MWh across the PJM and New England-fteeing interfaces).

- In many hours, additional Ontario imports were limited byttaesfer capability of
the Ontarieto-New York interface, the congestion on the 230 kV system in the West

Zone, and/or the relatively high charges assessed to export transactions ($3 to

$4/MWh in 2016).

1 Inthe dayahead marketheshare of hourschedled in the efficient direction was

higherover the controllable linehan over the freflowing ties, reflecting generally less

uncertainty in predicting price differences across these controllable lines in 2016.

1 Realtime adjustments in flows were geakly more frequent across the frélewing ties,
since market participants generally responded tetimaal price variations by increasing

net flows into the higheprices region across these ties.
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- Atotal of $12 million in reatime production cost savings was achieved in 2016 from
the realtime adjustments over the PJM and New Englandffeng interfaces.

1 Overall,there was a large share of hours when power flowed inefficiently from the
higherpriced market to the lowgariced market. Even in hours when power is flowing
in the efficient direction, the interface is rarely fully utilized.

- These scheduling results indicate ti#ficulty of predicting changes ireattime
market conditionsthe bhck of effective coordination among schedulers, and the other
costs and risks that interfere with efficient interchange scheduling.

C. Evaluation of Coordinated Transaction Scheduling

Coordination Transaction SchedultwhegebytwoCTSo0) i
wholesale market operators exchange information about their internal prices shortly before real

time and this information is used to assist market participants in scheduling external transactions
more efficiently. The CTS intréhour schedulig system has at least three advantages over the

hourly LBMP-based scheduling system:

1 CTSbidsare evaluated r el at i-term foteaast ofpricesvhild ] ac e n't
the previous system requiredlders to forecast prices in the adjacent nmtarke

1 The CTS processchedules transactions much closer to the operatingRraeiously,
schedules were established up to 105 minutes in advance, while schedules are now
determined less than 30 minutes ahead when more accurate system information is
available.

1 Interface flows can be adjusted every 15 minutes instead of every 60 minutes, which
allows for much quicker response to raale events.

The CTS was first implemented with PIJM on November 4, 2014 and then wiNESSh
December 15, 2015. Itis impant to evaluate the performance of CTS on againg basis so
that the process can be made to work as efficiently as possible.

Figure A63: Bidding Patterns of CTS at the Primary P3#vid NEInterfaces

The first analysis examines the trading volumes of CTS transactions in 2016. In particular,
Figure A-63 shows the average amount of CTS transactions at the primary PJM and New
England interfaces during peak hours (i.e., HB 7 to 22) in each month of 2016. Positive numbers
indicate import offers to New York and negative numbers represent expetbldddM or New
England. Stacked bars show the average quantities ofgamnsitive CTS bids (bids that are

offered below$10/MWh or above $20/MWh are considered price insensitive for this analysis)

for the following three price ranges: (a) betwe®b0and $5/MWh; (b) between $5 and

$10/MWh; and (c) between $10 and $20/M\AA. The traditional LBMPbased bids still co

229 RTC evaluates whether to schedule a CTS bid to import assuming it has a cost equal to the sum of: (a) the
bid price and (b) PJMés or NEG6s forecast marginal p
CTS bid to export assuming it is willingt export at a price up to: (a) PJM
price less (b) the bid price.
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exist with the CTS bids at the PIM interface (unlike the primary New England interface where
only CTS bids are allowed). To make a faamparison between the two primary interfaces,
LBMP-based bids at the PJIM interface are converted to equivalent CTS bids and are shown in
the figure as well. The equivalent CTS bids are constructed as:

1 Equivalent CTS bid to import = LBMBased import offei PIJM Forecast Price
1 Equivalent CTS bid to export = PJM Forecast Priet®MP-based export bid

The two black lines in the chart indicate the average schedulegspnséive CTS imports and
exports (including LBMFbased bids) in each monifhe tablem the figure summarizes for the
two CTSenabled interfaces: a) the average amount ofseositive CTS bids with low offer
prices, which are either less than $5/MWh or between $5 and $10/MWh; and b) the average
cleared CTS bids in the months of Decen@t5 to February 2016. Both imports and exports
are included in these numbers, which also include the equivalent CTS transactions that are
converted from LBMPbased transactions.

Figure A-63. Price-Sensitive RealTime Transaction Bids and Offers by Month
PJM and NE Primary Interfaces

600 Avg Price-Sensitive Bid MW* Avg Cleared
LBMP-Based CTS Price-Sensitive
500 <3$5 $5510] <$5 $5-510| Bid (MW)*
PIM 145 49 33 49 120
400 NE 414 117 245

l * Includes both imports and exports.
Exclude bids < -$10 (non-price-sensitive).
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Table A2: Efficiency of IntraHour Scheduling Under CTS

The next analysis evaluates the efficiency ofGi&-enabled intrénour scheduling process
(relative to our estimates of the scheduling outcomes that would have occurred under the
previous hourly scheduling process) with PJM and New England.
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To estimate the adjustment in the interchange schedule tbibuo the intrdaour CTS
scheduling process, it is first necessary to estimate a hourly interchange schedule that would
have flowed if the intrdnour process was not in place. We estimate the base interchange
schedule by calculating the average offthe advisory quartehour schedules during the hour
for which RTGsdetermined final schedules at each hosdiieduling interfacé®

Table A2 examnes the performance of the intraur scheduling process under CTS at the
primary PJM and New England interfaces in 2016. The table shows the following quantities:

1 % of All Intervalsi This shows the percent of quartesur intervals during which the
interface flows were adjusted by CTS (relative to the estimated hourly schedule) in the
scheduling RTC interval.

1 Average Flow Adjustmerit This measures the difference between the estimated hourly
schedule and the final schedule. Positive numbers indiosteatljustments in the
import direction (i.e., from PJM or New England to New York) and negative numbers
indicate flow adjustments in the export direction (i.e., from New York to PJM or New
England).

1 Production Cost SavingsThis measures the market eféncy gains (and losses) that
resulted from the CTS processes.

- Projected Savings at Scheduling Tim&his measures the expected production cost
savings at the time when RTC determines the interchange scheduletlaervas
primary interface*!

- Net OverProjected Savings This estimategproduction cost savings that anger
projected. CTS bids are scheduled based partly on forecast prices. If forecast prices
deviate from actual prices, transactions may be-sekeduled, undescheduled,
and/a scheduled in the inefficient direction. This estimates the portion of savings
that inaccurately projected because of PIM, NYISO, aneNE@orecast errorg>?

- Unrealized Savings This measures production cost savings that are not realized
once the folbwing factors are taken into account:

230 RTCisis the RTC run that posts the results by the time 15 minutes past each hour. The first interval of

each RTGsis ending at 30 minutes past each housr éach hourhyscheduling interface, each RT:C
makes binding schedules for the second calendar hour in Hartda-half optimization period For
examplethe first RTGsof each day posts market results by 0:15 am; the first interval of itamae-half
optimization period is ending at 0:30 am; and it makes binding transaction schedules for all hourly
scheduling interfaces for the hour beginning at 1:00 am.

231 This is calculated as (final RTC schedulestimated hourly schedule)*(RTC price at EnEM/NE proxyi

PJM/NE forecast price at the NYIS proxy). An adjustment was also made to this estimate, which is
described in Footnot236.

232 This is calculate@s: a) (final RTC scheduleestimated hourly schedule)*(RTD priceRTC price) for

NYISO forecast error; bfinal RTC schedulé estimated hourly schedule)*(PJM forecast piid@IJM RT
price) for PIM forecast error; and(@nal RTC schedulé estimaté hourly schedule)*(NE forecast price
NE RT price) for NE forecast error.
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l

i Reakime Curtailmert®®- Some of RTC scheduled transactions may not actually
flow in reattime for various reasons (e.g., chemkt failures, reatime cuts for
security and reliability concerns, etc.). The reducbbflows in the efficient
direction reduces market efficiency gains.

i InterfaceRamping*- RTD and RTC have different assumptions regarding
interface schedule ramping. In RTD, interface flows start to ramp at 5 minutes
before each quartdrour intervaland reach the target level at 5 minutes after.
RTC assumes that the target flow level is reached at the top of the duoanter
interval. Therefore, an inherent difference exists between RTD flows and RTC
flows at the top of each quartkour intervalwhich will lead a portion of
projected savings to be unrealized in real time.

T Price Curve Approximation This applies only to the CTS process between New
York and New England. CTSPE forecasts@oiht piecewise linear supply curve
and NYISO transferit into a stegunction curve for use in the CTS process (as
shown inFigure A65). This leads to differences between the marginal cost of
interchange estimated b O-NE and the assumptions used by the NYISO for
scheduling.

- Actual Saving$>2%®7 This is equal to (Projected Savirigdlet OverProjected
Savings Unrealized Savings).

Interface Price$ These show actual reiime prices and forecasted prices at thestoh
RTC scheduling.

Price Forecast ErroiisThese measure the performance of price forecasting by showing
the average difference and the average absolute difference between the actual and
forecasted prices on both sides of the interfaces.

233

234

235

236

This is calculated as (final RTD schedulénal RTC schedule with ramping assumption at the top of
quarterhour interval)*(RTD price at the PIM/NE proxyPJM/NE RT price tthe NY proxy).

This is calculated as (final RTC schedule with ramping assumption at the top of -tnoantémterval i
final RTC schedule without ramping assumption)*(RTD price at the PIM/NE pr&xd/NE RT price at
the NY proxy).

This is also calculated as (final RTD schedukstimated hourly schedule)*(RTD price at the PIM/NE
proxyi PIM/NE RT price at the NY proxy) + an Adjustment (as described below).

The marginal cost of production is estimated from LBMPs that resuaft §cheduling a transaction, but the
marginal cost of production varies as the interface schedule is adjusted. For example, if 100 MW is
scheduled to flow from PJM or NE to NYISO, reducing the price spread between markets from $12/MWh
to $5/MWh, our unadijsted production cost savings estimate from the transaction would be $500/hour (=
100 MW x $5/MWh). However, if the change in production costs was linear in this example, the true
savings would be $850/hour (= 100 MW x Average of $5 and $12/MWh). We ansikélar adjustment

to our estimate of marginal cost of production assuming that: a) the supply curve was linear in all three
markets; b) at the NY/PJM border, a 100 MW movement in the supply curve changes the marginal cost by
7.5 percent of NY LBMP in th New York market and 2.5 percent of PJIM LBMP in the PIM market; and

c) at the NY/NE border, a 100 MW movement in the supply curve changes the marginal cost by 15 percent
of NY LBMP in the New York market and 5 percent of NE LBMP in the NE market, .
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To examine hovprice forecast errors affected efficiency gains, these numbers are shown

separately for the intervals during which forecast errors are less than $20/MWh and the intervals
during which forecast errors exceed $20/MWh.

Table A-2: Efficiency of Intra-Hour Scheduling Under CTS
Primary PJM and New England Interfaces, 2016

Average/Total During Intervals w/ Adjustment
CTS - NY/NE CTS - NY/PIM
Both Forecast| Any Forecast Total Both Forecast| Any Forecast Total
Emors <= $20| Ermor > $20 Erors <= $20| Ermor > $20
% of All Intervals w/ Adjustment 75% 11% 87% 54% 7% 61%
Average Flow Adjustment] Net Imports -0.3 -2 -0.5 13 25 14
(MW) Gross 73 101 76 59 101 64
Projected at Scheduling Time $2.4 $2.1 $4.5 $0.9 $2.2 $3.1
Net Over- NY Market -$0.02 -$0.3 -$0.3 -$0.1 -$1.7 -$1.9
Production| projection by: | Neighbor Market |  -$0.1 -$1.0 $1.1 -$0.1 -$0.6 -$0.7
Sg\?;;g Unrealzed Ramping -$0.1 -$0.2 $0.3 $0.0 -$0.1 -$0.2
($ Millon) | Savings Due|  Curtailment -$0.02 -$0.04 -$0.1 -$0.002 -$0.5 $0.5
to: Price Curve -$0.2 -$0.4 -$0.7 N/A N/A N/A
Actual Savings $1.9 $0.1 $2.0 $0.6 -$0.8 -$0.1
Actual $24.35 $56.57 $28.62 $21.59 $59.12 $25.87
Interface | NY Market
Prices Forecast $24.76 $45.89 $27.56 $21.66 $48.73 $24.75
($/MWh) Neighbor Actual $25.14 $45.91 $27.89 $22.61 $49.41 $25.66
Market Forecast $25.00 $41.07 $27.13 $23.36 $43.06 $25.60
Price NY Market Fcst. - Act. $0.41 -$10.68 -$1.06 $0.07 -$10.39 -$1.12
Forecast Abs. Val. $3.62 $38.35 $8.22 $3.35 $50.54 $8.73
Enmors Neighbor Fest. - Act. -$0.14 -$4.84 -$0.76 $0.75 -$6.35 -$0.06
(SMWH) | Market Abs. Val. $4.03 $42.15 $9.08 $3.02 $35.76 $6.75

Figure A-64 - Figure A65. Price Forecast Errors Under CTS
The next analysis compares the performance of price forecasting by the three ISOs in the CTS
processFigure A-64 shows the cumulative distribution of forecasting errors in 2016. The price
forecast error in each 4hinute period is measured as the absolute value of the difference
between the forecast price and actual price.

The figure showshie ISONE forecast error in two ways: (a) based on the pigse linear

curve that is produced by its forecasting model, and (b) based on tHarstBpn curve that the
NYISO model uses to approximate the piagse linear curve Figure A65illustrates this by
showing example curves from January 5, 2016. The blue squares in the figure show the seven
price/quantity pairs that the ISRE price forecast engine (CTSPE) provided to the NYISO. The
blue line connecting these seven squares reptes piecewise linear supply curve at the New
England border. The red st&mction curve is generated by the NYISO and is actually used in
RTC for scheduling CTS transactions at the New England border.
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Figure A-64: Distribut ion of Price Forecast Errors Under CTS

NE and PJM Primary Interfaces, 2016
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Figure A-65. Example of Supply Curve Produced by ISGNE and Used by RTC
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Figure A66 - Figure A68. Forecast Assumptions Used by RTC to Schedule CTS
Transactions and Their Price Impact

RTC schedules gaarbines and external transactions shortly in advance ofthiege real

time market, so its assumptions regarding the load profile and the ramp profile of individual
resources are important. The following analyses examine how the particular assumptions
regarding the ramp profile of external transa
forecasting.Figure A66 provides an illustration of the ramp profiles that are assumed by RTC

and RTD. The different ramp profiles lead to inconsistencies between RTC and RTD in the level

of net imports, which contribute to differences between the RTC price forecast andactual

minute RTD clearing prices. These inconsistencies are evaludtegline A67 andFigure A

68

Figure A-66illustrates the ramp profiles that are assumed by RTC and RTD for external

transactio s . RTD6s assumption is based on the act
5-minute period. Transactions are assumed to move ovemarilfe period from one

scheduling period to the next for both hourly anehiiBute interfaces. The ifinuteperiod

goes from five minutes before the tofsthe-hour or quartehour to five minutes after. On the

other hand, RTC schedules transactions as if they reach their schedule aoththédpour or

guarterhour, which is five minutes earlier than RTBreen arrows are used to show intervals

when RTD imports exceed the assumption used in RTC. Red arrows are used to shown intervals
when imports assumed in RTC exceed the RTD imports.

Figure A-66: lllustration of External Transaction Ramp Profiles in RTC and RTD
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Figure A67 shows a histogram of the resulting differences in 2016 between (a) the RTC
assumed net interchge and (b) the actual net interchange reflected in RTD at the ghauer
intervals (i.e., at :00, :15, :30, :45). For each tranche of the histogram, the figure summarizes the
accuracy of the RTC price forecast by showing the average RTC LBMP minarettage RTD

LBMP, the median of the RTC LBMP minus the RTD LBMP, and the mean absolute difference
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between the RTC and RTD LBMPs. LBMPs are shown at the NYISO Reference Bus location at
the quartethour intervals for both RTC and RTD.

Figure A-67: Histogram of Differences Between RTC and RTD Prices and Schedules
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Figure A68 summarizing these pricing and scheduling differences by time of day. The stacked
bars in the lower portion of the figure show the frequency, direction, and magnitude of
differences betweenT and RTD net import levels that exceed 100 MW by time of day, while
the upper portion summarizes the accuracy of the RTC price forecast by showing the average
RTD LBMP minus the average RTC LBMP and the mean absolute difference between the RTD
and RTC LBVIPs by time of day.
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Figure A-68: Differences Between RTC and RTD Prices and Schedules by Time of Day
2016
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Key Observations: Evaluation of Coordinated Transaction Scheduling

1 Participation in CTS at the primary PJM interface wtibrelatively low after two years
of implementation.

- Of all pricesensitive bids in 2016, CTS bids accounted for roughly 30 percent while
LBMP-based bids accounted for the remaining 70 percent.

1 The average amount of prisensitive bids (including blo CTS and LBMPbased)
submitted at the primary PJM interface was significantly lower than at the primary New
England interface.

- In 2016, an average of 414 MW (including both imports and exports) were offered
between$10 and $5/MWh at the NY/NE interfacehile only 178 MW were offered
at the primary NY/PJM interface.

- Likewise, the amount of cleared prisensitive bids at NY/NE interface doubled the
amount cleared at the NY/PJM interface.

- These results indicate more active participation at the NY/Nffade. As a result,
theinterchange schedules were adjusted (from our estimated hourly schedule) during
86 percent of all quartelour intervalsn 2016at the NYNE interface, higher than
the61 percent at the N\PIJMinterface.
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1 Thedifferences betweenhe two CTS pocesseare largely attributable to the larfpes
that are imposed at tidY/PJMinterface while thereare nosubstantiatransmission
service charges aplift charges on transactioasthe NY/NE interface

- The NYISO chargephysical exports to PJM at a raypically ranging from$4 to
$8MWh, while PIM chargegphysical imports and exports at a rate less than
$2/MWh, and PJM chargésr ¢ a Ime d e (which tncludenimports and exports
with a realtime schedule that isdfiner or lower than the deghead schedulat a rate
that averages less than $1/MWh

I Thesechargesareasignificanteconomic barrier tefficient schedulinghrough
the CTS processince &rge and uncertaicharges detgrarticipantdrom
submitting pice-sensitive CTS bids at the NY/PJM border.

- Most of the transactions that cleared on the-NE®border were offered at less than
$5/MWh. Given that the PJM charges are uncertain and can often be expected to
exceed $5/MWh, it is not surprising that almostCTS transactions were offered at
prices in this range.

T This demonstrates that imposing substantial charges omlaxgin trading
activity has a dramatic effect on the liquidity of the CTS process.

T We believe much of this large difference in the perfamoe of the two CTS
processes is explained by charges that are imposed on the CTS transactions at the
PJM interfaceand therefore recommend eliminating these charges

1 Our analyses show that $4.5 million and $3.1 million of production cost savings were
prgected at the time of scheduling at the NY/NE and NY/PJM interfaces in 2016.

- However, only an estimated o2 illion of savings were realized at theY INE
interface and nearly no savings were realized at th&BMinterfaceduelargelyto
price forecaserrors.

T We estimated higher production cost savings at the /NE interfacebecause
intrachour interchange adjustments were more frequent and larger.

T This was due in part tinere beingnore lowpriced CTS bids that were available
to respond to moderageice differentials betweenYand NE.

- Itis important to note that our evaluation may uretrmate both projected and
actual savings, because the estimated hourly schedules (by using actual Girfsl bids
LBMP-based bidsmay include some of the efiancies that result from the CTS
process.

- Nonetheless, the results of our analysis are still useful for identifying some of the
sources of inefficiency in the CTS process.

1 Our analyses show thatgpected savings were relatively consistent with actuahgavi
when the forecast errors were moderate (e.g., less than $20/MWh), while the CTS
process produced much more inefficient results when forecast errors were larger.

- During intervals when forecast errors from both markets were less than $20/MWh:
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T $1.9 million out of projected $2.4 million of production cost savings were realized
at the NY/NE interface; and

T $0.6 million out of projected $0.9 million were realized at the NY/PJM interface.

- However, small or even negative savings were actually realized in bramdder of
intervals with large forecast errors, undermining the overall efficiency of CTS.

- Therefore, improvements in the CTS process should focus on identifying sources of
forecast errors.

1 The performance of the price forecast whghtly better &atheNY/PJMinterface than at
the NY/NE interface during 2016In particular,

- Price forecast errors were less than $5/MWh4no/77 percent of intervals at the
NY/PJMinterface compared t®6 to 71 percent at the NWE interface and

- Price forecast errors were less than $10/MWitoughly 87 percent of intervals at the
NY/PJMinterface compared to 8@ 85percent at the NME interface.

- This is becausée priceelasticity of supply is normally greater at the /RYM
interface than ahe NY/NE interface because of the larger size of the PJM market.

91 Our evaluation of RTC price forecast error suggests that inconsistencies in the ramp
assumptions used in RTC and RTD contribute to forecasting errors on the NYISO side of
the interfacesln 2016, because of inconsistent ramp assumptions:

- RTC-assumed net imports exceeded RTD net imports by 100 MW or more in 8
percent of the quartdrours during which the RTD price exceeded the RTC price by
an average of $6.00/MWh and the mean absoluterdiite was $16.20/MWh.

- RTD net imports exceeded RT@&3sumed net imports by 100 MW or more in 6
percent of the quartdrours during which the RTD price was less than the RTC price
by an average of $3.10/MWh and the mean absolute difference was $7.05/MWh.

- When RTCassumed net imports were within 100 MW of RTD net imports, the mean
absolute difference between RTC and RTD prices was just $5.20/MWh.

- Hence, RTC price forecasts are less accurate when the level of net imports changes
by a large amount in respan® market conditions, thereby reducing the efficiency
gains from CTS.

1 The foundation of CT®nabled intrhour scheduling is sound, but additional benefits to
the market may be realized if enhancements are made to the process.

- Improving the accuracy dhe forecast assumptions by NYISO and PJM would lead
to more efficient interchange scheduling.

2016 State of the Market Report| A-107



Appendix i Market Operations

V. MARKET OPERATIONS

The objective of the wholesale market is to coordinate resources efficieadliidfy demand

while maintaining reliability. The daghead market should commit the lowesst resources to
meet expected conditions on the following day, and thetireal market should deploy the
available resources efficiently. Clearing prices stidad consistent with the costs of deploying
resources to satisfy demand while maintaining reliability. Under shortage conditions, the real
time market should provide incentives for resources to help the NYISO maintain reliability and
set clearing pricedat reflect the shortage of resources.

The operation of the redéilme market plays a critical role in the efficiency of the market

outcomes because changes in operations can have large effects on wholesale market outcomes
and costs. Efficient redgime piice signals are beneficial because they encourage competitive
conduct by suppliers, participation by demand response, and investment in new resources and
transmission where they are most valuable.

In this section, we evaluatiee followingaspects of whobkale market operations 2016

1 Efficiency of Gas Turbine Commitmé&nthis subsection evaluatthe consistency of
reakttime pricing with reatime gas turbineeommitmentanddispatch decisions.

1 M2M Coordinationi This subsection evaluatrealttime flows across the Ramapo
PAR-controlled lines under marked-mar ket coor di nation (AM2MO)
the NYISO.

1 Operation ofControllable Lines This subsection evaluates the efficiency of rtahe
flows across controllable lines.

1 RealTimeTransientPrice Volatility i This subsection evaluates the factors that lead to
transient price volatility in the redime market.

1 Pricing Under Shortage ConditiorisEfficient operations better enable the existing
resources to satisfy demand and maintain relighilnder peak demand conditions, and
they provide efficient signals for investment. We evaltfateetypes of shortage
conditions:(a) shortages of operating reserves and reguldtiptransmissiorshortages,
and (c) reliability demand response depleyns.

1 Supplemental Commitment for Reliabilitysupplemental commitmenése necessary
when the market does not provide incentives for suppliers to sagitfinreliability
requirements However, supplemental commitmemggse concerns because theyidade
the market does not provide sufficient incentjteeydampen market signaland they
lead to uplift charges

9 Outof-Merit Dispatchi OQutof-me r i t ( i OO Maecesgarfosnpiatdinc h i1 s
reliability whenthereaktime market does not provide incentives for suppliersatiisfy
certain reliability requirements or constraintske supplemental commitment, OOM
dispatch mayndicate the miket does not provide efficiemcentives.

1 BPCG Uplift Charge$ This subsectionevaluates BPCG uplift charges resulted
primarily from supplemental commitment and -@f#merit dispatch.
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A. Efficiency of GasTurbine Commitments

The ISO schedules resources to provide energy and ancillary services using two models in real

time. First,th(Real Ti me Di spatch model (ARTDO) wuswuall
deploying resources that are flexible enough to adjust their output every five minutes. RTD also
starts quickstart gas turbines when it is economic to dé*$dRTD models the dispatcicross

roughlya onehour time horizon (rather than just the next five minutes), which better enables it

to determine when gas turbinewill be economic to start or when a generator should begin

ramping in anticipation of a constraint in a future interval

Second, the Real Time Commitment model (ARTCO
two-anda-half hour time horizon. RTC is primarily responsible for scheduling resources that are

not flexible enough to be dispatched by RTD. RTC sigstandshutsdown quickstartgas

turbines and 3@minutegas turbine when it is economic to do $& RTC also schedules bids

and offers for the subsequent hour to export, import, and winerlgh power to and from other

control areas.

The scheduling of energnd ancillary services is aaptimized, which is beneficial for several
reasons. First, eoptimization reduces production costs by efficiently reallocating resources to
provide energy and ancillary services every five minutes. Second, the market anedsdite to
incorporate the costs of maintaining ancillary services into the price of energyopyiazing

energy and ancillary services. This is important during periods of acute scarcity when the
demand for energy and the ancillary services requimésreompete for supply. Third, demand
curves rationalize the pricing of energy and ancillary services during shortage periods by
establishing a limit on the costs that can be incurred to maintain reserves and regulation. This
also provides an efficient@ans of setting prices during shortage conditions. The use of demand
curves during shortage conditions is discussed furth®ectionV.F of the Appendix

Convergence between RTC and RTD is important because a lack of convergence can result in
uneconomic commitment of generation, particularlgas$ turbine, and inefficient scheduling of
external transactions. When RTC commits or schedules excess resoleaés, itdepressed
reattime prices and increased uplift costs. Alternatively, when RTC commits insufficient
resources, it leads to unnecessaryataand price spikes. This section evalgdbe efficiency

of realtime commitment and scheduling gas turbines.

Figure A691 Figure A70: Efficiency of Gas Turbine Commitment

Figure A-69 measures the efficiency of gas turbine commitment by comparing thepotfer
(energy plus staitip costs amortized over the commitment pgrtodhe reaktime LBMP over
t he unicomnEtmantrperiodiWhen these decisions are efficient, the offer price
components of committeghs turbine are usually lower than the réahe LBMP. However,
when agas turbinghat is committed efficiently is close to the margin, it is possible foffer

237 Quick-start GTs can start quickly enough to providendiGute norsynchronous reserves.

238 30-minute GTs can start quickly enough to providendiiute norsynchronous reserves, but not quickly

enough to provide Hhinute reserves.
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price components to be greater than the LBMP. Thus, the following analysis tends to understate
the fraction of decisions that were economic.

Figure A-69 showsthe average quantity gfs turbinecapacity started each day2016 These
are broken into the following categories according to the sum of the offer price components and
the realtime LBMP over the initial commitment period:

1 Offer < LBMP (these commitments were clearly economic)
1 Offer > LBMP by up to 25 percent

1 Offer > LBMP by 25 to 50 percenand

1 Offer > LBMP by more than 50 percent.

Gas turbines with offers greater than the LBMP can be economic for the following reasons:

1 Gas tubines that are started efficiently and that set the LBMP at their location do not
earn additional revenues needed to recover theirighaotfer;

1 Gas turbines that are started efficiently to address a transient shortage (e.g. transmission
constraint vidation lasting less than one hour) may lower LBMPs and appear
uneconomic over the commitment period; and

1 Gas turbines that are economic sometimes do not set the LBMP and, thus, appear to be
uneconomic (which is evaluatedkigure A70).

Starts are shown separately for quick sgas turbine, older 3@minutegas turbine, and new
30-minutegas turbine. Starts are also shown separately for New Ytk and Long Island,
and based on whether they were started by RTC, RTD &AM, 2% or by an ouof-merit
(OOM) instruction.

Thereattime market software uses a thypass mechanism for the purpose of dispatching and
pricing. The first pass is a phyalaispatch pass, which produces physically feasible base points
that are sent to all resources. In this ptssjnflexibility of the gas turbireearemodeled
accurately with most of atthéirenssdémum outpat evelbancen g A bl
turned on. The second pass is a hybrid dispatch pass, which grastsirbine as flexible

resources that can be dispatched between zero and the maximum output level. The third pass is a
pricing pass, which produces LBMPs for the market intefvakturbines that are not economic

(i.e., dispatched at zero) in the hybrid p&sg are still within their minimum run timeare

forced on and dispatched at the maximum output level in the pricing @assequently, when
uneconomic gas turbines are foraedin the pricing pass, it may lead some economic gas

turbines to not set the LBMP in the pricing pass.

239 The RealTime Dispatcti Corrective Action Mode (RTECAM) is version of RTD that NYISO operators
can run ordemand to address abnormal or unexpected system conditions.
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Figure A-69: Efficiency of Gas Turbine Commitment
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Figure A 70 evaluates the extent to which gas turbines were economic but appeared to be
uneconomic because they did not set the LBMP during a portion of the initial commitment
period. In particular, we examine every market inteirvéhe initial commitment period of a gas
turbine start, which excludes starts via OOM, eeqbrt thefollowing seven quantities:

1
il

Number of Starts Excludes sefscheduled and local reliability units.

Percent Receiving RT BPCG Payment on that D8hae ofgas turbinecommitments
that occurred on days when the unit received a RT BPCG payment for the day.

Percent of UnHintervals Uneconomit Share of intervals during the initial commitment
period when the unit was displacing less expensive capacity.

Percent of Uniintervals Economic AND NeRrice Setting Share of intervals during
the initial commitment period when the unit was displacing more expensive capacity, but
not setting the RT LBMP.

Estimated Average LBMP Adjustment During Stars/erageupward adjustment in
LBMPs during starts if economgas turbine always set the RT LBMP.

Percent of Starts Uneconomic (Offer > Average Adjusted LBNMVBHare of starts when
gasturbinés of fer was greater than the average
commi t ment period. (The AAdjusted LBMPO i
economiagas turbine at the same market location always set the RT LBMP).
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1 Percent of Starts Uneconomic at Actual BUT Economic at Adjusted LiBBMare of

starts whergas tubined s

of fer wa s

(a)

greater

than the average Adjusted LBMP over the initial commitment period.

These quantities are shown separately for gas turbines in four areas: (a) Long Island, (b) the

areas outside the 1188 load pocket in New York City (i.e., thed@ity 345kV region), (c) the

Greenwood load pocket in New York City (which is part of th€ity 138kV load pocket), and

(d) other areas inside the 138kV load pocket in New York City.
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Figure A-70: Hybrid Pricing and Efficiency of Gas Turbine Commitment
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1 Most gas turbine commitments were made by RTC. In 2016, rougldgrdént was
committed by RTC8percent by RTD5 percent bRTD-CAM, andless than Dercent
throughOOM instructions.

T The

past several years. In 2016,

N Y | Stimé marketenadels are relatively effective in committing gas turbines
efficiently. The overall efficiency of gas turbine commitments has been tamtsis the

54 percent of albas turbin&commitments were clearly economand

t han
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- An additional 18ercent of algas turbineeommitments were cases withegas
turbineoffer was within 125 percent of LBM@ significant poibn of these
commitments are efficient for the reasons discussed earlier in this subsection).

1 Economic gas turbines dmwt always set theeattime LBMP during their initial
commitment period, which dueinpartt o t he ef fects of NYI SO0&6s
methodology in the redalme market In 2016,

- In 8to 12 percent of the intervals during the initial commitment pefigas
turbines, the gas turbine was economic but did not set the LBMP.

- We estimate that allowing these economic gas turthsstprices would have
increased the LBMPs by an average of $3.90 to $6.60 per MWh during the first hour
after each start in New York City and Long Island. This would increase annual
LBMPs by an average of $0.40 to $1.50 per MWh with the largest effect in Long
Island. However, the increase in LBMPs would be concentrated during peaking
conditions when gas turbines are used to satisfy the needs of the system.

T The higher LBMPs would be more reflective of the costs of satisfying demand,
security, and reliabilityequirements in the reéime market.

T Higher LBMPs would increase energy net revenues for resources that are
frequently scheduled during relatively tight conditions when gas turbines are
needed to serve load and manage congestion. This would reduce deperde
the installed capacity market to retain flexible resources.

I However, the analysis undestimates the effects of allowing gas turbines to set
the realtime LBMP in intervals when they are economic because it assumes that
the realtime LBMP impact idimited to nodes in the same area (out of the four
areas shown) th&ave similar LBMP congestion component. In fact, the LBMPs
over a wider area can be affected, depending on congestit@mns

- The NYISO implemented changes to the psetting ruledor quick start units in
early 2017%%° These are a significant improvement over the current hybrid pricing
rules and result in market clearing prices that are more consistent with the operational
needs of the system

I However, while the newly implemented changes ensure that a gas turbine will set
the clearing price when its output is displacing output from a more expensive
resource, these changes do not necessarily reflect thestantd other
commitment costs of thgas turbine in the priesetting logic. We continue to
recommend that the NYISO incorporate these costs into thegaitteg logic.

240 Specifically, the NYISO proposes to eliminate the Third Pass in the RTD software (which currently

produces maet clearing prices) and directly use prices from the Second SesNYISO filing of
proposed amendments to the Services Tariff to modify the pricing logic used for Fixed Block Unit GTs,
filed to FERC on December 14, 2016. This change was implementéebonary 28, 2017.
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The Commission has also recognized the need for thegmttiag logic to
consider the statip and other commitment sis of gas turbineé*!

B. Market-to-Market Coordination with PIJM

Coordinated congestion management between NYI
January 2013This process allows eadRTO to more efficiently relieve congestion on its

constraints with relispatt from the otheRTO0 s r e whenitisdessscostly for them to do

$0.2%2 M2M includes two types of coordination:

1 Redispatch Coordination If one of the predefined flowgates becomes congested in the
monitoring RTO, the nomonitoring RTO will redispatch its generation to help manage
congestion when economic.

1 Ramapo PAR CoordinatidnIf certain predefined flowgates become congested in one
or both RTOs, the Ramapo PARs are adjusted to reduce overall congestion.

The NYISO and PJM have an establispeacess for identifying constraints that will be on the
list of predefined flowgates for Rdispatch Coordination and Ramapo PAR Coordinaffn

Figure A71: M2M Coordination with PIJM

The use of Ralispatch Coordinatiohas beemfrequentsince the inception of M2M, whildé
use of Ramapo PAR Coordination fadmore significant impacts on the markéience, the
following analyses focus athe operation of Ranp@ PARs in2016

Figure A-71 compares the actual flows on Ramapo PARs with their M2M operational targets in
2016 The M2M target flow has the following components:

1 Share of PIMNY Over Ramapd Based on the share BOIM-NY flows that were
assumed to flow across the Ramapo Lffie

1 80% RECo Load 80 percent of telemetered Rockland Electric Company load.

ABC & JK WheelDeviationsi The total flow deviations othe ABC and JK PAR
controlled lines from schedules under @enEdPSEG Wheeling agreemertt™®

241 See Recommendation #201%3. In Docket RM173-0 0 O , see the Commi ssionébés NOP
Pricing, dated December 15, 2016, and comments of Potomac Economics, dated March 1, 2017.

242 The terms of M2M coordination are set forth iVISO OATT Section 35.23, which is Attachment CC
Schedule D.

243 The list of predefined flowgates is posted ltp://www.nyiso.com/public/webdocs/markets _operations/

market_data/repast info/CoordinatedFlowgatesandEntitlements.mht

244 This assumed share is 61 percent when both Ramapo PARs are in service and 46 percent when one of the

two PARs is out of service.

245 The ConEdPSEG Wheeling Agreement ordinarily provides for 1,000 MWeaavheeled from NYISO
Zone G (fiHudson Valleyd) across the J & K lIines int
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1 JK Auto Correction Factdr The JK interface Auto Correction component of the JK
interfacereat i me desired fl owbacdko sMWegperesreatt sd af
cumulative deviations on the JK interface from previous of4°

1 ABC Auto Correction Factor The ABC interface Auto Correction component of the
ABC interfacereat i me desired fl owbacdkhdo sMWegpereasreatt esc
cumulative deviations on the ABC interface from previous d4ys.

The figure shows tlse average quantities over intervals when M2M constraints for Ramapo
Coordination were binding onveeeklybasis. The weeks with less frequent binding M2M
constraints (i.e., less than 20 hours) are highlighted.

The table in the figure summarizes the petof market intervals during which at least one

M2M constraint was binding and the total payments from PJM to the NYISO under the M2M
agreement in 2015 and 2016. In addition, the table compares the average amount of flows for
each component describedbab for the two years.

Figure A-71. Actual and Target Flows for the Ramapo Line
During the Intervals with Binding M2M Constraints, 2016

2000 0 Average Flow Quantity on Ramapo PARs (MW)
% of [PIM > NY TEER
Year | Market | Payments 80% Share of ABC Auto  JK Auto Wheel Target Actual
1500 Intervals | (million$) | RECO PJM-AC Conection Correction - i
Deviation
2015 | 22% $1.8 142 323 1 -640 -128 -302 481
1000 2016 | 23% $0.6 124 126 -1 -623 -51 -425 418
500 I.| I,I s
=~ \»—.- XA wilt Al
= 1 AN \ir, & 0
>3 0 ol -V ° ||l .A|lrlll‘
: SRLRUEFOTRONCORYRURCeAS A& | | I
8,500
g I
:>£ mm Share of PIM-NY Over Ramapo
=1000
M2M Constraints Were ==80% RECO Load
Binding Less Than 20 mmABC & JK Wheel Deviations
-1500 Al Hours During These Weeks ==JK Auto Correction Factor
Y/
’f" mmABC Auto Correction Factor
-2000 |d ——Actual Flow
ol Bl bl —e—M2M Target Flow
'2500 T T T T T T T T T T T T T T T T T T T T T T T T T T T ! T T T T ‘ T T T T ‘ T T T T ! T T T T ‘ T T T T
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Month - Week

NYlI SO Zone J (ANew York Cityo) acr oss-PSEBahedlis B, & C
set forth in NYISO OATT Section5322, which is Schedule C to Attachment CC.

246 See NYISO OATT Section 35.22, Attachment CC Schedule C Appendix 3 for detailed description of auto

correction factors.

247 See NYISO OATT Section 35.22, Attachment CC Schedule C Appendix 3 for detailepiimsaf auto

correction factors.
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Key Observations:M2M Coordination with PJM

1 Active Ramapo Coordination (i.e., when M2ainstraints were binding) occurrgd23
percent of intervalg 2016 comparable to 2015

- Average actual flows exceeded the Target Flow by nearly 845 MW, resulting in a
small amount of M2M payments (~$0.6 million) from PJM to NY in 2016.

- The low Target Fdw resulted from large cumulative negative deviations on the JK
PARSs, which were represented by JK auto correction.

T The cumulative negative deviations on the JK PARs became large since April
2015, reached over 2,000 MW in early 2016, and were capped &\&0fince
mid-February 2016.

1 The operation of the Ramap#Rs under the M2M JOA with PIM has provided
significant benefit to the NYISO in managing congestion on coordinated transmission
flow gates.

- Balancing congestion surpluses frequently resulted frasrofteration on the
CentralEast interface and transmission paths into Southeast New York (an estimated
$8 million of surpluses in 2016, see SectilbrE in the Appendix), indicating the
Ramapo PARs were used to reduce production costs and congestion in New York.

- However, these were partly offset bglancing congestioshortfalls (an indication of
PAR operations that increase production costs and congestion) on the West Zone
lines(see Sectiofll .E in the Appendix)which are currently natoordinated flow
gatesunder the M2M JOA.

I The NYISO improved its operating practice in November 2015 to limit the use of
Ramapo Coordination process &ripds when the NYISO does not expect
constraints in Western New York to be actr?&.

T Nonetheless, since the NYISO operators do not have a congestion or production
cost forecasting model that can be used in the operating day to help determine the
efficient schedule for the Ramapo PARs, it will be difficult to optimize the
operation of the Ramapo line without a model to forecast the impacts of PAR tap
adjustments in redglme. Thisdeficiency will become more significant starting in
May 2017 when the M2Nprocess is also used to schedule flows on the A, B, C,

J, and K lines that previously were used to effectuate the CBSES Wheeling
Agreement.

C. Operation of Controllable Lines

The majority of transmission lines that make up the bulk power system aventiatilable, and
thus, must be secured by redispatching generation in order to maintain flows below applicable
limits. However, there are still a significant number of controllable transmission lines that

248 See NYISO Management Committee meeting minutes for the December 17, 2015 meeting.
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source and/or sink in New York. ThisincludegHh Vol t age Direct Current
transmission lines, Phagen g1 e R e g u | iadantmlied l(nds,RAvdR/aripble Frequency

Tr ansf or mecontrdlegd WhEST GJntrollable transmission lines allow power flows to be
channeled along paths thatloweh e over all cost of satisfying t
can provide greater benefits than conventional AC transmission lines.

Controllable transmission lines that source and/or sink in NYCA are scheduled in three ways.

First, some controllable tnamission lines are scheduled as external interfaces using external
transaction scheduling procedufé$.Such lines are analyzed in Sectidhof the Appendix,

which evaluates external tr ans aawirtrolleddinesaeh ed ul i
optimized in the sense that they are normally adjusted by the local TO in order to reduce

generation redispatch (i.e., to minimize production castd)e dayahead and redgime markets.

Thi r d-opfinmn z-eodtlled’liAeR are scheduled according to various operating
procedures that are not primarily focused on reducing production costs in thkedal/and real

time markets. This sukectbn evaluates the use of roptimized PARcontrolled lines.

Table A3 andFigure A72 Scheduling of Not®ptimized PARControlled Lines

PARs are commonly used to control line flows on the bulk power system. Through control of
tap positions, power flows on a PAf®ntrolled line can be changed in order to facilitate power
transfer between regions or to manage congestion within and betorgenl areas. This sub
section evaluates efficiency of PAR operations during 2016.

Table A3 evaluates the consistency of the direction of powavslon noroptimized PAR
controlled lines and LBMP differences across these lines during 2016. The evaluation is done
for the following eleven PARontrolled lines:

1 Two between IESO and NYISO: St. Lawrericgloses PARs (L33 & L34 lines).
1 One between ISOIE and NYISO: Sand BarPlattsburgh PAR (PV20 line).

1 Six between PIJM and NYISO: Two Waldwick P&RBntrolled lines (J & K lines), one
BranchburgRamapo PARcontrolled line (5018 line), two Hudsdrarragut PARs (B &
C lines), and one LindeGoethals PAR (Aine).

- The 5018 line was scheduledaccordance with the M2M coordination agreement,
which is discussed in SubsectiBn

- TheA, B, C, J, & Kines support the operation of the CoAESEG wheeling
agreement whereby 1,000 MW is ordinarily scheduled to flow out of NYCA on the J
& K lines and 1,000 MW is scheduled to flow into New York City on the A, B, & C
lines.

1 Two between Long Island and Newo City: Lake Succes3amaica PAR (903 line)
and Valley Streardamaica PAR (901 line).

249 This includes the Cross Sound Cable (an HVDC line), the Neptune Cable (an HVDC line), the HVDC line
connecting NYCA to Quebec, tl@ennison Scheduled Line (partly VFEbntrolled), the 1385 Scheduled
Line (PAR-controlled), and the Linden VFT Scheduled Line.
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- The 901 & 903 lines were ordinarily scheduled to suppatieel of up t800 MW
from upstate New York through Long Island and into New York City.

For each group of AR-controlled linesTable A3 shows:

1 Average hourly net flows into NYCA or New York City;

1 Average price at the interconnection point in the NYCAew York City minus the

average price at the interconnection point in the adjacent area (the external control area or
Long Island);

The share of the hours when power was scheduled in the efficient diregipfigm the
lower-price market to the higingorice market)and

The estimated production cost savings that result from the flows across each line. The
estimated production cost savings in each hour is based on the price difference across the
line multiplied by the scheduled power flow across the3>°

This analysis is shown separately for the portion of flows scheduled in th@hdag market
versus the portion that is from balancing adjustments in thdimeaimarke£> For Ontario, the
analysis assumes a dakiead schedule of 0 MW since Omtadoes not operate a dapead
market. The vast majority of power is scheduled in thealtesad market, while small balancing
adjustments are typically made in the riale market.

250

251

For example, if 100 MW flows from Lake Success to Jamaica during one hour, the price at Lake Success is
$50 per MWh, and therjge at Jamaica is $60 per MWh, then the estimated production cost savings is
$1,000 (=100 * $10). This is because each MW of flow saves $10 by allowing a $60 per MWh resource in
New York City to ramp down and be replaced by a $50 per MWh resource indlang. This method of
calculating production cost savings tends to wedgimate the actual production cost savings when power
flows from the lowpriced region to the highriced region, since if flows in the efficient direction were
reduced, the costf the marginal resource in the importing region would rise while the cost of the marginal
resource in the exporting region would fall. However, this method of calculating production cost savings
tends to oveestimate the actual production cost increagi@sn power flows from towards the lgwiced

region, since if flows were reduced, the cost differential between the marginal resources in each region
would converge.

For example, if 100 MW is scheduled from the lpviced region to the highpriced regbn in theday

ahead marketheday-ahead shedule would be considerefficient direction and if the relative prices of
the two regions was switched in treattime marketand the flow was reduced to 80 MW, the adjustment
would be shown a20 MW and theaeaktime schedule adjustment would be considez#itient direction

as well.
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Table A-3: Efficiency of Scheduling on NorOptimized PAR Controlled Lines

2016
Day-Ahead Market Schedule Adjustment in Real-Time
Avg NYCA  Percent of Estimated Avg NYCA Percent of Estimated
Avg . . . . Avg . . . .
Flow Price minus  Hours in  Production Flow Price minus Hours in Production
MW) Avg Outside  Efficient Cost Savingg MW) Avg Outside Efficient Cost Savings
Price ($/MWh) Direction  (Million $) Price ($/MWh) Direction  (Million $)
Ontario to NYCA
St. Lawerence -19 $5.64 52% $2
New England to NYCA
Sand Bar -76 -$11.53 91% $8 -0.3 -$10.63 51% $0.4
PJM to NYCA
Waldwick -825 $3.62 24% -$26 130 $3.18 54% $3
Ramapo 146 $4.05 67% $11 188 $3.71 55% $4
Farragut 624 $3.15 73% $18 -71 $3.38 45% -$2
Goethals 203 $3.63 76% $6 73 $3.21 57% $1
Long Island to NYC
Lake Success 157 -$5.38 3% -$8 -2 -$5.81 60% $0.1
Valley Stream 65 -$7.38 2% -$5 3 -$10.99 24% -$2

Figure A-72 provides additional detail on the efficiency of scheduling for one of the lines in the
table. The figure ia scatter plot of powdlows versus price differencegross the Lake
Successlamaica line The figure showhourly price differences in theed-time market on the
vertical axis versupower flows scheduled in the reahe marketon the horizontal axisPoints

in the topright and bottorreft quadrants of the figure are characterized as scheduled in the
efficient direction. Power scheduledthre efficient direction flows from the lowariced

market to the highepriced market. Similarly, points in the tégft and bottorrright quadrants

are characterized as scheduled in the inefficient direction, corresponding to power flowing from
the highe-priced market to the lowariced market. Good market performance would be
indicated by a large share of hours scheduled in the efficient direction.
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Key Observations: Efficiency of Scheduling over PARControlled Lines

1 Inthe dayahead market, the scheduling of P&é&ntrolled lines that are used to support
contractual wheeling agreements was less efficient than othercBA#RIledlines.

Under theConEdPSEG wheeling agreentethe Waldwick lines are used to wheel
power (up to 1000 MW) from Hudson Valley to PJM, and therGbethals/Farragut
lines are used to wheg@lowerbackfrom PJM to New York City. In 2016,

Although power flowed in the efficient direction in 73 to 76 percent of hours
across the Goethals/Farragut lines, power flowed in the efficient direction in only
24 percent of hours across the Waldwick lines.

These led to an estimated natreaseof $2 million in day-ahead production costs
(an increase of $26 million accrued on the Waldwick lines, offset by a reduction
of $24 million accrued on the Goethals/Farragut lirn&3).

Under the ConEdLIPA wheeling agreement, the 901/903 lines are used to wheel
roughly half of the power flowed on the Y50 line (from upstate to Long Island) back
to New York City. In 2016,

252

For the reasons noted in Footn8&, this method of estimating production cost savings tends te over

estimate the costs from inefficient scheduling.
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T Power flowed in the inefficient direction @7 percent of hoursmuch inefficient
than any of other PARontrolled lines.

T The use of these lisencreaseday-aheadoroduction costs by an estimatetB$
million becausegrices onLong Islandweretypically higherthan those ilNew
York City (particularly where the 901 and 903 lines coninetite Astoria
East/Corondlamaicgocket, which is sometimes expadnstrainejl

T In addition to increasing production costs, these transfers can restrict output from
economicgenerators in the Astoria East/CorQlzanaica pocketnd at the Astoria
Annex Restrictions on the output digse generators sometimes adversely
affects a much wider area (e ghen theeis an eastern reserve shortage
duringa TSA even).

1 Realtime adjustments in flows were generally small relative teatasad scheduled
flows, since most of these PAgdntrdled lines were operated to the same schedule in
the dayahead and redime markets.

- However, the Ramapo line and St. Lawrence line showed relatively significant
production cost savings in reid@ine because these lines were operated: (a) to flow a
shareof the external transactions between control areas that are submitted by traders
and (b) to manage reime congestion.

T Although the Ramapo line is scheduled under the M2M process to minimize
congestion across PJM and New Ydfte process only considerongestion on
certain predefined interfacesTable A3 reports the production cost savirfgs
balancing adjustmentnsideing congestion on alléwgates This includes
balancing adjustments that result from external transaction scheduling and those
that result from the M2M process.

1 These results indicate thgignificant opportunities remain to improtree operation of
these lines, particularyhe Waldwick and Goethals/Farragut lines and the lhedseen
New York City and Long Island.

- These lines are all currently scheduled according to the terms e$tanding
contractsthatprd at e open access transmissilton tar.i
would be highly beneficial modify these contracts or find other ways under the
current contracts to operate the lines efficiently.

- Under the ConEdLIPA wheeling agreement, ConEd possesses a physical right to
receive power across the 901 and 903slin€o compensate ConEd during periods
when it does not receive power across these lines, ConEd should be granted a
financial right that would compensate it based on LBMPs when the lines are
redispatched to minimize production costs (similar to a gengr&tor

253 The proposed financial right is described in Sectibis of the Appendix.
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- The ConEdPSEG wheeling agreemenaisterminated at the end of April 201PJM
and NYISO are implemeetia replacement protocol that

T Includesthe ABC and JK lines as part of the NXJM AC interface for
interchange scheduling; and

T Addsthe ABC and JK lines to the M2M process.

T We support thse changedsecauseheywill lead to more efficient scheduling
across the ABC and JK lines.

D. Transient RealTime Price Volatility

The New York ISO usually dispatches the +iale system and updatekearing prices once

every five minutesRealtime clearing prices can be quite volatile in wholesale electricity

markets, even when sufficient supply is online. Generators (and demand response resources) are
sometimes unable to adjust quickly enoughamdly changing system conditions. As a result,
wholesale markets experience brief periods of shortage, leading to very high prices; as well as
brief periods of excess, leading to very low or even negative prices.

Volatile reattime prices can be anfelient signal of the value of flexible generation. These

signals give market participants incentives to invest in making their generators more flexible and
to offer that flexibility into the realime market. However, price volatility cafsobe a sigrof
inefficient market operations if generators are being cycled unneces&eytime price

volatility also raises concerns because it increases risks for market participants, although market
participants can hedge this risk by buying and sellingeéndiayahead market ahar in the

bilateral market. Generally, the ISO should seek ways to reduce unnecessary price volatility
while maintaining efficient signals for generators to be flexible intead.

This subsection evaluates scheduling patteirat led to transient spikes in reahe prices for
individual transmission constraints and the peba&ance constraint (i.e., the requirement that
supply equal demand) in 2016. The effects of transient transmission constraints tend to be
localized, wlile transient spikes in the powbkalance constraint affect prices throughout NYCA.

A spike in the shadow price of a particular transmission constraint is condidereda n gif ent 0
satisfies both of the following criteria:

1 It exceeds $150 per MWh; and

1 Itincreases by at least 100 percent from the previous interval.

A spike in the shadow price of the powea | ance constraint (known as
affects prices statewide rather than in a particular area. A statewide price spike igednside
fitransiend if:

1 The price at the reference bus exceeds $100 per MWh; and

254 For more information on the new process, GeaEd/PSEG Wheel Replacement Protdcdpdate

presented by David Edelson to the Market Issues Working Group, April 24, 2017.
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1 Itincreases by at least 100 percent from the previous interval.

Although the price spikes meeting these criteria account for less than 5 percent oftiheereal
pricingintervals in 2016, these intervals are important because they account for a
disproportionately large share of the overall market costs. Furthermore, analysis of factors that
lead to the most sudden and severetiga price spikes provides insight abdattors that

contribute to less severe price volatility under a wider range of market conditions. In general,
price volatility makes it more difficult for market participants, the NYISO, and neighboring
system operators to commit quistart resources arsthedule external transactions efficiently.
Hence, reducing unnecessary price volatility will lead to more efficient interchange between
markets, lower production costs across markets, and less uplift from BPCG and DAMAP
payments.

Table A4: TransientRealTime Price Volatility

Table A4 summarizes transient retiine price spikes by constraint (including transmission
facilities and powebalance constraints) in 2016 for facilities exhibiting the most volatility. The
table reports the frequency of transient price spikes, the average shadow price during the spikes
and the average transfer limit during the spikes.

The table also analyzesajor factors that contributed to price volatilitythese price spike
intervals. These factors are grouped into three categories:

1 Flows from resources scheduled by RTC
1 Flow chames from normodeled factors
1 Other factors

Specifically, the table shows factors that contributed to an increase in flows from the previous
five-minute interval. For the powdsalance constraint, the table summarizes factors that
contributed to an increa in demand and/or reduction in supply. This analysis quantifies
contributions from théollowing factors which are listed in order of significance

1 External Interchange This adjusts as often as every 15 minutes, depending on the
interface. The nt er change at each internmmtee i s ass
period from five minutes before the quarter hour (i.e., :55, :10, :25, :40) to five minutes
after the quarter hour (i.e., :05, :20, :35, :50). Interchange schedules are determined
beforeeach 5minute interval, so RTD must schedule internal dispatchable resources up
or down to accommodate adjustments in interchange.

1 Fixed Schedule PARsThese include PARs that are operated to a fixed schedule (as
opposed to optimized PARSs, which are opealdo relieve congestion). The fixed
schedule PARs that are the most significant drivers of price volatility include the A, B, C,
J, & K lines (which are used to support the CoHEREG wheeling agreement) and the
901 and 903 lines (which are used to supthe ConEeLIPA wheeling agreement}>®
RTD and RTC assume the flawer these linewill remain fixed in future intervals at

255 These lines are discussed further in Subse@ion
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the most recent telemetered value, but their flow is affected by changes in generation and
load and changes in the settingsheffixed scheduld®AR or other nearby PARs. Hence,
RTD and RTCdo not anticipate changes in flows acréged schedule PAR® future

intervals which can lead to sudden congestion price spikes when RTD recognizes the
need to redispatch internal resoes in response to unforeseen changes in flows across a
fixed schedule PAR.

1 RTC Shutdown Peaking Resouic&his includes gas turbines and other capacity that is
brought offline by RTC based on economic criteria. When RTC slavts a significant
amount & capacity in a single-gninute interval, it can lead to a sudden price spike if
dispatchable internal generation is ralmpited.

1 Loop Flows & Other NofMarket Scheduled These include flows that are not
accounted for i n t he repHimeamarkey THese gesut whed t h e
other system operators schedule internal facilities and external transactions to satisfy their
internal load, causing loop flow across the NYISO system. These also result from
differences between the shift factors ased by the NYISO for pricing purposes and the
actual flows that result from adjustments in generation, load, interchange, and PAR
controls.

1 Niagara Generator DistributidnDifferent units at the Niagara plant have different shift
factors but RTD assums a single shift factor for the entire plant for pricing and
scheduling purposesihen the units that respd to dispatch instructions differ from the
assumption used in RTD, it may lead to changes in unscheduled flows over the
constraint.

9 Sel-Scheduld Generator This includes online generators that are moving in
accordance with a sedchedule, resources skddgwn in accordance with a salthedule,
and resources that are shut down because they did not submit a RTrofieme cases,
large inconstencies can arise between the ramp constraints in the physical and pricing
passes of RTD for such units.

Loadi This includes the effects of changes in load.

Generator Trip/Derate/Dragginigincludes adjustments in output when a generator trips,
is deratd, or is not following its previous base point.

1 Windi This includes the effects of changes in output from wind turbines.

Redispatch for Other Constraint (OOM)ncludes adjustments in output when a

generator is logged as being dispatchedodumerit order. Typically, this results when a
generator is dispatched manually for ACE or to manage a constraint that is not reflected
in the realtime market (i.e., in RTD or RTITAM).

1 Ramapo PAR$ The primary determinant of flows across the Ramapo-ea&frolled
line is the interchange between PJM and NYISO across the primary interface, 61 percent
of which is expected to flow across the Ramapo line when two PARSs are in service (46
percent when only one PAR is in service). Under M2M Coordination with PJM, the
Ramapo line can carry additional flows in order to manage congestion on M2M flow
gates. This category includes the impacts of adjustments in the deviation between the
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actual Ramapo flow and the assumed portion of interchange across the primary PJM
interface2°®

1 ReDispatch for Other Constraint (RTD)Multiple constraints often bind suddenly at the
same time because of some common causal factors. For example, the sudden trip of a
generator could lead to a powmlance constraint and a shortage efiilute snning
reserves. In such cases, some units are dispatched to provide more energy, while others
may be dispatched to provide additional reserves, so the units dispatched to provide
additional reserves would be identified in this category. The analysswoéclude
this category in the total row dfable A4, since this category includes the responses to a
primary cause that is reflected in one of tither rows.

The contributions from each of the factors during transient spikes are shown in MWs and as a
percent of the total contributions to the price spike for the facififyeor each constraint

category, we highlight the category of aggravatingdiecthat most contributed to the transient
price spike in green.

Table A-4: Drivers of Transient RealTime Price Volatility

2016
Power West Zone Central Dunwoodie - - Intra-Long
Balance 230KV Lines East Shore Rd Istand
345kV Constraints
Average Transfer Limit n/a 711 1721 800 277
Number of Price Spikes 363 1101 242 318 965
Average Constraint Shadow Price 235 1239 352 373 464
Source of Increased Constraint Cost: (MW) (%) (MW) (%) (MW) (%) (MW) (%) (MW) (%)
Scheduled By RTC/RTD 164 63% 1 6% 42 33% 52 66% 4 29%
External Interchange 84 32% 1 6% 18 14% 29  37% 1 7%
RTC Shutdown Resource 63 24% 0 0% 14 11% 19 24% 2 14%
Self Scheduled Shutdown/Dispatch 17 6% 0 0% 10 8% 4 5% 1 7%
Flow Change from Non-Modeled Factors 12 5% 14  78% 64  50% 13 16% 9 64%
Loop Flows & Other Non-Market 2 1% 9 50% 23 18% 8 10% 3 21%
Niagara Generator Distribution 0 0% 2 11% 0 0% 0 0% 0 0%
Fixed Schedule PARs (excl. Ramapo) 0 0% 2 11% 29  22% 3 4% 6 43%
Ramapo PARs 0 0% 1 6% 11 9% 0 0% 0 0%
Redispatch for Other Constraint (OOM) 10 4% 0 0% 1 1% 2 3% 0 0%
Load/Wind/Generator Derates 86 33% 3 17% 23 18% 14  18% 1 7%
Load 48 18% 1 6% 13 10% 6 8% 1 7%
Generator Trip/Derate/Dragging 18 7% 0 0% 9 7% 8 10% 0 0%
Wind 20 8% 2 11% 1 1% 0 0% 0 0%
Total 262 18 129 79 14
Redispatch for Other Constraint (RTD) 85 1 15 7 1
256

Ramapo M2M coorithation is discussed further in Subsectitin

257 The West Zone 230KV Lines category includes the NiagaRackard, Packarth-Sawyer, Gardenville

to-Stolle Rd,Huntley-to-Sawyer, and Sawydo-SUNY Buffalo transmission lines.
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Key Observations: Transient RealTime Price Volatility

1 Transient shadow price spikes ¢(Bfined in this report) occurred in less than 5 percent of
all intervals in 2016.

For the powebalance constraint, the primary drivers wexéernalinterchange
adjustments, decommitment of generation by RTC, and increases in load.

For the West Zon230kV Lines, the primary driver was from loop flow and other
norrmarket scheduled factors, but a portion of the-mamket scheduled flows results
from simplified modeling of the Niagara generator bus in the pricing model of the
reattime marketand adjusnents in fixed schedule PARs between NYISO and.PIJM

For the CentraEast Interface, the primary drivers were from external interchange
adjustments and fixeschedule PAR flow adjustments (particularly from the A, B, C,
J, and K lines). Generator shutdovinysRTC and Ramapo PAR flow adjustments
were also significant contributors.

For the Dunwoodig¢o-Shore Road 345KV line from upstate to Long Island (i.e., the
AY500 | ine), the primary drivers were
(especially the Nepte line) and the shutdown of generation by RTC. In previous
years, fixedschedule PAR flow adjustments were also a significant contributor, but
these were addressed in May 2016 by modeling changes that are discussed below.

For constraints internal to Lorigland (the majority of which were for the 138kV
East Garden Cityo-Valley Stream line), the primary driver was fixedhedule PAR
flow adjustments (particularly from the 901 line). These price spikes became less
common in May 2016 as a result of chamtethe modeling of fixedchedule PARs
that are discussed below. The shutdown of peaking units by RTC and other non
market factors were also significant contributors.

1 External interchange variations were a key driver of transient price spikes faertalC
East Interface, the Dunwoodie-Shore Road 345kV line, and the povibalance
constraint.

Large schedule changeausedrice spikesn many intervals when generation was
ramplimited in responding to the adjustment in external interchange.

CTS with PIJM and ISENE provide additional opportunities for market participants
to schedule transactions such that it will tend to reduce the size of the adjustment
around the tojf-the-hour.

T However, our assessment of the performance of CTS (see AppendonSecti
IV.C) indicates that inconsistencies between RTC and RTD relatkd to
assumed external transaction ramp profile likely contributes to price volatility
when the total net interchange varies significantly (e.g., >200 MW) from cne 15
minute interval to another.
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1 Fixedschedule PARontrolled line flow variations were a keyiver of price spikes.
The A, B, C, J, and K lines were a key driver for the Ceitiedt Interface, and the 901
line was the primary driver for the East Garden @ity/alley Stream line until May.

- Until May, these PARs were modeled as if they fullptcolled precontingent flow
across the PARontrolled line, siRTD and RTC assumdéhe flow across these lines
would remain fixed at the most recent telemetered wlue

i However, this assumption would have only held true if the PAR was adjusted
very frequatly in response to variations in generation, load, interchange, and
other PAR adjustments. Since the PAR is adjusted less than once per hour on
averagethe telemetered valumnchangesignificanty from one interval to the
next resultng in transitoryprice spikes. In many cases, severe congestion used to
occur when lowcost resources that were available to relieve the constraint were
underutilized because they were not scheduled to rampoon enough.

- Beginning in May, lte NYISO begn using a foreast for the lines makingp the
ConEdLIPA wheel based on the operating plan of the transmission owner that
operates the facilitie$>® This has greatly reduced the incidence of transient price
spikes on Long Island, particularly in the Valley Stream loacket.

1 Loop flows and other nemarket factors were the primary driver of constraints across
the West Zone 230kV Lines.

- Clockwise circulation around Lake Erie puts a large amount ohmanket flow on
these lines. Circulation can be highly volatile aiftiadilt to predict, since it depends
on facilities scheduled outside the NYISO market.

1 Generators that are shut down by RTC and/ors#i&duled in a direction that
exacerbates a constraint were a significant driver of statewide, Central East, and Long
Island price spikes.

- Alarge amount of generation may be scheduled to go offline simultaneously, which
may not cause ramp constraints in therifute evaluation by RTC but which may
cause ramp constraints in therbnute evaluation by RTDSlow-moving gemrators
such as steam turbines are frequently much more-tiamtpd in the 5minute
evaluation than in the iinute evaluation.

Discussion of PotentiaBolutions

1 When gas turbines and other units are in the process of shatvig they may reduce
outpu quickly. When decommitments are not staggered, it sometimes results in a
transitory statewide or local price spike.

- RTC evaluates system conditions at each quadar (i.e., at :00, :15, :30, and :45)
and determines when it is economic to sthoMvn ga& turbines.

258 geelnitialization of Lake Success and Valley Stream RARssented by David Edelson at the April 5, 2016

Market Issues Working Group.
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- Since RTC assumes a-tfinute ramp capability from one evaluation period to
another, RTC may not anticipate that shutiilogvn several gas turbines
simultaneously will result in a transient shortage within thenirtute period.

- However, wha RTD solves each fiveinute market interval, it is unable to delay the
shutdown of a gas turbine for five minutes even if it would be economic to do so.

Large adjustments in external interchange from onmithite interval to the next may
lead to sudde price spikes.

- The Al ook aheadodo evalwuations in RTD and F
guarterhour (i.e., at :00, :15, :30, and :45), while external interchange schedules ramp
over 108minute periods from five minutes before the quahiur to five minutes
after (i.e., from :55 to :05, from :10 to :20, etc.).

- Hence, RTC may schedule resources that require a large amount of ramp-4in one 5
minute portion of the X@ninute external interchange ramp period, and RTD may not
anticipate transient shortages that occur in the second five minutes of eaahul®
externalinterchange ramp period (i.e., at intervaigding :05, :20, :35, and :50).

Addressing RTC/RTD InconsistencieBo reduce unnecessary price volatility that results
from ramping external interchange and shuttitogvn generation, we recommend the
NYISO oonsider one or more of the following enhancements to improve the modeling of
ramp in RTC and RTF>®

- Add two neaiterm lookahead evaluations to RTC and RTD besides the qgtlastet
so that it could anticipate when a-demmitment or interchange adjustrh&ould
lead to a fiveminute shortage of ramp. For example, for the RTC that evaluates CTS
transactions for intervadnding :15, evaluations could be added at :10 and :20.

- Adjust the timing of the loolahead evaluations of RTD and RTC to be more
consistat with the ramp cycle of external interchange. This could be done by
evaluating intervalending :05, :20, :35, and :50 rather than :00, :15, :30, and :45.

- Enable RTD to delay the shdbwn of a gas turbine for five minutes when it is
economic to remaion-line.

- Better align the ramp rate assumed in the dab&ad evaluations of RTC and RTD
for steam turbines generators with the actual demonstrated performance to account
for units that often ramp at a rate that is lower thaim ti@med ramp rateapability

- Address inconsistency between the ramp as
and RTDG6s pricing pass whe nahaadschedule.ar e r an

Addressing NoiModeled Factor§ Thechanges to the modeling of the CorBH&A
wheeland thecessation of the ConHASEG wheel will reduce the incidence of fixed
schedule PAR flow changes that exacerbate congestion. Howeveduce unnecessary
price volatility from variations in loop flows, we recommend the NYISO consider

259

See Recommendation #2013
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developng amechanism for forecasting additional adjustments from the telemetered

value for loop flows that result from factors not scheduled by the NYISO. This forecast
should be fibiasedo to account for the fact
asymmeéric (i.e., the cost of an owdorecast may be much greater than the cost of an
underforecast of the same magnitucdéy.

1 SectionXl discusses omecommendation for the NYISO to consider modeling 115kV
transmission constraints in upstate New York in theatagad and redgime markets?®!
This would also reduce unnecessary price volatility on 230kV transmission constraints in
the West Zone becaugevould allow the NYISO reatime market to ralispatch
generation more efficiently to relieve congestion. Currently, any sudispatch occurs
through less precise eof-market instructiong®?

E. Market Operations under Shortage Conditions

Prices that ocur under shortage conditiofi., when resources are insufficient to meet the
energy and operating reserves needs of the system while satisfying transmission security
constraintspre an important contributor to efficient price signatsthe longrun, prices should
signal to market participants where and when new investment in generation, transmission, and
demand response would be most valuable to the sydtethe shorrun, prices should provide
market participants with incentives to commit stiéint resources in the dapead market to

satisfy anticipated system conditions the following day, am#gshould give suppliers and
demand response resources incentives to performanglimprovehe reliability of the system
particularly during relatime shortagesHowever, it is also important that shortage pricing only
occurs during legitimate shortage conditions rather than as the result of anticompetitive behavior
or inefficient market operations.

The importance of setting efficient reahe price signals during shortagkas been well

recognized. Currently, there arethpee ovi si ons in the NYI SO6s mar k
shortage pricing. First, the NYISO uses operating reserve demand curves tetsaereal

clearing prices duringperating reserves shortagedecond, the NYISO uses a transmission

demand curve to set retiine clearing prices during a portion of transmission shortages. Third,

the NYISO allows demand response resources to set clearing prices when an operatmg reserv
shortage is avoided by tldeploymenbf demand response

In this section, wevaluate the operation of the market and resulting prices when the system is
thefollowing threetypes of shortage conditions:

1 Shortages of perating resenseand regulation (evaluated in this Subsection);
1 Transmissiorshortages (evaluated in Subsectiynand
1 Reliability demand response deployments (evaluatedlis&tionG).

260 SeeRecommendation #2019

261 See Recommendation #20612.

262 See SectioW.H in the Appendix for more discussion on -@itmerit dispatch for West Zone 115 kV lines.
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Figure A73. RealTime Prices Durindg’hysicalAncillary Sewrices Shortages

The NYI SO6s appr oac h opemtingdsdrie and eegulatioghortagess ng dur
to useancillary serviceslemand curvesTherealt i me di spat c leooptimdes| ( ARTD
the procurement of energy and ancillary serviediiently allocating resources farovide

energy and ancdlry services every five minute8YhenRTD cannot satisfy both the energy

demand and ancillary services requirements with the available resources, the demand curves for
ancillary servicesationalze the pricing of energy arahcillary servicesluring shortage periods

by causng prices to reflect the value of foregone ancillary servicEse demand curves alset

limits on the costs that can be incurred to maind@iratingeservesand regulatia.

Figure A 73 summarizes physical ancillary services shortages and their effects-timeeal
prices in 2015 and 2016 for the following five categsri

1 30-minute NYCAT The ISO is required to ho2l620MW of 30-minute reserves in the
state and has a demand curve value2&fWh if the shortage is less th&@00 MW,
$100/MWh if the shortage is betwe8d0and655MW, $200/MWh if the shortage is
between 655 and 955 Mvind ¥50MWh if the shortage is more th&5MwW. 253

1 10-minute NYCAT The ISO is required to hold310MW of 10-minute operating
reserves in the state and has a demand curve valZ&@hiwh. 24

1 10-SpinNYCA'T The ISO is required to holds6 MW of 10-minute spinning reserves in
the state and has a demand curve valug 8¥#Mwh. 26°

1 210-minute East The ISO is required to hold 1200 MW of-biinute operating reserves
in Eastern New Yk and has a demand cervalue of $75MWh. 266

1 30-minute SENYi The ISO is required to hold 1300 MW of-&tinute operating
reserves in Southeast New York and has a demand curve value of $50GAWh.

1 Regulationi The ISO is required to hold 150300 MW of regulation capability ithe
state and has a demand curve value2&fWh if the shortage is less than 25 MW,
$400MWh if the shortage is between 25 and 80 MW, andsMWh if the shortage is
more than 80 MW2%8

263 Prior to November 4, 2015he ISOwasrequired to holdl,965MW of 30-minute operating reserves in the

state and hiha demand curve value of $50/MWh if the dagewas less than 200 MW, $100/MWh if the
shortagewvas between 200 and 400 MW, and $200/MWh if the shonteagemore than 400 MW

264 Prior to November 4, 2015, this demand curve value was $450/MWh.

265 Prior to November 4, 2015, this demand curve valas $500/MWh.

266 Prior to November 4, 2015, this demand curve value was $500/MWh.

267 This requirement became effective on November 4, 2015. The demand curve value was initially set at

$25/MWh and increased to $500/MWh on June 1, 2016 with the imptatitenof the Comprehensive
Scarcity Pricing Project.

268 Prior to November 4, 2015, this demand curve value$888vI\Wh if the shortagevas less than 25 MW,

$180MWh if the shortage was between 25 and 80 MW, $aMWh if the shortagevasmore than 80
MW.
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The top portion of the figure shows the frequency of physical sfestaThe bottom portion

shows the average shadow price during physical shortage intervals and the current demand curve
level of the requirementThe changes in the demand curves for these ancillary services products
on November 4, 2015 (or June 1, 2006 $ENY 30minute reserves) are reflected in the chart.

The dark green bars represent old demand curve values that are replaced after November 4, 2015
(or June 1, 2016 for SENY 3f@inute reserves), the pattditied bars represent old demand

curve valueshat are kept in the reset process, and the light green bars represent new demand
curve values effective on November 4, 2015 (or June 1, 2016 for SEMYR@e reserves).

The table shows the average shadow prices during physical shortages multiged by

frequency of shortages, indicating the overall price impact of the shortages by product and in
total by region. The table also shows the cumulative effect of all ancillary services shortages on
average redime energy clearing prices in:

1 Western New ¥rki This is based on the sum of shadow prices of the NYCA reserve
requirements as well as the effects of positive and negative regulatiorn spites

1 Eastern New York This equals the Western New York effect plus the sum of shadow
prices of eastern rese requirements.

Figure A-73: Real-Time Prices During Ancillary Services Shortages
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Key Observations: ReaiTime Prices During Physical Ancillary Services Shortages

1 The frequency of physical shortages for NYCArBhute reserves and regulation rose
substantially from 2015 to 2016, driven primarily by the following changes (made on
November 4, 2015) that:

- Increased NYCA 30ninute reserve requirement from 1,965 M\W2t620 MW and
limited the amount of reserves scheduled on Long Island resources

- Reduced the lowest demand curve value: a) from $50 to $25/MWh for the NYCA
30-minute reserves; and b) from $80 to $25/MWh for regulation.

I Thedispatchmo d e | A ¢ h o af ID-minute rdservessatrégulation
when the cost to providaich servicesxceededheir lowest demand curve
values.

1 Regulation shortages were most frequent in both years, which occurred in 1.4 percent of
all intervals in 2015 and 4.2 percent in 80&nd had the largest effects on 1iale
prices.

- All other shortages occurred in less than 0.5 percent of all intervals each year.

1 The average shadow price during physical shortages was close to the demand curve level
for each class of reseryasdicating that reatime prices generally reflected these
shortage conditions accurately in 2015 and 2646.

F. RealTime Prices During Transmission Shortages

Transmission shortages occur when power flows exceed the limit of a transmission constraint.
Transmissin shortages haweidely varying reliability implications. In some cases, tcan
compelthe 1ISO to shed firm load to maintain system security. However, in many cases,
transmission shortages can persist for many hours without damaging transmissioreatjuip
During transmission shortages, it is important for wholesale markets to set efficient prices that
appropriately reflect the acuteness of operating conditiBffecient prices provide generation

and demand response resources incentives to respomaritain reliability.

Therealt i me di spatch model (ARTDO) redispatclnge s tr ansr
available capacity, which includes online units that can be ramped in five minutes and offline
quick-start gas turbinethat can be started abdought online within 10 minutes

If the availablephysicalcapacity is not sufficient to resolve a transmission constraint, RTD will
relax the constraint by increasing the limit to a level that can be resdlsiprocess changed

269 In previous state of the market reports, we have identified periods wheimreadrices did not reflect that

the system was in a physical shortéajiéhough this has been uncommon since modeling enhancements
were implemented in 2009)This carhappen because RTD performs a pricing optimization that is distinct
from the physical optimization that is used to determine dispatch instructions. The pricing optimization is
employed so that block loaded generators (i.e., gas turbines) are abléneoctetting price under certain
circumstances.
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in November 2015 ahFebruary 2016 with the implementation of the Comprehensive Shortage
Pricing project?’®

1 Before November 4, 2015: RTD determined the flow level that could be achieved by
solving the market using an extremely high transmission constraint penalty dbss. If
achievable flow was greater than the original limit, RTD would then set a relaxed limit
equal to the achievable flow plus 8.0 MW. Then RTD wouldalee using a
Transmission Shortage Cost of $4,000/MWh.

1 From November 4, 2015 to February 12, 201G:DRletermined the flow level that
could be achieved by solving the market using a transmission constraint penalty cost of
$8, 000/ MWh for fAbase caseo constraints and
If this achievable flow was greater than the aradilimit, RTD set a relaxed limit equal
to the achievable flow plus 0.2 MW. Then RTD woulesodve using a Transmission
Shortage Cost of $4,000/MWh.

1 After February 12, 2016: RTD continues to relax constraints as from November 4, 2015
to February 12,2D6, but t he Graduated Transmission
used for some constraints.

- For constraints where GTDC is used: RTD determines the flow level that can be
achieved while treating the first 20 MW of the Graduated Transmission Demand
Curve (ie., $350/MWh for the first 5 MWs and $2,350/MWh for the next 15 MWS5s)
as a resource that can relieve the constraint and set price if on the margin. RTD
would still use the Transmission Shortage Cost of $4,000/MWh after exhausting the
first 20 MW of the GDC.

- Criteria for using the GTDC for a particular transmission constraint in the relaxation
procedure of a particular interval:

T I1'f the I imiting facility has a Constrai

T If the amount of potential relief frommpable output ranges of dispatchable
resources (at a cost lower than the applicable transmission constraint penalty cost
of $8,000 or $4,500) is not sufficient to reduce flow below the original limit.

A conditions similar to a shortage occurs when trelalle capacity from an offline quiektart

gas turbine is counted towards resolving a transmission constraint, but the gas turbine is not
given a startup instructiod’! In such cases, the marginal cost of resources actually dispatched
to relieve the castraint islower than the shadow price set by the offline gas turlunéch isnot
actuallystarted. The Commission has recognized that it is not efficient for such units to set the

270 SeeNew York Independent System Operator, IDocket No. ER17758, Request for Tariff Waiver

(January 6, 2017pr a more complete description of the pricing logic in place since February 12, 2016.

27 Offline quick-start gas turbine is usually the most expensive available capacity due to their commitment

costs, so offline gas turbines are usually not counted towards resolving the constraint unless all available
online generation has already been schetlulf a gas turbine is scheduled by RTD das not satisfy the
startup requirement (i.e., economic for at least three intervals and scheduled at the full output level for all
five intervals) it will not be instructed to stattp after RTD completescecution.
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clearing price because such a unit: (a) does not reflect the mamghalf csupply that is
available to relieve the constraint in that time interval, and (b) does not reflect the marginal value
of the constraint that may be violated when it does not generate as assumedaff RTi3.
category of shortage is not evaluatedtiis section.

This subsection focuses on evaluating market performance during transmission shortages,
particularly comparing the changes in congestion management before and after the GTDC
became effective.

Table A5 - Figure A75. Real Time Prices During Transmission Shortages

Table A5 summarizes the frequency of transmission constraints, average shadow prices, and
average amount of transmissisimortags (relativeto the BMS limit adjusted for the CRMi)

the eaktime market by constraint group in 2015 and 2816 These quantities are summarized

separately for intervals with and without transmission shortages. The quantities reported for

2016 only include periods after February 12, 2016 when the GTDC be&=ctere.

Table A-5: Real-Time Constraint Summary

2015- 2016
. # of Average Average Constraint
Location of . , . .
Constrained Transmission Constraint- Transmission Shadow Price
Facility Shortage Intervals Shortage (MW) ($/MWh)
2015 2016 2015 2016 2015 2016
West Zone N 8,068 3,591 $165 $103
Y 2,652 1,878 23 11 $668 = $1,312
New York City N 48,689 46,171 $35 $40
Y 2,522 2,986 14 11 $240 $587
Long Island N 24,629 = 26,958 $70 $45
Y 702 2,226 16 13 $1,183 = $624
All Other N 26,354 25,554 $68 $41
Y 444 518 45 17 $288  $1,076

Figure A-74 shows this information for individuak®inute intervals with transmission
shortages. In each of the four scatter plots, every point represents a binding transmission
constraint during a-finute interval, with the amount of transmission shortage shawvirtge

x-axis and the constraint shadow price on #axig. The GTDC (the black line) is also plotted
to illustrate how constraint shadow costs deviate from this curve in many cases.

272

In Docket RM173-0 0 0 ,

see t he

Commi ssionos

comments of Potomac Economics, dated March 1, 2017.

273

NOPR on

guantities reported in this tabare measured against a constraint limit of 980.MW

Fast

BMS limit is the constraint limit that is used in the market dispatch model. CRM egpseSonstraint
Reliability Margin that is used for most constraints because of various differences between modeled flows
and actual flows. For example, if a constraint has a 1000 MW BMS limit and a 20 MW CRM, the shortage
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Figure A-74: Real-Time Transmission $iortages with the GTDC

By Transmission Group, 2012016
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Figure A-75takes a closer look at the West Zone constraints, which tend to be less predictable
and less caatrollable than other constraints in the system (for the reasons discussed in Sections

l11.B, 111.C, andlll .D of the Appendix).

Unliké-igure A74that shows shortage quantities

relative to the BMS limit, this figurehows shortage quantities relative to the seasonal(btiit
adjusted for the CRMNegative numbers on theaxis indicate that modeled flows are below
the seasonal limit (minus the CRM).
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Figure A-75: Transmission Shortage Pricing with the GTDC
West Zone Constraints, 2012016
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Key Observations: RealTime Prices During Transmission Shortages

f The NYI SO6s mar ket software divides™constr

- (1) ZeroCRM constraint$ This category includes facilities that usually lead out of
generation pockets, so loop flows and oti@mrmodeled factors are typically
smaller. This makes the CRM unnecessary so the CRM is zero.

- (2)Feasible NorzeroCRM constraint§ The fApr el i mi nary screenc
whether there are sufficient physical resources to resolve the constraint. laphysic
resources are sufficient, constraints are included in this category.

- (3) Infeasible NorZero CRM constraints The fApr el i mi nary screen
sufficient physical resources are not available to resolve the constraint.

- For categories (1) and (3he economic dispatch runs with a $4,000/MWh price cap
for the constraint, and the constraint |
economic dispatch to find a feasible solution. For category (2), the software operates
the same way exceptahthe GTDC is applied.

274 The logic for determining how constraints are broken into the three categories was illustrated by a diagram

on slide 4 of the NYI SO6s December 21 presentation
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l

The current process implemented with the GTDC differs from the previous process in the
following two ways. First, the previous process did not apply the GTDC, so all three
categories were treated the same. Second, when thepretaxes a transmission

constraint to find a feasible solution, the NYISO previously raised the constraint limit to
the achievable flow level plus a limit adjustment of 8 M®.

- When it implemented the GTDC project, it reduced this additional relaxation
adjustment in the limit from 8 MW to 0.2 MW, resulting in higher congestion shadow
prices and smaller transmission shortages.

- The reduced relaxation adjustment frequently led to shadow prices that were higher
than the GTDC (seeigure A74), which is not consistent with Market Service Tariff
17.1.1 and 17.1.47°

Of all transmission shortages after the implementation of the GTDC in 2016:
- 6 percent involved Zer@RM constraints (Category 1)

- 39 percent involved Feasible N&@ero-CRM constraints (Category 2)

- 55 percent involved Infeasible NateroCRM constraints (Category 3)

Table A5 shows thatransmission shortage quantities have fallen since the GTDC was
implemented.

- Higher shadow prices provide stronger incentives for external transactions (and other
nondispatchableesources) to avoid schedules that exacerbate congestion. Efficient
prices provide incentives that are neither too strong nor too weak.

- However, the shortage frequency rose in some areas due partly to less relaxation.

In the West Zone, volatile loop flovead difficulty managing congestion can lead
operators to reduce the BMS limit below the seasonal limit.

- BMS limits and modeled flows have been much closer to the seasonal limits (i.e.,
higher)in 2016in the West Zone partly because the GTDC projectrhpsoved the
ability of RTS to manage flows.

Despite better market outcomes under certain system conditions since the implementation
of the GTDC, constraint shadow prices still often do not properly reflect the severity of
the shortage.

- This was due primrily to constraint relaxation that led constraint shadow prices to be
generally uncorrelated with the shortage amatinat,duration of the constraint, or any
other measure of the severity of the shortage

275

276

Effectively, it relaxedhe constraint by 8 MW more than necessary to find a feasible solution.

SeeNew York Independent System Operator, IDocket No. ER17758, Request for Tariff Waiver
(January 6, 2017).
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f To address issues identified here, the NYISQppsed to2’’

- Eliminate Category 3 and instead apply the GTDC to allzesn CRM constraints
(i.e., Category 2); and

- Reduce the second step of the GTDC from $2,350 to $1,175.

- We support the proposal for the shtmtm because this would eliminate the
unneessary price volatility that results from the current process and recommend in
the longterm replace current relaxation process with a set of conssuific
GTDCs because they ensure a clear relationship between the shadow price and the
severity of tke constraint that is a better signal to market particip#ifts.

G. RealTime Prices During Reliability Demand Response Deployments

The NYISO provides demand resources with two programs that compensate them for providing
additional flexibility to the energgnarket. These programs include the Emergency Demand
Response Program (EDRP) and the ICAP/SCR program. Resources enrolled in these programs
typically earn the higher of $500/MWh or the rtiahe LBMP when called upon. Given the

high costs associated withe programs, it would only be efficient to call upon these resources
when all of the cheaper generation has been dispatched. However, the use of demand resources
is complicated by scheduling lead times and other inflexibilif@st, he NYISO must

determine how mucldemand responge activate when there is still considerable uncertainty

about the needs of the systeBecond, the demand responsgy not be needed for the entire
activation period.Hence, there may be substantial surplus capacityglportions of the event.
Therefore, it is important to set ret@he prices that properly reflect the costs of maintaining
reliability when reliability demand response resources are deployed.

Figure A76: Available Capacity and Redlime Prices During DR Activation

NYISO deployeddemand response (EDR&nd SCRs) oonly one day (August 12) in 2016.
The activation was in all zones for five hours (from 13:00 to 18@3\ystem wide capacity
needs. The subsectienaluatesiuring this event: a) hetherreattime prices efficiently
reflected system conditionandb) whetherdemand respongteployments were necessary in
retrospect to maintain adequate capacity.

In paticular, Figure A76 showsthe followingquantitiesin each intervatluring the period from
12:00 to 19:00 (including one hour before and after the activation period)

1 Available capacityf{shown as stacked areasthe figure)i Includingfour categories of
unloaded capacity of online units and the capacity of offline peaking units up to the
Upper Operating Limit:

217 SeeNew York Independent System Operator, IDocket No. ER171453,Proposed Tariff Revisions to

Clarify and Enhance Transmission Constraint Prici(@pril 21, 2017).

278 Recommendation #2017 discusses how the NYISO should further enhanceirealscheduling models

during periods of severe congestion.
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Already schedule@0-minutereserves;

Unschedule®0-minutereserves;

Additional availablecapacity peyond 36minuterampable) fom SRE resources; and

Additional availablecapacity fom non-SRE resources.

reserves (red line).

l
l

The amount of demand respom@ployed plusherequirement foNYCA 30-minute

Market adjusted requirement (under new priainig) for 3@minute reserves (black line).
LBMP of the least impofrtonstrained zone in NYC#blue line)

The deployment of demand resoureess likely necessary to avoid a capacity deficiency when
the amount of demand response deployment plus normalr8@e reserve needs (which is 2620
MW) exceeds available capacity. Thisiwn in the figure when the red line is higher than all
areacombined

Figure A-76: Available Capacity and RealTime Prices During DR Activation
NYCA, August 12
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Key Observations: ReaiTime Prices During Reliability Demand Response Deployments

1 The NYISO activated demand response only on oneAlagust 13 during 2016.
During this event?’®

- Demand response was deployeall zonedor systerawide capacity needfor five
hours (HB 1317).

- Actual peak load was 31.5 GW (estimated peak of 32.4 GW witteonand
responsg

T An estimated ~1 GW ademand responseas activated.

- NYISO SREed (the day before) four Danskammer units and one Oswego unit.

1 Our ewaluation finds that:

- In retrospectdemand responseas needed to prevent a capacity deficiency (i.e., red
line > height of all areas) in a total of 18 intervals during the& deployment
period.

- 30-minute reserves were priced at $500/MWh during alhi&vals. The improved
consistency between price signals and actual system needs is a significant
enhancement under the new Scarcity Pricing fRffective on June 1, 2016)

1 Nonetheless, in retrospect, the actual amount of demand response thatdedsmee
avoid a reserve shortage was just ~350 MW (indicated by the largest difference between
the red line and the height of all areas).

- This implies an ovedeployment otlemand respongby more than 600 MW), which
includesroughly150 MW that was actitad by utilities from their ownlemand
respons@rograms.

- Atotal of $1.1 million of guarantee payments were madietoand response
resources for their deployments ($egure A-82).

H. Supplemental Commitment and Out of Merit Dispatch

When the wholesale market does not meet all forecasted load and reliability reqtsrehee

NYISO (or anindividual TransmissiorOwner) commits additional resources to ensuhat

sufficient resources will be available in ré@he. Similarly, the NYISO and local Transmission

Owners sometimes dispatch generatorsobuhe r i t or der ( AOOMO) i n or de
constraints of high voltage transmission facilities that are not fullesepted in the market

model; or (b) maintain reliability of the lower voltage transmission system and the distribution

system.

Supplemental commitmenitscrease the amount of supply available in-teag, while OOM
dispatch causes increased productiomfo@apacity that is frequently uneconomic, which

279 Seepresnt ati on ANYI SO Summer 2016 Hot We/abtMeakat Oper at i
Committee Meeting for more details
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displaces economic production. Both types ofafutnarket action lead to distorted remhe
market prices, whictend to undermine market incentives for meeting reliability requirements
and generate expesssthat are uplifted to the market. Hentes important for supplemental
commitmentsand OOM dispatche®s be as limited as possible.

I n this section, we evalwuate sever al aspects
process to ensure thaufficient resources are available to meet the forecasted load and reliability
requirements.n this subsectionwe examine(a) supplemental commitment for reliabilignd

focus particularly on New York City where most reliability commitments occur;(Bhthe

patterns of OOM dispatch in several areas of New York. In the nexgesation,we summarize

uplift charges that result from guarantee payments received by generators, which are primarily
caused by supplemental commitments for local reliability.

Figure A77: Supplemental Commitment for Reliability in New York

Supplemental commitment occurs when a generator is not committed by the economic pass of

the dayahead market but is needed for reliability. Supplemental commitment primarily occurs
inthree ways: (dpayAhead Rel i abil ity Uniygicallydqccub&®& o) Con
request of local Transmission Owner priothe economic commitment in SCUC; @ay-

Ahead Local Rel i abi ltakes placq diirindRiie @gonoMio committnene n t

pass in SCUC to serureliability in New York City; andc) Suppemental Resource Evaluation
(ASREO0) C ocuursafterthe datahead marketloses

Generators that are committed for reliability are generally not econommie\atilingmarket
prices, but they affect the market l§§) reducing prices from levetbat would otherwise result
from a purely economic dispatch; and (b) increasinglooal reliability uplift since a portion of
the uplift caused by these commitments results from guarpateeents to economically
committed generators that do not covaittasbid costs at the reduced LBMPKence, it is
important to commit these units as efficiently as possible.

To the extent LRR constraints in SCUC reflect the reliability requirements in New York City, the
local Transmission Owner does not need to ni2kBU and SRE commitments. LRR
commitments are generally more efficient than DARU and SRE commitments, which are
selected outside the economic evaluation of SCUC. However, in order to commit units
efficiently, SCUC must have accurate assumptions regatbanneeds in each local reliability

area.

Figure A 77 shows the quarterly quantities of total capacity (the stacked bars) and minimum
generation (thenarkers) committed for reliability by type of commitment and region in 2015 and
2016. Four types of commitments are shown in the figure: DARU, LRR, SRE, and Forecast
Pass. The first three are primarily for local reliability needs. The Forecast Pasentpthe

additional commitment in the forecast pass of SCUC after the economic pass, which ensures that
sufficient physical resources are committed in theatsgad market to meet forecasted load.

The figure shows these supplemental commitments selydi@téhe following four regions: (a)
West Upstate, which includes Zones A through E; (b) East Upstate, which includes Zones F
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through I; (c) New York City, which is Zone J; and (d) Long Island, which is Zone K. The table
in the figure summarizes thesdwes for 2015 and 2016 on an annual basis.

Figure A-77: Supplemental Commitment for Reliability in New York
By Category and Region, 20132016
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b= East Upstate 0 0 3 2 5 2
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Figure A78 Supplemental Commitment for Reliability in New York City

Most supplemental commitment for reliability typically occurred in New York Crigure A
78 summarizes an analysis that identifies the causes foeliability commitments ifNew York
City. Specifically,Figure A78 shows the minimum generation committed for reliability by
reliability reason and by location in New York City during 2015 and 2016.

Based on our review of the reliability commitment logs BR&R constraint information, each
hourof commitmenthat was flagged as DARU, LRR, or SRE was categorsetbmmitted for
one of the following reliability reason&?

f NOx Onlyi If needed for N@ bubble and no other reaséft.

280 A unit is considered to be committed for a LRR constraint if the constraint would be violated without the

unitbés capacity.
281

TheNew Yor k Department of Environment al Conservation
Avail able Control Technology (ARACTO0O) emissions st a
federal Clean Air Act. The NYDEC NGstandards for power plants are definn the Subpart 227.4 in

the Chapter | IReasomdbly RailghlelCantrdl Teechsology (RACT) For Major Facilities
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1 Voltagei If needed forApplic at i on of R &RROE®and no btlyer réasoh e (A
except NQ.

Thermali If needed for ARR 37 and no other reason except.NO

Loss of Gas If neededo protect NYC against a sudden loss of gas sugpdyno other
reason except NO?282

1 Multiple Reasasi If needed for two or three out of ARR 26, ARR ardLoss of Gas
The capacity is shown for each separate reason in the bar chart.

For voltage and thermal constraints, the capacity is stomtheload pocket that was secured
including:

1 AELP - Astoria EastLoad Pocket

AWLP - AstoriaWest/Queenwidge Load Pocket
AVLP - AstoriaWest/ Queens/Verndmoad Pocket
ERLP- East RiveilLoad Pocket

FRLP- FreshkillsLoad Pocket

GSLP- Greenvood/Staten Iend Load Pocket; and
SDLP- Sprainbook DunwoodieLoad Pocket

= =4 A A4 A -2

The pie chart in the figure shows the portion of total capacity committed under different reasons
for 2016 only.

of Oxides Of Nitrogen (N® -Cont r ol Requirementso, which is availa
http://lwww.dec.ny.gov/regs/4217.html#13915

282 SeeNYSRC Reliability Rules & Compliance Manuégérsion 35, See Section G.2 Local Area Operation:

Loss of Gas Supply New York City, Requirement R1.
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MinGen of Capacity Flagged as DARU/LRR/SRE (GWh
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Figure A-78: Supplemental Commitment for Reliability in New York City
By Category and Region, 20132016
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Figure A79: NOx Emissions from Units in New York City NOx Bubbles

Supplemental commitments for the NOx Bubble constraint ahating the fivemonth Ozone
season (i.e., from May to September) each year. The following analysis evaluates the overall
efficiency of such commitments.

Many simplecycle gas turbines in New York City emit NOx at rates that exceed the presumptive
RACT limits28® For owners of generators that emit beyond the presumptive RACT limits, they
the following t*®h%°ee Acompliance options?o

h a

vV e

Fuel Switching Option;

System Averaging PlainT h i s a Wdightedsavemge fipermissible emissiongate
across multip¢ generators; and

283

284

285

See 9NYCRR Il 822724 Cont r ol R &these presuraptive kmits.

See9d NYCRR Il , 8227-2.5(a)- (c) for more details.

A

fourth compliance option, fishu®NYCRRII®B227-an

2.5(d).
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91 Highersourcespecificemissionlimiti Thi s may b e applicekbhewed i f At h
presumptive RACT emission limit is not economically or technically feasiBi& 28’

Il n AiSystem Averaging Pl ano, t he engratoreanchgas on ow
turbines be measured for compliance together. Since the steam units emit below the presumptive
RACT limits, having a steam unit online when a gas turbine is operating will result in a lower

average NOXx rate than if the gas turbines dperalone.

For generation portfolios with approved System Averaging Plans, the NYISO has in turn

established an LRR constraint for each generation portfolio. These LRR constraints require that

at least one steam unit from each portfolio be committeddmchduring the fivenonth Ozone

season®® This is to ensure that the NOx emission |
committed in reatime. This LRR rule provides uplift payments to the generation owners when

the steam commitments are uneaoimat dayahead LBMPs.

Figure A 79 presents energy production and NOx emissions from different generation types for

New York City, by time of day and by load level. The bottom section shows average hourly

energy production foNOx Bubble gas turbines and steam units and average hourly offline

available capacity from combined cycles and simple cycle turbines with Selective Catalytic
Reduction (ASCRO) equi pment. The top section
emissions foNOx Bubble gas turbines and steam units.

286 The current economic feasibility threshold in the NYDEC regulations is $5,000 per t@bxafeduced.
This threshold was first introduced as $3,000 per ton of fd@uced (based on a 1994 finding). The
NYDEC el a$8,000.@0tddlas iM1994 equates to $4,637.73 dollars in 2012, which is then rounded
up to $5,000 by the Department to emsarevel of conservatism. S e 20 Hooldnic and Technical
Analysis for Reasonably Available Control Technology (RACT).

287 The NYDEC provides a template for calculating the cost of emissions controls per ton of NOx reduced at

http://www.dec.ny.gov/dodair_pdf/dar20tablel.pdf.

288 In May 2014, the NYISO updated one of three NOx LRR constraints to reflect that one portfolio could use

a combined cycle unit instead of a steam unit to balancethesimple | e t ur bi nes. See ARa\
Generating Station Nibgen Oxide Emission Control Strategy for Compliance with 6 NYCRR Subpart
2272 . 0
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Figure A-79: NOx Emissionsand Energy Production from NOx Bubble Generators
By Time of Day, by Load Category, for 2016
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Figure A-80: Frequency of Oubf-Merit Dispatch

Figure A-80 summarizes the frequency (i.e., the total stakioars) of @M actions on a
guarterlybasisin 2015 and 2016 for the following four regions in New Yd&): West Upstate,

which includes Zones A through E; (b) East Upstate, which includes Zones F through I; (c) New
York City, which is Zone J; and (d) Long Island,ianis Zone K.

In each region, the two stations with the highest number of OOM dispatchcuring 2016are

shown separatefy r om ot her stations (i.e., AStation #1
OOM hours in that reigomn#dariisngt RO ldéighastainan AvBit t
number of OOM hours)The figurealsoexcludes OOMs that prevent a generator from being

started, since these usually indicate transmission outages that make the generator unavailable.
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Figure A-80: Frequency of Outof-Merit Dispatch
By Region by Quarter, 20152016
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Key Observations: Supplemental Commitmentind OOM Dispatch for Reliability

1 An average of 440 MW of capacity was committed for reliability in 2016, down 32
percentfrom 2015.

- New York City (70 percent) and Western New York (24 percent) accounted for the
vast majority of reliability commitment in 2016.

1 Reliability commitments in WestnNew Y ork fell roughly 50 percent from 2015.

- The reduction wadriven partly by reduced local needs becauseaént
transmission upgrades that facilitated several unit retirements in Westerddik.
With several coal retirements, the vast majority of DARU commitmemnisreaently
occurred in the Central Zonetae Cayuga (Milliken) plant.

- SRE commitments in the North Zone have occurred much less freqsiecty
March 2014becausef transmission upgradéisatgreatly reducetbcal need.
NonethelessSRE commitments still occredin the North Zonevhen cerdin
transmission outagegerepresent.
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1 Reliability commitments on Long Island have occurred much less frequently in recent
years because of transmission upgrades in early. 2814

- DARU commitments rose modestly in the third quarter of 2016 betagiser Iad
levels andnoretransmission outages led to increased needs to prevent voltage
collapse from inadequate transient voltage recovery

- SRE commitmenta/eremainly to keepsteamturbines online during overnight hours

1 Reliability commitment in New York Citaveraged roughly 305 MW in 2016, down 24
percent from 2015. Most of these commitments in 2016 were made to satisflthe N
thermal and voltage requirements in the Astoria West/Queensbridge load pocket.

- Reliability commitments in Bw Y ork City are fregiently driven by transmission and
generation outages.

T Fewer transmission and generation outdgédo reduced local needs and fewer
reliability commitments ir2016

T Nonetheless, DARU commitments rose notably in the fourth quarter of 2016
when transmigen outages increased the needs in the Freshkills load pocket.

- The units often needed for local reliability were economically committed more
frequentlyin 2016, particularly in the second and third quarters, reflecting:

i Larger gas spreads betweeevNY ork City (on the low sidepnd the rest of
Eastern w York (on the high side);

I Lengthy nuclear outages in Lower Hudson Valtethe second quarteand
T Higher load levels in the summer.

9 Similar to prior years, our analysis indicates that in 2016 the NOXdugbhstraints did
not lead to efficient reductions in NOx emissions and most likely led to higher overall
NOXx emissions.

- When steam turbine units were committed for the NOx Bubble constréiatsutput
from thesteam turbine unitssuallydisplacedutput from newer cleaner generation
in New York Cityandor displaced imports to the city.

- On average, over 1.5 GW of offline capacity from newer and cleaner generators
(equipped with emissiereducing equipment) were available and unutilized in hours
when steam units were committed only for the NOx bubble constraint.

- The steam units emit approximately 13 times more NOx per MWh produced than the
newer generators with emissioeduction equipment.

289 The transmission upgrades included the installadfdthe West Bu®istributed Reactive Sources

( DRSS and Wildwood DRSSwhichhave reduced the need &):mmmit generation for voltage
constraints (see ARR 28); ab)lburn oil to protect Long Island from a loss of gas contingdrigge

NYSRC Reliability Rules & Compliance Manwérsion 35, See Section G.3 Local Area Operation: Loss
of Gas Supply Long Island, Rquirement R1).
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- Committing steam turbines for the NOx Bubble constrammtsly reduced output
from gas turbines with high emissions rates.

T In 2016, 95 percent of output from the NOx Bubble gas turbines occurred on days
with medium to high load levels, while 90 percent of the output from steam units
committed for the NOx comtrmint occurred on lovioad days.

T Hence, the commitment of steam turbines for NOx Bubble constraints rarely
coincided with the operation of gas turbines. In virtually all cases where a steam
turbine was running at the same time as a gas turbine, thetsitdame was
already committed for economics or some other reliability need.

1 Generators were dispatched @ftMe r i t ( A 6Z28tatfjorhbursm 2016
down 29percent fron2015.

- The decrease primarily occurred in Western New York, where OOM dspatc
accounted for 54 percent of all OOM statioours in 2016 and fell 43 percent from
2015 to 2016.

T The reduction in WesterndW Y ork was primarily attributable to transmission
upgrades that allowed timeothballof the last Dunkirk unit at the end 2015
which was frequently OOMed for local reliability needs.

i Relatively high OOM levels ithe second and third quartevere from frequent
OOM dispatch of the Milliken urstto securehe ElbridgeState Street 115kV
lines for various contingencies

- OOM dispath in Long Islandaccounted for 35 percent of OOM actions in 2016, up
modestly from 2015 and offsetting overall reduction in 2016.

T Most ofthese OOM instructions were to dispatch peaking generators to manage
voltage constraints on the East End of Lésignd. Higher load levels andchore
frequenttransmission outages led to increhseeds in the third quarter of 2016.

- Furthermore,tlte Niagarageneratowas often manually instructed to shift output
between the generatorsthé 115kVstation and the gemators at th@30kV station in
order to secureertain 115kV and/or 230kV transmission facilities

T However, these were not classified &88Min hours when the NYISO did not
adjust the UOL or LOL of the Resource

T In 2016 this manual shift was requir@adabout 60thours to manage 115 kV
constraints and i850hours to manage 230 or 345 kV constraints.

T This pattern has continued since the Huntley reactors were actinday 2016
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I.  Uplift Costs from Guarantee Payments

Uplift charges from guarantee payments accrue from the operation of individual generators for
local reliability and noflocal reliability reasons in both the dapead and redime markets.
Figure A-81 andFigure A82 summarize the three categories of thacal reliability uplift that

are allocatedo allLoadSer vi ng Entities (ALSEso0o) and the

are allocated to the local Transmission Owner.

The three categories of ndocal reliability uplift are:

1 DayAhead Market This primarily includes guarantee paymetatgenerators that are
economically committed in the daahead market. These generators receive payments
when dayahead clearing prices are not high enough to coveothkof their asbid costs
(includes starup, minimum generation, and incrementasts). When a DARU unit is
committed by the NYISO for statewide reliability, the resulting guarantee payments are
uplifted statewide. However, these account for a very small portion of DARU capacity.

1 RealTime Marketi Guarantee payments are made prilyao gas turbines that are
committed by RTC and RTD based on economic criteria, but do not receive sufficient
revenue to cover staup and other running costs over their run time. Guarantee
payments in the category are also made for: a) SRE commitarehtsutof-merit
dispatch that are done for bulk power system reliabliyymports that are scheduled
with an offer price greater than the réiahe LBMP; and c) demand response resources
(i.e., EDRP/SCRs) that are deployed for system reliability.

1 DayAhead Margin Assurance PayménGuarantee payments made to cover losses in
margin for genators dispatched by RTD below their ellyead scheduledVhen a unit
has been dispatched or committed for local reliability, anyadeead margin assurance
payments it receives are allocated as local reliability uplift. However, the majority of
day-ahead margin assurance payments are allocated dsaabmeliability uplift.

The four categories of local reliability uplift are:

1 DayAhead Markei Guarantee payents are made to generators committed in the

SCUC due to Local Rel i aAhead Retiapity Bnitd e ( A L RR

(ADARUO) for local reliability needs at
Although the uplift from payments to these unitaliscated to the local arefese
commitments tend to decrease ddnead pricesAs a result of lower prices, more (ron
local reliability) uplift is paid to generators that are economically committed before the
local reliability pass.

1 RealTime Marketi Guarantee payments are made to generators committed and
redispatched for local reliability reasons after the-alagad market. While this can occur
for a variety of reasons, the majority of this uplift is related to Supplemental Resource
Eval uaREON ¢a®mit ment s.

1 Minimum Oil Burn Compensation PrograinGuarantee payments made to generators
that cover the spad between oil and gas prices when generators burn fuel oil to help
maintain reliability in New York City due to potential natural gas sud@yuptions.
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1 Day-Ahead Margin Assurance PayménGuarantee payments made to cover losses in
margin for genettars dispatched odf-merit for local reliability reasons below their
day-ahead schedules.

Figure A81 & Figure A-82 Uplift Costs from Guarantee Payments

Figure A-81 shows the seven categories of uplift costs associated with guarantee payments on a
monthly basis fo2015and2016 The uplift costs associated with the EDRP/SCR regsusice

shown separately from other reéahe statewide uplift costs. The table summarizes the total

uplift costs under each category on an annual basis for these two keane A82 shows the

seven categories of uplift charges on a quarterly bag@liBand2016for four regions in New

York: (a) West Upstate, which includes Zones A through E; (b) East Upstate, which includes
Zones F through I; {dNew York City, which is Zone J; and (d) Long Island, which is Zone K.

The uplift costs paid to import transactions from neighboring control areas and EDRP/SCR
resources are shown separately from the generation resources in these four regions in the char
The table summarizes the total uplift costs in each region on an annual basis for these two years.

It is also noted thatigure A81 andFigure A82 are based on information available at the
reporting time and do not include some manual adjustments resulting from mitigation
consultations, hence, they can be different from final settlements.

Figure A-81: Uplift Costs from Guarantee Payments by Month

201571 2016
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Figure A-82: Uplift Costs from Guarantee Payments by Region
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Key Observations: Uplift Costs from Guarantee Payments

1 Total guarantee payment uplift f&@0 percent from 1 million in 2015to $43 million in
2016. The reduction was consistent with:

- Decreased supplemental commitment and OOM dispatoh#®e reasons discussed
earlier and

- Lower natural gas prices, which decreased the commitment costsfokdgamits
particularly in New York City

1 Of the total guarantee payment uplift in 2016:

- Local reliability uplift accounted for 63 percent, while Horal reliability uplift
accounted for the remaining 37 percent.

- Western New York accounted for 42 percent, New York &ugounted for 29
percent, and Long Island accounted for 21 percent.

1 Local uplift in Western Mw Y ork totaledmore thar$15 million, accounting foi36
percent of total guarantee upliifit2016

- Nearly all ofthe local uplift was paid to several units tthegre committed for
reliability and/or OOMed to manage congestion on the 11&d&vwsmission facilities.

1 Higher load levels on several days in July and August led to:
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Higher DAMAP payments to New York Cignd Long Islandjas turbinesDAMAP
payments tyjally accrued during intervals witleakttime price spikes when the units
were scheduled for energy in tay-ahead markdiut not in thaeattime market;

Higher guarantee payments teWY ork City units for the Minimum Oil Burn
requirement; and

Additional guarantee paymentsdemand respongesources because BDRP/SCR
activation.
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VI. CAPACITY MARKET

The capacity market is designed to ensure that sufficient capacity is available to satisfy New
Yorkds pl anni ng reats. eThexwaacityanarget pnovideg aganomiceignals

that suppl ement the signals provided by the N
combination, these three sources of revenue provide economic signals for new investment,
retirement decisia) and participation by demand response. In this section, we evaluate the
performance of the capacity market.

The New York State Reliability Council (ANYSR
(Al RMo) for NYCA, whi c h rvessneceskaey toaneeai thenre¢liabitity pl an
standards for New York State. The NYISO uses the IRM in conjunction with the annual peak

|l oad forecast to calculate the I n%¥4tThd | ed Capa
NYISO also determines the Minimum Locath a | Il nstalled Capacity Req
New York City, the GJ Locality, and Long Island, which it uses in conjunction with the

locational annual peak load forecast to calculate the locational ICAP requiréient.

Since the NYISO operatesanUrfoe d Capacity (AUCAPO) mar ket , t
translated into UCAP requirements, using locatiode availability rates known as Derating

Factors. The obligations to satisfy the UCAP requirements are allocated to the LSEs in

proportion to theiennual coincident peak load in each area. LSEs can satisfy their UCAP
requirements by purchasing capacity through bilateral contracts, ksckelfluling their own

capacity, or by participating in UCAP market auctions run by the NYISO.

The NYISO conduat three UCAP auctions: a forward strip auction where capacity is transacted
in six-month blocks for the upcoming capability period, a monthly forward auction where
capacity is transacted for the remaining months of the capability period, and a monthly spot
auction. The two forward markets are voluntary, but all requirements must be satisfied at the
conclusion of the spot market immediately prior to each month. Market participants that have
purchased more than their obligation prior to the spot auctiorselbaghe excess into the spot
auction. The capacity demand curves are used to determine the clearing prices and quantities

290 The ICAP requirement = (1 + IRM) * Forecasted Peak Load. The IRM was set at 17.5 percent in the most

recent Capability Year (i .e., the period from May 2
be found at 0 tgpd/Repdrts/ www. nysrc. o
2016%20IRM%20Tech%20Study%20Report%20Final%2032 5 . pdf o .

291 The locational ICAP requirement = LCR * Forecasted Peak Load for the location. The Long Island LCR

was 103.5 percent in the period from May 2015 to April 2016 and 102.5 péardkatperiod from May

2016 to April 2017. The New York City LCR was 83.5 percent in the period from May 2015 to April 2016
and 80.5 percent in the period from May 2016 to April 2017. The LCR for the newly implemedted G
Locality was set at 90.5 perden the period from May 2015 to April 2016 and 90 percent in the period
from May 2016 to April 2017. Each IRM Report recommends Minimum LCRs for New York City, Long
Island, and the @ Locality, which the NYISO considers before issuing recommended LCiRsannual
Locational Minimum Installed Capacity Requirements Study, which may be found at
fihttp://www.nyiso.com/public/markets operations/sersip&nning/planning_studies/index.gsp
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purchased in each locality in each monthly UCAP spot auéfioithe amount of UCAP
purchased is determined by the intersectiod ©AP supply offers in the spot auction and the
demand curve (adjusted for capacity sales through bilateral contracts and forward auctions).
Hence, the spot auction may purchase more capacity than is necessary to satisfy the UCAP
requirement when more capty is available.

Every four years, the NYISO updates the capacity demand cét¥@he demand curves are set

so that the demand curve price equals the levelized cost of a new peaking unit (net of estimated
energy and ancillary services revenue) whenguantity of UCAP procured exceeds the UCAP
requirement by a small margin. Each year starting in 2017, the demand curve is adjusted to
account for changes in estimated energy and ancillary services net revenue. The demand curve
price equals $0 when tlygiantity of UCAP procured exceeds the UCAP requirement by 12
percent for NYCA, 15 percent for theZ5Locality, and 18 percent for both New York City and

Long Island. The demand curve is defined as a straight line through these twé*foints.

This report galuates a period when there were four capacity market LocalitiesL.dBality
(Zones G to J), New York City (Zone J), Long Island (Zone K), and NYCA (Zones A t&8°K).
New York City, Long Island and the-GLocality are each nested within the NYCA Laiyal

New York City is additionally nested within thedLocality. Distinct requirements, demand
curves, and clearing prices are set in each individual capacity market Locality, although the
clearing price in a nested Locality cannot be lower than #aiolg price in the surrounding
Locality.

Figure A83throughFigure A86in subsections VIA i VI.C summarize: (a) trends in installed
capacity by technology and by location, (b) levels of capacity imports and exportstfrem
control areas, and (c) equival enfireddnisr ced out a

To evaluate the performance of the capacity market, the figures in the rest of the section show
the capacity market results from May 2015 through February.2Bigure A-87 throughFigure

A-90 summarize the categories of capacity $yamd the quantities purchased in each month in
UCAP terms as well as the clearing prices in the monthly spot auctionsse&tidn VID

evaluates NYCA overall,ral subsection VIE evaluates the performance in the local capacity
zones.

292 The capacity demand curves are not used in the forward strip auction and the forward monthly auction.

The clearing prices in these two forward auctions a

293 This rule was amended in 2016. Before the 2016 demand curve reset, each reset set the demand curves for

three years rather than four.

294 The demand curves also have maximum price levels which apply when UCAP procured falls substantially

below the UCAP regirement. The demand curves for the 2013/2014, 2014/2015, 2015/2016, and
2016/2017 Capability Years may be found in NYISO MST 5.14.1.2. The demand curves are defined as a
function of the UCAP requirements in each locality, which may be found at
fihttp://icap.nyiso.com/ucap/public/ldf view icap_calc_selectiol.do

295 The NYI SO beganl tloocneoldietly 6t hien iMay 2014.
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A. Installed Capacity of Generators in NYCA

Figure A-83- Figure A84: Installed Capacity Nameplate and Forecasted Peak Demand

The bottom panel dfigure A-83 shows the total installed summer capacity of generation (by
prime mover) and the forecasted and actual summer peak demands for the New York Control
Area for the years 2007 through 2027 Thetop panel ofigure A83 shows the amount of
capacity that entered or exited the market during each fegure A-84 shows a regional
distribution of generation resources and the forecasted and actuadinoident peak demand
levels for each region over the same timeframe. The installed capacity shown for each year is
based o the summer capacity rating of resources that are operational at the beginning of the
Summer Capability Period of that year (i.e., capacity online by May 1 of each given year).

Figure A-83: Installed Capacity Nameplate of Geneation by Prime Mover
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296 The summer peak demand shown is based on the &eecdY CA coincident peak demand from the Gold

Book of each year. The installed capacity shown is based on data from the 2016 NYISO Gold Book. The
actual UCAP available is lower than the nameplate ICAP due to the seasonal variations in available
capacityand due to various forced or unforced outages that reduce the actual generation capacity.
297 Data for the 2017 calendar year represents the capacity from the 2016 Gold Book updated with information
from the Generator Status Update files availablét://www.nyiso.com/public/markets operations/
services/planning/documents/index.jsp

A-156 | 2016 State of the Market Report


http://www.nyiso.com/public/markets_operations/

Appendix i Capacity Market

Figure A-84: Installed Capacity Nameplate of Generation by Region and by Prime Mover
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Key Observations: Installed Capacity in NYISO

T

The total generating capacity in the NYI$&nained relatively flat just under 40 GW
(summer) between 2007 and 2637 However, since 2007, almost 5 GW of capacity has
left the market by retiring or mothballing. In the same timeframe, more than 4 GW of
capacity has entered the market in the fofmeav resources or return of mothballed

units. The capacity mix in New York is predominantly gas and oil resources (64 percent)
while the remainder is primarilyydro and nuclear (15 and 14 percent, respectively).

- Reliance on natural gdsed capacity haincreased over the years, increasing from
63 percent of total capacity in 2007 to 65 percent today. This growth is primarily
attributable to new combined cycle resources which have increased by almost 2 GW.
Major gasfired unit additions include the Brire (Capital zone), Caithness (Long
Island), Astoria Energy Il (New York City), and Bayonne (New York City) facilities
that commenced commercial operations between 2009 and 2012. In addition, a 680
MW combined cycle facility in Zone G (CPV Valley Ener@gnter) is at an
advanced stage of development and is projected to be operational if?2018.

298

299

Capacity numbers listed in this section are nameplate values, unless otherwise noted.

See NYISOnterconnection Queue at
http://www.nyiso.com/public/webdocs/markets_operations/services/planning/Documents_and_Resources/|
nterconnection_Studies/NYISO_Interconnection_Queue/NYISO%20Interconnection%20Queue.xls

2016 State of the Market Report| A-157



Appendix i Capacity Market

- On the other hand, a combination of low gas prices and stronger environmental
regulations have led to the retirement of the majority of-iced generating fadties
in New York. The capacity associated with coal units has shrunk from more than 3
GW in 2007 to 1 GW in 2016, a 68 percent decré¥s@ther notable retirements
include Poletti 1 in NYC in 2010. Astoria 4 in NYC in 2012, and the Glenwood 04
and 05 uits in Long Island in 201%°*

- The implementation of policies favorable to renewable energy helped drive
investment in new wind resources, adding roughly 1.4 GW of nameplate capacity to
the state resource mi¥2 Most of this capacity is located in zones=Awith
significant amounts of additional wind capacity projected to enter as the procurement
of Tierl Renewable Energy Credits accelerates under the Clean Energy Standard.

1 As shown inFigure A-84, a dichotomy exists in the state between the eastern and western
regions with the western zones (Zone&)ypossessing greater fuel diversity in the mix
of installed capacity resources. This stands in cortmabe eastern zones (Zonesl\c
which tend to rely more exclusively on gas anefioddd resources.

- Gas and otfired generators comprise just under 30 percent of the installed capacity
in zones AE, whereas almost 100 percent of installed capacity ieZdrand K are
gas or oiffired units3°® The recently announced retirement of the Indian Point
nuclear units will exacerbate the downstate fuel diversity situation with almost the
entirety of remaining installed capacity in zone&®eing gas or oifired.3%*

- While the fuel diversity in the state exists primarily in the western zones, there has
been considerably larger new investments inword resources in the eastern zones
where capacity prices tend to be higher.

300 The reduction in coal capacity in the statel the corresponding drop in total installed capacity is not

directly oneto-one since four units at the Danskammer station converted from coal to natdiieddias

301 The owners of the Fitzpatrick nuclear plant submitted a notice of intent to reNm/@mber 2015.

However, the plant owner has subsequently initiated several actions (including those related to refueling
and sale of the plant) that indicate the plant will continue to operate. Although the plant owner has not
rescinded its notice, thei® considerable evidence to suggest the plant will remain in service. Therefore,
we did not deem the unit as retired for the purpose of our installed capacity estimate for 2017.

802 See Section |.G of the Appendix for the contribution of federal andiatagtives to the net revenues of a

hypothetical wind unit in New York.

303 This excludes small contributions from AOthero fuel

304 Entergy announced on Jan 9, 2017 its intentions to close the Indian Point nucleiar2023 and 2021.

See: Ahttp:// www. e n-evs/entergyeywificiale-agmeindianpdint-clbsue2020
20211/ 0.
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B. Capacity Imports and Exports

Figure A85 NYISO Capacity Imports and Exports by Interface

Figure A-85shows the monthly average of net capacity imports into the NYISO from
neighboring control areas from Winter 2006/07 through Winter 203%/aibng with capacity

prices in the New York Contrérea and its neighboring control areas. The capacity imported
from each region is shown by the positive value stacked bars, while the capacity exported from
the NYCA is shown as negative value bars. The capacity prices shown in the figure are: (a) the
NYCA spot auction price for NYISO; (b) the RTO price in the Base Residual Auction for PJM;
and (c) the NY AC Ties price in the Forward Capacity Auction for-NED

Figure A-85: NYISO Capacity Imports and Exports by Interface
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Key Observations: Capacity Imports and Exports

1 Capacity imports and exports flow between NYISO and three of its neighboring regions:
Hydro Quebec, PJM, and ISOE . NYI SOb6s capacity imports
fluctuated over the yas and have exhibited a seasonality that is a function of several
factors, including but not limited to the price differences between control areas.

1 HQ is a large exporter of hydro capacity with an internal load profile that peaks in the
winter. As suchsince the summer 2010 capability period, the imports from HQ have

305 This data shown is the monthly average of capacity imported/ exported over the capability period.
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generally been at their maximum CRa8ocated value, averaging nearly 1.2 GW in

summer capability periods. However, imports from HQ during winter months dip
substantially with the dire@in of capacity fl ows reversing
internal needs.

Imports from PJM constitute the second largest source of external capacity into the
NYISO.

- Imports from PJM were substantial prior to the summer 2009 capability period, and
exceeded GW during several capability periods. However, the level of imports
from PJM has remained fairly low since the NYISO Open Access Transmission
Tari ff (AOATTO) was amended to place mor e
external capacity sourcé®,

- Thistrend reversed in the past two capability periods, with imports from PJM
increasing by 400 MW to 500 MW in the summer and winter capability periods. A
majority of this capacity has originated from gas units in Pennsylvania and New
Jersey which are contriing with suppliers in New York per PJM guidelines to delist
and register as capacity resources in New York.

- Capacity price differences between the NYISO and PJM are not the only driver of
capacity imports. There are also major structural differendesbe the two
regionso procurement mechareasfogard( e. g. , pa
procurement relative to New Yorkdéds mont hl

Capacity located in the NYISO has typically been a net exporter tNES@lthough the
magnitude othis flow has diminished in the past several years. As is the case with PJM,
ISO-NE operatesa-§ e ar For ward Capacity Mar ket (AFCN

- Since 2010, between 100 and 200 MW of capacity have steadily exportediESO
while the imports from ISENE have rangd from 0 to 200 MW, primarily from small
hydro units.

T Recent retirements in New England and structural changes to the Forward
Capacity Auctions (e.g. sloped demand curves) have yielded much higher
capacity prices for future capability periods beginninthenSummer of 2017.

306

307

NYISO filed tariff revigons to the OATT that redefined the requirements for external generators to acquire

and maintain CRIS rights pursuant to Section 25 of Attachment S of the OATT. These filings followed the
FERCGO6s decision supporting t helb, a089.far maesinformatiod,2 6 FERC
refer to:https://www.ferc.gov/whatsew/commmeet/2009/01150942.pdf

The PJM Capacity Market Manual outlines the guidelines for a restraroéts regions to qualify as

exporters to neighboring regions such as New York by applying a transmission charge and demonstrating
transmission capability. The charge is determined as a function of the price delta between the PJM price

the resource wodlreceive and the outside region price, in this case the respective NYISO price. More
information on PJM&és protocols can be reviewed at
https://www.pjm.com/~/media/documents/manualsraghx
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Consequently, larger amounts of New York capacity will be exported taNISO
in the coming years.

1 The NYISO signed an MOU with IESO in 2016 regarding import of capacity from
Ontario beginning with the Winter 202817 Capability Perah. Therefore, the imports
into NYISO are likely to be augmented by capacity imports from Ontario which has
fulfilled the necessary steps to be granted capacity import fghts.

C. Equivalent Forced Outage Rates andDerating Factors

The UCAP of a resource igjeal to the installed capability of a resource adjusted to reflect the
availability of the resource, as measured by its Equivalent Forced Outage Rate on demand
(AEFORdO) . A generator with a high frequency
(i.e. a unit with a high EFORd) would not be able to sell as much UCAP as a reliable unit (i.e. a

unit with a low EFORd) of the same installed capacity. For example, a unit with 100 MW of

tested capacity and an EFORd of 7 percent would be able to sell 96f\M®AP.3%° This

gives suppliers a strong incentive to provide reliable performance.

As discussed previously, the Localdgpecific Derating Factors are used to translate ICAP
requirements into UCAP requirements for each capacity zone. The NYISO cothmgutes

derating factor for each capability period based on the weigivexhge EFORd of the capacity
resources that are electrically located within the zone. For each Locality, a Derating Factor is
calculated from the six most recentidi@nth rolling averge EFORd values of resources in the
Locality in accordance with Sections 23°5 and

Table A6: Historic Derating Factorsby Locality

Table A6 shows the Derating Factors the NYISO calculated for each capacity zone from
Summer 2012 onwards.

308 The NYISO Installed Capacity Manual outlines the steps required for capacity outside of the state to

qualify as an External Installed Capacity Supplier in sections 4.9.1. See:
http://www.nyiso.com/public/webdocs/markets_operations/documentsidlarand _Guides/Manuals/Ope
rations/icap_mnl.pdf

309 The variables and methodology used to calculate EFORd for a resource can be found at

http://www.nerc.com/pa/RAPA/gads/DataReportingInstructions/Appendix_F4G2TEquations. pdf
310 The Derating Factor used @ach sixmonth capability period for each Locality may be found at:
fihttp://icap.nyiso.com/ucap/public/ldf_view_icap calc_detad.do
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Table A-6: Derating Factors by Locality
Summer 2012 Winter 2016/17

Locality Summer Summer Summer Summer Summer| Winter Winter Winter Winter Winter
2016 2015 2014 2013 2012 2016/17 2015/16 2014/15 2013/14 2012/13
G-l 5.00% 3.40% 6.86% N/A N/A 6.46% 4.24% 5.72% N/A N/A
LI 7.27% 7.83% 7.65% 6.84% 9.31% 6.36% 9.02% 8.28% 7.37% 9.34%
NYC 953% 6.92% 5.44% 559% 6.79% 5.44% 10.49% 5.06% 6.63% 5.11%
A-F 10.62% 10.21% 10.92% N/A N/A 8.12% 9.43% 8.50% N/A N/A
NYCA | 9.61% 854% 9.08% 8.91% 9.18% 7.25% 9.06% 7.32% 8.31% 7.17%

Key Observations: Equivalent Forced Outage Rates

1 The NYCAwide Derating Factor increased from Summer 2015 to Summer 2016 while
the Derating Factor for the Winter 2016/17 Capability Period fell relatitleetdVinter
2015/16 Capability Period.

- The change in NYCAvide summer Derating Factor can largely be attributed to the
increases in the EFORd of generation located in Zorés G

- The drop in the NYCAwide winter Derating Factor is due to the significaetrgase
in EFORds in Zones J and K, and to a lesser extent in Zoffres A

1 The Derating Factor for ZonesRis generally higher than the values observed in other
zones.

- As shown inFigure A-84, nearly 10 percent of the installed generating facilities
located in Zones A are intermittent in nature. Consequently, the average EFORd of
capacity resources located in Zone§ As higher than the average EFOR for other
zores, where the resources are predominantly gafredl or nuclear units.

1 The Derating Factor for the-Gregion increased primarily from lorigrm derating at a
specific generator in the locality.

1 The overall mix of capacity resources located in Lohani$, as shown ifigure A84,
has a high proportion (84 percent) of older steam and peaking units, when compared to
NYC (65 percent).A number of relatively new combined cycle units (over 2.2 GW of
capacity that is leshan 10 years old) are also located in NYC. As a result, the Derating
Factors for Long Island have generally been higher than those for NYC.

Figure A-86:. Gas and AiFired EFORds by Technology Type and Region

The rest of this subection discusses the distribution of the EFORd values for combined cycle
gas, steam turbines, and oil and-§iesd peaking units based on a binary age classifiction.

Figure A4 depictsseveral pieces of material pertaining to the EFORA distributions of natural gas
and oilfired units. The EFORd ranges are given based on technology type and age designation
(i.e., old or new based on whether the unit is less than or equal to 20 yeaEaokdgolumn

811 The age classification is based on &ige of the plant. Units that are older than 20 year are tagged as

AOLDO while younger units are marked as ANEW. 0
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then is bounded by two dashed lines that denote the full range of observed EFORd values for the
given technology. As such, the upper most dash corresponds to the maximum value observed
while the lower one is the minimum. Next there are tileran bars for each technologge

category that indicate the EFORd spread of the middle two quartiles (i.e. 25 to 75 percentile).
The line inside each bar denotes the median value of EFORd for the capacity in the category.
The table included in the chayives the capacityeighted average age and EFORd of each
technologyage category.

Figure A-86: EFORd of Gas and Oitfired Generation by Age
Summeli Five-Year Average

80%
Unit Type Age (Yr) EFORd
"Old" Combined Cycle 23 5%
70% | "New" Combined Cycle 10 2%
-All Combined Cycle- 15 2%
60% |"Old" Peaker (Oil & Gas) 42 13%
"New" Peaker (O1l & Gas) 11 5% -
-All Peaker (Oil & Gas)- 32 11% :
- : FullEFORdA
_ S0% ST (0il & Gas) 47 6% Hs“\ Range
& i
O 40% i
= |
= i
309 25th to 75th !
EFORA percentile of !
Median EFORd Range
20%
N l
0% [
ST (0Oil & Gas) "OLD" "NEW" "OLD" "NEW"

Combined Cycle Combined Cycle Peaker (Oil & Gas) Peaker (Oil & Gas)

Key Observations: EFORd of Gas and Oil Units

1 As shown inFigure A-86, both the prime mover of a unit and the unit age are important
drivers of the EFORJ distribution.

1 Combined cycle units are the youngest gasalrfired generators in New York and
have lower average EFORd values than steam turbine and peaking units.

1 Steam units tend to have a second lowest EFORd despite being the oldest units on
average in the state.

- The methodology for calculating EFORd edlion a number of factors, including the
number of hours during which the plant generates power. In situations where two
units have similar operating profiles insofar as the outage frequency per start, outage
duration, and the number of starts, the EF@®&dulation favors the unit that runs for
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more hours per start. Consequently, steam units have lower EFORds than peaking
units.

1 The EFORd values for peaking units tend to be highest on average and also exhibit a
greater degree of variance when compaoeather types of units.

- The age of peaking units in New York ranges from five years to fifty years. The
reliability (and EFORJ) of a unit is likely to be affected by the age of the facility.

- Peaking units tend to have higher operating costs thanutiie and are likely to be
committed for fewer hours a year. So, the number of sample hours over which the
relevant observations (for calculating the EFORd) are made is small. This contributes
to the high variance in estimated EFORds across peakitgy urherefore, for units
that are equally likely to experience a forced outage, the EFORd calculation
methodology is likely to result in a greater variance in EFORdSs for units with high
operating costs, when compared to the variance in EFORds for aajnmape
efficient units.

D. Capacity Market Results: NYCA

Figure A-87: Capacity Sales and Prices in NYCA

Figure A-87 shows capacity market results in the NYCA for the past foumsirth Capability

Periods. In the lower portion of each figure, the bars show the quantities of internal capacity

sales, which includebae s r el ated to Unforced Deliverabil:|
SCRs??2 The hollow portion of each bar represents th&tate capacity in each region not sold
(including capacity not offered) in New York or in any adjacent market. The line irslitete

capacity requirement for each Capability Period for NYCA. Addition&ligyure A-87 shows

sales from external capacity resources into NYCAexbrts of internal capacity to other

control areas. The upper portion of the figure shows clearing prices in the monthly spot auctions

for NYCA (i.e., the Rest of State).

The capacity sales and requirementBigure A87 are shown in the UCAP terms, which reflect

the amount of resources available to sell capacity. The changes in the UCAP requirements are
affected by changes in the forecasted peak load, the minimum capacity requirement, and the
Derating Factors. To bettélustrate these changes over the examined pdfigdre A-87 also

shows the forecasted peak load and the ICAP requirements.

312 Special Case Resources (ASCRso0) are Demand Side Res

upon demand, and/or Demand Side Resources that have a Local Generator, which is not visible to the
| SO6s Mar ket I nfor mat i onigHerythat cambe aperdteditogeducalivamdfoml 0 0 Kk V
the NYS Transmission System and/or the distribution system at the direction of the NYISO.
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Figure A-87: UCAP Sales and Prices in NYCA
May 2015 to April 2017
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Key Observations: UCAP Sales and Prices in New York

1 Seasonal variations drive significant changes in clearing prices in spot auctions between
winter and summer capability periods.

- Additional capability is typically available in the Winter Capability Periods due to
lower ambient temperatures, which increase the capability of some resources to
produce electricity. This contributes to significantly lower prices in the winter than in
the summer.

- Capacity imports from Quebec typically fall in the coldest winter months (i.e.,
December through March), since Quebec is a winter peaking region. This reduction
partially offsets the decreases in clearing prices during these months.

1 UCAP spotprices rose modestly in Rest of State in the 2016 Summer Capability Period

relative to the same period during the prior year, while Winter 2016/17 prices fell from
the previous year.

- The spot price averaged $4.08/kWonth in the Summer 2016 CapabilRgriod,
which was up 7 percent from the prior summer, and $0.4#HioNth in the Winter
2016/17 Capability Period, which was down 50 percent from the prior winter.
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- Summer prices rose as a result ofrir@hballfetirement of older generators such as
Huntley67 and 68 and Dunkirk 2 with higher imports from external regions,
primarily from PJM, offsetting some of the price increase.

- Winter prices fell primarily due to increased imports from external regions (more than
60 percent) and the return to full servafeexisting generators.

T On the demand side, the ICAP requirement fell 77 MW (0.2 percent) from the
2015/16 Capability Year because of a modest decrease in the peak load
forecast!?

- However, the UCAP Requirement fell 490 MW (1.8 percent) in the Summer
Capaility Period while increasing 640 MW (2.4 percent) in the Winter Capability
Period because of the variations in Derating Factor over the period.

T In the shorterm, spot capacity prices are affected most by the ICAP Requirement
in each locality (as oppode¢o the UCAP Requirement), since variations in the
Derating Factor closely track variations in the weigkdedrage EFORd values of
resources.

i However, in the longerm, higher Derating Factors tend to increase the IRM and
the LCRs because the IRM Repircorporates EFORd values on a fiyear
rolling average basis.

E. Capacity Market Results: Local Capacity Zones

Figure A-88- Figure A90: Capacity Sales and Prices in NYC, LI, and thé Gocality

Figure A-88to Figure A90show capacity market results in New York City, Long Island, and
the GJ Locality for the past four simonth Capability Briods. These charts display the same
quantities agigure A-87 does for the NYCA region and also compare the spot prices in each
Locality to the ResOf-State prices.

In addition to the changes that affect the NYCA capacity requirements (e.g., forecasted peak load
and the Derating Factors), requirements in the local capacity zones can also be affected by
changes in the Local Capacity Requirement @inatunrelated to load changes.

313 ICAP Requirements are fixed for an entire Capability Year, so the same requirements were used in the

2016 Summerrad 2016/17 Winter Capability Periods. UCAP Requirements are fixed forramih
Capability Period, since the Derating Factor for each locality is updated every six months, causing
differences in the UCAP requirements during the summer and winter éappéiiods for the given year.
Generally, the directional change in ICAP requirement is positively correlated to the its impact on spot
prices.
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Figure A-88: UCAP Sales and Prices in New York City

May 2015 to April 2017
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Figure A-89: UCAP Sales and Prices in Long Island
May 2015 to April 2017
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Figure A-90: UCAP Sales and Prices in the @ Locality
May 2015 to April 2017
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Key Observations: UCAP Sales and Prices in Local Capacity Zones

1 As in the statewide market, seasonal variations substantially affect the market outcomes
in thelocal capacity zones.

1 UCAP spot prices fell in the New York City and the Long Island capacity zones in the
2016/17 Capability Year from the prior Capability Year, but rose slightly in tie G
Locality year over year. Specifically,

- New York City spofrices fell: (a) 20 percent to an average of $12.24fk@nth in
the Summer 2016 Capability Period; and (b) 42 percent to an average of $3.48/kW
month in the Winter 2016/17 Capability Period.

- Long Island spot prices fell: (a) 19 percent to an average 68&4/-month in the
Summer 2016 Capability Period; and (b) 71 percent to an average of $0-47/kW
month in the Winter 2016/17 Capability Period.

- The GJ Locality spot prices increased: (a) 1.6 percent to an average of $9:24/kW
month in the 2016 Summer CapldgiPeriod; and (b) 7 percent to an average of
$3.48/kWmonth in the Winter 2016/17 Capability Period.

1 The spot prices in New York City fell largely because:

- The ICAP requirement fell by 467 MW (or 4.7 percent) from the 2015/16 Capability
Year to the 208/17 Capability Year, which was primarily due to a decrease in the
LCR requirement from 83.5 to 80.5 percent.
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- Furthermore, the decrease in the LCR was compounded by a 136 MW (or 1.2
percent) decrease in the peak load forecast.

- The mothballing of a subsef Astoria and Ravenswood GTs offset some of the
decrease in UCAP prices in Zone J.

1 The spot prices fell in Long Island primarily because the ICAP requirement fell by 117
MW (or 2 percent) in the 2016/17 Capability Year because of a decrease in theobCR f
103.5 percent to 102.5 percent.

- Long Island spot prices cleared above the lRéState prices in a subset of the
summer months; otherwise, prices in Long Island cleared atoR&sate levels.

- UCAP sales from generation located in Long Islane h&ing the Winter 2016/17
capability period as a result of minor improvements in EFORd across several
generators.

1 The spot prices in the-G Locality increased slightly because:

- The decrease in the amount of capacity supply was larger than the detrease i
capacity requirement that fell by 109 MW. This was primarily due to a substantially
worse EFORd of a large ICAP supplier.

1 Overall, very little capacity was unsold in theJ&ocality, New York City, and Long
Island in 2016.

Figure A91: Capacity Procurement by Type and Auction Price Differentials

Figure A-91 describes the bredkwn of capacity procured by mechanism (bilateral markets,

strip auctions, monthly auctions and spot auctions) and the resulting prices for various auctions
over the last twelve capability periods. Bilateral price information is not reported to the NYISO
and therefore not included in this image from a pricing perspective. The stacked columns
correspond to the left vertical axis and indicate the percentage of total capacity procured via the
four procurement methods for each month in a given capability pdidtop panel of the chart
(corresponding to the left vertical axis) shows the monthly prices for each of the spot, monthly
and strip auctions since the Summer 2010 capability period on apeHkitowatt-month basis.
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Figure A-91: Auction Procurement and Price Differentials
May 20101 February 2017

I Bilateral Capacity I Strip Capacity ENEINMonthly Capacity
B Sp ot Capacity — Strip Price —NMonthly Price
—5Spot Price
S8 .; g
S6 & &
z E
$4 =2
g <
52 =%
S0

100%
80%0
60%0
40%0
20%p

0%

Key Observations: Capacity Procurement and Price Comparison

Percent of UCAP Procured

Summer 2010
Winter 2010/11
Summer 2011
Winter 2011/12
Summer 2012
Winter 2012/13
Summer 2013
Winter 2013/14
Summer 2014
Winter 2014/15
Summer 2015
Winter 2015/16
Summer 2016
Winter 2016/17

1 Almost 80 percent of the total UCAP in NYCA is procured via bilateral transactions (41
percent in Summer 2016) ar ihe spot market (38 percent in Summer 2016). The

remaining capacity is procured through the strip (8 percent in Summer 2016) and
monthly (14 percent in Summer 2016) auctions.

- The proportions of capacity procured through the four different mechanisms has
remained in a relatively narrow range over the past twelve capability periods, with the

procurement in the spot market increasing slightly at the expense of the other three
mechanisms.

1 Since Summer 2011, monthly and the spot auction prices have frequestlget at a
premium to the strip price during the summer capability periods.
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VII. NET REVENUE ANALYSIS

Revenues from the energy, ancillary services, and capacity markets provide the signals for
investment in new generation ate: retirement of existing generation. The decision to build or
retire a generation unit depends on the expected net revenues the unit will receive. Net revenue
is defined as the total reven(iecludingenergy, ancillary services, and capacgyenuesjhata
generator would earn in the New York markets less its variable production costs.

If there is not sufficient net revenue in the skrart from these markets to justify entry of a new
generator, then one or more of the following conditiexist

1 New capcity is not needed because sufficient generation is already available;

1 Load conditions are below expectations due to mild weather or reduced demand, leading
to lower eneggy prices than expected; and

1 Market rulesor conduciare causing revenues to beueed inefficiently.

Alternatively; if prices provide excessive revenues in the shorfthis wouldindicate a

shortage of capacity, unusually high load conditions, or market rules or conduct resulting in

inflated prices.Therefore, the evaluationdite net revenues produced fr
markets is one of our principal means for assessing whether the markets are designed to provide
efficient longrun economic signals.

We estimate the net reverstbe markets would have provided {a) new and eisting gasfired
units, (b) new utilityscale solar PV units, (c) new onshore wind units, and (d) existing nuclear
plants. Net revenues vary substantially by location, essestimatethe net revenues thaach

unit would have received atnumber of locadns across New York.

A. GasFired and Dual Fuel Units Net Revenues

We estimate the net reverstbe markets would have providedttoee types of older existing
gasfired units and to the thrdagpes ofnew gasfired unitsthat have constituted most of the new
generation in New York:

1 Hypothetical new units (a) a 2x1 Combined Cycle (ACC
aeroderivative combusti on t#ypeHCiss smplei L MS0)
cycle combustionturbine iFr ame 70) wuni t ; and

1 Hypothetical existingunits( a) a Steam Tur bi-mmuteGasSTO) unit
TurbindBO0OdNGTInit-mi and e( GasaJ@@@)Dbiuwmrei t(.AGT
We estimate the historical net energy and ancillary services revenues-foedamits based on
prices at twdocationsin Long Island, the 345kV portion of New York City, the Hudson Valley
Zone, the Capital Zonand the West ZonéNe also use locatiespecific capacity prices from
the NYI SO6s spot capsadc inteyt neanrekregtys .a n dF uatnucriel |yaer
revenues are based on zonal price futures for each individual Zénesyy and ancillary
services revenues for units in the Capital Zone and West Zone, energy prices are based on
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average zonal LBMPs. Fapng Island, results are shown for Biaithness CC1 generator bus,
which is representative of most areas of Long Island, and for the Barrett 1 generator bus, which
is representative of the Valley Stream load pocket. For New York City, results arefsindmen
Ravenswood GT3/1 generator bus, which is representative of most areas of the 345kV system in
New York City. For the Hudson Valley zone, results are shown for the average of LBMPs at the
Roseton 1 and Bowline 1 generator buses, since these arsamative of areas in the Hudson
Valley zone that are downstream of the URNENY interface.

Table A7 to Table A10: Assumptions for Net Revenues of Fossil Fuel Units

Our methodology for estimating net revenues forfgas units is based on the following
assumptions:

1 All units arescheduledefore each dalgased on daghead prices, consideg
commitment costs, minimum run times, minimum generation levels, and other physical
limitations

1 CcCand ST unitsnay sell energy, Hhninute spinning reserveand 3Gminute reserves;
while combustion turbines may sell energy a@eminute or30-minutenon-spinning
reserves

1 Combustion turbine@including older gas turbinegye committedn reattime based on
RTC prices’* Combustion turbines settle with the ISO according totigs market
prices andhe deviation from their daghead scheduleTo theextent that these
combustion turbines are committed uneconomically by RTC, they may receive DAMAP
and/or Reallime BPCG payments. Consistent with the NYISO tariffs, DAMAP
payments are calculated hourly, while R€ahe BPCG payments are calculated over t
operating day.

1 Online units are dispatched in rgahe consistent with the hourly integrated réale
LBMP and settle with the 1ISO on the deviation from their-dhgad scheduleHowever,
for the ST unit, a limitation on its ramp capability is assditeekeep the unit within a
certain margin of the daghead schedule. The margin is assumed to be 25 percent of the
maximum capability.

1 All technology types are evaluated under-gak/ and duafuel scenarios to assess the
incremental profitability of dal-fuel capability.

- Combinedcycle units and new combustion turbines are assumed to use diesel oil,
older gas turbines are assumed to use-ldtvasulfur diesel oil, and steam turbines
are assumed to use lesulfur residual oil.

314 Our method assumes that such a unit is committed for an hour if the average LBMP in RTC at its location

is greater than or equal to the applicable stigrand incremental energy cost of the unit for one hour. This
uses the RTC LBMPs posted on the NYI SO6s website.
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- During hourly OFOs ilNew York City and Long Island, generators are assumed to
be able to operate in retaine above their daghead schedule on oil (but not on
natural gas). Dudueled steam turbines are assumed to be able to run on a mix of oil
and gas, while dudlieled canbinedcycle units and combustion turbines are
assumed to run on one fuel at a time.

- During hourly OFOs in New York City and Long Island, generatorassamedo
offer in the dayahead market as follows:

Table A-7: Day-aheadFuel Assumptions During Hourly OFOs31®

Technology Gas-fired Dual Fuel
Combined Cycle Min Gen only Oil
Gas Turbine No offer Oil
Steam Turbine Min Gen only Oil Gas**

1 Fuel costsncludea 6.9 percentatural gas excisax for New York City unitsa one
percent gas excise tax for Long Island urats] transportatioand other chargesn top
of the dayahead index pricas shown intte table below. Intraday gas purchases are
assumed to be at a premium due to gas market illiquidity and balancing charges, while
intraday gas sales are assumed to be at a discount for these reasons. The analysis
assumes a premium/discount as shown irighke.

Table A-8: Gas and Qil Pricelndices and Other Charges by Region
lransportation & Other Charges ($/MMBTU) Intraday Premium/

Region Gas Price Index Natural Gas Diesel/ ULSD Residual Oil Discount
West Dominion North $0.27 $2.00 $1.50 10%
Central Dominion North $0.27 $2.00 $1.50 10%
Capital Iroquois Zn2 $0.27 $2.00 $1.50 10%
Hudson Valley50% Iroquois Zn2, 50% Millenium $0.27 $1.50 $1.00 10%
New York CityTransco Zn6 $0.20 $1.50 $1.00 20%
Long Island Iroquois Zn 2 $0.25 $1.50 $1.00 30%
T Regional Greenhouse Gas Initiatiforall (ARGGI 0O

years However, the older GBO unit is assumed not to have RGGI compliance costs
because the RGGI program does not cover units below 25 MW.

1 The minimum generation level is 454 MW for the CC 2x1 unit and 90 MW for the ST
unit. At this level, he heat rate is B8 btu/kWh for the CC 2x1 unit and 13,000 btu/kWh
for ST unit. The heat rate and capacity for a unit on a given day are assumed to vary
linearly between the summer values on August 1 and the winter values on February 1.
The summer and winter values ah®wn in the following two tables

315 **Dual-fuel STs are assumed to offer Min Gen on the least expensive fuel and to offereimeleznergy

on residual oil in the DAM.
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1 Wealso use the operating and cost assumptions listed in the following table

Table A-9: New Gasfired Unit Parameters for Net Revenue Estimated®

o Frame 7 Frame 7
Characteristics CC 2x1 LMS with SCR no SCR
Summer Capacity (MW) 668 202 230 230
Winter Capacity (MW) 704 218 230 230
Summer Heat Rate (Btu/kwh) 7028 9153 10193 10187
Winter Heat Rate (Btu/kWh) 6900 8993 10040 10020
Min Run Time (hrs) 4 1 1 1
Variable O&M - Gas (2016$/MWh) $2.4 $5.6 $0.8 $0.2
Variable O&M - Oil (2016$/MWh) $2.8 $9.6 $2.7 $1.5
Startup Cost (2016%) $0 $0 $10,816 $10,560
Startup Cost (MMBTU) 3700 61 350 350
EFORd 2.50% 2.17% 2.17% 2.17%

Table A-10: Existing Gas-fired Unit Parameters for Net Revenue Estimates

Characteristics ST GT-10 GT-30
Summer Capacity (MW) 360 32 16
Winter Capacity (MW) 360 40 20
Heat Rate (Btuw/kWh) 10000 15000 17000
Min Run Time (hrs) 16 1 1
Variable O&M (2016$/MWh) $8.2 $4.6 $5.6
Startup Cost (20169%) $6,132  $1,226 $530
Startup Cost (MMBTU) 2000 50 60
EFORd 5.14% 10.46% 19.73%

Figure A92 andFigure A93. Forward Prices and Implied Heat Rate Trends

We estimate the net revenues from 2017 to 2019 using fopuaessfor power, fuel and

capacity>!’” We developed the hourly day ahead power docecast for eachoneby adjusting

the 2016 LBMPs using the ratio of monthly forward prices and the observed monthly average
prices in 2016 We held the reserve prices for future years at their 2016 leigare A92

shows thevariationin the forward prices and implied marginal heat rates for Zone A and Zone G
over a six month (Julpec, 2016) trading periodn generalthere is considerablelatility in

powe and gas forward pricekuring the last two quarters of 2018he zonal forward prices in

316 These parameters are based on technologies studied as part of the 2017 ICAP Demand Curve reset. The

CC2x1 unit parameters are based on the Cost of New Entry Estimates for Combined Cycle Plants in PJM.
The CONEestimate for gafired units in West Zone are based on data from Zone C in the 2017 ICAP
Demand Curve reset study.

817 We used average monthdppacityforwards pricing dataverthe periodof October2016through

Deember2016 for theNYCA and New York Cityzones. In the years or Localities for which capacity
forward data were not available, we assumed the latest observed or forward capacity prices for the purpose
of our net revenue analysis.

318 Our net revenue estimates for the 2d®Aime period are based on zonal and not nodal prices.
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Zone G have ranged from $34 to $41 while Zone A forward prices were in the $29 to $35 range.
Therefore, ve used the trailing 98ay average of the forward pricesat January 1st 2017n

contrast the implied marginal heat rates (and the spark spreads) have been reasonably stable
over the last six months in all zones except for the West 200asequentlythe estimated net
revenue®f gasfired units in most loations are less volatile than the net revemfi@®n-gas

fired (i.e.,nuclear and renewablanits.

Figure A-93 shows the assumed monthly forward power and gas prices for th&@0% period

along with the observed monthly averggi&Eesduring the 20142016 period. The power

forward prices for 201@re considerably higher than the 2016 prices, but are significantly lower
than 2014 and 2015 levels. The forward prices for 2018 and 2019 delivery of power and gas are
only slightly lower than the 2017 prices. The yeaeryear change in pricing of gasd power

forward prices are generally consistent with each other in all locations except for New York City,
where gas prices are expected to rise by 83 percent while power prices are expected to rise by 35
percent. This indicates that the higher imphearginal heat rate observed in 2016 for New

York City (see Section I.E of the Appendix) is expected to diminish and revert to the level
observed in 2015.

Figure A-92: Forward Prices and Implied Marginal Heat Rates by Transaction Date
2017, 2018, & 2019 Strip Prices from July to December 2016
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Figure A-93: Past and Forward Price Trendsof Monthly Power and Gas Prices
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Net revenues and CONE values are shown petykdf of Summer Installed Capabilifijable
A-11shows our estimates of net revenues and run hours for all the locations and gas unit types in
2015. Table A12 shows a detailed breakout of quarterly net revenues and run hours for all gas

fired units in 2016.

319

The CONE for the CC 2x1 units are based on publicly available cost information for the latest of the

proposed largscale CC projects in Long Island (Caithness Il) and LHV (Cricket Valley Energieen

For the CC2x1 unit in NYC, we show the cost of the CC 1x1 unit from the latest Demand Curve Reset
study. We limit the capacity factor of the unit to 75% and assume that the unit will secure a property tax
exemption. The CC 2x1 CONE shown for upstzones is based on the CONE assumed for LHV.
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Figure A-96: Net Revenue& Cost for Fossil Units in Capital Zone
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Figure A-98: Net Revenue& Cost for Fossil Units in New York City
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Table A-11: Net Revenudfor Gas-Fired & Dual Fuel Units

2016
2016 Net Revenue ($/kW-yr) Real Time Run Hours
Location Unit Type Capacity Gas Only Dual Fuel Dual Fuel | Gas Only | DF Unit | DF Unit | DF Unit
Additional Total Unit on Gas on Qil Total
CC2x1 $29 $47 $0 $76 5692 5668 23 5692
CT - Frame 7 $29 $53 $0 $82 405 405 0 405
. GT - 10 Min $29 $48 $0 $77 33 33 0 33
Capital Zone 30 Min $26 $42 $0 $68 15 15 0 15
CT - LMS100 $30 $61 $0 $90 881 881 0 881
ST $26 $4 $0 $30 723 721 19 740
CC 2x1 $29 $56 $0 $85 5882 5882 0 5882
CT-Frame 7 $29 $58 $0 $87 1339 1339 0 1339
GT - 10 Min $29 $49 $0 $78 80 80 0 80
Central Zone 1. 5 win $26 $45 $0 $70 66 66 0 66
CT - LMS100 $30 $63 $0 $92 2390 2390 0 2390
ST $28 $15 $0 $43 2331 2331 0 2331
CC2x1 $29 $87 $0 $116 5999 5999 0 5999
CT - Frame 7 $29 $88 $0 $117 1934 1934 0 1934
West Zone GT - 10 Min $29 $79 $0 $108 422 422 0 422
GT - 30 Min $26 $71 $0 $97 390 390 0 390
CT - LMS100 $30 $94 $0 $124 2480 2480 0 2480
ST $28 $44 $0 $72 3286 3286 0 3286
CC 2x1 $75 $40 $0 $115 5160 5156 16 5172
CT-Frame 7 $74 $50 $0 $123 246 246 0 246
'a‘r’ggsgi;/;'rlgy GT - 10 Min $74 $48 $0 $122 24 24 0 24
Gas) GT - 30 Min $66 $44 $0 $110 27 27 0 27
CT - LMS100 $76 $56 $0 $132 722 722 0 722
ST $59 $4 $0 $63 613 613 0 613
CC 2x1 $75 $67 $0 $142 6834 6834 0 6834
CT-Frame 7 $74 $53 $0 $127 694 694 0 694
Hudson Valley GT - 10 Min $74 $49 $0 $123 36 36 0 36
GT - 30 Min $66 $46 $0 $112 37 37 0 37
CT - LMS100 $76 $63 $0 $138 1771 1771 0 1771
ST $74 $13 $0 $86 1942 1942 0 1942
CC 2x1 $75 $102 $0 $176 7653 7653 0 7653
CT - Frame 7 $74 $79 $0 $152 2140 2140 0 2140
T&?ﬁg:@’g'gy GT - 10 Min $74 $53 $0 $127 200 200 0 200
Gas) GT - 30 Min $66 $49 $0 $115 178 178 0 178
CT - LMS100 $76 $82 $0 $158 3969 3969 0 3969
ST $74 $36 $0 $109 4552 4552 0 4552
CC 2x1 $35 $85 $0 $120 6175 6159 18 6177
CT-Frame 7 $34 $75 $0 $109 811 811 0 811
Long Island GT - 10 Min $34 $67 $0 $101 243 243 0 243
GT - 30 Min $30 $59 $0 $89 213 213 0 213
CT - LMS100 $35 $85 $0 $120 1450 1450 0 1450
ST $32 $29 $0 $61 1699 1688 26 1714
CC2x1 $35 $115 $0 $150 6408 6384 23 6408
Long Island CT- Framg 7 $34 $110 $0 $145 1666 1663 3 1666
(VS/ Barrett GT-10 M!n $34 $109 $0 $143 550 550 0 550
Load Pocket) GT - 30 Min $30 $95 $0 $126 462 462 0 462
CT - LMS100 $35 $125 $0 $161 2013 2008 2 2010
ST $33 $48 $2 $83 2679 2556 130 2687
CC 2x1 $104 $65 $1 $170 6578 6514 68 6583
CT-Frame 7 $102 $52 $2 $156 865 865 15 879
NYC GT - 10 Min $103 $47 $2 $151 29 29 3 32
GT - 30 Min $92 $43 $1 $136 30 30 2 32
CT - LMS100 $105 $57 $3 $165 2059 2059 28 2088
ST $93 $11 $0 $105 2167 2180 63 2243
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Table A-12: Quarterly Net Revenue and Run Hours for GasFired & Dual Fuel Units

2016
Gas-Only Units Dual Fuel Units
Location Unit Type E&AS Revenue ($/kW-yr) Real Time Run Hours E&(glsk\'/?v?;,f)nue ReaL‘I;um; ALl
Qtr 1 Qtr 2 Qtr 3 Qtr 4 Qtr 1 Qtr 2 Qtr 3 Qtr 4 Qtr 1 Qtr 4 Qtrl Qtr4
CC 2x1 $12  $7 $14  $14 | 1654 1350 1346 1343 | $12  $14 | 1654 1343
CT-Frame7 | $14  $11  $14  $14 73 55 117 159 | $14  $14 73 159
Capital Zone CT 7 10 Min $13  $11  $13  $11 0 1 13 20 | $13  s$11 0 20
GT - 30 Min $12 $9 $11 $9 2 1 10 2 $12 $9 2 2
CT-LMS100 | $15  $13  $16  $16 | 167 163 273 278 | $15  $16 | 167 278
ST $1 $0 $2 $1 107 46 384 186 | $1 $1 107 203
CC 2x1 $10  $9 $28 $9 1463 1188 2079 1153 | $10 $9 1463 1153
CT-Frame7 | $13  $12  $22  $11 | 131 207 835 165 | $13  $11 | 131 165
Central Zone CT - 10 Min $15  $11  $13  $11 7 7 55 11 | $15  $11 7 11
GT - 30 Min $14  $10  $12 $9 6 6 50 2 $14 $9 6 2
CT-LMS100 | $0 $0 $0 $0 0 0 0 0 $0 $0 0 0
ST $1 $1 $11 $2 244 418 1366 303 | $1 $2 244 303
CC 2x1 $16  $18  $42  $10 | 1485 1288 2079 1148 | $16  $10 | 1485 1148
CT-Frame7 | $16  $22  $36  $14 | 262 391 1020 260 | $16  $14 | 262 260
West zone T - 10 Min $19  $21  $27  $12 71 73 252 26 | $19  $12 71 26
GT - 30 Min $17  $19  $25  $10 66 66 232 26 | $17  $10 66 26
CT-LMS100 | $21  $23  $35  $15 | 438 501 1059 481 | $21  $15 | 438 481
ST $6 $9 $24  $4 568 929 1388 401 | $6 $4 568 401
CC 2x1 $9 $7 $16 $7 1406 1244 1417 1094 | $9 $7 1406 1105
CT-Frame7 | $13  $11  $15  $10 24 42 151 28 | $13  $10 24 28
H”?SO" Valley o110 Min $13  $11  $13  $11 0 1 23 0 $13  $11 0 0
Z(Jgg;cgis) GT-30Min | $12  $9  $13  $9 2 1 25 o | s12 s 2 0
CT-LMS100 | $14  $13  $17  $12 86 181 325 130 | $14  $12 86 130
ST $0 $0 $3 $0 47 106 445 15 $0 $0 47 15
CC 2x1 $18  $11  $24  $14 | 1824 1593 1930 1487 | $18  $14 | 1824 1487
CT-Frame7 | $14  $11  $18  $11 | 113 128 356 97 | $14  $11 | 113 97
Hudson Valley &T ~ 10 Min $13  $11  $14  $11 6 1 29 0 $13  $11 6 0
GT - 30 Min $13  $9 $14  $9 6 1 30 0 $13 $9 6 0
CT-LMS100 | $17  $13  $19  $13 | 368 377 682 344 | $17  $13 | 368 344
ST $3 $1 $8 $1 430 356 996 159 | $3 $1 430 159
CC 2x1 $30  $15  $35  $22 | 2095 1721 2130 1706 | $30  $22 | 2095 1706
Hudson Valley CT-Frame7 | $22  $13  $27  $16 | 464 310 1015 350 | $22  $16 | 464 350
(Millonium £ T ~ 10 Min $15  $11  $15  $12 72 2 82 44 | $15  $12 72 44
Gas)  GT-30Min $16  $9 $14  $10 70 2 82 25 | $16  $10 70 25
CT-LMS100 | $23  $15  $25  $18 | 907 786 1324 953 | $23  $18 | 907 953
ST $11  $3 $16 $6 1176 902 1642 833 | $11 $6 1176 833
CC 2x1 $14  $11  $47  $13 | 1633 1447 1805 1290 | $14  $13 | 1633 1292
CT-Frame7 | $12  $13  $37  $12 56 106 507 143 | $12  $12 56 143
Long Island T - 10 Min $13  $13  $29  $11 5 17 202 19 | $13 311 5 19
GT - 30 Min $13  $11  $25  $10 6 14 177 15 | $13  $10 6 15
CT-LMS100 | $14  $15  $41  $14 | 184 289 644 334 | $14  $14 | 184 334
ST $1 $1 $26 $1 158 263 1093 184 | $1 $1 173 184
CC 2x1 $32  $12  $53  $18 | 1726 1462 1879 1341 | $32  $18 | 1726 1341
CT-Frame7 | $38  $14  $45  $14 | 485 190 755 236 | $38  $14 | 485 236
("\;’S”IQB'Z'r"’:Z?t GT - 10 Min $42  $15  $40  $12 | 158 44 319 29 | $42  $12 | 158 29
Load Pocket) & - 30 Min $37  $13  $35  $10 | 133 37 272 20 | $37 $10 | 133 20
CT-LMS100 | $42  $17  $49  $18 | 556 317 773 368 | $42  $18 | 556 365
ST $11 $2 $31 $4 760 385 1221 314 | $13 $4 760 321
CC 2x1 $11  $14  $27  $14 | 1496 1584 2040 1459 | $12  $14 | 1469 1495
CT-Frame7 | $13  $12  $18  $10 22 211 487 145 | $14  $11 36 145
wye  GT-10Min $12  $11  $14  $10 0 1 28 0 $13  $11 3 0
GT - 30 Min $11 %9 $14  $9 2 1 26 0 $13 $9 5 0
CT-LMS100 | $12  $14  $19  $12 | 143 561 858 498 | $15  $13 | 165 504
ST $0 $2 $8 $1 107 581 1188 291 | $1 $1 161 314
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Key Observations: Net Revenues of Gasred and Dual Fuel Units

1 YearOverYear Changes The results indicate that the yeareryear changes in net

revenues for gaBred unitsvaried significantly by technology type and location. The
primary drivers of yeaoveryear changes in net revenues for-figedd units are: (ajhe
decrease ienergy margingbecause of the lower gas prices in 20a6ég (b)theincrease
in reserveprices(due to the higher 3fhinute reserve requirements in NY@&Ad
withholding from certain generatgrsee Sectioti.D of the Appendi)

In New York City, the 2016 net revenues for all units fell as a result of the decrease in
capacity prices as well as energy prices. The resulting decrease was sufficient to
offset the highereserve revenues that new or existing peaking plants would earn.

For units located in Capital, Hudson Valley and Long Island zones, capacity prices
were relatively flat or decreased, energy pridesreased, and reserve pricese
substantially. Conseeutly, the total net revenues of combined cycle and steam units
decreased while those of the Frame and existing gas turbines increased.

As was the case in 2015, the congestion between western and eastern zones in the gas
system was greater than the elecsiystem congestion, which resulted in continued
prevalence of high energy margins in western New York in 2016. As such, the net
revenues of units in the West and Central zones continued to be driven by the energy
prices rather than the reserve priceberefore, the net revenues of gmsd units in

West zone decreased by 1£2®&percentfrom 2015 to 2016.

9 PotentialReservéMarket Revenues for Gas Turbines in 20T8he 2016 results for new

and existing gas turbines includegerevenues fronthe saleof reserves.

For instance, 3Mninute reserve sales in Hudson Valley would have provided a
typical GT-30 (average age of 42 years and 33 run hours in 2016) with 87 percent of
its total E&AS revenues @46/kW-year. The G130 total E&AS revenue is only42
percenfowerthan the E&AS revenues for a new 2x1 combined cycle (6674
predicted run hours in 2016).

However, the actuakservesevenues received by gas turbime=reconsiderably
lowerthanour estimate$or all firms. For instance, in New York i, over 50

percent of the ninuteand 3Gminute capable supply was scheduled for less than
20 percent of the hours for energy or reserves in 2016. However, the results of our
analysis indicate that similarly situated GU and GT30 units would have e
scheduledor reserves during almost all of theursin 201632° Consequently, the
actualreserve revenues afostpeaking units were substantially lower ttha

simulated net revenues reported iis gection.

1 Estimated Future Net RevenudSiven thecurrent pricing of forward contracts, the net

revenues of most units the2017to 2019 timeframe appear to be higher than 2016 due

320

The operating reserve offer prices are discussed in Séciibaf the Appendix.
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to the upward trend in energy margins, with the largestgearyear increase seen in
2017321 However theseestimates are uncertaiecauseéhey depend owmolatile power

and gas forward pricemnd it is unclear whether operating reserve prices will remain at
the current high levelsRetirements or new generation, additional transmission

capability, clean eneygmandates or new gas pipeline development can all drive
significant changes in the forward prices. For instance, Zone G forward power prices for
2017 delivery increased b$4/MWh in early May 201@fter theConstitution pipeline

permit was rejectedf? Thus, actual net revenues could be significantly different from

the results reported in this section.

Implications for Annual Update of ICAP Demand Cuvigne Commission accepted the

NYI SO6s proposal to update the nanfamuwaknce
basis using the Frame unit CONE and net revenues over the three most recent capability
years®?® For the next annual update (i.e. for the 2018/19 capability year), the net E&AS
revenue offset will be calculated by replacing the net revenuesdehyra Frame unit

during May 2013 through April 2014 with the net revenues from May 2016 through April
2017. Given the current levels of energy and gas futures pricing, the updates to the ICAP
demand curve reference points are likely to be affected bpltbeving two offsetting

factors:

- The unusually high net revenuiesm the Polar Vortex of 201ill pass out of the
most recent thregear period, so thepdatechet revenues of therame unit will
decrease

- If elevatedreserveclearing pricepersistthis will tend to increase net revenues going
forward.

- Based on our results, the overall decrease in net revenues of the demand curve unit
would range from $0.65 to $6.30 per kar (depending on the location) if we do
not consider any adjustments foetlevel of excess capacits

321
322

323

324

Our estimates of net revenues for 2dB7are based on zonal and not nodal LBMPs.

The Constitution pipeline was proposed to bring up to 650,000 Dth/day from Pennsylvania to an
interconnectia with the Iroquois and Tennessee pipelines near the New York/Massachusetts border. This
would have helped increase the supply of natural gas to New York.

See the Commi Sulyl802016: lewYorkl ledeperaent System Operator, 1466 FERCY
61,039

The net revenue estimates of the demand curve unit that are reported in this section cannot directly be
applied to quantify the actual updates to the ICAP demand curves due to three factors. First, the estimated
E&AS revenue offsets in thdemand curve reset study and in the annual updates are based on the LBMPs
and reserve prices that are adjusted to reflect the-pagffcribed level of capacity excess. Second, the

model utilized by the NYISO to estimate the E&AS offsets includes aassstiated with providing

reserves, while our model does not consider any such costs. Third, the updates to the ICAP demand curves
will be subject to limits (12 percent increase and 8 percent decrease) on the changes from the values for the
2017/18 capality year.
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Incentivedor NewUnits - The 2016 net revenues for all the technoltmgpation

combinations were well below the CONE estimates.

- Surplus installed capacity has led to net revenues being lower than the CONE for
most hypothecal units. Figure AL9 illustrates the relationship between net revenues
and the size of the installed capacity surplus.

- Estimated net revenuese higher than the CONE for Frame units in the West zone in
2014 2015 and 2017 t@019. However, investent decisions are based on projected
net revenues over the economic life of the unit. Estimated net revenues for a Frame 7
unit at this location would not have been sufficient to cover its CONE from 2011
through 20132° Additionally, the proposed transmiss build out in the western
New York would reduce electric system congestion and lower West Zone energy
prices in the futuré?® The implied marginal heat rate for the West zone from 2017 to
2019 has been more volatile than that of other zones duringrietsmeframe. So,
it is uncertain whether a Frame 7 unit in the West zone would earn sufficient net
revenue to be economic over the lgegn.

Estimated Net Revenues for Existing Unfsr older existing gafired units, the

estimated netrevenueswére gher t han t Heorematridmactoesd sfidbg o ion
locationtechnology combinations, but estimated GFCs were much higher for steam

turbines in Long Island and comparable for steam turbines in New York City.

- High reserveclearingprices in 2016provide strongncentives for continued
operation of existing gas turbines. Among older technologies, the estimated net
revenues were highest for a @QU unit.

- Steam turbine net E&AS revenues, unli ke o
by energy ad not reserve prices. Consequently, the net revenues of steam turbines
dropped in 2016 more than other technologies. Simulation results o220 97
suggest continued pressure for some steam turbines to retire because of low capacity
prices and gas mes. However, retirement decisions are also impacted by other
factors including individual unit GFCs, t
selftsupply or bilateral contracts, etc.

Incentive for al Fuel Units - Ourresults indicate that the atidnal returnsfrom dual
fuel capabilitywere de minimis in 2016 across all regions in New York because of the
low gas prices. Such returns are much lower than the levels observed during 2014 and

325

326

See Section |.G of the Appendix of 2013 State of the Market Report for the New York ISO Markets.

The New York Public Service Commi ssionb6és order addr
Need can be found dittp://www.nyiso.com/public/webdocs/

markets operations/services/planning/Planning_Studies/Public_Policy Documents/

Public_Policy Transmission Needs/2015 07 _20 PSC_Order_NYISO_Pblc_Plcy Trnsmssn-ds 14

0454.pdf The NYI SO6s solicitation and baseline results
athttp://www.nyiso.com/public/markets_operations/services/planmiaging_studies/index.jsp
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2015. Although current returns from dual fuel capabiliyndt exceed the levelized
investment cost of installing and maintaining diwedl capability, it provides a hedge
against gas curtailment under tight supply conditions and reduces potentialfor fuel
related outages. Moreover, the additional revenueS@and ST units in recent years
have generally been sufficient to incent dual fuel capaBfityrhus, most unit owners
will continue to have incentives for installing and maintaining dual fuel capability.

B. Net Revenues and Capacity Margins

Figure A100 Relationship between Net Revenues and Installed Capaaityins

The bottom panel dfigure A100shows the shortfall in the net revenues of a Zone F Frame unit
relative to its CONE from 2011 through 2019. The top panElgfre A100shows the

shortfall in yearly net revenues of the Zone F unit as a percentage of its CONE and the average
capacity (summer UCAP) sold in NYCA as a percentage of the UCAP requirement.

Figure A-100: Relationship between Net Reveues and Installed Capacity Margins
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See Analysis
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Key Observations: Relationship between Net Revenues and Capacity Margins

C.

1 The average shortfall in net revenueabsut 40 percertdf the CONE during the 2011

2019 time periodsuggesting a prolonged periodurifavorable conditions for new entry

in Zone E Overall, the shortfall in net revenues received by the hypothetical new entrant
has been consistent with the trends in NYCA capacity margins. During the years 2011
through 2014, as the amount of capacitgxcess of the IRM decreased, the revenue
shortfall for the demand curve unit also decreased.

Capacity revenues are the primary source of revenue for the demand curve unit and
existing fossil fuel units. For instance, the average share of capacity re¥enakler
generators in Hudson Valley during 202@15 was 73 percent, while it was 52 percent
for new generators in the same zone. The market has been fairly responsive to net
revenues, particularly capacity revenues. Several units exited the nodidwginfy the
very low capacity prices in 2011, while high capacity prices from 2013 to 2014 were
followed by the entry of units.

Nuclear Unit Net Revenues

We estimate the net reverstbe marketprovideto the nuclear plants in the Genesee, Central,

and Hidson Valley Zones. The estimates are based on LBMPs at the Ginna bus (for Genesee),
the Fitzpatrick and Nine Mile Unit 1 buses (for Central), and the Indian Point 2 bus (for the
Hudson Valley Zone). For future years, bus prices are estimated basé@@mces between
historic zone prices and zone prices for which forward prices are available.

Figure A101 Net Revenues for Nuclear Plants

Figure A101shows the net revenues and thgaverage operating codty thenuclearunits
from 2014to 2019. Estimated net revenues are based on the following assumptions:

1 Nuclear plants are scheduled eatyead and only sell energy and capacity.

1 Nuclear units earn energy revenues throughout the year except during periods of forced

outages and outages related to refueling. We assumed an EFORd of two percent, and a
capacityfactor of 67 percent during March and April to account for reduced output
during refueling®?®

The costs of generatiom¢luding O&M, fuel, and capgxor nuclear plants are highly
plantspecific and vary significantly based on several factors that incluier of units
at the plant, technology, age and location. Our assumptionpdoating costfor

328

The refueling cycle for nuclear planis typically 1824 months. We assume a reduced capacity factor in
March and April every year to enable a year over year comparison of net revenues.
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singleunit and larger nuclear plants drased on observed average costs of nuclear
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The nuclear units located upstate zones are eligible for additional revenue in the form
of Zero Emission Credits fi Z E €% T ZEC price for Tranche(April 2017 to

March 2019 is $17.48/MWh.Forthe subsequent tranci{@pril 2019 to March 2@1),

the DPSestimated ZEC pricis $19.59/MWh.

Figure A-101 Net Revenue of Existing Nuclear Units
20142019
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The average cost of operation of nuclear plants in the US are based on NEI/ EUCG reports and
presendtions. See http://www.nei.org/Issu@slicy/Economics/FinancighnalystBriefings and
http://www.nei.org/CorporateSite/media/filefolder/Policyees/statusandoutlook.pdf?ext=.pdthe

weighted average GFC for Nine mile and Ginna was reported by the plant owners as part of the petition of
Constellation energy nuclear group to initiate a proceeding to establish the facility costs for Ginna and Nine
Mile Point nuclear power plants. See page 140 of the Clean Energy Standard Order issued on August 1,
2016 athttps://www.nyserda.ny.gov/CledfnergyStandard

SeeState of New Yorl® S C ®sler &dopting a clean energy standeatd i ssued omtpAgegust 1,
130.The price of ZECs is determined by 1) starting wi
of carbon; 2) subtractinfixed baselingoortion of this cost alrefy captured in current wholesale power

prices through théorecastRGGI prices embedded in the CARIS phase 1 re@ord 3) converting the

value from $/ton to $/ MWh, using a measur Ehesef t he N
prices are subg to reduction by any increase in the Zoné&Avard pricesabove ahreshold of

$39/MWh.
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Key Observations: Net Revenues of Existing Nuclear Units

1 YearOverYear Changes Theestimated net revenues for nuclear units indicate a
significantdecreasérom 2015 to 2016 in all the thredocationswe studied This result is
in line with the overall drop in energy and capacity prices. Energy revenues constitute
the majority of the revenue received by nuclear plants and accounted for 87 pkticent o
estimated net revenue over the last three years for the Central zone, much higher than the
levels of renewable and géieed units. Consequently, the decision to retire or to
continue to operate a nuclear unit is generally driven by the expecte@4&Bidre than
expected capacity prices.

1 Incentives for Existing Nuclear PlaritsThe results indicate that the 2016 estimated net
revenue®f all nuclear plants in the upstate zones were well below the US average of
nucleargeneratiorcosts. In Hudson Vadly, the estimated net revenues from the NYISO
markets ge greater than the averageneratiorcosts of multiunit nuclear plants in 2016.

1 Estimated Future Net Reventieshe energy and capacity futgnerices suggest that the
netrevenueof nuclear plantérom the NYISOadministered markets is expected to
increasdrom 2016 leveldy 36 to 43percenver the next three years. However, the
nuclear units located in upstate New York are unlikely to be economic without receiving
additional payments for thale of ZECs**! Multi-unit nuclear plants located in the
Hudson Valley zone appearlbe economic over the next three years based on the
averagegeneratiorcosts.

D. Renewable Units Net Revenues

We estimate the net reverstbe markets would have providedutility -scale solar PV and
onshore wind plants in the Central, North, and Long Island zones, and to offshore wind plants
interconnecting in the New York City and Long Island zorfes: onshore wind units in Central
and North zones, we calculated the n@AS revenues using the capaciteighted average of
LBMPs at major wind installations ihe zones.>3? For each of these technologies, we estimated
the revenues from the NYISO markets and the state and federal incentive programs.

33l Nuclear unit costs are highly urgpecific and the actual GFCs of the nuclear plants in New York may

differ significantly from the average operating costs shoawever, the difference between the upstate
nuclear plant revenues and costs may be smaller than the value imBligdren A101 First, the costs of
nuclear urts located in New York may be higher than the corresponding operating costs shown due to
higher labor costs and property taxes. Publicly available estimates for property taxes range from $2 to $3
per MWh. Second, our future net revenue estimates ard bassonal and not nodal LBMPs. On an
average, the nodal LBMPs at the upstate nuclear unit locations were $2 per MWh lower than the zonal
LBMPs in recent years. These two factors in conjunction with the volatility of futures prices may render
the singleunit nuclear plants in upstate New York to be only marginally economic if the generation costs
do not decline during the 2041IP period.

332 We considered only the wind units whose nameplate capacity is larger than 100 MW.
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Table A13: Cost and Performance ParameterdRe#newabléJnits

Our methodology for estimating net revenues and the CONE for «s#tiléhe solar PV and
onshore wind units is bad on the following assumptions:

1 Net E&AS revenues are calculated using real time energy prices.

1 Energy production is estimated using technology and locapexific hourly capacity
factors for each month. The capacity factors are based on lespgofic resource
availability and technology performance diti.

1 The capacity revenues for solar PV, onshore wind, and offshore wind units are calculated
using prices from the spot capacity market. The capacity values of renewable resources
are based on thedars(30, 2, and 38 percent for Winter Capability Periods and 10, 46,
and 38 percent for Summer Capability Periods for onshore wind, solar PV, and offshore
wind, respectively) specified in the February 2017 NYISO Installed Capacity M&Aual.

T Weestimated he val ue of Renewabl e Energgcal€r edi t s
solar PV, onshore wind, and offshore wind units using the weigiterhge prices of
RECs from the NYSERDAGOGs | ast fFRutureRBGai n Ti e
prices are derivedybinflating the 2017 REC pric&®

1 Solar PV offshore wind and onshore wind plants are eligible for the Investment Tax
Credit (Al TCO0O) or the Production Tax Credi
encourage renewable generation. The ITC reducesdbeafeancome tax of the investors
by an amount equal to 30 percent of a unit
the first year of the proj eckWhtaxcredinforer ci al
the electricity produced by a wind fatjliover a period of 10 yea?&® We incorporate

333 The data sources for assumegagity factors are as following:

a) Onshore wind: EIA AEO, 2016 and NREL Annual Technology Baseline

b) Offshore wind: CES Cost Study, 2016 (see page 151 @en Energy Standard White Paper
Cost Study April 8, 2016

c) Solar PV: CES Cost Studg2016(see pagd 66 of the study)

334 The factors are available 8ection4.5.b of the ICAP Manual in the tables labeled Unforced Capacity

Percentagé Wind and Unforced Capacity Percentaggolar. Sedattp://www.nyiso.com/phlic/
webdocs/markets_operations/documents/Manuals_and_Guides/Manuals/Operations/icap_mnl.pdf

335 For more information on the recent Main Tier procurementshispg/www.nyserda.ny.gov/All

Programs/Programs/Maifier/Main-Tier-Solicitations The 2017 REC price of $21.16/MWh is based on
the Dec, 2016 agreement for thele of the RECs between NYSERDA and the LSEs.

336 The ITCis 30% of the total eligible investment costs for projects that commence construction by end of

2019. Itwill step dowrto 26% for projects starting construction in 2020 2886 for projects startg
construction in 2021The Production Tax Credit @soscheduled tde phased out through 2019 and only
wind facilities that commence construction prior to December 31, 2019 are eligible for this credit. The
PTC is available only for the first 10 aes of the project life. The value of PTC shown is levelized on a
20-year basis using the afteax WACC.
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the value of these federal incentives as an additional revenue stream for solar PV and

wind units33’

The cost of developing new renewable units, especially solar PV plants, has dropped rapidly over
the last few years. As such, the estimated investment cost for solar PV technologies varies
significantly based on the study methodology and study pefiatlle A13 shows cost

estimates for solar PV, onshore wind and offshore wind units. The data shown are based on our
review of studies published in 20888 The tablealso presents the operating and cost

assumptions we used for calculating net revenues for these renewable units. The CONE for solar
PV and onshore wind units was calculated using the financing parameters and tax rates specified
in the most reent ICAP demand curve reset study.

337 In addition to these federal programs, renewable power projects may qualify for several other state or local
level incentivesd.g, property taxexemptions) in New York. However, our analysis does not consider any
other renewablespecific revenue streams or cost offsets beyondetenues from sale of Renewable
Energy Creditand the PTC or the ITCWe assumed that these units will be subjedhé property tax
treatment that is specified in the most recent ICAP demand curve reset study.

338

The studies reviewed for developing the rafagautility -scale solar PVonshore wind and offshore wind

costs arefa) NREL, 2016,Annual Technology Basek and Standard Scenaridsee
http://www.nrel.gov/analysis/data_tech_baseline.h{b)lLazard, 2016l.azard's levelized cost of energy

analysisd version 100, Seehttps://www.lazard.com/media/438038/levelizsuktof-energyv100.pdf (c)

CESCost StudyClean Energy Standard White PapeZost Study April 8, 20L6and (dEI1 Ads report ol
ACapi tladt iCobhasttes for Utility Sédale Electricity Gener
https://www.eia.gov/analysis/studies/powerplants/capitalcost/pdf/capcost_assumption.pdf

Theassumed investment costs and fixed O&M costsdtardVarebased on th€ES Cost Study (See

pages 157and 160 while the onshore and offshore wind costs were developed based201h&IREL

ATB (Mid) values for TRG 6The DC investment cost for solBV was converted to AC basis based on

the assumed PV system characteristics as outlined in the CES Cost Study (see page 166 of the CES Cost
Study). For each renewable technology, US average investment costs were adjitedYork

conditions using tectology-specific regional ast regional multipisus ed i n t he ECES6s AEO
Cost Study Seefi Capi t al Cost Estimates f or Ufvailabletay Scal e EI
https://www.eia.gov/analysis/studies/powerplants/capitalcost/pdf/capcost_assumptidnlglodr cost

adjustment factor of 1.1, intended to represent regional labor cost diffe(bases on the CES Cost

Study) was @plied to the Fixed O&M costdn addition, the assumed investment cost trajectory over the

years was assumed to follow the technolspegcific CapEx trajectory specified in the 2016 NREL ATB.

Theassumed investment cadtimates do not include intercaution costs. Interconnections costs for

wind and solar units can vary significantly from project to project. The SUFs allocated to the most recent
onshore winebased entrant would have added $9/Nor $2.80/MWh) to the net CONE of the project.

We asume construction lead time (i.e. time taken by a unit from commencement of its construction to
reaching commercial operation) of 1 year for solar PV plant, 2 years for onshore wind plant and 3 years for
offshore wind plant.
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Table A-13: Cost and Performance Parameters of Renewable Units

Parameter Utility-Scale Solar PV Onshore Wind Offshore Wind
Upstate NY: $2110 Upstate NY: $2035

Investment Cost $1774 low to $2857 high $1667 low to $2035 high

(2016$/kW AC basis) ( Long Island $3187g a5 Long Island:: $2624g )| Long Bianavye: s7671
(82680 low to $4315 high) | (82151 low to $2624 high)

Fixed O&M $38 $59 $75

(20168/kW-yr) ($23 low to $38 high) (852 low to $64 high)

Federal Incentives ITC (30%) PTC ($23/MWh) ITC (30%)

Project Life 20 years

Depreciation Schedule

5-years MACRS

Average Annual Capacity
Factor

Central: 17.0%
North: 17.3%
LI: 17.6%

Upstate NY: 38.1%
LI: 38.0%

LU NYC: 45%

Unforced Capacity
Percentage

Summer: 46%
Winter: 2%

Summer: 10%
Winter: 30%

Summer: 38%
Winter: 38%

Renewable Energy Credits
(Nominal $/MWh)

2017 - $21.16
2016 -$24.24
2015 - $24.57
2014 - $22.96

Figure A102 Net Revenuesf Solar,Onshore Wind and Offshore Wind Units

Assuming the operating and cost parameters shown in the table Blgawre, A102shows the
net revenueandthe estimated CONfbr each of the units duringears20142019
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Key Observations:Net Revenue®f New Utility -Scale Solar PV, Onshore Wind, and
Offshore Wind Plants

1 Net Revenues from NYISO MarketSiven the relatively lv capacity value of solar PV,
onshoreand offshore wind unitgnergy market reenues constitute a large majority of
the revenues these units receive from the NYISO markets. Consequently, the results
indicate a drop in the estimated net reverafemlar PVand wind units from 2014 to
2016in all thefour locations we studiedecause of the sharp reduction in energy prices.
In addition, given the current expectations for future power prices, the total revenues for
renewable units from the NYISO markets are likely to increase over the next three years.

Role of State and Fedarincentives Renewable energy projects in New York receive a
significant portion of their net revenues from state and federal programs in addition to
revenues from the markets administered by the NYISO. The results indicate that a new
solar PV projectvould have earned/Gercent to 72 percent of its 2016 net revenues

from RECs and ITC, depending on the location. Similarly, onshore wind units would
havereceived61 percent to/4 percent of their 2016 net revenues from state and federal

339 The CONEand net revenues of a unit in a given year correspond to those of a represaenititiat

commences operatian the same year.
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programs.The wvalue of these incentives shows only a modest change across years due to
the relatively smaltiropin the average REC prices.

1 Incentives for Utilityscale Solar PV Units Theresultsfor 2016indicate thathe net
revenue®f solar PV units wouldeinsufficient to meet their estimated CONtEall the
locations studied The investment costs for solar PV urdte expected to drop
significantly (30+ percent by 2019) the near futureThereforethe spread between the
net revenues received Hye utility-scale solar PV unitand their CONE is likely to
decrease. However, the stépwn of ITCstartingin 2020 will reduce the profitability of
utility-scale solar PV. Overall, our results indicate that the generic 1sttigthe solar PV
unit we studied is dikely to be economic through 2019.

1 Incentives for Onshore Wind Unitdn 2016, the estimated net revenues of the generic
onshore wind units, driven by the low energy prices, were likely tosudficient to meet
their CONE in all the locations we studieThe economics of the onshore wind 8nit
appear to be improving in the near term witashortfall in net revenues (after
considering the impact of state and federal incentive) likely to be small or de minimis
depending on individual sitnditiors. However, onshore wind units are particularly
exposed to curtailment risks and energy market value deflation (at high levels of
penetration). Therefore, the actual revenues realized might be lower than the estimated
revenues shown iRigure A-102

1 Incentives for Offshore Wind UnitsOffshorewind plants have relatively high capacity
factors and capacity value. Consequently, the net revenues of these units are the highest
on a $/kWyear basis among all the renewable units we studied. However, our results
indicate that the estimated net revenues (based on the revenue streams considered for our
analysis) of offshore wind units are considerably lov@2rt¢ 34 perceniowerin 2019)
than most estimates of the CONE in Long Island and New York City
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VIII. DEMAND RESPONSEPROGRAMS

Participation by demand response in the market is beneficial for many reasons. Demand
response contributes to reliable system operations;tengresource adequacy, lower

production costs, decreased price volatility, and reduced supplier market oxeermodest

reductions in consumption by end users during4pigte periods can significantly reduce the

costs of committing and dispatching generation to satisfy the needs of the system. These benefits
underscore the value of designing wholesale mathatgrovide transparent economic signals

and market processes that facilitate demand response.

The New York ISO operates five demand response programs that allow retail loads to participate
in NYISO wholesale electricity markets. Three of the prograltesy NYISO to curtail loads in
reakttime for reliability reasons:

T Emergency Demand Re s piolheseaesdurces gre fzichthe higheD R P 0 )
of $500/MWh or the redime clearing price.There are no consequences for enrolled
EDRP resources thatif4o curtail 34°

T I'nstalled Capacity/ Speci al iClheseresBuecssamer ce (
paid the higher of their strike price (which can be up to $500/MWh) or th¢imeal
clearing price. These resources sell capacity in the capacity nmagkethange for the
obligation to respond wheeployed®!

T Targeted Demand Re s piorhispeogréhr cargils BDRP anl STRR P 0 )
resources when called tiyelocal Transmission Owner for reliability reasatghe sub
load pocketevel, currentlyonly in New York City. EDRP resources are paid the higher
of $500/MWh or the rediime clearing price. SCRs are paid the higher of their strike
price or the reatime clearing price Response fromhese resources voluntary

Two additional programdlaw demand response resources to participate in thaldegd
energy market or in the ancillary services markets:

1T DayAhead Demand Res pon sidhishrogramrabows ciridibdeD RP 0 )
loads to offer into the daghead market (with a floor price $75/MWh) like any supply
resource. If the offer clears in the ealyead market, the resource is paid theatsad
clearing price and must curtail its load in reade accordingly.

T Demand Side Ancil |l ary BS¥kisprogam allomBesourgessam ( A D
to offer regulation and operating reserves in theatasad and redime markets.

Despite these programs, significant barriers to participation in the wholesale market by loads
remain. The most significant barrier is that most retail loads ha incentive to respond to

340 Resources participate in EDRP through Curtail ment S
interface between the N8D and resources.

341 Special Case Resources participate through Responsi

between the NYISO and resources. Resources are obligated to curtail when called upon to do so with two
hour notice, provided that thegource is informed on the previous day of the possibility of such a call.
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reaktime prices even when they exceed their marginal value of consumption. Hence, developing
programs to facilitate participation by loads in the-teak market could be beneficial, although
it is important that such a pgoam provide efficient incentives to demand response resources.

In this section, we evaluate three areasth@jeliability demand response progranis) the
economiademand response programsad (c) the ability for demand response to seep
during shortage conditions

A. Reliability Demand Response Programs

Demand response programs provide incentives for retail loads to participate in the wholesale
market. The EDRP, SCR, and TDRP programs enable NYISO to deploy reliability demand
response resourcesen it forecasts a reliability issue.

Figure A103 Registration in NYISO Demand Response Reliability Programs

Figure A103summarizes registration in two of the reliability prograanhthe end of each
summerfrom2001to206 as reported in the NYI SO6s .annual
The stacked bar chaptots enrolled MW by year for each program. The lines plot the number of
enduse locations by year for each prograince EDRP and SCR resources in New York City
participate in the TDRP program on a volugthasis, TDRP resources aret shown separately.

Figure A-103 Registration in NYISO Demand Response Reliability Programg?*?
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342 This figure is excerpted from the compliance filing report to FERZSO 206 Annual Report on

Demand Response Prograndsnuary 13, 2017.
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Key Observations: NYISO Demand Response Reliability Programs

1 Since 2001SCR program registration has grosonsideably, while EDRP program
registration has gradually declined since 2002.

- These trends reflect that many resources have switched from the EDRP program to
the SCR program in order to earn revenue from the capacity market.

- In 2016, total registration infte EDRP and SCR programs inclu®893enduse
locationsenrolled,providinga total of 1,26 MW of demand response cdglity.
SCR resources accounted for 94 percent of the total enrolled MWs in the reliability
based program.

1 Inthe Summer 2016 Capéty Period, SCRs contributed to resource adequacy by
satisfying:

- 4.1 percent of the UCAP requirement for New York City;
- 3.2 percent of the UCAP requirement for thd Gocality;
- 2.1 percent of the UCAP requirement for Long Island; and

- 3.6 percent of th&JCAP requirement for NYCA.

1 The registered quantity o¢liability programresources hafgll enconsiderably since
2010, down nearly 50 percent from 2010 to 2016.

- The reduction occurred primarily as a result of the enhanced auditing and baseline
methodolgy for SCRan 2011. These have resulted in more accurate baselines for
some resources, reducing the amount of capacity they are qualified to sell.

- The reduction was also partly due to business decisions that have been dioxen by
capacity prices in soe areas in recent years and reduced revenues as a result of
lower qualified capacity.

B. Economic Demand Response Programs

The DADRP program allows retail customers to offer load curtailment in thaltzgd market

in a manner similar to generation supplfeos, currentlysubject to a bid floor price of

$759MWh. Like a generation resource, DADRP participants may specify minimum and
maximum run times and houo$ availability. Load reductions scheduled in teyrahead
marketobligate the resource to cuttthe next day. Failure to curtail results in the imposition of

a penalty for each such hour equal to the product of the MW curtailment shortfall and the greater
of the correspondinday-aheacdand thereaktime price of energy.

The DSASP prograrwas establisheh June 2008 to enable demand response resources to
provide ancillary servicesThis programhas the potential tmcrease the amount of resources
that provideoperatingreserves and regulation servicefich enhanescompetition, redues
costs, and impraasreliability. Under this program, resources must qualify to prowjurating
reserves or regulation under the same requirements as genenadotfsey are paid the same
market clearing prices as generators for the ancillary serxockigts they provideTo the
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extent thaDSASPresources increase or decrease consumption when deployed for regulation or
reservesn the realtime, they settle the energy consumption with their load serving entity rather
thanwith the NYISO. But theyare eligible for a DayAhead Margin Assurance Payment

(ADAMAPO) to make up for any bahdadoperating gesecvasbrf er e n
regulation service schedule and réale dispatch, subject to their performance for the scheduled

service.

The Mandatory Hourly PricingfiM H P gorpgramencourage loadsto respond to wholesale
market priceswhich intends to shift customer load to less expensivpadk periods and reduce
electric system peak demand. The MHP program is administered ataihéoad level, so it is
regulatedunder the New York Public Service Commissiainder the MHRprogram retail
customers as small @60 kW (depending on their load serving entity) pay for electric supply
based on the daghead market LBMP in their loane in each hour. In the future, some retail
customers as small as 100 lane expected to participatetime MHPprogram.

Key Observations: Economic Demand Response Programs

1 No resources participated in the DADRP program since December 2010.

- Given tha loads may hedge with virtual transactions that are very similar to DADRP
schedules, the value of this program is doubtful.

1 DSASP resources in Upstate New York (with a combined capability of nearly 110 MW)
actively participated in the market in 2016 agviiers of operating reserves.

- These resources were capable of providing up to 16 percent of the NY¥-@mate
spinning reserve requirement in 2016.

C. Demand Response and Scarcity Pricing

In an efficient market, clearing prices should reflect the cost of deploying resources to satisfy
demand and maintain reliability, particularly ungearcityconditions. Ordinarily, to be

involved with setting prices in the retine market, resources siLbe dispatchable by the real

time market model on a fivaminute basis. EDRP and SCR resouroest be called in advance

based on projections of operating conditidhgy are not dispatchable by the réale model.

Hence, there is no guarantee tthetse resourcesi | | -nbeer ifition r el d&mé ve t o t h
clearing price, and their deploymearanactuallylower prices. Prices can be well below

$500MWh after EDRP and SCR resources are curtailed, if adequate resources are available to

the system ingaktime. NYISO currentlyhas two market rules that improve the efficiency of

reaktime prices when demand response resourcedepieyed.

First, NYISO has specialcarcitypricing rules for periods when demand response resources are
deployed. Generaly, whena shortage 0B0-minutereservess prevented by thdeploymenof

demand response certain regions (e.g., statéde, Eastern New York, or Southeastern New
York), reattime energypriceswill be set to $50MMWh or higherwithin the region. Thisule

helps reflect the cost of maintaining adequate reserve lievedattime clearing priceand
improves the efficiency of reatime prices duringcarcityconditions. Prior to June 22, 2016, the
reattime LBMPs during EDRP/SCR activations were seamex-postfashion, which tended to
cause inconsistencies between resource schedules and pricing outcomes and result in potential
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uplift costs. The NYISO implemented a Comprehensive Scarcity Pricing on June 22 to address
this issue. Under this new rutbe 3Gminute reserve requirement in the applicable region is
increased to reflect the expected EDRP/SCR deployment in the pricing logic, setting the LBMPs
in the applicable region at a proper level iresantefashion.

Second, to minimize the pricef f ect -ef-mefr i i @utdemand response res
implemented the TDRI 2007. This program is currently available in New York City, which
enableghelocal TransmissiorOwnerin New York Cityto call EDRP and SCResourcesn

blocks smaller than entire zond?1ior to July 2007 local TransmissiorOwners called all of

the EDRPand SCResources a particular zone to address local issues on the distribution

system. As a result, substantial quantities of demand responsdepérged that preided no

reliability benefit, depressed reidine prices, and increased uplift.

Key Observations:Scarcity Pricing

1 In 2016, the NYISO activated reliability demand response resources on just one day,
August 12, when EDRP and SCR resources in all zonesdegloyed from HB13 to
HB17 for systerrwide capacity needs.

- Response from SCRs in this event was mandatory and the Scarcity Pricing Rule was
active during the entire event.

- See SectioV.G in the Appendix for a detailed evaluation of pricing outcomes for
this event.

1 TDRP was activated six times on four days (July 25 &usid 315) in 2016.

- Response from SCRs and EDRPs to these events was voluntary and Scarcity Pricing
Rule was not applicable during these events.
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