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Executive Summary

EXECUTIVE SUMMARY

As the NYI SO6s Mar k eveevdliaerihe tcompetitiigperfotmance MU ) ,

N Y | S @hblesale electricity markets, identify market flaws, and recommend improvements to
the market design. We also evaluate the market power mitigation rules, which are designed to
limit anticompetitive conduct that would erode the benefits of the compeantwvkets. Tis

State of the Market Report presetitis evaluation foR024.

NYISO operates competitive wholesale markets to satisfy the electricity needs of New York.

These markets establish prices that reflect the value of energy at each location on the network.
They deliver significant benefits by coordinating the commitmedtdispatch of resources to

meet the systembébs demands at the | owest cost.
incentives for resources to perform relialsiythe short term and make efficient investment and
retirement decisions in the long teriihe eergy and ancillary services markets are

suppl emented by the installed capacity market

As New York State policy initiatives require the generation fleet to reduce and eventually
eliminate carbon dioxide emissions by 2040, the energy, ancillary services, and capacity markets
will helpchannel investment toward projects that enable the NYISO to achieve these goals while
maintaining reliability at the lowest possible cost.

Market Highlights in 2024

The NYISO markets performed competitively2024 and the conduct of suppliers was

generally consistent with expectations in a competitive market. The mitigation measures were
effective in limiting conduct that would raise energy and capacity prices above competitive
levels Marketresultsand trendsire summarized below.

Natural Gas Prices

Electricity prices depend primarily aratural gas prices and load levels. Average gas prices
werecomparabléo the previougearthroughout the Statedn most western regiongas prices
averagd below $2 per MMBtun 2024 In eastern New Yorkhoweveraverage pricesanged
from $2.19t0-$3.06 per MMBtu with most of the volatility occurring in tivinter months of
January and DecembeMild weatherconditionscombinedwith increased domestmoduction
keptgasprices low throughoumost ofthe year(See Section IC for details)

EnergyPricesand Transmission Congestion

Average energy pricassefrom 2023in Western New Yorky 27 to 35 percent andh Eastern
New Yorkby 6 to 17 percenteven thouglaveragegas pricesvere comparable to the previous
year. The ncreasen energy price®ccurred primarily due to reduced imports from neighboring

2024 STATE OF THE MARKET REPORT |i
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regions and higheZO, emissionsallowanceprices Transmission congestion and losse2024
caused reafime prices to vary from3.50per MWh in theWestZone to $4.70in Long Island
on average. (See SectiorA).

RealTime Energy Prices Natural Gas Prices, and Congestiom 2024

Iroguois Waddington *
-~

$2.33/MMBtu L

$50.00
Ontario Iroquois Z2
$27.69MWh $2.91/MMBtu - $45.00
ISO-NE - $40.00
$39.47MWh

i\{ $35.00

Tennessee Z4 200L Tennessee Z6

$1.83/MMBtu \ $3.07/MMBtu
PJM \ | _
$33.03/MWh 1 Iroquois
| Terminus $30.00
i ? ‘5/\‘:\;’ 4 2 v
Transco Z6 NY ¥ “.

$2.20/MMBtu

Priceincreasesvereproportionallylargestin westernNew York because transmission
congestioracross the Centrdédast interfacdell in 2024 compared to the prior yearhis
decrease wasrimarily due toincreased transfer capability from nevidyilt transmission
projects generallymild winter weather conditiongnda significant reduction in net imports
from Quebec Congestion increaden NYC from $15.7 million in 2023 to $52 million in 2024
because of transmission outages. Ovecalhgestion revaies collected in the daahead market
fell 2 percent from2023 totaling 806 million in 2024 (See SectiolIl.A) The most congested
corridors in 2024 includedhe CentraEast Interfac€24 percent of all congestionNYC 345

kV & Load Pocket Lines (17 percenbpng Island(19 percentf all congestion)external
interfaces (16 percent), and WastCentral (15 percept

CapacityMarket

Capacity prices fell in all regions of the state in 20Rdwer load forecasts (507 MW
systemwide) and lower reference prices on the UCAP demand eueveshe primary drivers of
these lower prices. Locedquirements varied with the IRM increasing by 2 percent@ 12
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percentandthe LCR in Long Island increasing slightly by 0.1 percent. TERsin G-J
Locality and in NYC both fell (4.4 percent and p&centrespectively).The lowerload
forecast and.CR also cause-J pricego never clear above the systemwide pric2024.
Capacity prices fell by 29 percent in NYC despite a reduction in sogadly €218 MW)
because of the lowdICR, load forecast, and reference prices.

Statewide price are more volatile month over month thances in the localities especially
during the winter monthgSee SectioN1ll .A) The highest systemwide Spot Price in 2024
occurred duringhewinter (January 2024argely becauseapacitywasexporedto Canad
during the peak winter month3 he fluctuationsn net imports from Quebegere the main
causefor variations instatewide capacity priceghichrangedirom $044 per kWtmonth in

April 202410 $4.58 per k\WWmonth in January 2024These factors also accounted for capacity
pricevariations in thes-J Locality and Long Islandvherespot pricesiearly alway<leared on
the systemwideemandcurve inthe 202425 Capability Year.

Investment Incentives for Public Policy Resources

NYISOb6 market provides price signals that motivate firms to invest in new resources, retire
older units, and maintain existing generating unitstecent years, investment has shifted
towards clean energy resources in responSkate climate laywwhich require 70 percent
renewable electricity by 2030 and 100 percent-sengssion electricity by 2040. NYISO market
revenues play an important rotetheseinvestments because thewardthe highestvalueclean
energy projects. Ultimately, this redudbe cost of achieving policy goals. In Sectldnwe
analyzeinvestmenincentivesfor renewable and energy storage resources.

Incentives forRenewablésenerationlnvestment

Development of new renewable genemais lagdgng State targets. Of4 GW of landbased
wind and solar awarded contracts with NYSERDA under the Clean Energy Stgusial
GW has been deployed amaver8 GW have canceled their contracts. Similaaly8 GW of
awardedffshore windprojectshave canceled theariginal contracts Of these2 GW were re
awardeccontractdy NYSERDA in February 2024t higher contract prisce Renewable
generatiorprojects have faced a variety of obstacles includiagpr cost increases since 2021,
increasd market risls, andinterconnection and permittirapstacles(See Sectioiil .B)

To encourage investmewhen costs argsing, recentsolicitations havawardedcontracts at
higherindex REC strike pricethan thoseawarded before 2023or solar, landbased wingdand
offshore windprojectsstill under contractwe estimatehattotal revenues (including federal and
Statesubsidie} arelikely sufficient to support investmentthie contracted price leveThese
subsidies are majorcomponent of the investment incentivesyviding48to 56 percent of
revenues for lanthased renewables aBé percent for offshore windSee Sectiofil .A)
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Largescaledeployment of renewables drivdownwholesalepriceswherethe market is

saturated witlienewabls, increasing market risk faenewable developers under the Index REC
contract structure. Exposure to market eskkouragedevelopers to pursue the most efficient
projects, butt may also require higher strike prices to offset the risk of market saturation.

In high-wind areas, we already obsersignificant reductions in market revendeswind

generatorselative tozonal averagesln recentyears, seragerealized prices for lantdased

wind unitshave been lower bgbout$5 to$15 per MWh tharzonal average pricéto which

Index REC contraghbaymentsare indexejl We estimatehat recent Index RE€ontractstrike

prices forland-based wind significantly exceed the levelizedt of new entryor wind units

which may refl ect deaheevillumerpesoom tieeix girikecptica duetons t h
depressedealized prices.This trendis likely to continue as additionaénewableorojectsare

contracedwith rising REC pricesincreaing the financial riskgo earlierprojectsand the

likelihood thatmorecontractswill be canceled(See Sectiol .B)

Incentivesfor Energy Soragelnvestment

Less than 100 MVéf energy storage capacity has entered the NYISO markets sirfsatie
implemented its storage incentive program in 2018, despite a CLCPA mandate foby GW
2030andthe State target of 6 GW by 203thnounced in 2022Vlarketrevenues havgenerally
been too low to support investmeevenwith State incentivesind the30 percent federal
Investment Tax Creddavailable as of 2023(See Sectioiil .A)

TheNew YorkPublic Service Commissiaecently approved plans fomaw annual solicitation
for 1 GW per year of bulk storader three yearsusing a new Index Storage Credit contract
structure that would provide a partial hedge against NYISO market reflaowstiors. These
developments could acceleréite pace of storage investment in the coming years. However,
storage developexsill likely require higher contract revenuesStatebulk storage procurement
planswill reduce anticipatetharketrevenues tostorageresourcegrom:

1 Energy and reserveales: Using ourstorage revenuestimation modelve findthatmost
revenuesvould comerom sellingday-ahead operating reservdsargescale entry of
bulk storagewill likely reducereserve pymentdo durationlimited resourcesThere is
some evidence that storage units located wead generators that experience curtailment
would earn higheenergy market revenue8ut the frequencyf renewable curtailment
in NYISO is not yet high enough for this to be a major revenue source.

1 Capacitysales The Capacity Accreditation Factors (CAFs) of storstgeuldfall as
penetratiorrisesbecause longer durations will be needed to prosheparable
reliability. Additionally, the capacity value of storage willl sharplyif future reliability
needs are driveby multi-day cold periods in wintdyecause storage contribsititle to
the total energy suppduring thesgeriocs. Hencelargescalestoragedevelopmentvill
depresgheir capacity valugincreasingheir marketrisk or requimg highersuksidies
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TheNYISO markets signavhen new storageesourcesvould bebeneficial Storageinvestment
is likely most efficient wheiit is proportionateo renewable developmeat in locations where
it can help manage congestion causeflumtuating renewable outpuiSee Sectiofil.C)

Incentives for DemaneSide Participation in the Wholesale Market

The rate of electricity demand growth is expected to rise because of heating electrification,
electric vehicle adoption, and the interconnection of new large loads such as datapesngrs
significant challenges for centralized wholesale maoketatos. NYISO has taken steps to
improve demandaide access tihewholesale market, but significant effort is still needed in key
areas.NYISO launched its new Distributed Energy Resource (DER) participation model in
April 2024, butuntil [montH 2025 noresourceéhad enrolled to participaten the DER program

Theslow growthin DER progranparicipationis a sign ofpotential areas for improvement in
theDER model. NYISO has sought to transition capaesgiling loads from thiegacy

emergency demand resporf88CRY) program to the new DER patrticipation model, but the
current rules impose significant burdens on DERs beyond what is required for generators that
sell capacity. DERs can only sell capacity if they are willing to be curtailable with little notice
and withait the ability to recoup commitment costs with minimum duration or commitment cost
bid parameters.

In addition somenew load interconnectiorto not require firm service because they will be
energyintensive businesses that seek4owst energy and rapid interconnection but do not have

the typical need for reliabilitgr prefer to relyon their own onsite backip generation However,

NYI SO6s interconnection pr oc+Hdrmpaddtustersersandt have
LSEs with curtailableloadare allocatedhe samédransmission costegardless of whether they

would contribute to the buildut of thehigh-voltage transmission system

These issues will distort incentives for demaide participation and undermine the benefits to
the overall market. Hence, we recommend NYISO evaluate these concerns and consider
potentialmarketreforms. (see SectioXX] andRecommendation 2022)

Capacity Market Performance

The capacity mar krndansioseet eSour&@dequaagd othenplanying
requirements.lt hasprovided incentivesfor firms to invest in and maintaineededesources
However,market reforns are needetb ensureghe markeprovidesefficientincentivesfor
investment irthe locatios and typs of resources needed for reliabilifgee SectioVlll)

Defining Granular Pricing Locations

The capacity mar ket dés four pricing regions do
value of capacitytdifferentlocations. In some areas, capac#pottleneckecindovervalued
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because the capacity market does not recognize thaiat fally deliverable €.g.,Staten Island
within New York Cityand the eastern half of Long Islgndn other areas, capacity downstream
of a major transmission constraint within a region is undervakigdZones H and | in the
Lower Hudson Valley regigrwhich are separated from Zone G by the UPBDAEd interfacg.

These shortcomindsadto overpaying bottledresources igeneration pocke@nd under

paying resources itoad pocketswhich drives up capacity priceseralland retains excess
capacity. This is because the IRM and LCR processes compensate for the presence of bottled
capacity in a region by inflating ICAP requirements instead of limiting procurement in the
bottled area.This creates inefficient incentives fagdacy resources to not retire.

To address this, we recommend that NYISO establimbra disaggregated set of capacity zones
and adynamic process to updateem as discussed in Sectidhl .C. (Recommendation 2022)
Because naoneconfiguration will accurately reflect the key constraints that separate areas from
aplanning perspective, the recommendation also includes a proposed capacity constraint pricing
(CCP) componerthat would be applied ithe capacity settlementThis is an incremental

locational price adder that would ensure thateconomic signafer each resource refleits

effects on the key planning constraini$e primary effectof the recommendation would be to:

1 Discount capacity paymenits exportconstrained areas that are currently gueced
(e.g.,Staten Islandand facilitate retirement of neateliverable capacity;

1 Allow for reliability needs to be efficiently reflected in pricgsenthey emerge
Lower costsasLCRs will nolongerbeinflatedto compensate for bottled capacigyd

1 Attract andretain capacity in locations where it is shgaluable to the system

Efficient Compensatin When LCRs Are Set by TransmissionSecurity Limits

In recent yearghe LCRs have increasingly been set based on Transmission Security Limits
(TSLs), whichareestablishedising a deterministic framework designed to protect against the
largest twocontingencies. By contrast, the IRM/LCR stuayiploys a probabilistic resource
adequacy criteria. The TSLs use assumptibathave becomenore conservativin recent
years,causingthe TSL floors to set theCRsmore frequently TheNew York City TSL floor is
expected to increase furtharthe coming yearsglriving up the LR and prices.In Section

VIII .E, we discusghe inefficiencieghat occuwhen LCRs are set based on TSLs:

1 Overcompensation of some resource tyfesne resources provide less transmission
securityvaluein thestudies than thecapacityaccrediation These includdemand
respons€SCRS9, intermittent renewables, and large resources whosesizaseshe
TSL contingency The presence of these resources causes théddsid LCR$0
increase Hence theseresourcesre overcompensatdéecause they are able to sell
capacity in the market to satisfy these LCRsthe 2024/25 Capability Yearin New
York City alone we estimatéhey wereovercompensated byp to$46 million.
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1 Overcompensation of surplus capacifjne capacity demand curvage designed to
allow prices to fall aghe amounbf surplus capacityises abovetheLCR. When the
LCR is set based on the T3bor, we find thatsurplus capacity provigdess reliability
benefit tharthe current demand curves implyn other wordsit is inappropriate to apply
the same demand curve slopeen the demand curveaschored by the TStloor.

To address these issues, we make two recommendafiray resources for capacity

according tahe requirements which they contribute to meeting (Recommend®@aail); and

(2) Develop sloped demand curves reflecting the marginal value of surplus capacity for use when
an LCR is determined by a TSL (Recommendafo23-4).

Improvements Needed to Accreditation Modalsd Inputs

In May 2024, NYISO adopted a new approfmhcompensatingesourcebased omarginal
reliability value Each class of resources is compensated basisl©@apacity Accreditation
Factor(CAF), which issetbased on thealue of the resource for avoiditmpd sheddingising

NYI SO0 s adegsaoyumodelNYISO and the New York State Reliability Council

(NYSRC) evaluate potential improvements to tiesource adequacy model each yezgction

VIII .D discusesrecommendetmprovements téheresource adequacy models that are needed
to accuratelyassesshe value of resources with winter fuel limitations, energy storage, resources
whose output is correlated with load, and inflexible resou(Becommendatio@021-4)

NYISO and NYSRCappear likely to modalistinctions between firm and ndinm fuel units in
peak winter conditionbeginning with the 2026/27 Capability Yedrhis wouldgreatlyimprove
incentives for resourcde be availableluringpeakwinter conditions However, further
improvement is needed &ppropriatelyconsidercontributionsto winter energy adequacy (the
ability of the system teeliably serve load over a prolonged period such as days or wedke)
accreditation obther types of suppliers such as battery storage and intermittent renewables

NYISO0 s owerestirsate the capacity mianynuclear and fossiiuel generatordecause they
allow their installeccapability to includefiemergency capacibthat is never committed in
practice resourceslependent oambient water temperatwgdiumidity, or barometric pressure;
and cogeneration units that face limitations associated with their steam host d&eand.
estimatethatup to1.5 GW of this capacitywasunavailable orpeakdays in Summer 2@R (see
SectionVIIl .D). NYISOhas begun to address these concerrmadyyosng new wulesfor the
2025/26 Capability Yeahat (a) dace stronger offer obligations on most emergency capacity
(b) narrowingthe summer DMNC testing window fanitsaffectedoy ambient water
temperaturg and(c) requiringunitsto adjust DMNC test results for humidigyd pressuras
needed

These efforts shouldnprove the accuracy @MNC ratings butnearly 8 GW of fossifuel
generation in Zones G through K aféecied by tidal leveland theeffects of barometric
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pressure changdsit thisremairs unaddressedWe recommenthatNYISO continue to pursue
efforts to adjust DMNC test results of thesgtsto more accurately determitleeir capacity
underpeakconditions

SeasonalCapacityMarket

Resource adequacy risk is growingwinterrelative to summeloecause ofhe electrification of
heating load, wintegas pipelineconstraintsyetirements of fuesecure generating capacignd
tightening winter conditions in neighboring regions. NYISO forecasts peak demtmed
winter will surpass summéay thelate-2030s, and winter reliability riskould surpass summer
risk muchearlierbecause of winteuel supplylimitations.

NY | S Gapaxitymarketdoesnot considekeyfactors thatead toseasonatlifferences in
supply and demand. NYISO recently developed improvements that edjustsummer and
winter demand curvparameterso account foiseasonal reliability risk. However, the capacity
market will continue to use a single ICAP requirenfenboth seasonsnd CAFs determined
annually and applied to all months of the yeenich raise the following concerns

1 The capacity market lacks an effectmechanisnto coordinateslections of firm fuel
supply by generatordHence thecapacitymarket will notefficiently attractthe levels of
firm fuel arrangements needed to manage reliability risk

1 When net capacity imports in winter differ from assumptiorthe IRM study, capacity
prices and accreditation factors wilbt beaccurate. For example, suppliers may have
incentives to export capacity in the winter even when this would heighten reliability risk.

1 Annual CAFs formostresources will be volatile because they will be extremely sensitive
to assumptions that drive relative seasonal reliability risk in the IRM study.

1 Resources with capacity salimt vary between summer and winfeng.,the 1,250 MW
Champlain Hudson Power Express project in New York Qitgty causextreme pricing
outcomes becauskis may cause thé&/inte-Summer Ratio parameter to be inaccurate.

Hence, we recommend establishing seasonal capacity requirements, CAFs, and demand curves
(Recommendatio8022-2). Thiswould establish separate capacity requirements in summer and

winter so that each season procures sufficient UCAP to satisfy reliability criteria. Each
resourceds UCAP would be determined using sea
contributions anavould not be sensitive to assumptions regarding relative summer and winter
reliability risk. Under this framework, changes in fuel agaments or net imports would result

in appropriateclearingprice changebasedn the seasonal demand curves.

We also recommend that NYIS@ake change® mitigate the risk of extreme pricing outcomes
caused by inaccuracies in the WirSrmmer Ratio parametdRecommendation 2023).

While this risk would also be resolved by Recommendation-202& recommenillYISO
expediteaddresmg this issueébecause itould causextremeandinefficient pricing
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Addressing Gaps between the Planning Process and the Capacity Market

Capacity marketshould be designed provide efficient market incentivder attractng and
maintainng sufficient resources teatisfy the planning reliability criteriadHowever, ve have

found that the reliability planning process effectively requires more capacity to meet
transmission security needs than is represented in the capacity market requirements that are
explicitly based on transmission securifyor examplein our comments on the 2024 Reliability
Needs Assessmente identifiedthat theeffective planning requirement fdtew York City for

the 202526 capability yeawas 743 MW higher than the expected capacity market LCR based
on the Transmission Security Lim{see our RNA commeshere While changes in the

planning models and methodology may be necessary from time to time, NYISO should seek to
minimize inconsistencies between the planning requirements and the capacity market which is
ultimately designed to enable NYISO to meet thoseirequents.

Deliverability Testing and Transmission Planning Processes

Therecent nf |l ux of proposed new renewabl e and stor
gueue has focesl attentioron transmission planning and interconnection issues. It is efficient

for the developeto bearthe costs of upgrades needed for a new project to reliably interconnect

so they do notlisregardootentialtransmission limitations. At the same time, new projects

should not bear a disproportionate share of thefoosipgrades that benefithersbecausehis

will deter efficient investmentin SectionlV.A, we evaluate the deliverability testing process.

Concerns with theDeliverability Testing Process

The process for obtaining rights to sell <capa
generatiorinvestment Recent Class Year studies hadentified prohibitively costly System

Deliverability Upgrades (SDUs) for many proposedjects causingthem towithdraw from the

Class Year or accept a reduced quantity of CRIS rights example924 MW of battery

projects seeking to enter Long Islandhe recently completed &s Year 2023 weialocated

SDU costs averaging880 per kW of UCARNd leadimes in excess of 8 yeamshich no

developer was willing to accepSectionlV.A highlightsthatN Y1 SO6s del i verabi | i
is an inefficientbarrier tonew investmenbecause it

9 Utilizes a deterministic test that often does not represent a realistic or likely dispatch of
the system during conditions when reliability is threatened

1 Is particularly likely to identify and allocate excessively large SDUs to renewable and
storage project developers as their penetration grows;

1T Assigns permanent CRIS rights that may not
over timeor as NYISO shifts from summegreaking to wintejpeaking and
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1 Favors existing resources over new resources because it requires developers of new
resources to pay for costly network upgrades but imposes no costs on existing resources
that contribute to the same bottlenecks. This effectively prememtsesourceBom
competing with incumbent resources in exgmstrained areas such as Staten Island.

NYI SO6s r ecent Class&easprocessamits iew GlustertStudy interconnection
processwill improvetheoveralltimeline andnformation provided to developers, but it retains
theexisting deliverability test methodology.

To address these issues, werecomnitends aggr egati ngzom¥l SO06s capaci
(Recommendatio8022-4). This wouldreducethesize of the capacity zosaeé which new

interconnecting resources would have to be deliverable and allow capacist@uicep in
exportconstrained areasl his would alsosubstantially reduce the number and size of system

upgrades developers would be obligated to famd allow new projects to compete with
incumbents.Project developers may still wish to pay for network upgradesntransmission

bottlenecks would cause their locational capacity price to be low. Hence, we also recommend
financial capacity transfer rights (FCTRs), which could be defined so that market participants

who pay for upgrades retain the economic value of thpgeades in the capacity market
(Recommendatio8012-1c).

Improvements to Transmission Planning Process

Thecosts of regulated transmission projects recovered through NYISO rate scheduleseimave
from approximately $0.50 per MWbIf statewide loadh 2021 t0$2.50 per MWh in 2025 and

will continue to risebecause ofnajor projects that have been approved obareg evaluated

In Sectionv.B, we provide an overview of NYI SOb6s cen
and suggest improvements so more efficient propretselected. In recent years, larggale
transmission planningastaken place primarily through the Public Policy Transmission

Planning Process (PPTPP). Even when transmission projects are planned to meet policy goals,
consideration of their market impacts is important becgd$enarket prices help quantify

which policy projects provide the best value to ratepayers and (2) inefficient transmission
projects risk crowding out competing marketsed investments (including transmission and
norrtransmisson resources) that could advance the same policy goals at lower cost.

The assumptions and techniqgues used in NYI SOb6
study) affect whichthetransmission needs identifieghdthe solutions selectedNYISO has

made improvements to its planning models in recent studies, blisevesgemainingissuesn

SectionlV.B and recommengnprovements to address thefRecommendation 2022)

Modeling mprovementsvould help to ensure that future transmission needs are assessed

accurately and that solicitations select the most efficient candidate projects
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Energy and Ancillary ServicesM arket Performance

We evaluatenarketperformance in scheduling resources efficiently and settinginealprices,
particularly during tight operating conditions. Efficigmicesare important because they reward
resourcesor performing flexibly and reliablguringtight reattime conditions This becoms
increasingly important as New York integratesreintermittent renewable resources and the
supplyof fuel-secure generation declines.

DynamicReserveNeeds

With the addition ofntermittent generatiorpatterns of congestion and operating reserve
constraintsaare becoming more variabl€onsequentlyiNYISO doesnot alwaysschedule

operating reserves efficienflgarticularlywhenlocal reserve need®uld bemet morecost

effectively by reducing import® thelocal areaandincreasing internayenerabn, ratrer than

holding reserves oimternalunits. Accordingly, wehaverecommenddNYISO dynamically

determine the optimal amount of reserveguired for bth local and systemwidliability.

NYISO is currentlyworking to implementhesefiDynamicRe s er ve 0 r.equi rement s
(Recommendatisi?01516 and2016-1)

Market Performanceunder ReserveShortageConditions

Shortage pricing will banessential element of the rdahe market as N¥SO transitions to a

more intermittent generating fleeAlthoughshortage conditions arise amly a small portion of
reattime intervals, their impact on incentives is substantial. Most shortages are transitory as
flexible generators respond to rapid or unforeseen changes in load, external interchange, and
other system conditionsSinceintermittent output fluctuations are expectedjtow, shortages

are likely to increaseShatage pricing provides essential incentives for flexg@eeration to be
available and to perform well to maintain reliability.

Shortage pricing levels should be safficiently high toavoidrelying on out-of-market actions

andto accuratelyreflect thevalue of reserves for maintaining reliabilitin SectionVI.A, we

identify conditions wherhe operating reserve demand curves are set béguhe cost of out
of-market actions required to maintain reserves when neighboring control areas also experience
reserve shortages; and (b) the marginal reliability value of resenvesiucing the risk of load
shedding during deep reserve shortagésnce we recommend NYISO modify its reserve

demand curves® address these issuéSeeSectionVl.A.1 andRecommendatioR017-2)

Understated shortage pricing is particularly harndi YISO because othe extremely

aggressive shortage pricing in neighboring markets. Resources selling into t{N& 1&%@ PIM
markets could receive $80 to $0,000 per MWh duringlight shortages of tninute and 30
minute reserves, while the NYISO market sets its phetseen $750 and $3,000 per MWh
duringdeepl0-minute and 3@ninute shortages. This misalignment in shortage pricing between
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NYISO and its neighborwill potentiallycause energy to flow out of New York to neighboring
markets even when shortages in NYISO are much dedjperneed to schedule imports and
exports efficiently will become increasingly importantlas penetration ahtermittent
resourcegrows

Market Performanceunder TransmissionShortages

Transmission shortages occur whikapowerflowing over a transmission facility excesithe
applicableoperatindimit, which can belue to a lack of available resourcedNiyY | SO6s di spat
model torelieve the constrairdr because thmarket software is designed to alemall
constraintviolationswhen the cost of relieving the constraint Wwbatherwiseexceed $200 per

MWh (which is the first step of the Graduated Transmission Demand Curve (GTIDQ024,

themarket experienced such localized shortages in ro@péycent ofreakttime intervals.

NYISO implementedConstraint Specific Transmission Shortage Priam§lovember 2023.

This enhancemerligns the MW steps on the GTDC with the Constraint Reliability Margin
(CRM) for each facilityimproving correspondence between shadow prices and the severity of
transmission constraintespitethisenhancement, he us e of i ocortinuesmoe GT p
undermine pricing efficiency bgreventingthe market softwarffom recogniing some
transmission shortages in réiahe. This mechanisncauses cayestion pries o fail to represent
the severity of actual transmission shortagési r r ent | y , -tihkYriciBgOrodel r e a |
assumes that offline GTmnrespond to dispatch instructiongthin 5 minuteseven though they
are not physically capable of doisg Consequentlythe market model may underestimate the
scarcity of transmission capability, leadiNY1SO to compensate for these differences by -over
constraining transmission in some artad relyheavily ongas turbine. To address this
inefficiency, we recommend NYISO eliminate offline festtrt pricing from the redalme

dispatch model. (See Sectigh.A.2 and Recommendaticz020-2)

Reattime Pricing Efficiency During Gas Turbine Starts

Despite recent improvementsttee faststart pricing logic, we have identifiedremainingssue

in thereakttime pricingalgorithm Specifically, the problem aris@ghen the reatime scheduling
software economicallgommitsgas turbines offering minimum run timesger than one hour
Although tese units arscheduleds if they hava onehour minimum run timethe pricing
algorithm does ndtreatthem as eligible to set LBMPAs a result, realime prices may not
accurately reflect the casdf mairtaining reliabilitywhenthesegas turbine arestared If these
units were allowed to se¢aktime prices,LBMPs wouldhaveincreasd by anestimated $1o

$6.5 per kWyear across various load pockets in New York City and Long Isladditionally,
prices would have been affected in broader areas as well depending on congestion patterns.

Hence, ve recommend #it NYISO revise itgeaktime faststart pricing criterido base fasstart
pricing eligibility on the minimum run time used for scheduling, rather than the value of the offer
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parameter.By aligningpricing and schedulindNYISO can enhance peefficiency and
provide moreappropriatenvestment signals for market participar{fee Sectiov1.B and
Recommendatiof023-2)

Incentives for Combined Cycle Units Offering Du€tiring Capacity

Most combined cycle units in New York have a duct burner, which uses supplementary firing to
increase the heat ener gyngtheoutputa adownstreamihean e 0 s
recovery steam generatdduct burnes account for-800 MW of capacityn the State. This can

be offered into the energy market as a portion of the dispatchable range of thatanidrge

portion of the duefiring capacityis either a) not offered or b) offered but unable to follow-5

minute instructions in the retime market because its operational characteristics are not

properly recognized by the dispatch moddkither of thes outcomes is ideabwe have
recommended NYISO consider enhancemémtscheduhg this capacity that considers the

physical limitations dduct burners.

NYI SO06s pr opos al wduldrequicksuppkesse dedighates U mufutéasge
as ductfiring through an administrative procesgher tharmaking ita bid-ableparameter like
the upper operating lim{tJOL). Like the UOL, theductfiring range will fluctuatewith
ambienttemperature and humidigonditions. Our analysisstimates the magnitude of
scheduling errors ductfiring rangesemain administrative parametegesenif suppliers update
them adrequently as twice per weekSee SectioV1.C and Recommendatid2020-1)

Compliancewith Curtailment Instructionsby Intermittent Power Resource@PRS)

Resources that depend upon wind and solar energy for their fuel are classified as IPRs. These
resources are paid for all their output unless they haveibstencted by the NYISO to reduce

e

their output via a Wi nd anj)Weaodlyzedthe(partormante L i mi

of IPRs when issued an Output Limit and found that, despite strong perforbyamosst
resourcesa minority oflPRsaccount for a disproportionately largleare of instances of non
compliance wittOutput Limit instructions.In addition, we have found that poor performance by
certain IPRs has beeattributable tacommunicatiorfailures on the part of the locahnsmission
ownerrather than the IPRHowever, we have also found thathem anlPR does not comply

with a curtailmentnstruction, the overgeneration charge may be inadetpatesure the IPR

does not benefit financially from poperformance.

Failure for | PRs to f oléatisacxeliahilityesectiity,lasd@étemedtu t p ut

inefficiencies. Transmission owneargy respond to transmission secuisiyues by imposing
conservative line ratings the expectedPR dispatch performance is powarhich is inefficient
In casesvhenan IPRis persistently nowresponsivethe operatorare compelled taurtail other
IPRs that areesponsivethereby benefiting the necompliant IPR at the expense of the
compliant one.Therefore, we recqamended that NYISO revise the tariff to proviedRs with
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strongelincentivesto comply with Output Limit instructiongsee Sectiol|.D and
Recommendatiof023-3)

Performanceof Coordinated Transaction Schedulin@CTS)

CTS enables two neighboring wholesale markets to exchange information about their internal
dispatch costs shortly before reghe, assishg market participants in scheduling external
transactions more efficientliyWWe continue t@bservesuperiorperformance at the New England
interface In 2024, he CTS process at the Newdtand interface continued tutperformthe
PJM interfaceprodudng greater costavings Thiswas largelyattributable taherelatively
poor per f or meakimeprice fprecBsiinylMadel thet used in thescheduihg
process anthe highertransactiorfees imposed oaxports from NYISCacross the PIM
interface Both issuesdliminishthe profitability of CTS transactionand participation Market
participantsexporting to PJMypically require much largeaverageprice spreads (-85 per

MWh in 2024 between théwo markets to profit from the transaction&s a resultthey offer
much lower quantities.

It is unlikely that CTS with PIM will function effectively while transaction fees are large relative

to the expected value of spreads between markégtsce, we recommend eliminatiog

significantly reducinghese costs to unlock the full potential of Cd&ween PJM and NYISO
Improving the utilization of the CTS processes will allow it to deliver increasing levels of

benefits as renewable output grows in the future. The CTS processes can help efficiently balance
shortterm fluctuations in intermittergeneration in New York and neighboring systems. (see
SectionlX.CC and Recommendatid2015-9)

Operations of PARControlled Linesbetween New York City and Long Island

While most phase angle regulat@PAR9 are operated to reduce production costs, several PARs
arestill managed according tmlateral contracterms regardless aéconomicefficiency. The

most significant inefficiencies we identified were associated with the two lines that normally
transferup to 300 MW of power from Long Island to New York City in accordance with a
wheeling agreement between Consolidated Edi so
( A LI PTAeoperation of these lingsaccordace withthe wheeling agreemehts resulted

in higherproduction costs millions of dollarseach yeagrandincreaeed CO, andNOx

emissions by significant amount as well.

In 2024, thanefficientuse ofthe901 and 903 lines asreducedecause oengthy transmission
outagesputthe ConEdLIPA wheeling agreement contindieo raise production cossnd

reduce operationafficiency. As offshore wind and other intermitteehewablaesources are
increasinglyintegrated into New York City and Long Island, the operational flexibility of these
lineswill becomeeven more criticalf they could be utilized to avoid curtailing renewable
generation. This report recommends tH#lSO continue to work with the parties to the
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ConEdLIPA wheeling agreement to explore potential changes that would allow the lines to be
used more efficiently. (Se&ppendixSectionlll .l and Recommendatid2012-8.)

Allocation of DayAhead Congestion Residuals

Dayahead congestion shortfalls and sabeadp!| uses,
network capability differs from the modeled capability in the TCC auctions. Allocating these
residuals on a fAicost causat ividesefficibnafmansal i s gene
incentives for Transmission Own€mOs) to maintain equipment, configure the transmission

systemto minimize congestigrand schedule outagesen leastikely to increase congestion

Currently, nostresiduals resulting from Q u a | i chapgesirgndodeled transtepability
between TCC auctions and dalgead markets are allocated to the responsible Hi@sever,
anyremaining shortfalls and surpluses digtributedin proportion to TCC auction revenues
received by each TOn 2024, his methodvas used to allocatenet surplus afoughly $33
million, althoughour analysisndicatesthat most of the surpluemmed fronincremental
transfer capabilitgnabled byecent upgrades assaied with Segment A and Segment B Public
Policy Transmission Projects the use ofransmissioracilities betweenCon Ed and LIPA

This allocation methodologgoes not align with cost causation principles, which fails to
incentivize TOs to operate their transmission equipment efficiently and enceavagselling

the capability of the transmission system in the TCC aucti®hserefore, v recommend

NYISO revise the allocation of deghead congestion residuals. Instefédllocatingthese

residuals based on TCC revenuée allocation should be determined by changes in scheduled
utilization of the transmission system between the TCC auctions and tadelagmarket. This
adjustment would enable transmission owners to recover the value of transmission scheduled in
the dayahead market, even if the capacity was fully-sold in the TCC auctions. (See Section
VII.D and Recommendatid2023-1).

Out-of-Market Actions

Guarantee payments to generators fell by rougBlgercent from 223 to $40 million in 2024.
The decreaseccurred primarily in New York Citywhereoil-burn requirementor several
steam turbine units during two specific gas pipeline outages in 2023 incurred $20 million in
BPCG uplift. (See SectioVI1.F)

New York City

The needo respond to multiple contingenciesisthe primary driver oSupplemental
commitments in 2D4. More than 60 percent giuarantee paymesin New York Citywere
made taunits committed for this purposé.ypically, holding reserves in an area is the most
costeffective means to protect against multiple caygimcies. Hence,ewecommend the
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NYISO model local reserve requirements to satisfy thedg-contingencyneeds, which should
provide more efficient price signals for flexible resources in these areas. (See Beé&tiand
Recommendatiof024-1)

NYISO plans tadevelopNew York City load pocketeserve requiremesaftercompletingthe
Dynamic Reservgwsoject. This will be particularly importardfteroffshore wind is added to
New York City because it will allow NYISO to utilize the wind outjgud other lowcost
generatiorto satisfy local reliability needss appropriate

The NYISO currently operates markets for operating reserves up to 30 minutes, buorttliese
contingencyneedsn New York City could banetby resources with response timgsto 60
minutes In the long term, entry of intermittent renewables will lead to large deviations of net
load from the forecast over multiple hours. Procuring reserves from resources withdadger
times (e.g., combined cycle units) would allow NYISO to maintain relialmibye cost

effectively. Hence, we recommend that NYISO evaluate the need for longer lead time reserve
products. (SeRecommendatio8021-1)

Long Island

OOM dispatches to manage 69 kV constraints on Long Island have reduced significantly since
NYISO beganintegratng 69 kV constraints into its daghead and redgime marketsn April

2021, leading tamore efficient scheduling and pricing and reduced BPCG upliftwever,

OOM commitment®f peaking unitfor Transient Voltage Recove(yVR) requirements on the
East End of Long Island were still frequent, leadingadficient price signals in that area. To
provide more efficient incentives for schedulexgd new investment,erecommend NYISO

model East End TVR needss{ngsurrogate constraigjtin the market softwar€See Section

VII.B andRecommendatiof021-3)

In addition,we found that the current Long Island reserve requirement was sometimes
inadequate to satisfyulti-contingencycriteria. Modeling these reserve requirements in Long
Island would improve efficiency and encourage new resources with flexible characteristics to
locate where they are most valuable. Hence, we recommend that NYISO implement reserve
requirements for Lontsland that are adequate to maintain reliability rather than rely on OOM
actions. (Se@&ppendixSectionlll .D andRecommendatio@024-1)

Upstate New York

OOM commitments in upstate regiomaveincreaseaver the past two yeapsimarily to satisfy
themulti-contingencycriteria in the North Country load pocket$43 daysn 2023 and 205 days
in 2024 We recommend odeling reserve requirements in local load pocieisiprove
schedulingefficiency and establisimore efficientmarket signals fonewinvestment(See
SectionVI.E and Recommendation 2024
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Overview of Recommendations

Our analysis in this report indicates that NYEs®lectricity markets performed well in 24,
although we recommeratiditionalenhanementgo improve market performanc&ome of
these recommendatisaddress emergingsueghat will become increasingly importaas the
system evolveand the State moves forward with its clean energy policies.

The table below summarizes our highority recommendations. The majority adr

recommendations were maggor reports butwe makewo newrecommendations this

report. I n general, the recommendations that
produce the | argest economic efficiencies by
needs or improving the incentives of participants t&eretficient longterm decisions.

A complete list of recommendations and a detailed discussion of each recommendation is
provided in SectioiXl. In total, we hav@4 outstanding recommendations that are discussed in
that section.

High Priority Recommendations in the2024 SOM Report

NYISO Project Scope:

Number Section Recommendation (2025 / 2026)

Energy Market Enhancementsi Pricing and Performance Incentives

Dynamically adjust operating reserv

2023 SOM requirements to account for factors

201516 Appx. V.N thatchangehe amount of reserves
T that must be held on internal Dynamic ReservegSoftware
resources. Design Specs / Development
Consider rules for efficient pricing Complete)

2023 SOM and settlement when operating
Appx.V.D  reservesupplies provide congestion
relief.
Use the reserve market rather than
out-of-market actions to satisfy local
2024-1 VI.E reserve requirements in New York
City, Long Island, and upstate New
York load pockets.
Modify operating reserve demand
2017-2 VI.A.1 curves to improve shortage pricing N/A
and ensure NYISO reliability

Capacity Market 1 DesignEnhancements

20161

More Granular Operating Reserve:
(- / Market Concept Proposed)

Modeling Improvements for
Capacity Accreditation:
(Deployment £) andNYISO RA
Model Strategic Plaifsee below)]

Improve capacity modeling and
20214 VIIl .D accreditation fospecific types of
resources

2024 STATE OF THE MARKET REPORT | xvii



Executive Summary

NYISO Project Scope:

Number Section Recommendation (2025 / 2026)
Compensate capacity suppliers bas
on their contribution to transmission Valuing Transmission Security:
20221 VIl .E security when locational capacity 9 Y-
) 7 (Market Concept Proposed)
requirements are set by transmissio
security needs.
: : Winter Reliability Capacity
20222 VIII .G Esta_bhsh seasonal capacity EnhancementgMarket Design
requirements and demand curves. : !
Complete / Software Design Spec
Implement more granular capacity
20224 Vil .C zones and a dynamic process for N/A
updating the zones
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Intro duction

I. |INTRODUCTION

This report assesses the efficiency and compe
markets in 2024. The NYISO operates competitive wholesale markets to satisfy the electricity
needs of New York. These markets include:

1 Day-ahead and redime markets that simultaneously optimize energy, operating
reserves, and regulation;

1 A capacity market that ensures the NYISO markets produce efficientéomgeconomic
signals that guide decisions to invest in new and existing generation, transmission, and
demand response resources (and/or retire uneconomic existing resources); and

1 A market for transmission rights that allows participants to hedge the congestion costs
associated with using the transmission network.

The energy and ancillary services markets establish prices that reflect the value of energy at each
location on the network. They deliver significant benefits by coordinating the commitment and
dispatch of generation to ensure that resources are stadelispatched each day to reliably

meet the systembébs demands at the | owest cost.
essential because of the physical characteristics of electricity. This coordination affects not only

the prices and productionsis of electricity, but also the reliability with which it is delivered.

The NYISO markets have several key features that are designed to allow the power of markets to
satisfy the needs of the system efficiently, including:

1 Simultaneous optimization of energy, operating reserves, and regulation, which
efficiently allocates resources to provide these products;

1 Locational requirements in its operating reserve and capacity markets, which play a
crucial role in signaling the need fi@sources in transmissimonstrained areas;

1 Capacity demand curves that reflect the value of incremental capacity to the system and
provide for increased stability in market signals;

1 Ancillary services demand curves, which contribute to efficient prices during shortages
when resources are insufficient to satisfy all of needs of the system;

1 A reakttime commitment system (i.e., RTC) that commits custaet units (that can start
within 10 or 30 minutes) and schedules external transactions. RTC runs every 15
minutes, optimizing over a twanda-half hour period.

! NYlI SO MST 30.10.1 states: AThe Mar ket Monitoring Uni
report on the competitive structure of, market trends in, and performance of, other competitive conditions in
or affecting, and the economic efficiency tife New York Electric Markets. Such report shall include
recommendations for thimmprovemenbf the New York Electric Markets or of the monitoring, reporting and
ot her functions undertaken pursuant to Attachment O
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1 A market scheduling system (i.e., Coordinated Transaction Scheduling) to coordinate an
economic evaluation of interchange transactions between markets 15 to 30 minutes ahead
of when the power flows in rediime.

1 A mechanism that allows inflexible gas turbines and dernaesplonse resources to set
energy prices when they are needed, which is essential for ensuring that price signals are
efficient during peak demand conditions.

1 Areaktime dispatch system (i.e., RTD) that runs every five minutes and optimizes over a
onehour period, allowing the market to anticipate the upcoming needs and move
resources to efficiently satisfy the needs.

These market designs provide substantial benefits to the region by:

1 Ensuring that the lowestost supplies are used to meet demand in the-tdrant and

1 Establishing transparent price signals that facilitate efficient forward contracting and
govern generation and transmission investment and retirement decisions in tte¥riang
Relying on private investment shifts the risks and costs of poor decisiomiN&w
Yorkds consumers to investors.

As federal and state poliapakers promote public policy objectives such as environmental
quality through investments in electricity generation and transmidsienmarkets will adapt as
the generation fleet shifts from being primarily fossil foeked, controllable, and centralized to
having higher levels of intermittent renewables and distributed generation. Althoughdalge
changes in the resource mixantly result primarily from public policies to reduce pollution
and promote cleaner generation, the NYISO markets will continue to provide:

1 Useful information regarding the valueeadéctricity and cost of production throughout
the State, enabling clean energy procurements to select more efficient proposals and
transmission planning processes to identify needs appropriately and select the most
efficient solutions; and

9 Critical incentives not only for placing new resources where they are likely to be most
economical and deliverable to consumers but falskeeping conventional resources that
help integrate clean energy resources while maintain system reliability.

Therefore, it is important for the markets to continue to evolve to improve alignment between the
market design and the reliability needs of the system and public policy goals, to provide efficient
incentives to the market participants, and to adequatéiyate market power. Sectidrof the

report provides a number of recommendations that are intended to achieve these objectives.

For instance, see the New Yorkés Climate Leadership
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II. OVERVIEW OF MARKET TRENDS AND HIGHLIGHTS

This section discusses significant market trends and highlights in 2024. It evaluates energy and
capacity costs, fuel pricegeneration patterns, demand patterns, and significant market events.
We also evaluate investment incentives for existing generator types in southeast New York.

A. Wholesale Market Costs

Figurel summarizesvholesale marketoststo consumers over the past five yearsbhgwing
the allin price for electricity, which reflects ttareragecost ofservingload from the NYISO
markets. The major components of this metric include:

1 The energy component is the leadighted average retime energy price.

1 The capacity component is based on monthly spot audganing price and capacity
procuredn each area, allocated over energy consumption in that area.

All other components are the costs divided by thetiewdd load in the are.

Figure 1: Average All-In Price by Region
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Sectionl.A of the Appendix provides a detailed description of thénglirice calculation.
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In 2024, average aih prices ranged from $42 per MWh in the North Zone to over $76 per
MWh in New York City. Alkin prices rose in most regions because of higher energy costs,
which was due to the following factors:

1 Average mports from external control areas fell by nearly 200 MW, primarily due to
reductions in imports at the Quebec interface

1 CO: emissionsallowancecosts rose due to higher Regional Greenhouse Gas Initiative
(ARGGI 0) prices. RGGI prices rose by 54 p
$21 per ton for the yeawhichtranslates to approximately $9 per MWh in marginal costs
for a typical gadired combined cycle generator.

1 Weather conditions, both warmer in the summer and colder in the winter, contributed to
an increase (2 percent) in average load.

1 Transmission congestion impacted certain regions, especially New York City.

Higher energy prices were partially offset by falling capacity prices in most areas, which fell by

5 percent in New York City and by 23 to 27 percent elsewhere. The reasons for these decreases
are discussed in Sectidfill .A, but include significantly lower load forecasts and, in some

l ocalities, | ower Locational Capacity Require

B. Net Revenues for Existing Generators

As the resource mix shifts away from conventional generation, it is impéotathe market to
incentretirementof the least valuable generators (rather than flexible resoneeeked to

integrae intermittent generation) and to maintain generation in a reliable conditdenevaluate
the current market incentives for conventional technologies in New Yagkre2 shows the

net revenues and the estimated gdmgvard costs (GFCs) for several existing technology types
from 2022 to 2024. To evaluate the financial returns for flexibility, net revenues froaheag
energy sales are shown separate from net revérmmsalancing energy sales (and purchases)
and from the sale of operating reserves. To evaluate the financial returns-fofedigapability,

net revenues from efired operation are shown separately.

The fAEsti mat ed GFHudaverage cobtofdnairgainindghae existiomig a

reliable condition, including plasievel and other costs that may be shared across multiple® units.
However, a firm may not be able to avoid all such costs by retiring just a single unit, and a firm

may be able to avoid substantial adst deferring maintenance and other capital expenditures in

the short e r m. Hence, the -Tegmr EF&€bsboshbdwew dofBh:t
units, which excludes major maintenafileme and o
GF Co0 i msame plahtewel costs that would be difficult to avoid by retiring a single nit.

4 The fAEsti mated GFCO0 for existing gas generators is ¢k
Mar ket : Evaluation of Optionso.

5 The #BdoromtGFCO includes fixed O&M coandexcludpsmapperty t a
maintenance and capital expensgse Appendix sectiondl .A andVII .B for details regarding net revenues

4 | 2024 STATE OF THE MARKET REPORT



Market Trends and Highlights

For gas turbines in New York City, we show revenues for resources that operate only outside of

the Aozone seasono ( May

through September).

has retired, while 565 MW at the Narrows and Gowanus plants will opasating in the ozone
season once they are no longer needed for reliability during peak load conditions to comply with
NOx emi ssions regulati on

NYSDEC fAPeaker Rul eo

Figure 2: Net Revenues and Goindgrorward Costs of Existing Units
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Revenues for existing fossil units were mainly driven by fluctuations in capacity prices. Net
revenues for NYC resources increased modestly in 2024 due to higher capacity prices in that
area along with higher energy prices. The retirement of signifesaounts of peaking capacity

in the city contributed to higher levels of localized New York City congestion in 2024.

However, net revenues decreased elsewhere primarily due to lower capacity prices systemwide.

Steam turbine units appear to be the most economically challenged of the technologies evaluated.
Their average net revenues over the past few years have generally been lower than the estimated
GFCs in all areas, though tight supply conditions in New itk have dramatically improved

the situation for steam turbines there. Their high operating costs and physical constraints that
require long startip times and run times usually prevent steam units from earning much energy

or reserve revenue, except iorg Island.

See NYISOShortTerm Assessment of Reliability Repéot more information pertaining to the reliability

need which necessitated continued operation of these units past 2025.
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There is considerable uncertainty regarding the actual price level at which an existing unit owner
would choose to retire or mothball. The decision to retire and the actual GFCs depend on a

range of factors including whether the units are underternygcontracts, the age and condition

of the individual unit, the level of incremental capital and/ or maintenance expenditure required

to continue operations, the value of its inte
expectations of future markprices. In Long Island, steam turbine generators are compensated
through longterm contracts, so these units areJegsosed to wholesale prices and may have

stronger incentives to perform maintenance. In Hudson Valley, steam turbine generators may

have incentives to defer maintenance.

Figure2 shows that gas turbine units in New York City would have earned more than their
goingforward costs in 2024 even if they had opedatnly outside of the five months of the

ozone season. This reflects that capacity prices have risen following gas turbine retirements in
late-2022 and earl2023. Nonetheless, not receiving revenues during the ozone season will
make it difficult for thes resources to remain in service over time, making it urgent for the
NYISO to implement market reforms to adequately value winter reliability.

Existing fossil fuel generators face considerable economic and regulatory pressure that are
leading some to retire. A key role of the wholesale market is to provide incentives that lead the
least valuable units to retire while retaining generators witlle characteristics. The

wholesale market should efficiently reward reliability, flexibility, and fseturity if the New

York power system is going to become cleaner as envisioned by-padikgrs while

maintaining reliability at the lowest possiblesto Hence, we have recommended market
enhancements in Sectibthat would help reward resources more appropriately for these
characteristics to help steer investment toward resources that provide the greatest value.

C. FuelPrices

In recent years, fossil fuel price fluctuations have been the primary driver of changes in
wholesaleenergyprices Figure3 displays monthly and annual natural gas prices from 2021 to
2024 for several key indicés.

Average annual natural gas prices for gas pipelines delivering to locations in New York were
relatively unchanged in 2024 from the prior year levels. Strong domestic gas production
numbers continued to keep prices low across much of the year. Sigroheages yeaover

year from 2023 to 2024 were mostly driven by transient periods of winter price volatility driven
by cold temperatures. This tends to drive natural gas prices higher in the eastern parts of the
state more than elsewhere.

Sectionl.B in the Appendix shows the monthly variation of fuel priaad provide®ur assumptions about
representative gas price indidasach region
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Figure 3: AverageFuel Prices and RealTime Energy Prices
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D. DemandLevels

Demand is another key driver of wholesale market outcomes. Higher demand levels drive high
cost peaking resources to set prices more frequently. Additionally, transmission congestion into
load centers generally increases as demand levels rise. Lasthg| peak demand forecasts are
used to determine the M\ quirements in the capacity market.

Tablel shows the following load statistics for the New York Control Area (NYCA) since 2015:
(a) annual summer peak; (b) reconstituted annual summer peak; (c) annual winter peak; and (d)
annual average load hereconstitutedummer peak incorporates any demand response that was
activatedduring the peak load hour, either by utility deployment or by the NYISBi@refore, a
reconstituted peak load gives a truer sense of the supply resource requirements.

The average load across the system was 2 percent higher than in 2023, but remained in the

bottom 50" percentile of values over the past decade. Warmer weather drove up the average

load value, but increased penetration of BeliimeMeter (BTM) solar continues to keep the

value low relative to historic levels. Peak demand fell 4 percent from 2023 desglge the

warmer summer this year. Once again, BTM solar was a key driver of this reduction along with

a significant pealshaving contribution from deamd response resources. The NYISO estimated

that demand response resources shaved nearly 1.2 GW off the peak load and shifted the peak day
as reported. As some demand response resou
program and registerasP$t r i but ed Ener gy Resources (ADERO)
that load shaving deployment will shift to holding these resources in reserves.
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Table 1: Peak and Average Load Levels for NYCA
20151 2024

Year Summer Peak Summer Peak Winter Annual
(as Reported) (Reconstituted) Peak  Average
2015 31.1 311 24.6 18.4
2016 32.1 325 24.2 18.3
2017 29.7 29.7 24.3 17.9
2018 319 325 25.1 18.4
2019 30.4 30.4 24.7 17.8
2020 30.7 31.2 225 17.1
2021 30.9 313 225 17.3
2022 30.5 31.2 23.2 17.4
2023 30.2 30.5 23.4 16.8
2024 28.9 29.8 23.1 17.2

E. Generationby Fuel Type

Variations infuel prices, retirements and mothballing of old generators, and the additions of new
gasresourcesn recent years have led to changes in the mix of fuels used to generate electricity.
Figure4 displays annual generation by resource type from 2022 to 2024 (including net irfiports).

Figure 4: Generation by Type and Net Imports to New York
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Net imports are assigned as follows: (a) Ontario imgort¥est & Central; (b) Quebec impottsNorth; (c)
imports over the primary PJM interface are splid7, and 46percent to NYC, Lower Hudson Valley, and
West & Centralrespedtely; (d) net imports over the primary ISKE interface are split 58nd 45percent
Capital and Lower Hudson Valleyespectivelyand (e) Scheduled Lingghere they injecti.e., CrossSound
and Neptun€ables, and 1385 Line in Long Island and the HTP and Linden VFT Lines in NYC).
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More than half of all internal generation has come fromfigad resources for the past three

years, comprising 52 percent of the total in 2024. Output from Wind and Solar generation
resources increased by 32 percent from 2022 to 2024 primarily due eattly of several new
resources since late 2023. These technologies combined accounted for over 5 percent of internal
generation this yeamNet imports fell by over 200 MW from 2023 because of continued

decreases (=500 MW) in net imports from Quebdowg&from Quebedavefallento such an

extent that net imports, which averaged over@V8 in the import directios recently a021,

shifted negative in 2024 (i.e., net export direction).

F. Ancillary ServicesMarkets

The scheduling of ancillary services and energy ar@ptionized because part of the cost of
providing ancillary services is the opportunity cost of not providing energy when it otherwise
would be economic to produce. ©ptimization ensures that thesegpoptunity costs are

efficiently reflected in Location Based Marginal Prices (LBMPs) and reserve prices. Despite
their small contribution to the overall system costs, the ancillary services markets provide
additional revenues that reward resources tha hagh rates of availability, especially peaking
units. Figure5 showsthe average prices of the four ancillary services products by location in the
day-ahead market in each of the past four y&ars.

Figure 5. Average Day-Ahead Ancillary Services Prices
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See Appendix Sectiohnl for additional information regarding the ancillary services markets and detailed
description of this chart.Details in that chart are monthly but display the same information.
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III. L ONG-TERM INVESTMENT SIGNALS AND POLICY |MPLEMENTATION

A well-functioning wholesale market establishes transpanethtefficientprice signals to guide
generation and transmission investment and retirement decidibeszast majority of proposed

new projects are now driven by New York State clean energy policies and earn a combination of
NYISO market revenues, state subsidies, and federal tax incentives. Efficient wholesale markets
play a pivotal role in driving in\&ors in clean energy resources to seek the most valuable
projects, technologies, and locat® These incentives help avoid wasteful spending and steer
investment toward projects that will satisfy state goals at a lower cost to ratepayers. Well
designed markets also encourage investments that complement clean energy projects, such as
resourceshat are needed for grid reliability and flexibility. This section evaluates:

1 Investmenincentivesbased on recent market conditions and government policies to
promote clean resources (subsec#ign

1 Longterm incentives for investment in renewable generation (subs&jti@amd

1 Incentives for investment in energy storage resources that facilitate the integration of
intermittent renewables (subsectioh

A. Incentives for Investment in New Generation

With the adoption of ambitious state policies to attract large amounts of new intermittent
renewable generation, it will be critical to provide efficient investment incentives ttypes of
developers in particular:

1 Developers of new intermittent renewable generatidimese firms have choices about
where to locate and what technologies to use for specific projects. The wholesale market
rewards firms that can avoid transmission bottlenecks and generate at times that are most
valuable. Developers that expect to reeenore in wholesale market revenues will tend
to submit lower offers in state solicitations and, therefore, are more likely to be selected.

1 Developers of new flexible resourdebicreased flexibility will be needed to integrate
high levels of renewable generation, particularly around critical transmission bottlenecks.
The wholesale market provides nodal price signals that differentiate the value of
resources based on theirddional value and flexibility, thereby delivering the highest
revenues to resources that are most effective in complementing renewable generation.

This subsection focuses on how location, technology, and flex@iétlattributes that

wholesale markets can value efficiedtlplay key roles in determining whether a particular
project will be profitable to a developefigure6 andFigure7 show the estimated average net
revenues from the NYISO markets, as well as state and federal subsidies, for dispatchable
technologies and intermittent renewables, respectively. We compare this to their respective
gross cost of new entry (CONE) in 2024et revenue is the total revenue that a generator would
earn less its variable production cosWhen these revenues exceed CONE, investors will
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recover their capital costs plus a required return based on a typical cost of‘€aResknues
and costs for HClass gas combustion turbines and battery storage are shown in dollars per
kilowatt-year, while those of wind and solar resources are shown in dollars per melyauvatt

Figure 6: Net Revenue and Cost of New Entry for New Dispatchable Resources
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The profitability ofnewgeneration varies by technology and zone, and it has been influenced by
volatility in energy and capacity markets. In addition to market signals, federal incentives play a
major role in thegp r o j @rdfitabdity. We observe the following for specific technologies:

Gasfired Combustion TurbinésEstimated annual revenues for a new CT in NYC were below
the CONE from 2022 to 2024 despite relatively tight capacity margins in 2023 and 2024. This
revenue gap results primarily because of significant increases in the cost of a new CT which
occurred pst2021 and were not fully reflected in annual updates to the capacity demand curves
approved in the 2020 Demand Curve Reset. Recent permitting decisions suggest a new
combustion turbine may not be deemed compliant with Statate law'?

10 The cost of capital for CT and storage technologies was assumed to equal to the merchant weighted average

cost of capital eoasawentahd CurvedReset Stiydly, /idlé the cost of capital for
renewables combines the merchant and regulated cost of capital reflecting that subsidy payments carry lower
risk than market revenues earned by these projects. Costs and revenues for the GiI7idAc@? Frame

unit, assumed to be at a brownfield site in NYC. See Appendix Sadtid

11 Details on estimated net revenues can be faudgppendixSectionVIl. See subsectio@ for further

discussion of battery storage net revenues. We estimate state incentives for storage using the levelized value
of the $75 per kWiromNY SERDAGS6s Bul k St orage I ncentive, which
during the study period. The PSC is currently considering a new bulk incentive prfogremergy storage.

12 See permit denial letters from New York Department of Environmental Conservation for Astoria

Replacement and Danskammer Generating Station projects availible ahdlink, respectively.
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Energy storagé Market revenues of battery storage have historically been far below levels
needed to justify investment. In recent years, cost pressures and rising interest rates have
resulted in rising storage CONE values. However, standalone storage projects élegblae

for the 30 percent federal Investment Tax Credit beginning in 2023, offsetting cost pressures.

We estimate a smaller revenue shortfall férair storage than-Hour storage because of the 2

hour storage facility has significantigwer costs but modestly lower revenues. The economics

of storage are heavily supported by state and federal incentives. We estimate that in 2024, about
33 to 43 percent of storage revenues in New York City and 39 to 49 percent in Long Island

would be fom subsidies (including tax incentives).

In the long term, storage revenues are expected to be supported by rising intermittent renewable
penetration, but capacity revenues will be negatively affected if large amounts of new storage
driven by state mandates cause the Capacity Accreditation $&C#Fs) of storage to

decline!® The economics of longer duration batteries may become more favorable if the CAFs
of shorter duration resources face steeper declines as battery penetration grows. This illustrates
how future changes in state and federal policies pose risks to clearceedevelopers that enter

the market before such changes are enacted.

Figure7 shows estimated average revenues of intermittent renewable technologies in 2022

through 2024 compared to their estimated Cost of New Entry (CONE). REC revenues reflect the
reported price of NYSERDA Tier 1 RECs for lahdsed renewables, and estimated GRE

payments under the Index REC framework for offshore wind. CONE values are estimated based
on generic cost data from public sources. We
CONE value implied by the average Index REC strike price for projéttsaiotechnology with

active publicly reported contracts with NYSERDAhe Index REC structure is designed to

provide a hedge against changes in energy and capacity rices.

Estimated net revenues of renewable technologies were generally sufficient to recover the
resourcesd estimated CONE. This is primarily
accounted for approximately 56 percent of revenues forbasdd wind, 48 peent of revenues

for solar PV, and 59 percent of revenues for offshore wind.

13 The final CAFs for the 2024/2025 capability year in New York City are 55.93 percéouf2 and 68.84
percent (4hour), and in Long Island are 52.76 percenh@2r) and 78.94 percent-(¥bur). Before adoption
of NYI SOb6s new ac ctyvaleeifor 2ndui andhour vekoarses was sefpatdd percent and
90 percent, respectively. See capacity accreditation webipaige,

14 See Appendi¥/ 1l .C for detailed assumptions. Average strike prices include projects with active new

capacity projects (excluding repowerings) and Index REC prices reported by NYSERDA as of March 2025.
NYSERDA reports contract prices in nominal dollars; we convert theseetesl prices to a real $2024 price

with equivalent present value over the lifetime of the project. We add estimated revenues from federal
incentives to the strike price to derive the O6i mpl i e
effects d contract provisions that reduce the strike price for projects receiving federal incentives.
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Figure 7: Net Revenue and Cost of New Entry for New Renewable Generation
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Revenues of renewables were generally sufficient to justify new investment when including state
and federal incentives. Currently active Index REC strike prices for solar projects are consistent
with the estimated CONE value, while the CONE implied biwadaiffshore wind contracts is
somewhat | ower than the estimated CONE (possi
declines). The CONE implied by strike prices of active faaged wind contracts is

significantly higher than the estimated costaifd projects. This may be due in part to the

impact of site specific development costs for land based wind in New York. It also likely
reflects devel opersodé expectations that their
framework will differ rom their contract strike prices. We discuss the status of renewable
investments and the market risks of projects with Index REC contracts in the next subsection.

B. Long-Term Incentives for Investment in Renewable Generation

New Yorkds Climate Leadership aequresCommunity P
transformati onal changes in the stateds resou
polluting sourcesThe CLCPA established a 70 percent clean energy target by 2030, along with
various technologsgpecific requirements. t&e and federal incentives accountddarge

portion of the compensation for these resources. However, energy and capacity markets still

provide critical price signals that differentiate resources basé#utearvalue to the power

system, encouraging the most economic projects to come foandrdroviding sustained

revenues after state and federal incentives end. This subsection reviews the progress towards
policies to promote clean renewable energy projects in NYISO and discusses how current
investment incentives are affected by both curagck future state policies.
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1. Status of Clean Energy Investment in NYISO

Figure8 shows a summary of ladshsed renewable projects that have been awarded contracts to
provide renewabl e energy credits (RECs) wunder
their statuses in NYI SO06s intercon8ERDAI on que
indicates have been canceled are shown if°rdthis figure does not include awards from
NYSERDAOGsSs 2024 solicitation which have not be

Figure 8: Summary of Land BasedWind and Solar Project Statuses
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Overall, while overl4 GW of Tier 1 awardsave been announced under the CES: just 9 percent
have entered service, while 61 percent have been canceled and most of the remainder have not
yet moved forward with construction. Labdsed wind account for 839 MW of the 1,353 MW

of projects that havengered service under the CES, while over 67 percent of remaining capacity
with active Tier 1 contracts are solar. In addition, the State has promoted offshore wind and
energy storage to meet CLCPA goals:

1 9 GW of offshore wind by 2035NYSERDA awarded contracts to seven projects totaling
8.3 GW, but all seven initial awards have been canceled. Two of the canceled projects
(1.7 GW) were reawarded at higher Index REC strike prices in a 2023 solicitation. The
two reawarded projectd.€., Empire Wind and Sunrise Wind) have completed the Class
Year interconnection process and NYSERDA anticipates they will enter service in 2026.

15 Data taken from NYSERDAGs her¢ nawabINd| SOdjsedtintaatcanase
of March 2025. Initial COD Targets are from NYSERDA announcements of solicitation resubefgee
For projects that canceled original contracts and were subsequeatharded, the original award is
included as 6Canceledd and the | atest award is incl
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1 6 GW of energy storage by 20B0he NYPSC has adopted a target of 6 GW by 2030,
including at least 3 GW participating in the NYISO markets. A large number of storage
projects are in the interconnection queue, but few have been completed and none are
currently | i stcetdi cars6 .0 UnNIESERCbA shtasu i ndi
average duration of 3.4 hours have been
incentive program since 2019.0f these projects, 31 percent have been canceled and
just 10 percent have been completed. The NYPSC recently approved a neyediiree
process to procure 3 GW of bulk storage projects, with solicitations beginning in 2025.

The project development track record summarized above highlights that a large share of the
awarded REC contracts have not progressed as expected. Key drivers include:

1 Cost Increases Many projects reported unexpectedly high development costs and
interest rates in the past two years which rendered their original awarded REC prices
insufficient to justify investment. We estimate that the cost of new entry increased by
~32 percent fosolar PV and lantbased wind between 2021 and 2023. Upgrade costs
required to receive CRIS rights have been significant for some projects.

1 Market Risk§ The acceleration of State procurement targets and the pattern of awards

cat e
aw

with increasingly attractive pricing terms in recent years have increased market risks for
earliercontracted projects (since these factors tend to reduce future energy prices). We

discuss these market risks further in the next subsection.

1 Weak NonPerformance Penalti€sGiven the risks of development cost increases and
falling energy prices, if contracts have relatively weak financial penalties fer non
performance, then developers have incentives to submit more aggressive (.e., low
priced offers in NYSERDA RFPs. Consequently, awards are more likely to go to
projects that are relatively unlikely to be constructed.

The State has awarded many contracts under the CES, but deployment of renewable generation
and storage has lagged expectations. Contracted projects have faced headwinds including
permitting opposition, interconnection coatsldelays, rising construction costs, and effects of
the COVID-19 pandemic. NYSERDA has modified the REC contract structure to reduce
financial risks to developers from variations in wholesale market conditions, but energy price
uncertainty continues to keesignificant risk for devepers!’ The remainder of this subsection
evaluates NYISO market incentives for investment in renewable generation.

16

17

S e &etdil and Bulk Energy Storage Incentive Programs Reported by NYSERDA: Beginniny 2049
data.ny.gov, availableere

NYSERDA noted in 2020 that fa substanti al portion of
I

del ays in obtaining financingo for reasons that

i nc

evaluation commi ssiomaedily MYSBRDAtliI 9ofsthmfei project

project delays and attrition. See NYSERDA August 10, 2020 Petition in NYPSC G&se3®, at p. 7.
Conversion of Fixed REC contracts to Index RECs mitigates but does not eliminatespéojeat e v e n u e
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2. Market Risk for Renewables with State Contracts

Since the earliest awards showrigure8, State and federal policies to promote renewables

have changed dramatically. Projects awarded before 2020 were proposed when State policy was
to obtain 50 percent of energy from renewables by 2030. As State policies have become more
ambitious, anticip&d energy and capacity net revenues have declined, requiring higher State

and federal subsidy levels to support new clean projects. However, projects that are constructed
before the announcement of a new policy goal and that rely on wholesale markeésenvéh

be harmed by the resulting decline in energy and capacity net revenues. This may affect projects
that won earlier solicitations by hampering their ability to obtain financing and reducing their
incentives to complete the permitting and constaunctif the project®

New Yorkds procurements for renewabl e energy
some market risks while retaining incentives for developers to maximize project value. Most
largescale renewables under contract with NYSERDA will receive paynueaisr the Index

REC structure. Under this structure, the pro
strike price minus O6index® energy and capacit
the project is hedged against changes in divemargy and capacity prices, but faces two major

market risks related to its location and generation pattern:

1 Nodal Discount Revenues to renewables will deviate from their Index REC strike price
if the LBMP at the projectés Il ocation diff
due to transmission constraints; and

1 Technology Discourit Revenues of renewables will deviate from the Index REC strike
price if prices during hours when the renewable resource generates are lower than the
average price across all hours. For example, if high wind penetration in an area causes
the zonal pricgéo be lower during higtwind hours, wind generators will face a
technology discount.

Figure9 shows the average zonal and nodal discounts fordasdd wind, solar and offshore

wind in selected zones in recent years. Technology discounts are calculated as the difference
between the generatiameighted zonal regime LBMP and simple average dapiead LBMP-®

The circles show the difference between the generat@ghted reatime nodal LBMP and the
all-hours dayahead average LBMP at individual generator locations (technology and nodal
discount). The values shown reflect average discounts in 2022 throRgtid2 wind and 2024

only for solar (for which few projects were in service in earlier years).

18 In late 2020, the NYPSC issued an order authorizing renegotiation of REC contracts awarded from earlier

solicitations to use an Index REC structure providing greater protection from market risk, acknowledging that
adverse market conditions had limite@ tbility of contracted projects to obtain financing. Beee

19 Actual average generation profiles are used for-laaskd wind and solar, while a generic generation profile

is used for offshore wind
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Figure 9: Renewable Technology and Nodal Discounts, 202024
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Large technology and nodal discounts appear at almost all locations with existhigéstd

wind units, including: up to $6 per MWh in Zone A, $15 per MWh in Zone C, and $14 per MWh
in Zone D. These discounts are caused by generation durifgriced hairs and transmission
congestion that is exacerbated by high wind output. Under the Index REC contract structure,
projects at these locations would earn total revenues (including NYISO market revenues plus
REC revenues) below their Index REC strike pricarge nodal discounts for lafithsed wind
projects may explain why recent Index REC strike prices fortasdd wind projects exceed the
estimated cost of new entry by approximately $30 per MWhRgpee7 earlier in this section).

Technology and nodal discounts for solar PV and offshore wind were much smaller (or negative)
than for | and based wind in 2024. However,
that as deployment of these technologies rises in the future, techd@ogynts are expected to

grow as periods of high renewable output coincide with lower LBMAsspecially large

discounts are projected to emerge for solar PV if large amounts are deployed in the coming
decade as current state contracting patterns indicate. Our comparison of estimated renewable
CONEs to strike prices of active projects/isuggests that solar PV strike prices do not include
significant cushion against the emergence of technology and nodal discounts. This increases the
financial risks to these projects and the likelihood that awarded contracts are ultimately canceled.

Based on the preceding analyses, we draw the following conclusions:

1 NYISO market signals support efficient achievement of renewables targets by signaling
the noAREC benefits of competing projects. Exposure to market risks incentivizes

20 See MMU Review of 2022042 System & Resource Outlook, availahbéze
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investors to avoid projects in oversaturated locations or technologies. This will lower the
cost of achieving policy objectives as projects earning higher market revenues require
less support from the state.

1 Use of longterm PPAs to satisfy clean energy goals create risks for current renewable
projects. Future projects that receive higher levels of state support will impact the market
revenues of earlier entrants by increasing technology and nodal dis€oiis. risk
may lead to developers requiring higher Index REC strike prices or reconsidering
whether to invest in a project. Policy initiatives that work through transparent market
signals reduce these risks and are likely to achieve their objectivesaagraoverall cost.

C. Long-Term Incentives for Investment in Storage

Bulk storage deployment has been slow despite the establishment of a State energy storage
procurement target and incentive programs in 2018. Subséctaggests that potential storage
revenues have been insufficient to justify investment, even after accounting for state incentives.

The New York State PSC recently adopted a proposal to begin annual solicitations for bulk
storage projects beginning in 2025 to support
2030. The proposal recommends a new Index Storage Credit contracirettbat would

partially hedge variations in NYISO energy revenues of storage préfettss structure would

reduce (but not eliminate) market risk faced by storage developers, potentially accelerating
deployments. Early storage developers also face risks that if future storage procurements make
higher contract payments, it will tend tarisik expected energy payments to existing projects.

This subsection examines potential NYISO market revenues of storage projects and how they

could be affected by accelerated storage deployments.

1. Market Signals for Storagei Energy & Ancillary Services

Our net revenue estimates fréfigure6 of this section suggest that the largest potential source

of revenues for energy storage is from the capacity market, but energy and ancillary services are
also major revenue sources. If statandated storage deployment causes capacity accreditation
factors (CAFs) of storage resources to decline, storage resources may rely more heavily on
energy and ancillary services in the future.

21 A related phenomenon is that future projects with higher REC payments than existing resources may profit

by O6undercuttingd thREQemradji et oif i eMYI0$30aG $hemd roiwte ror d
new project to eanrgno ptrhoef iRE G yo ffi ctahvidU eeaieviiafZ202t pr oj ect .
2040 System & Resource Outlapk a vieiel abl e

22 See ANew Yorkds 6 GW Energy St or agNDHAScCasd 8801302024 Up
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Figure10 andFigurell1 show variation in

estimated net energy and ancillary services Figure 10: Estimated Storage E&AS Revenues

revenues for storage based on duration,

location, and bidding strategyrigure10 140
shows estimated net energy and ancillary 120
services revenues for and 4hour battery = 100
storage in Long Island using alternative 9 80
bidding strategies. We model storage E 60
revenues assuming that the battery offers i &
capacity as l@ninute spinning reserves in

the dayahead market, then sed€hedules to
charge or discharge in the real time market 0
to take advantage of energy arbitrage and
reakttime reserve opportunitiés. If the

40
20

battery sold dayahead reserves, it is required to maintain at least one MWh of charge to support

Long Island, 20222024
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its obligation for each MW of reserve salésgurel10 shows how storage revenues change
depending on whether its spinning reserve capacity is offered in trehéay reserve market.

This analysis shows that revenues under all
strategies were highest in 2022, which had 70
higher and more volatile energy prices than

2023 and 2024. Additionally, offering a 60
| arger share of the
ahead reserves would have resulted in muc
higher revenues. Acquiring a dahead
reserve schedule constrains the ability of th

Al
o O

$/kW-year
w b
o

battery to take advantage of r¢iahe 20
arbitrage opportunities in our model, but thi
. 10
would not have offset the higher revenues
0

associated with selling reservesndtly, a
four-hour battery would have earned only
$10 per kWyear more on average compare

NYC

Figure 11: Estimated Storage E&AS

Revenues

LI North  Jericho
Rise WT

to a fourhour battery, when following the highesivenue strategy (i.e., the 100 percentday

ahead reserve sales strategy).

v

These results suggest expected energy market revenues for batteries are currently dependent on
day-ahead reserves. Strategies to increase flexibility foitireal energy arbitrage, such as

23

We assume that the battery operator lacks perfect foresight dfmeamarket prices Instead, we develop

threshold prices at which to charge or discharge using an algorithm that cotted#gagahead forecast,
RTC forecast, antdackwardlooking prices from the week prior to each operating day.
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reducing dayahead reserve commitments or using a lowigeation battery, did not improve
revenues relative to costs. This dependence may imply significant risk for the revenues of
battery projects caused by largeale storage procurement mandates.

Figurell compares energy and ancillary services revenues in 2024 across four locations,
assuming 100 percent of capacity is offered in the day ahead reserves market. Revenues were
highest in downstate zones. Revenues at the Jericho Rise WT location (a generatahe

North zone) were modestly higher than revenues based on the zonal price, despite the fact that
negative prices occurred more frequently at the nodal than zonal level (7 percent vs. 1 percent of
real time hours, respectively). Negative pricassed driven by wind curtailment may present
limited opportunities for storage because they are often clustered in many consecutive hours.

In the long term, increased deployment of intermittent renewables should increase the potential
energy revenues for storage resources by increasing energy price volatility. We have previously
found that energy revenues of storage increase substantiaiysehar resources cause negative
prices to occur frequentff. Intermittent resources may also eventually contribute to higher
operating reserve requirements. Hence, energy and reserve markets are likely to signal the need
for storage investment as the penetration of renewable resources increases.

2. Market Signals for Storagei Capacity Value

Beginning in the 2024/25 capability year, NYISO accredits all capacity suppliers based on their
marginal impact on reliability® In 2024, the capacity accreditation factors (CAFs) were 53 to

56 percent for hour storage and 65 to 79 percent fdror storage resources, depending on
location?® The CAFs will be updated each year to account for changes in the system. Future
capacity revenues of storage will be greatly affected by changes in CAFs, which reflect the
effectiveness of additional storage for meeting the reliability needs of tlegrsySitatedriven
changes to the NYISO system could have major implications for storage CAFs, including:

1 Renewable and storage mandaté& have previously found that marginal capacity
value of storage will tend to decline as storage penetration grows, requiring longer
duration to provide equivalent value. On the other hand, deployment of certain types of
renewables (particularly solagnds to increase the marginal value of storage. Hence,
the efficient amount of storage deployment is tied to the pace of renewable development.

1 Seasonal reliability riskAs discussed in Sectiofill .G, tightening winter fuel
conditions combined with state policy to promote electrification of winter heating could
lead to reliability risk shifting towards winter in the coming decade. The requirements of

24 See our Review of the 202942 Outlook study, availablere

25 See FERC Docket ERZ2272, SectiotVIII .D, and Appendix Sectiowl .I.

26 See NYI SO6s capacity achereedi tati on webpage, avail abl
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awinte,er i sk system may differ from todayds sSys
fuel security risks associated with limitations on the inventories of oil and dual fuel units.

Figurel2 shows simulated marginal capacity value #four storage in New York City in a

future scenario designed to meet state policy
Resource AdeqguRaAcMO )Mo delTlhe( iSsAEBEnul at ed cemist em i s
from NYI S2042 Systend & Resource Outlook policy case, which reaches a 100 percent
emissions free electric system with large amounts of intermittent resources and storage by 2040.

We estimated marginal storage capacity value both with athduwtiexplicit modeling of limited

fuel inventories in wintef!

Figure 12: Storage Marginal Capacity Value by Duration and Quantity
New York City
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This analysis shows that in both scenarios the marginal capacity valdeaf 4torage declines
as deployment grows, although it falls much more rapidly in the Fuel Inventories Modeled
scenario. This is because reliability needs in this scenario asndiy shortage of stored fuel
inventories of oil and dual fuel units in extreme winter conditions. Batteries in this scenario
create extra demand when they attempt to recharge during cold periods when stored oil is

27 Thevaluesinthisfigurever e gener ated using Potomac Economicsdé pi

PE-RAM. PE-RAM is a resource adequacy model that performs an hourly chronological simulation of

supply margins and load shedding. It models multiple simulation years and cermlifffgent combinations

of generator forced outages and load forecasts, in addition to transmission limits between zones, intermittent
resource profiles and energy storage charging and dispatch. We performed model runs for the years 2030,

2035 and 2040 ahinterpolated values in between. The modeled scenarios are based on the resource
additions from the preliminary State Scenario of NYI
achievement of clean energy targets by 2030 in line with recent projgtiyoNew York stateSee

AppendixSectionVI.E for modeling input detailsWhile PERAM will not produce results identical to

NY |l S O&MARS model used in calculation if market CAFs, it demonstrates the directional impact of

rising battery penetration and rising winter load even in the presence of very high solar PV penetration
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consumed in nearly all hours, causing fuel inventories to be depleted more quickly and reducing
their marginal value. The marginal value of storage declines in thedamgeven in the Fuel
Inventories Not Modeled scenario because the deployment ofdargents of storage to replace
existing fossil resources causes prolonged reliability needs to emerge in periods of low
intermittent renewable output.

These observations suggest that future capacity market revenues of storage will be affected by
the level of storage deployment and the seasonal pattern of reliabilitypéskicularly if winter
reliability risk is driven by fuel security concerns. Rmmment mandates that are insensitive to
the marginal reliability benefit of additional storage could result in major capacity value risk for
earlier entrants (if the risk of CAF changes is allocated to developers) or higher than expected
subsidy payment§f the risk of CAF changes is allocated to consum@rs).

Conclusions on Energy Storage Incentives

The analyses in this section indic#tat currentmarketpricesare likely too low to support

investment in energy storag®jen after consideringfate and federal incentivsat comprise

nearly 40 percent of revenue$he future market revenues of storage will primarily depend on
capacity and operating reserve revenues. The value of storage for providing these products and
storage developers6 future revenues magf be
investment that far outpace effnt quantities.

28 In 2022, NYSERDA and NYDPS proposed a series of annual bulk storage procurements beginning in 2024,

for which the preferred contractual arrangement would provide an imperfect hedge against market risk
similar to the Index REC structure used for renewabfe e 7 N e®6 GWdEnekgy Storage Roadmap
2024 Updateo, filed Mar-E01301 5, 2024 in NYDPS Case
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IV. DELIVERABILITY TESTING AND TRANSMISSION PLANNING PROCESSES

New transmission investment in the bulk power system occurs through centralized planning
processes including the NYI SO6s Comprehensive
testing process to identify upgrades funded by resource developers.alyEethe

performance of these processes and consider potential opportunities for improvement.

SubsectiorA contains our evaluation of the deliverability study component of the

interconnection process, while Subsecd i scusses NYI SO0s centraliz

A. Deliverability Study Process for New Resources

NYI SO6s interconnection process plays a key r
interconnect to the network and be deliverable to load. All new generation and storage projects
must complete the deliverability testing process, which identliesipgrades needed for a

project to be deliverable. Upgrade costs are allocated to the interconnecting projects, which
developers must consider in deciding whether to move forward with a project. If the upgrades

are not efficient or new projects beadiaproportionate share of upgrade costs that benefit the

system, this will deter efficient new investment. This subsection discusses the following

concerns with the deliverability testing process and provides a summary of our conclusions:

1 Inefficient Upgrade Project SelectidnThe process requires new resources seeking CRIS
to be deliverable throughout the Capacity Region. However, if the SDU projects selected
are not economjahe deliverability test could impede efficient generation investment.

91 Deterministic Test MethodologyThe test is based on a single peak demand scenatrio,
which tends to oveestimate transmission used by intermittent and storage resources. It
also models a dispatch in each capacity zone that can be extremely unrealistic.

1 Resource Mix AssumptiorisThe test does not accurately consider how future

A

invest ments wil/ i mpact a projectds future
assigned excessive SDUs and others to be granted excessive CRIS rights.

1 Favoring Existing Resources Over New Projédiew resources are required to make
costly deliverability upgrades to sell capacity, instead of having an option to compete
with existing resources in the same area for available headroom.

Background on the Study Process

NYISO recently redesigned its interconnection study process, resulting in the initiation of the
first ACluster Studyo in 2024, Previously, t
as the Class Year process. Both the Cluster Study and Claspréeesses were designed to

jointly study the impacts of a group of proposed projects and allocate network upgrade costs
required for them to reliably interconnect and participate in the NYISO markets. The Cluster

Study is intended to improve upon threyous process with a streamlined set of studies, shorter
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timelines, more information provided to developers early in the process, and improved incentives
for the progression of projects that are more likely to complete the process.

The Cluster Study identifies the following categories of upgrades (these same categories were
identified under the Class Year process):

T Connecting Transmission Ownerd Attachment
required to connect the project to the tra

1 System Upgrade Faciliti€SUF): network upgrades needed for the group of studied
projects to comply with NYI SO6s Minimum 1|In
must agree to pay the cost allocated to them for identified upgrades to receive the right to
sell energy (ERIS). ThiIIS identifies adverse reliability impacts of interconnecting the
project, but it considers normal operating actions that would avoid these impacts (e.g.
reduction in output or curtailment of the resource as needed).

1 System Deliverability Upgrade(SDU): upgrades needed for resources to be deliverable
under NYI SO6s Deliverability Interconnect:.
identified upgrades to receive the right to sell capacity (CRIS). The DIS ensures that new
projects receiving CRI8ghts and existing resources can simultaneously deliver their
output throughout the capacity zone without violating any transmission constraints.

Once required upgrades and cost allocations are identifieddeaeloper must choose whether

to pay for required upgrades to receive ERIS or CRIS rights or witHdoawthe study through

an iterative process. The number of resources seeking to interconnect and the resulting upgrade
costs have increased in recent years. Recent Class Year studies have taken approximately two
years to complete, while the Cluster Stislgesigned to have a timeline of 590 days. During

this time, new resources seekingrtterconnect that are not part of the study must wait until a

new study begins. If the Cluster Study or Class Year Study identifies the need for SDUs, a
preliminary estimate of the SDUs® costs is is
an Addtional SDU Study which develops final cost allocations.

1. Inefficient Upgrade Project Selectioni Class Year 2023

The most recently completed Class Year study was Class Year 2023, which began in January
2023 and was completed in early 2025. Participants requested approximately 15 GW of ERIS
and 14 GW of CRIS. The CY23 study identified $2.8 billion in CTOAF and SigEsdor all
projects, with individual cost allocations ranging from $0 to $581 per kW of nameplate capacity
with an average cost of $207 per kW. The proposed projects were found to be fully deliverable
in all areas except Long Island, where an Additi®RU Study was requiredf’

29 For additional details on the interconnection proces:

Interconnection Manual, availabiere

30 See notices to mar ket participants related to Cl ass

herg and Class Year 2024 Additional SDU Study Report (availaéig.
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Table2s ummari zes the results of the CY23 Long
final decisions. Developers requested 924 MW of CRIS for battery storage projects on Long
Island, of which only 317 MW was found to be deliverable. The Additional SDuySt

identified over $400 million of upgrades to make the requested projects deliverable. The largest
identified SDU was a 138 kV PAR controlled line between Pilgrim and West Bus, which was
estimated to have a development time in excess of 8 years ameé@des] to make the projects

in eastern and central Long Island (comprising most of the requested capacity) deliverable.

Table 2: Summary of CY23 Preliminary SDUs

Requeste( Deliverable| SDU $
Area [Queuei Type |CRIS MW|CRIS MW| per kW Final Decision
(ICAP) (ICAP) UCAP
Entered Additional SDU Study
LI East [Q825 |Storage 65 26 1,170 |Withdraw from Class Year
LI East [Q957 |Storage 77 33 841 |Withdraw from Class Year
LI East [Q971 |Storagg 125 36 842 |Accept 55 MW partial CRIS (449
LI East [Q21012|Storage 77 23 842 |Withdraw from Class Year
LI East [Q1117 |Storage 70 20 842 |Accept 30 MW partial CRIS (439
LI East [Q1255 |Storage 80 30 962 |[Accept 40 MW partial CRIS (509
LI East [Q1256|Storage 100 30 842 |Withdraw from Class Year
LI East [Q1257 |Storage 60 18 842 |Accept 27 MW partial CRIS (449
LI Central|Q1123|Storage 150 55 842 |Accept 89 MW partial CRIS (599
LI West [Q1254 |Storage 40 0 199 |Accept SDU cost allocation
Did Not Enter Additional SDU Study
LI East [Q1159 |Storage 50 17 701 |Withdraw from Class Year
PAM-
LI East [2020- |Storage 10 10 0 Accept SDU cost allocation
77593
LI Central|Q1113 |Storage 20 20 0 Accept SDU cost allocation

SDU cost allocations for projects in eastern and central Long Island averaged $880 per kW of
expected UCAP (based on current capacity accreditation factors (CAFs) for battery storage).
The SDU costs for the associated upgrades are likely prohibitiveyateveloper given that

$880 per kW of UCAP islose tothe net present value of 20 years of capacity payments for a
Long Island generatpeven if the capacity prioequaldevelized cost of new entry for Long

Island. Accordingly, all the affected developers in eastern and central Long Island withdrew
entirely or accepted a partially deliverable amount of CRIS that did not require further upgrades.

The CY23 results highlight a significant concern with the deliverability test proc¢haasthe
deliverability rules may requineew resources seeking CRIS to fund inefficient SDUs or not
move forward with the investment. This can happen when it would be more efficient to:

1 Retire existing resources in the pockdthis happens when new resources would be less

costly than nearby existing resources and the cost of the SDU exceeds the value of the
associated transmission facilities.
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1 Disaggregate the Capacity Regioithis happens when the efficient price level in the
exportconstrained area would be npero and the new resources would be profitable
selling capacity at the reduced price level there.

While projects outside of Long Island were found to be deliverable in CY23, entry of new
resources may result in new deliverability bottlenecks in future studies. For example, the CY23
study found that the deliverability headroom on the URBIINED interfae (between zones G

and H) declined to about 200 MW when all CY23 projects were included, down from over 900
MW in Class Year 2021. Other recent Class Year studies have identified SDUs in other areas
such as Staten Island that resulted in developers naiilialg or accepting only partial CRIS.

Given the scale of new capacity planned in New York, the deliverability evaluatigstbe

accurate andhouldnotbe aninefficientbarrier tonew investment. In general, requiring new

entrants to fund transmission upgrades is inefficient when the cost of the transmission upgrade
exceeds its value (based on the difference between the present value of future capacity prices and
the levelized netost of new entry). In addition, we have concerns with several specific aspects

of the deliverability framewdrthat are discussed in the remainder of this section.

2. Concernswith Deliverability Framework 1 Deterministic Methodology

The DIS was designed to ensure that new resources will be deliverable throughout their Capacity
Region. However, it uses a test methodology that is poorly aligned with the resource adequacy
analyses that are the primary basis for determining reliabéigg®s and capacity prices in each
region. As gnetratiorof renewables and storage grows, capacity will be valuable in a broader
array of hours when load is high or intermittent output is low. As we discuss below, the
deterministic deliverability methodadly will tend to make inaccurate determinations and may
consequently allocate excessively large SDUs to project developers.

The deliverability test models the power fl ow
and AExportodo areas are defined within each ca
constraints. The test increases the output of the generators ixpihie Zone (including Class

Year projects) to its maximum level based on their average availability (accounting for forced
outages and average summer output for renewable resources). If this cannot be done without
causing a transmission constraint to eated, capacity in that area is deemed not deliverable.

This deterministic test makes a single determination for the projects based on a hypothetical
dispatch that is often very unrealistic. In reality, resources in the export area may be deliverable
under some conditions but not others. Load levels, forahesjntermittentoutput levels

(including behinethe-meter solar), transmission flows from neighboring regions, and other
factors are variable and have a large impact on deliverability. A comprehensive evaluation of a

resour ceods c apoasidert widewamde ofeonditions Listhg probabilistic methods
to assess how likely the resource is to be available and deliverable during the tightest conditions.
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The findings of the deliverability study are most likely to be inaccurate when examining
intermittent resources and storage, because their highly variable and even complementary nature
is poorly represented by the deterministic approach. For example:

9 Offshore wind is assumed to have an output level of approximately 35 percent of
nameplate in deliverability studies (based on its average capacity factor in peak load
hours), but the most critical hours for reliability are likely to occur when wind oigput
much lower as wind penetration rises.

1 Battery storage is assumed to discharge at its maximum output level, while in reality
batteries may support reliability by discharging at a reduced level over a longer period or
by discharging more when wind output falls.

Since the deliverability study methodology does not consider the dynamics of these resource
types, it is likely to assign excessive SDU costs. The impact of this is already being felt as
hundreds of MWs of battery storage in eastern and central Lond [sléere there is also
significant offshore wind development) have been found undelivetable.

3. Concerns with Deliverability Framework i Assumptionson Resource Mix

The Class Year SDU Study moddmliverability in a particular future year. For example, the
CY21 study (developed in 2021 and 2022) modeled conditions in 2026. As a result, outcomes of
the SDU Study are affected by key assumptions regarding future conditions, including:

9 Stalled Projects from Prior CYisNew resources that obtained CRIS in a prior Class
Year study are modeled in service, but many projects that complete a Class Year are
never built. For example, the 500 MW Poseidon HVDC project in Central Long Island
completed CY 2015 and was modeledénvice in the CY 2019 studyt affected the
determination of SDUs even thoughaterexited the interconnection queu@ver 14
GW of nameplate capacitas of March2026 n NYI|I SO6s queue have c
Class Yeaprocess but not have reached a final investment decision; such projects could
contribute to deliverability bottlenecks in future studies even if they are never built. The
newly approved Cluster Study approach may reduce the number of stalled projects by
increasing the costs for a given project to retain its interconnection position.

1 Anticipated RetiremenisAll existing resources are modeled in service unless they have
already submitted retirement notices to NYISO or are otherwise treated as firm
retirements? Subsequent economic retirement of projects may cause headroom to
change in the future. Consequently, a new project might have an incentive to delay entry
until after such a retirement occurs to avoid SDUs.

1 Underutilized CRIS Rights Existing resources are modeled based on their CRIS rights.
For some resources, DMNK@ased capability values are much lower than CRIS. As a

31 See AppendisectionvVl.Jf or an analysis of NYI SO6s met hodol ogy f

level of intermittent and storage resources in the deliverability study.

32 Projects that notify NYISO of their intent to transfer their CRIS rights to a Class Year project at the same

location will be modeled as retired when the new project is studied.
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result, more capacity can be modeled in the deliverability test than can be produced in the
resource adequacy model or in actual operations.

1 Stale Assumptions as IPR Penetration Riseshe cal cul ati on of inter
average availability relies on the @EARS model used in the most recently available
IRM study at the time of the deliverability study. Since this model will not include the
Class Year projects, the averagai@bility calculation may be inaccurate.

1 Failure to Evaluat Winter Conditiong Winter reliability needs are increasingly
i mportant and NYI SO6s reliability risks ma
values established under the current framework will become more inaccurate as the
system evolves. This can produce inappraoiyehigh SDUs for solar generation and
other resources with higher summer availability.

These issues can lead to deliverability being: a) underestimated, leading to inflated or
unnecessary SDUs that can inhibit investment, or b) overestimated, leading to CRIS rights being
granted to resources that are not fully deliverable, which may régMi®O to increase future
locational capacity requirements. Additionally, problems arise because CRIS rights allow a
resource to be treated as fully deliverable in perpetuity, regardless of changes in conditions that
might make the project more or lessigelable over time. Finally, even when the deliverability
determinations are accurate, the resulting SDUs may not be economically efficienher

words, the cost of the upgrades may be substantially higher than their congestion benefits, which
servesas an inefficient barrier to investment in new resources.

The problems with the deliverability framework could be addressed by simply compensating
capacity suppliers based on their ability to support system reliability in each year. One way to do
this is to define more disaggregated zones that would allow amt&irdeliverability constraints

to be priced in the capacity market. We continue to recommend this change in 88cton

which would be a substantial improvement over the deliverability framework.

4. Concerns with Deliverability Framework i Favors Existing Over New Resources

NYI SO6s mar ket products are generally designe
situated resources, regardless of which resource entered first. This is consistent with well
functioning competitive markets for most products. However, theatahility rules in the

capacity market discriminate in favor of existing resources by imposing SDUs on new resources.

For example, recent Class Year Studies have repeatedly found projects seeking CRIS rights on
Staten Island to not be deliverable. These projects were allocated SDUs costing hundreds of
millions of dollars, which no developer has agreed to pay. Howexisting resources in Staten
Island earn the New York City capacity price even if bottlenecks prevent their capacity from
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being fully delivered to the rest of the zone. This is a barrier to new resources that prevents them
from competing with incumbent resources in exfmomstrained areas such as Staten Istand.

In an efficient market, entry of new capacity to a constrained area would result in a uniform low
price for all resources in that area, putting pressure on hggis¢rresources to retire. This is the
case in NYI SO0s ener gy eckedakeawil redicce tBMPse Thisr y t o
also occurs between zones in the capacity market where surplus capacity in a zone causes its
price to fall relative to other zones. However, it is prevented from occurring within capacity

zones by the deliverability fraework and the lack of granular capacity pricing.

5. Deliverability Framework Conclusiorns

The NYI SO6s current rules are poorly suited t
because: (1) its deterministic deliverability test does not accurately identify deliverability

concerns or efficient transmission upgrades; (2) it establisheapentnCRIS rights that do not

reflect changes in deliverability as the system evolves over time, and (3) it discriminates against
new resources in favor of existing resourcélese problems are increasingly likely to impede

efficient new investment asaent Class Year studies have allocated large SDUs to projects

seeking CRIS rights. To address these concerns, we recommend:

f Defininga comprehensive set of granulasnesn the capacity markeét This would

effectively shrink the size of the capacity zones in which new resources seeking CRIS
rights would have to be deliverable. This would greatly reduce the number of intrazonal
constraints triggering SDUs and allow the capacity market to pracg mmore interzonal
constraints. This would improve incentives for both new and existing resources.

Establishing financial capacity transfer rights (FCTRs)e allocated to developers or
others that wish to pay for network upgrades that would alleviate interzonal transmission
bottlenecks. This would allow market participants who pay for upgrades to retain the
economic value of those upgrades in the capacarket®® and provide a hedge against

the risk of binding transmission constraints in the capacity méfrket.

33

34

35

36

Projects may avoid a deliverability study or reduce the exposure to SDUs by acquiring the CRIS rights of an

existing resource. NYISO revised its CRIS transfer rules in 2023 to make this process more flexible. (See

Jan. 25, 2023 presentationM@anagemen€ o mmi t t ee A CRI S Expi r daé¢rd)on Eval uat |
However, tolders of existing CRIS rights will value them based on their ongoing capacity profits even when

it is efficient to retire, so new resourdasing costly SDUs will continue to face inefficient barriers to entry.

See Recommendation 2024n SectionXIl and SectiorVIll .C.

See Recommendation 2012 in SectionXll. SectionVIll .C outlines an approach to calculating financial
payments (or charges) to projects that affect transfer capability which is called the Capacity Constraint
Pricing (CCP) Charge/Credit.

For example, consider an investor that owns a generator in an-egpsttained zone and FCTRs on the
interface between that zone and another zone. When the zone ise@strained, capacity payments to
generators in the zone would fall but paymeatthe holders of FCTRs would rise.
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B. Transmission Planning Processes

NYI SO6s centralized transmission planning pro
transmission investments that are most-edf&ctive for satisfying reliability needs, achieving

public policy goals, and/or reducing congestion. These planning pescassimportant because

the markets generally do not provide efficient incentives for merchant transmission investment.

Projects selected in the planning processes are funded through regulated cost recovery rather
than market revenues. Selecting inefficient projects cannatisgayer costs and crowd out

more economic merchant solutions (transmission angnaosmission). Hence, planning

processes should be designed to select the most efficient projects by utilizing rigorous cost
benefit analyses. Such analyses should decthe value of the capacity, energy, and ancillary
services the projects affect. This subsection provides an overview of the transmission planning
processes and discusses improvements that will result in more efficient transmission investment.

1. Overview of NYI SO6s Transmission Planning

NYISO performs centralized transmission planning through the Comprehensive System Planning
process (CSPPY. The CSPP consists of the following processes:

1 TheReliability Planning Processlentifies reliability needs in the short and long term
and solicits solutions for needs for Bulk Power Transmission Facilities (BPTFs);

1 TheEconomic Planning Processudies potential future congestion and includes a phase
to evaluate projects proposed by developers to relieve congestion,tbasmission
haseverbeen built through this proces¥he main product of this process is the System
& Resource Outl ook (fithe Outlooko) that as
basis for evaluations of projects in other processes, such as the PPTPP.

1 ThePublic Policy Transmission Planning Process (PPTB@#ljcits, evaluates and
selects projects designed to address palityen needs identified by the NY State Public
Service Commission, such as integration of renewable energy.

In addition to these NYISO planning mechanisms, transmission planning carried out by utilities

and state agencies affects on the wholesale m
investments in lowevoltage local transmission and distribution th& meeded to accommodate

clean energy goals through the Coordinated Grid Planning Pric&be. state also has a

process to identify APriority Transmission Pr
comply with state policy mandates, to be built by the New York Power Auti®rltyrecent

37 For more information about the CSPP, beee

38 Local transmissiogenerallyrefers to facilities that serve local load or operate at less than 200 kV. See

NYPSC Case 2&-0197.

39 For example, see October 15, 2020 Order in NYPSC Cage®0 97, i denti fying the ANor
bulk transmission project as a Priority Transmission Project.
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years, transmission investment has primarily taken place through the PPTPP. NYISO has
identified solutions for three Public Policy Transmission Needs (PPTN): the Western New York,
the AC Transmission, and the Long Island Offshore Wind Export PPTNs. ngyridYI1SO is
conducting a study for the New York City Offshore Wind PPTN.

The costs of transmission projects selected t
| oads under NYI SO0 FigueA3sSHows tre towl aisnaahcestl racbverg .

guantities and approximate cost per

MWh (averaged across all NYCA Figure 13 NYISO Regulated Transmission Costs

load) for transmission projects 450 _ 3.0
d th h mmTOTS Projects

recovered through NYISO rate 400 | EmWestern NY PPTN

schedules in recent years. In mmAC Transmission PPTN 2.5

350 C—Smart Path Connect

practice, costs allocated to mmLong Island PPTN
. . == Other
customers in each transmission 300 | e Average $/MWh 2.0
owner area or load zone are not  § 250 §
always proportional to load and 3 15 =
. &+
vary by project. The costs of @ 150 Lo
transmisgn projects recovered '
through NYISO rate schedules 100 05

have increased in recent years ani 50

will continue to rise, driven by i

public policy projects. This trend 2021-22 2022-23 2023-24 2024-25 2025-26

may increase the extent to whicttentives for generators and loads are driven by regulated rate
structures and decrease the relative significance of LBMP congestion and locational capacity
prices over ti me. The embedded costs of tran
NYISO are also recovered from NYISO market participants under the Transmission Service

Charge (TSC) and NYPA Transmission Adjustment Charge (NTAC). In 2024, the TSC and

NTAC averaged $8.5 per MWh systemwide, with significant variation across transmission
ownerareas.

2. Improvements to TransmissionPlanning Processes

Transmission planning has major impacts on prices and incentives in the NYISO markets.
Efficient planning decisions can enable investment indogt generation resources and reduce

the amount of capacity needed in highest areas. However, inefficigoianning decisions can
undermine market incentives to invest in ficansmission projects (e.g., storage or generation)
that provide similar benefits at | ower <cost.
planning can be made more efficieningswholesale market principles.
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Assumptions Used in Planning Models

AssumptionsusedinloAiger m pl anning model s such as NYI SO¢
and magnitude of apparent transmission needs. The Outlook models are also used in the PPTN
process to evaluate proposed pndtghequéessisedilhenef i
the Outlook models have major implications for the NYISO markets because they affect which
transmission needs are identified and which solutions are selected.

Our reviews of recently completed Figure 14: Marginal Curtailment Rates of
planning studies provide detailed Renewables in 2023 Outlook 2035 Policy High
di scussions of NY - %
models and evaluation methdis. Solar PV (/.0' ¢ o
Beginning with the initial 2021 ~
Outlook, NYISO improved upon Xj °
previous studies by using a capacity

=~ @
expansion model to develop a forecas ﬁ ) %Q\\ ‘ ,é
A

of future resource mix changes neede«
to efficiently comply with state clean
energy mandates. The 2023 Outlook
(compkted in 2024) made further
improvements including usage of a
chronological set of representative

days in the capacity expansion model
and improved representation of batter
storage and dispatchable emissions
free resource (DEFR) options.

N
S
& > b
Marginal Curtailment (%)

=
7
R

10%

0%
40%

w
&
ES

w
S
®

o
o
=

=
However, we havalso highlighted Y ";’WQ\\ .

— o

G S

® ES ES
Marginal Curtailment (%)

potential areas for improvement in theg = %
planning study models:.or example,
Figure14 shows marginal curtailment
rates of solar PV and wind projects Offshore Wind project

built to meet state lean energy targets sizes not shown to scale /> o%

in the 2023 Outlookds 2035 Policy High Load s
constraints, solar and wind in some locations are curtailed a large percentage of the time while

other locations have relatively low marginal curtailment rates. suggests that targeting

renewable additions to more deliverable areas or technologies (as NYISO market prices would

tend to encourage) could potentially result in lower overall curtailment or a different set of
transmission constraints being identifiecpasblematic.

40 SeeMMU Review of 20212040 System & Resource Outlgokugust 2022, availableereand MMU
Evaluation of the Long Island Offshore Wind Export PPTP Report, May 2023, avdikriele
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In order to provide the most realistic and informative results to planners and market participants,
we recommend the following improvements in future planning studies:

T Perform an 6optimizedd production cost mod
capacity in locations with high marginal rates of curtailment is relocated to locations with
lower marginal rates of curtailment;

1 Model realistic local capacity requirements driven by changes in the resource mix and
transmission network;

1 Model procurement of ancillary services in production cost models, considering how
future needs will be driven by resource mix changes;

1 Improve the siting and dispatch pattern of storage investments in MAPS to more
realistically minimize renewable curtailment based on market incentives;

1 Represent drivers of winter risk including fuel unavailability in the capacity expansion
model; and

1 Consider transmission outages and-dbhgad net load forecast error when estimating
production cost savings.

Valuation of Transmission Projects Using Wholesale Market Prices

Transmission projectsod6 benefits should be eva
regulated resource providing comparable benefits would receive in the NYISO markets. Such an
approach would help to make clear when a regulated eretpiated projet would be more

costeffective. It would also support selection of the most efficiesitted transmission projects

by considering the marginal value of their benefits.

By contrast, recent solicitations have been evaluated using methods that do not reveal the

projectds marginal wvalue in the NYI SO markets
are most competitive. Transmission benefits can be calculated basétdlesale market prices

as follows*!

1 Enerqgy benefit$ The market value of the congestion relief provided by the project. This
is calcul ated considering the projectos i m
each hour (which may or may not be project facilitigg)en the fows and the shadow
prices of congested elements.

1 Capacity benefits The market value of avoided generation investment that would be
needed without the project. This is calculated using the marginal reliabiligdiidRI)
of the project facilities, the increase in transfer capability they provide, and the Net Cost
of New Entry (fANet CONEO) . Uhsesulsinwaluatient e r mi n
comparable toevenues received lmapacitysellers

4l See also February 21, 2023 comments of Potomac Economics in NYPSC Eafé22
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1 Implied Net REQ For solicitations that explicitly target renewable energy integration,
the efficiency of transmission proposals can be compared to other alternatives by

calculating an I mplied Net REC. This is ¢
energy and apacity benefits, divided by the incremental reduction in annual renewable
curtailment it provides ®fdrenewable delive

These calculation techniqgques are based on eva
assumes the transmission project iseémvice), while the NYISO calculates benefits by
comparing conditions in the pr odgismtincledads.e t o a
One key feature of estimating benefits based on the project case alone is that it is simpler and
facilitates accounting for other changes in the assumed resource mix.

Transmission Planning Conclusions

Using the principles of efficient market incentives in planning models and when evaluating
proposed projects will allow the NYISO to select more efficient projects and help to level the
playing field between regulated transmission andnmegulated investents. Hence, we
recommend the following®

a) Update the methodology of the Outlook studwadilress the modeling assumption and
methodology improvements discussed in this section;

b) Evaluate economic and PPTN projects usipgogectcase that considers changes to the
resource mix resulting from the Project's inclusion; and

c) Estimate transmission project benefits based on their NYISO market value.

42 For renewable and storage projects, the renewable deliverability impact is the annual MWh of energy an

incremental MW of the resource would provide (or save from being curtailed) without causing curtailment of
other resources. For transmission projetis,renewable deliverability impact is thenaalMWh of

incremental transfers of renewable energy across the project facilities and other lines whose loading the
project relieves, measured during hours of curtailment due to transmission constraints. This can be calculated
using generation shift factors afrrewable resources and flows over the project facilities.

43 See Recommendation 2032n Section.
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V. DAY-AHEAD MARKET PERFORMANCE

The dayahead market enables firms to make forward purchases and sales of power for delivery
in reattime the next day. This allows participants to hedge their portfolios and managmeeal

price volatility. In a welfunctioning market, the dagheadand reaitime prices will not diverge
systematically because participants will adjust their purchases and sales to arbitrage such
differences. Price convergence is desirable also because it promotes the efficient commitment of
generation, procurement oftural gas, and scheduling of external transactions. In this section,

we evaluate the convergence of ddyead and redime energy prices (in subsectié, day

ahead scheduling patterns (in subsedByrand virtual trading (in subsecti@).

A. Day-Ahead to RealTime Price Convergence

The following figure evaluates price convergence at the zonal level by reporting the percentage
difference between the average @dnead price and the average +t@ak price in select zones.

The figure also reports the average absolute value of theeditie between hourly dahead

and realtime prices. These statistics are shown on an annual*basis.

Figure 15: Price Convergence between Daj\head and RealTime Markets
Select Zones, 20232024
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a4 Sectionl.H in the Appendix evaluates the monthly variations of averageatlagd and redime energy.
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Day-ahead prices in 2024 were higher on average thatimeabprices in all regions except New
York City. In a competitive market, daahead prices typically exhibit a small premium over
reaktime prices, while reaime prices are often higher duringlatle periods. In 2024, we
observed low reaime volatility and persistently low gas prices and few transmission outages
affecting the Central East Interface. Rtade prices were higher in July in most regions when
peak load conditions occurred amserve shortages were most common. -8agad price
premiums were largest in January when gas price volatility was highest.

Long Island remains more susceptible toteak price premiums than other areas for several
reasons. First, the generation fleet is older andquack start units are relatively slekamping
steam units, contributing to more reghe price volatilityin the morning and evening ramping
hours. Second, the local gas distribution company provides less flexibility to generators that
increase or decrease gas schedules intraday, and Long Island is more reliafitezh oil
generation. Third, Long Islandlisss connected to other areas through the high voltage
transmission system.

The North zone has: (a) substantial amounts of intermittent renewable generation, (b) interfaces
with Quebec that convey large amounts of imports that aretsivor inflexible during real

time operations, and (c) volatile loop flows passing through freighboring systems. These
factors lead to volatile congestion pricing on transmission bottlenecks from north to central New
York. However, given persistent draught conditions in Quebec in recent years, imports from
Quebec have fallen, which has amelietacongestion on this path.

New York City congestion increased in 2024 and volatility was higher irtireallargely

because of tighter supply conditions after the retirement of several hundred megawatts of
peaking generation resources. Transmission outages, coupled with incetiaseé on old,
slow-ramping steam turbines which are more prone to unforeseen outages than newer resources,
drove reattime premiums in the city during 2024.

B. Day-Ahead Load Scheduling

Underscheduling load generally leads to lower-@nead prices, while ovwascheduling tends to

raise dayahead prices above those in rale. Figure16 shows the average dajnead

schedules of physical load, virtual trades, and virtual imports and exports as a percentage of real
time load in 2023 and 2024 for several regions.

Overall, net scheduled load in the eatyead market was approximately 95 percent of actual
NYCA load during daily peak load hours in 2024, slightly lower than in 2023. This pattern of
net undeischeduling at the NYCA level is driven by several factorsrd@duce the incidence

and severity of high redime prices, including:

1 The large quantity of available offline peaking generation and available import capability
that can respond to unexpected +tgak events,
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1 Outof-market actions (i.e., SRE commitments and OOM dispatch) that bring online
additional energy and reserves after the-alagad market, and

1 The tendency for renewable generators to usdeedule in the daghead market.

Figure 16: Day-Ahead Load Scheduling versus Actual Load
By Region, During Daily Peak Load Hours, 2023024
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Average net load scheduling tends to be higher where volatilimeatongestion leads to very
high (rather than low) redime prices. Historically, this was the case in the West zone where
net load scheduling was high because the majority of loadoeated just downstream of
transmission bottlenecks near Niagara. However, completion of the Empire State Line in June
2022 has relieved most of this congestion and the relatetmeaprice volatility.

Consequently, average dairead net scheduled than the West zone has steadily fallen from

109 percent in 2021 to 88 percent in 2024.

Net scheduled load fell in most regions, although New York City saw an increased percentage of
net load scheduled dahead from 2023. Higher dahead net load scheduling generally helps
increase commitment of resources in these areas. In New Yorld@p#ghead net scheduled

load rose to average 103 percent in 2024, which was likely driven by more frequent severe
localized congestion patterns following the exit from the market of approximately 800 MW of
peaking capacity between the summers of 2022828.
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C. Virtual Trading

Virtual trading helps align daghead prices with rediime prices, which is particularly beneficial
when systematic inconsistencies betweenalasad and redgilme markets would otherwise
cause the prices to diverge. Such price divergence ultimatedg i@sts by undermining the
efficiency of the resource commitments in the-dagad marketFigure17 summarizes virtual
trading by location in 2024, including internal zones and external proxy Huses.

Figure 17: Virtual Trading Activity
by Region by Quarter, During All Hours, 2024
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The profits and losses of virtual load and supply have varied over time, reflecting the difficulty
of predicting volatile reatime prices. Virtual traders netted a profit of approximately $1.2
million in 2023 and $1.8 million in 2024. Virtual profitsiaternal zones in 2024 totaled $3
million, while virtual trading at interfaces lost $1.2 million. The overall average rate of virtual
profitability remained slightly positive at $0.06 per MWh. In general, low virtual profitability
indicates that the miaets are relatively welarbitraged, while virtual losses are unlikely to

persist for a significant period.

45 SeeFigure A37in the Appendix for a detailed description of the chart. The method used in this report to

calculate virtual quantities and profits has changed from past State of the Market reports. Specifically, DA
scheduled transactions at the external interfacésvién@ cut or curtailed by system operators are excluded
from the numbers in this report, resulting in higher net profitability numbers for virtual imports and exports.
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Thepurposeof the wholesale market is to coordinate resources efficiently to satisfy demand

VL

MARKET OPERATIONS

while maintaining reliability. The daghead market should commit the lowesst resources
necessaryo meet expected conditions on the following day, and theirealmarket should
dispatchthe available resources efficientliZrices shouldeflectthe cost of satising demand
while maintainingsecurity andeliability. Efficientrealtime prices encourage competitive
supplierbehavior demand respongartiapation, and investment in new resources and
transmissionn the moswaluable locationsDuring shortageconditions realtime prices should
reflect the value of foregone supply and incent suppicessipportreliability. Effective system
operations are also important, as they significantly affect wholesale market efficiency and costs.

We evaluate six aspects of market operations in this section, focusing on the efficiency of

incentives, scheduling, and pricing, particularly during tight operating conditions:

l

= =4 = =

l

MarketPerformanceinder Shortage Conditioifsub-sectionA)

RealTime Pricing of GTs Bidding MulHour Minimum Run Times (subectionB)

Operation oDuct-Firing Capacity (susectionC)

Performance of Intermittent Power Resources during Curtailment EventsgstitnD)
SupplementaCommitmentfor Reliability (sulbsectionE)
Uplift from Bid Production Cost Guarant@@PCQG paymentgsubsectionF)

This section discusses several recommendations we have made to enhance pricing efficiency and
performance incentives in both the eityead and realme markets® .

A.

Market Performance under ShortageConditions

Pricesduringshortageconditionsare importantor providingefficient longtermmarketsignals.

Shortages occur wheavailableresources are insufficientto meetthg st e mé =nergg e d

andancillary services Efficientshortageoricing reward suppliers and demand response
resources fopromptly addressing these shortfalls. This ultimately imprédvwesesource miky

shifting revenues from the capacity market into the energy market, thereby more accurately
compensating resources based on their performance. In this subsection, we evaltiate real

market operations and price formation during two printgpgs of shortage conditioAs:

46

47

A comprehensive list of our recommendations is provided in Selction

Emergency demand response deployments are similar to shortage conditions because they occur when
NYISO forecasts a reserve deficiency. See Appendix Se¢tibrC for our evaluations of demand response

deployments in 2024.
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1 Operating reserve and regulation shortages These occur when the market schedules
less than the required level of an ancillary service. Theptionization of energy and
ancillary services ensures that the foregone value of ancillary services is reflected in
LBMPs.

1 Transmission shortages Theseoccur whermodeledoower flows exceed transmission
constrainiimits. During transmission shortages, LBMPs at affected locations are
typically set using the Graduated Transmission Demand Curve (GTDC).

1. Operating Reserve andRegulation Shortages

Although regulation shortages remained the most frequent type of ancillary services shortage in
2024, they occurred in fewer than 3 percent of intervals. This marked a continued decline from
the 2022 level largely because of increased regulatpable spply following the entry of new
Energy Storage Resources (ESRs). Despite modest increases from 2023 due to higher load
levels, operating reserve shortages continued to be relatively infrequent in 2024. -8igidem
30-minute reserve shortages were theshammmon, occurring in approximately 0.6 percent of
intervals. Collectively, shortages in regulation and operating reserves incazasage LBMPs

by 7 to 9 percent in 202&. Thus, ancillary services shortages have a significant impact on
investment signals, shifting incentives toward flexible generation.

During operating resenghortags, reattime prices should accurately reflect the foregone value

of reserves, providing adequate incentives to attract resources neeusdtan reliability

without resorting to oubf-market actionsThi s subsecti on evaluates
including the efficiency of the Operating Reserve Demand Curve (ORDC) in reflecting the
reliability value of each class of reserves.

ORDC Price Levels in NYISO versus Neighboring Areas

NYI SO6s ORDCs are relatively |l ow compared t
England®® Figurel8c ompar es NYI SO6s shortage pricing
neighbors, both of which have shortage pricing in their energy markets that is supplemented by

o

N'Y

n

additi oor-per ipapmanceo sett !l ent®@Thefgurdshowsthae capac

shortage pricing is generally much lower in New York than in the neighboring markets:

1 During deep shortages of -Bdinute reserves, NYISO shortage pricing, including
locational adders, approaches roughly $1,000 per MWh, significantly lower than ISO

NE6s current | evel of apfNEdsi matoeltywge6 p70 @

48 See SectioW.H in the Appendix for this analysis.

49 | SO New England has Pay For Performance (APFPO)
These rules provide incentives similar to shortage pricing through adjustments to capacity payments.

50 SeeFigure A86in the Appendix for description of this chart.
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further increase to over $10,000 per MWh in June 2025, following the scheduled rise of
its Performance Payment Rate from $5,455 to $9,337 per RAwnh.

1 During deep shortages involving multiple-B0Onute and 1ninute reserve requirements,
NYISO invokes statewide shortage pricing levels that can exceed $2,000 per MWh under
severe conditions. However, this remains substantially lower than the current total
shortage pricing in neighboring markétsearly $4,700 per MWh in PJM and over
$12,000 per MWh in ISENE starting this summer.

Figure 18 Shortage Pricing in NYISO vs. Neighboring Markets
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Consequently, when NYISO is in a much less reliable state than PIM-0iES@arket
participants will have strong incentives to export power from (or reduce imports to) NYISO.
This pricing disparity will tend to undermine reliability in New York or necessitat®iut
market actions by NYISO operators to maintain system reliability.

ORDC Price Levels Compared to the Reliability Value of Reserves

I n addition to comparing NYI SO6s shortage pri
effectively NYI SO6s shortage pricing reflects
shortages. Shortage pricing i ssofres¢enees. mi ned by
Ideally, the ORDC should indicate the marginal reliability value of these reserves, based on the
value of being able to serve the load, referred to as the Value of Lost Load (VOLL). As reserve

51 See ISO New England Tariff Section 111.13.7.2.
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levels fall, the risk of load shedding increases, implying the marginal value of reserves can be
estimated as:

Expected Value of Lost Load (EVOLL) = VOLL x Probability of losing load

Based on studies examining the value of relia
approximately $30,000 per MWA. The slope of an efficient ORDC depends on how rapidly the
probability of losing load increases as operating reserves decreases, which is estimated from the
likelihoods of random contingencies and conditions that could arise during a shortage in the

NYISO market. To quantify the relationship between available operating reserves and the

probability of losing load, we used a Monte Carlo simulation tool that considered random forced
generation outages, wind forecast errors, net load forecast errors, amdaanzelments by
neighboring areas (collectively rreferred to a

Figure 19: Comparison of MMU Economic ORDC to the Current 10Minute ORDCs
NYCA Wide 10Minute Reserves
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Figure19 compares our estimates of the EVOLL curve for N¥®ile 10 minute reserve
requirements to the current ORDC utilized in the NYISO market, including bethidte spin
and 10minute total reserves that together reflect the total value-afitiOte reserves

52 See SectioW. HH in the Appendix for the mentioned studies.

53 See SectioW.H H in the Appendix for the simulation methodology in more details.
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This analysis reveals that the current ORDC curves significantly undervalue the marginal
reliability value of 18minute reserves when available-hinute reserve levels drop below 600

MW. Specifically, the MMUestimated EVOLL curve rises above $16,000p&h when 10

minute reserves are nearly depleted, which is 10 times higher than the current combined ORDC
value of $1,525 per MWh for 1Blinute Spin and 1Minute Total reserves. However, when
reserve levels are above 800 MW, the existingnlute totalORDC is significantly higher than

the estimated marginal reliability value of these reserves.

A comparable analysis of the-B@inute ORDC is discussed in Appendix SechaHl. It shows
that the existing 3@ninute ORDC in the NYISO market undervaluesr8idiute reserves when
they are at or below approximately 725 MW. The estimated marginal reliability value -at near
depletion is roughly $2,800 per MWh, nearly four times of the0$per MWh set by the current
ORDC.

Finally, the MMU-estimated EVOLL curves extend beyond the existing requirements of 1,310

MW for 10-minute reserves and 2,620 MW for-80nute reserves. These estimates of the

reliability value of holding additional reserves beyond the base requiremeptyistine

NYI SO6s proposal t o ddimegdsarve praddctsiagwe bavea | |l onger
recommended and Auncertainty reserveo product
intermittent resource availabilifif.

ORDC Price Level$ Conclusions

We recommend NYISO revise its current ORDC curves to accomplish two primary objectives:

1 Schedule resources necessary to satisfy reliability criteria without resorting to OOM
actionsi Current ORDCs may not provide sufficient incentives, especially given that
PJM and ISO New England have adopted unreasonably strong shortage pricing
incentives.

1 Achieve better alignment with the estimated reliability value of reserves Existing
statewide ORDCs undervalue reserves during deep shortagesnfidi@ and 3Gninute
operating reserves when reliability risks are highest.

This recommendation should be a high priority because the demand for resources to respond to
emergency conditions in reime will become increasingly importatt. The largescale entry

of intermittent renewables will significantly increase net load forecast uncertainty and,
consequently, the estimated reliability value of reserves. Implementing this recommendation
will improve incentives for generation and lodeibility. Any cost increase associated with

higher ORDCs would be offset by corresponding reductions in capacity market demand curves.

54 See Recommendation 2021. Al so see presentati oBalantimj t he Managem

Intermittency, October 31, 2024.

55 See Recommendation 2627
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2. Transmission Shortages

It is crucial for the market to establish efficient prices during transmission shortages, accurately
reflecting their severity and properly valuing the effects of transmission bottlenecks across the
system. Most transmission shortages are minor andlshexit posing no significant threat to
security or reliability. This is largely because NYISO uses a Constraint Reliability Margin
(CRM) of 10 to 100 MW, which provides a buffer between modeled flows and transmission
limits for each facility. This buffeensures that transient differences between schedules and
actual output do not lead to violations of transmission security crifeiia. reflect the severity

of shortages, NYISO uses a Graduated Transmission Demand Curve (GTDC), setting
moderately high prices during slight shortages, escalating as the shortage grows moré severe.

In November 2023, NYISO implement&bnstraint Specific Transmission Shortage Priging

which aligns the MW steps onR Thidesha@d®e®@ with ea
improved the alignment between shadow prices and the severity of congestion. Additionally,

most internal facilities previously assigned a zeatue CRM now use a new twgtep GTDC

with a 5MW CRM. This adjustment largely eliminatecethse of constraint relaxation in 2024,

which previously occurred in 4 to 5 percent of all transmission shortages. In 2024, transmission
shortages occurred in more than 9 percent of-alirute market intervals, higher than the 5

percent in 2023, drivelargely by the enhancements made in the GTDC.

Despite these improvements, we have identified an ongoing issue that undermines pricing by
causing the market software to not recognize-tiga transmission shortages. Specifically, this

is caused by NYI SO6s dnof fl i G€bei@dgidispatchalde imfige, 0 wh
minutes even though it cannot realistically start that quickly. This inefficiently depresses

constraint shadow prices and associated congestion when constraints are violated. It also leads

to significant discrepancies beteremodeled and actual flows, reducing the effectiveness of the
reattime market models in maintaining transmission security, particularly in areas that rely more

on peaking units, such as Long Island. seourdacilities when there ardifferencesetween

modeled and actual flowslYISO mayemploylarge CRMs onparticularconstraintssuch as

the 345 kV lines from upstate New York to Long Island.

56 A default CRM value of 10 MW is used for 69 kV and 115 kV constraints, while a default CRM value of 20
MW is used for most facilities at higher voltage levelgYISO may adjust the CRM for an individual
facility based on operating experience as necessary to maintain security.

57 Until November 14, 2023, most transmission constraints used a GTDC withvd Step at $350/MWh and

a 15MW step at $1,175/MWh. Sdeégure20.

58 Since November 14, 2023, most transmission constraints use a GTDC with five steps of equal length at:

$200/MWh, $350/MWh, $600/MWh, $1,500/MWh, and $2,500/MWh. Each step ififtmef the CRM in
length. Constraint violations larger than the CRM us@ BG price level of $4,000/MWh.
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Figure20 shows our analysis of Long Island transmission facilities, comparing the magnitude of

transmission constraint violations calculated by market software (represented by the blue points),
which assumes offline GTs can generate output, with the actual ¢ongipéations recognizing
that offline GTs remain offline and produce no output (represented by red pdints).

Mo s t

mi

Figure 20: Transmission Constraint Shadow Prices and Violations

$2,500

Wi

t h

and

Wi

345 kV Lines into Long Island

t hout

nRel

i efo

from Of f1li
138 kV Lines on Long Island

$2,000

$1,500

$1,000

$500

$0

Constraint Shadow Price ($/MWh)

+ Constraint Violation Recognized by RTD

of
nut e

o0
Faoed

60 0

Transmission Shortage MW

$2,500

o Constraint Violation after Removing Relief from Offline GTs

16

20

24

Transmission Shortage MW

69 kV Lines on Long Island

$2,000 —

$1,500
$1,000
$500

$0

t he

di spatch
practice may lead NYISO t@duce modeled transfer limitherebyconstraimng transmission

GTDC — | o
/' o ¢
. CRM /(: %o o °
oQ, o<><>° <<>><> o o
© 9 > 3
oo & o <
<<>>?’8 <><<>> o0 M &:)o o  °
o ® o % o
<><> <
°. T T T T T T
0 2 4 6 8 10 12 14 16
Transmission Shortage MW
GTs that are

nstruct

treated

on

wh i

e

by

of f

28

N Y-1

SO06s

ne

flows at artificially low levels in areas that rely more on peaking units such as Long Island.
Consequently, this leads to unnecessary generation dispatch and inflated production costs during

most periods. Given these inefficiencies, wenemend that NYISO eliminate offline fastart

pricing &°

59

60

SeeFigure A90in the Appendix for description of the chart.

SeeRecommendation 202D.
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B. RealTime Pricing of Gas Turbines Bidding Multi-Hour Minimum Run Time

Gas turbines run more frequently under tight conditions, making it particularly important to
establish efficient redgime prices that incent resources to be flexible. Under existingtiast
pricing rules, reatime prices include the asffered deploynent costs of fasttart units,
including starup, incremental energy, and minimum generation costs.

However, fasttart units with minimum run time offers exceeding one hour are currently

excluded from fasstart pricing eligibility. Specifically, the reéilme market software (including

RTC and RTD) and settl ement umuudnéneoffegnor e t hes
deeming them to have a eheur minimum run time whenever they submit economictiesd

offers. Yet, despite being treated the same (for scheduling purposes) as units offerihgar one
minimum run time, these units are not eligitieset prices. This prevents LBMPs from

accurately reflecting the true costs of maintaining reliability when these gas turbines are needed.

Figure 21: Prices During Commitments of GTs Offering Multi-Hour Min Run Times
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Figure21 evaluates prices during economic commitments of gas turbines offeringhowilti
minimum run times in the redgiime market from 2022 to 2024, Gas turbines in New York City
and Long Island are combined into seven groups based on their electric connection to the grid.

Economic starts were more frequent among the four GT groups in New York City, ranging from
approximately 300 to 1,100 hours each year over the past three years. However, LBMPs fell
below GT costs in 48 percent of these hours. This disparity was largetp these GTs not

being eligible to set prices when their minimum run time offers exceed one hour. We estimate
that if these GTs were allowed to set prices, the average LBMP during these hours would have
been increased by up to-#8 per MWh at varioubcations in New York City.

On Long Island, although the three GT groups had fewer economic starts each year, GT
operating costs exceeded LBMPs in 45 percent of these start hours. The potential price impact
was considerably higher at these Long Island locations, with estimated LiigkRases ranging

from $11 to $188 per MWh during the affected hours. These potential LBMP increases
correspond to an annual net revenue increase-6%Lper kWyear across various load pockets

in New York City and Long Island, although price impaasld extend to broader areas

depending on congestion patterns.

Given theeinconsistencies betweeeaattime prices and schedulingge recommend NYISO
revise its fasstart pricing criteria.Specifically, faststart pricing eligibility should be based on
the minimum run time used for scheduling, rather thathe submittedffer parameter, which

is currently disregarded foeattime scheduling.By aligning these criteria, NYISO can enhance
price efficiency and provide morappropriaténvestment signals for market participafts.

C. Dispatch Performance of DuctFiring Capacity

Most combined cycle units in New York hadlect burners, which use supplemental firing to
increase the heat energy of a gas turbineds
downstream heatcovery steam generator. This additional output can be offered into the
energy market asgortion of the dispatchable range of the unit. There are a total of 44 units
across the state that can provide approximately 886 MW offilungt capacity in the summer

and 917 such MW in the winter, collectivéfy However, some dudtring capacity is not

always capable of following a fiveainute dispatch signal.

61 Economic GT commitments include GT staps made economically by RTC, RTD, and RTBM,

excluding selflschedules.SeeFigure A73in the Appendix fomoredetailsof this analysis.

62 See Recommendation 2023

63 SeeTable A9 in the Appendix.
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We show an example of a combiregtle unit in the Appendix that could not follow dispatch
instructions during a Reserve Pickup (RPU) event because its duct burner could not be fired in
10-minutes® However, this duct burner capacitytisated agapable of following Sninute

dispatch signals in the market scheduling and pricing softwaneen this inconsistency,

suppliers with such capacity must decide whether to offer a service they are frequently not
physically capable of providing.

Offers to Sell DuctFiring Capacity that Cannot Perform Reliably

We estimate that, in 2024, on average:

1 109MW was offered but not capable of followingnginute ramping instructionsnd
1 129MW was scheduled for but not capable of providingniiute reserves

These quantities present challenges in-tiea operations especially under tight system
conditions such as in an RPU event.

Capacity Not Offered Because of Limitations of Scheduling Software

The inflexibility of ductfiring capacity leads to several additional problems related to these
combined cycle generators:

1 Reduced energy offeisSome combined cycle units with a duct burner do not offer it
into the reatime market. We estimate that an average of 50 MW offitireg capacity
was unavailable for this reason in 2024.

1 Reduced regulation offeisSome combined cycle units do not offer regulation in the
reattime market because they face the risk of needing to regulate into theiiritigct
range, where they may have limited ability to respond to AGC signals or mahighee
operating costs and outage ri$Rs.

1 Reduced ramping and operating reserve offe@sme combined cycle units offer very
conservative ramp rates for normal energy dispatch and operating reserves. A single
Emergency Response Rat@ised for operating reserves scheduling and is required to be
greater than or equal to &lbrmal Response Rattmat are used for normal energy
dispatch. When units face the risk of providing operating reserves in th@rohgct
range, they may offer both emergency and normal response rates far below their true
capability in the norduct range to comply with this requirement. Additionally, some
units were disqualified from offering reserves because they were not able to perform in
audits of the duct burner range. We estimate that an average of 46 MW of avidllable
and 30minute reserves in netuct ranges were not offered for this reason in 2024.

64 See Appendix Sectiov.B for details about the analyses in this subsection.

65 Based on NYISO survey of participants with assets containing duct burners, less than 25 percent of this

capacity has the ability to respond to AGGdtond signals necessary for regulation movement while the
ductburners are operating.
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We recommend NYISO consider alternative ways to schedule this capacity that takes into
account the physical limitations of duct burn&rddeally, this would: (a) allow generators to
submit offers that reflect their true ramp capabilities in both theduohfiring and ducfiring

portion so energy and reserves could be scheduled appropriately and efficiently, and (b) allow
generators tsubmit offers that limit their regulation range to exclude the-tiiog capacity.

Assessment of the NYISO Proposed Modeling Enhancements

NYISO proposed tariff changes in thmprove DuctFiring Modeling Projecto address the

issues discussed abd¥eThe enhancements would allow generators to identify an output range
with slower ramp rates that could also be designated as ineligible to provide specific ancillary
services the unit is eligible to provide at lower output levels. The project wouldraeismt

RTD-CAM from dispatching combined cycle generators into the duct firing range. The proposal
has potential to largely address the concerns raised above except for one critical consideration:
the proposal does not make the ramp rate ranges (whiad @wemarcate the dufiting range)
biddable parameters. Instead, the proposal would continue to set individual generator ramp rate
ranges as administrative parameters that can only be modified after consultation with NYISO
even though the physical cajiiles of these units fluctuate with ambient conditi6hs.

Although we support the core modeling changes proposed by NYISO, if ramp rate ranges are not
biddable parameters, it will undermine the objectives of the project. We illustrate in the

Appendix of this report how the upper operating limit of a typical doetbcycle varies across

the hours of a single day based on ambient conditfo@nce duct firing ranges are generally

the last block of output, the output level where duct burners need to fire varies daily and hourly.

In the Appendix, we analyze the implications of offering the-fiucty ranges of combined

cycle generators with limited opportunities to adjust the ramp rate ranges assuming that suppliers
are diligent in updating their ramp rate ranges twice per wesddoan recent weather trerds.

The figure shows how much capacity across all combined cycle units with duct burners would
have been mischaracterized as either: (a) baseload capacity incorrectly designated as slow
ramping duct burner capacity, or (b) duct burner capacity incorreééyedfas baseload

capacity. The analysis shows thasbkload capacity would be incorrectly designated as duct
burnercapacity wherhe forecasted conditions used to set the administrative ram@mates

warmer than actual conditions, while duct burner capacity would be incorrectly designated as

66 See Recommendation 2620

67 Seefilmprove DuctFiring Modelingd MC, October 31, 2024
68

The NYISO has committed to reviewing these consultation cases withisiBess days. Seeesentation

69 SeeFigure AT76.

70 See SectioV.B in the Appendix for the methodolognd result®f this analysis.
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baseload if the forecasts were cooler than the actual conditions. The first type of error will be
more frequent in the morning/evening hours when air temperatures are lower than average for a
day, while the second type will be more common in the aftermtn@m temperatures are warmer
than average. Attempts to minimize one type of error increases the other. The best approach to
ensure that duct firing capability is accurately represented to the scheduling software is to permit
biddable ramp rate for markgarticipants.

D. Performance of Intermittent Power Resources during Curtailment

Intermittent power resources (IPRs), i.e., wind and solar generators, are usually scheduled at the

l evel of NYI SO6s Wind/ Sol ar-tintedigpatghynodelor ecast .
occasionally issues a Wind anducBautpiomahage put L
flows over a transmission constraint. During constrained intervals, the LBMP is set by the offer

price of the resource (which is typically negative) or another IPR in the area. To maintain

system security and reliability, all genexat (including IPRs) must follow dispatch instructions.

While generators are not always capable of following dispatch instructions perfectly, the NYISO
rules i mpose financi al penal ties -mruen a gener
instruction by more than 3 percent of its Upper Operating Limit (U®1he purpose of the

financial penalties is to ensure that generators have incentives to follow dispatch instructions and
that generators are not rewarded for threatening security and reliability.

Table3 displays the performance of Wind and Solar IPR facilities in 2024 during economic
curtailment events. Each resource had its actual curtailment performance evaluated against the
estimated curtailment instruction and placed into performance categori@pefcent

tranches? For each performance tranche, the table shows:

1 No. of Units: the count of IPRs with average curtailment performance in the tranche
1 Percent of ICAP: Total ICAP of all IPRs in that tranche
1 Percent of Economic Curtailment:Percent of total IPR output curtailed

For example, 10 resources had an average performancedof@rcent during economic
curtailments, representing 16.8 percent of all Wind and Solar IPR capacity and 2.9 percent of all
energy curtailment instructed.

t Section 5.2.4.3 of the Accounting and Billing Manual defines tper8ent of UOL as the tolerance for IPRs

in determining if an overgeneration charge ought to apply.

2 Average performance is calculated for each resource in RTD intervals when an Output Limit was imposed

based on the difference between the genmrcentobits 6s act L
UOL. For a more detailed description of this figure, see Appendix Se¢tion
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Overall performance during economic curtailments averaged close to 100 percent and most IPRs
(60.5 percent of total capacity) respond at 80 percent or better performance. However, overall
performance statistics are skewed by the fact that if an IPR dbesspond to a curtailment
instruction, the operators will be forced to dispatch another unit, leading the IPR to no longer be
curtailed. Consequently, more than 96 percent of all curtailment instructions were placed on the
19-best performing resourceslearly 40 percent of IPRs performed worse than 80 percent, with
roughly 10 percent performing at a sBb percent rate. Poor performance by a few resources
creates operational challenges that threaten transmission security, encouraging transmission
ownes to operate their equipment more conservatively, which would lead to more curtailment of
renewable energy over time.

Table 3: Performance of IPRs during Economic Curtailment

2024
(e FEEE No. of Percent of Percent of Economic
Units ICAP Curtailment
0% to 10% 0 0.0% 0.00%
10% to 20% 3 8.7% 0.03%
20% to 30% 2 1.1% 0.05%
30% to 40% 0 0.0% 0.00%
40% to 50% 0 0.0% 0.00%
50% to 60% 2 7.7% 0.10%
60% to 70% 3 9.7% 0.16%
70% to 80% 5 12.3% 0.38%
80% to 90% 10 16.8% 2.90%
90% to 100% 19 43.7% 96.38%

When an IPR does not follow curtailment instructions, it is frequently caused by connectivity
issues between the generating facility and automated and/or remote operating systems. In our
investigations of specific pogrerforming IPRs, we have found thhe failure to follow

curtailment instructions is sometimes caused by the failure of systems controlled by the local
transmission owner rather than the generating facility. During these events, the market model
will first issue an Output Limit, but it bemes apparent that the IPR is not following instructions
when large differences arise between the modeled transmission system flows and actual flows.
In such cases, the operators are forced to curtail other;enor®mic IPRs to correct for the
nonrespmsiveness of the necurtailing IPR.

Figure22 examines a day when a wind generator did not follow curtailment instructions for an
extended period, forcing the NYISO operators to manually curtail other IPRs to maintain
transmission security. The primary axis shows the total generation from thediR lout by

that which would not have been restricted by an Output Limit (blue columns) and the generation
that ought to have curtailed (orange columns) in each interval of hours begin8go1 that

day. The secondary axis shows the-temé nodal LBVIP (black line) at the neresponding
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IPR along with an estimate of its marginal cost (red dashed line). Whenever these two lines
diverge it indicates that the magnitude of the manual curtailments issued by the NYISO
eliminated the constraint.

This event illustrates how IRRBometimedenefit financially from not following dispatch
instructions. First, the IPR produt£200 MWh of exceseutputfor which it receivedan
estimated $133 per MWh of benefit relative to settlements had it followed its Output Limits.

Figure 22 Failure to Follow Curtailment Instructions
Event where IPR Unable to Respond to Output Limits, January 2024
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Second, the LBMP was inflated by an average of roughly $69 per MWh over these intervals.
Overall, the IPR received an additional $159,000 of net revenues by not obeying its instructions.
On the other hand, several other IPRs were harmed by respondiagtal curtailments, which
caused them to miss out on REC sales and Production Tax Credits.

Review of the performance of individual IPRs when Output Limits are imposed highlights that
mitigation and settlement rules do not provide sufficient disincentives for poor performance,
especially if performance improvements would require some finangdtiment in more

reliable control systems. Further, IPRs are rewarded for poor performance when operators are
forced to manually curtail other competing resources. Balancing settlement rules include an
overgeneration charge based on the maximum of theaton capacity price in the dahead

and realtime. This charge may not outweigh the benefits an IPR receives from ignoring Output
Limits if either their bids are sufficiently above reference level or if manual curtailments are
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necessary and LBMPs never turn negafiv@o address these concerns, we recommend changes
to the overgeneration charge to provide incentives for IPRs to follow dispatch instrittions.

E. SupplementalCommitment for Reliability

Supplemental commitmenbccur when g@enerating units committedo address local or
systemwideeliability needs not reflected in the daliead and/or redime markets There are
several types of supplemental commitments

1 Day-Ahead Reliability Units (DARU) commitment occurbefore the dayahead market
at the request of transmission ownerdNYISO for anticipatedeliability needs

1 Day-Ahead Local Reliability Rule (LRR) commitmentoccurs withinthe dayahead
ma r kecandéngc commitmergrocess specifically to meetpmiced local reliability
needs in New York City

1 Supplemental Resource Evaluation (SREQommitmentoccurs after the daghead
marketat the request of transmission owners or NYISO for reliability; and

1 Forecast Pass Commitment (FCTpccurs within the daphead market after the
economic pass if it does not schedule enough physical resources to satisfy forecasted load
and reserve requirements.

These OOM commitments highlight gaps in the market design, indicating a need for reliability
services that the market is currently not procuring efficiently. Moreover, OOM commitments
tend to depress energy and reserves prices, whidbrming incentives fothe market to
maintainreliability and generates uplift costs. Henités importantto minimizesupplemental
commitmens and look for ways to procure the underlying reliability services through the day
ahead and redgime market systems

1. SupplementalCommitmentin New York State

Figure23 summarizes four types of reliability commitment (DARU, LRR, SRE, and Forecast
Pass) by region in 2023 and 2024in 2024, approximately 400 MW of capacity was committed
on average for reliability, marking a 9 percent decrease from 2023. The decline was largely
attributable to a 29 percent reduction in New York City for reasons evaluated further below.

3 When the reatime LBMP is negative, the net changetoa-noes ponsi ve | PR6s bal ancing

given by the formulaf Ert i Esp) * ( LBMPRrT + CREDIT ) + P,whereErr = Realtime Actual Output in
MW from the resourceEgp = the economic basepoint of the unit; LBMPR: Realtime LBMP; CREDIT is
the sum of the value per MWh of the applicable PTC and RECs to the resourBesddwkrgeneration
Charge which is 0 if the Actual Output is less than or equal to the Basepoint plus 3% .offti®lequation
will yield a positive value if (CREDIT + LBMPRT) >.PFor more details, see Appendix Seciog.

4 See Recommendation 2033

S See SectioV.Jin the Appendix for a description of the figure.
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Figure 23: Supplemental Commitment for Reliability in New York
By Category and Regio20232024
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Conversely, reliability commitments increased on Long Island, particularly in the first and
second quarters when steam turbines were committed to manage high voltage issues during
periods of light load. Reliability commitments to satishiN-0 criteria(i.e., normal line

loading after the two largest contingencies) occurred on 10 high load days in 2024, indicating
that the current Long Island 30inute reserve requirement is inadequate. The absence of these
criteria in the market software forces systgperators to resort to OOM commitments when
needed, leading to understated prices and poor market incentives. Modeling reserve
requirements in the Long Island load pockets where these OOM actions are used would improve
efficiency and encourage new res@ag¢o locate where they are most valuable. Hence, we
recommend that the NYISO implement local reserve requirements in Long Island that are
adequate to maintain reliability rather than rely onafutnarket actiong®

Additionally, although the daghead and redime markets schedule resources to satisfy reserve
requirements on Long Island, reserve providers are currently not paid reserve clearing prices
corresponding to these requirements. Instead, they are pattidradee clearing prices for the
larger Southeast New York region. Compensating reserve providers in accordance with the
market scheduling decisions would improve market incentives, providing better signals to new
investors over the long term. Hence,@eommend the NYISO set dajnead and redgime

reserve clearing prices considering reserve constraints for Long [$laid NYISO plans to
implement this recommendation along with the Dynamic Reserves pfbject.

6 SeeRecommendatio@0241.

w SeeRecommendation 2019®.

8 SeefiLong IslandReserve Constraint Pricing, M| WG, February 7, 2024,
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In upstate regions, OOM commitments increased in 2024, primarily to satisfy dliteria in

the North Country load pockets, which occurred on 205 days compared to 143 days in 2023. As
in New York City and Long Island, we recommend modeling these lesatvre requirements to
improve market efficiency and establish proper market signals for future investfhents.

2. Reliability Commitment in New York City and North Country Load Pockets

Table4 further examines reliability commitments made by the local transmission awiNew

York City and by NYISO for North Country load pockets, which accounted for most reliability
commitmentsn 20248° We evaluate OOM commitments to ensure they are necessary for
reliabilityandcose f f ecti ve and to identify pdbtential g:

Table 4: Reliability Commitment in New York City and North Country
2024

Category of Reliability-
Committed Capacity

New York City

North Country

Committed
Capacity (GWh)

% of
Total

Committed
Capacity (GWh)

% of
Total

Economic

Verified - Needed
Verified - Headroom
Unverified

332
178
883
965

14%
8%
37%
41%

75

150

40
5

28%

55%
15%
2%

Total GWh

2359

271

In 2024, OOMcommitments to satisfyeserve requirements occurred on 205 days in the North

Country load pockets and 238 days in New York @itd pockets In New York City, 59

percent of these commitments wesegified by the MMU as either economic or necesdary

satisfy specific reliability requirementased orapplicablesystem conditionselated to

forecasted loadhe status of generation and transmission, and contingenCesversely, 98

percent of North Country commitments were verified as economic or needed for reliability. The

| arge Aunverifiedod reliability commitments 1in
DARU requests armutinely made twao five daysin advancdor consecutive daysand

forecastsre ofterless accurate when the DAREerequestegand (b) he localtransmission

ownermay haveoperationatequirements that are nksbown bythe MMU or NYISO.

Notably, a significant portion of these commitments, 37 percent in New York City and 15
percent in North Country, were categorized as surplus headroom on the units beyond the needed

& SeeRecommendatio@0241.

80 SeeSectionV.Jin the Appendixfor more details for this analysis

81 NY | S Ddy &head Scheduling Many&ection 4.2.6 requires a TO requesting the commitment of unit for

reliability to provide the reason and NYISO to review and validate the request.
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generation level, including hours committed to satisfy Minimum Run Time requirements. This
was due to limited flexible generation options available to meet these reliability needlerS
flexible resources like batteries and DEfsild offermore costeffective reliability solutions.
However,currentmarketstructures dmot provide incentives for satisfying these local needs.
Given the significant influence of OOM reliabiligpmmitmentn resource scheduling and
pricing, we recommendNY1SO model tte underlying N1-1 and N1-1-0 requirementgxplicitly

as local reserve requirements, which waendourage investment amaller dispatchable
resources (e.g., batteries and DER®ffectively satisfy theseeliability needs?

3. Forecast Pass Commitment

Forecast pass commitments were infrequent, and the total committed capacity was small.
Nonetheless, we identified two issues in this process. First, cquiaiastart capacityvas
incorrectly categorizeds slowstart capacity in the Forecast Pa€ansequently, most FCT
commitments would not haweecurredf these quickstart units wer@roperly classified?

Software changes would be necessary to correct this issue. Second, our evaluation showed that
thephysical energynd reservescheduled in the daghead markewerefrequently below
forecasted loadnd reserve requiremerifs Thus, NYISO holdsubstantiateserves on

resourcesot scheduledor compensatedi the dayahead marketlt would be beneficial to
explicitly model this reliability need as a reserve requirerrandto procure and priceuch

reservesn the markeby setting dynamiceserve requiremen®s.In some cases, reserve
requirements could be satisfied by resources with longer lead times than the current 20 and 30
minute reserve providers. Hence, we recommend that N¥i&@iate the need for longer lead
time reserve productS. Before creating longer leaiie reserve products, it may be more
efficient to represent such requirements in the market withraiB0te reserve requirement.

NYISO should consider these tradeoffs in its evaluation of dynamic reserves.

F. Guarantee Payment Uplift Charges

When suppliers scheduled by NYISO do not fully recover theaffased costs from energy and
ancillary services sales, they receive supplemental guarantee payments. NYISO recovers these
payments through guarantee payment uplift charges. Howeverpupldgseharges are difficult

to hedge and do not provide transparent economic signals to market participants and potential

82 See Recommendation 2024

83 See SectioW .Jin the Appendix for more information about this analysis.

84 SeeSectionV.Jin the Appendix for more information about this analysis.

85 SeeRecommendatio@01516.

86 SeeRecommendatio@021:1. N Y | S @0@4Market Visiomeport stategt will evaluae longer lookahead

reserve producti® theBalancing Intermittency Phasep?oject beginning in 2026.
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investors. Therefore, it is important to minimize these chargéhenthe markets reflect
reliability requirements and system conditi@fficiently, uplift charges should be relatively low.
Figure24 shows guarantee payment uplift for four local reliability categories and thrdecain
reliability categories in 2023 and 2024 on a quarterly Basis.

Figure 24: Uplift Costs from Guarantee Payments in New York
By Category and Regio20231 2024
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Guarantee payment uplift totaledGmillion in 2024, marking a 3percentdecreasérom 2023
despite increases in natural gas pricesz @@ission costs, and load levels in 2024e

reduction occurred primarily in New York City but was partially offset by a $5 million BPCG
payment to demand resources due to multiple SCR activations by NYISO on high load days.

New York City experienced higher BPCG uplift in 2023 largely because certanfudligteam

turbines received approximately $20 million in BPCG payments during two local gas pipeline
outages in June and October. Since these units require natural grap toprincremental

output, the local transmission owner kept them online and operated them at a higher output level
on oil to provide local reserves throughout the outage periods. Excluding these specific events,
BPCG uplift in New York City was relativelconsistent from 2023 to 2024, as reductions in
supplemental commitments offset impacts from higher gas prices, emission allowance costs, and
load levels. In 2024, more than 60 percent of New York City BPCG uplift was paid to

generators committed to ssfif N-1-1-0 local requirements. Since these reserve requirements

are satisfied using OOM commitments and costs are recovered through guarantee payments,

87 SeeSectionV.K in the Appendix for a more detailed descriptiorito$ analysis
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market incentives to satisfy these requirements are very weak. We have recommended that
NYISO explicitly model local reserve requirements to satisfy the4elM) needs, which would
greatly reduce associated BPCG uplift and provide more transparenfiaiathigbrice signals to
the markef®

BPCG uplift onLong Islandfell modestly in 2024. Nearly $5 million was paidthe category

of reattime local BPCG upliftwith 85 percent going tbigh-cost peaking resourcésatwere
frequentlyneededn the summer months &atisfy theTransient Voltage Recove(¥VR) needs
on the East End of Long IslandiVe have recommended NYISO consider modeling local TVR
requirements on Long Island in the elyead and redgime market$® Our estimates have
shown significant impact on LBMPs in the Long Island load pockets from this potential
modeling improvements, which should provide a more efficient market signals for investment
that tends to help satisfy reliability criteria and resi@mongestiod® Additionally, approximately
$2 million of DAMAP accrued on Long Island GTs, most of which resulted from the
inconsistency between scheduling and pricing of reserves, as relsamneg prices do not
account for the costdf satisfying theeservemarket requirementsWe have recommended
NYISO set reserve clearing prices for Long Island that consideiralingreserve constraints in
the market scheduling mocfél

West New York accounted for roughly $7 million in BPCG uplift payments in 2014, mostly
going to units that supplementally committed to manage local reserve néeedNiorth Country
load pockets (205 days). Incorporating more of these requirements into takedal/and real
time markets would enhance market efficiency and effectivéiiess.

88 See Recommendation 2024

89 See Recommendation 2631

%0 See SectioWIl .B for this analysis.

o1 SeeRecommendation 22-1.

92 See Recommendation 2024
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VII. TRANSMISSION CONGESTION AND TCC CONTRACTS

Congestion arises when the transmission nethamikssufficient capacity to dispatch the least
expensive generators to satisigmand When congestion occurs, the market software
establishesocationBased Marginal Prices (LBMPB) reflect the cost adervingload at each
locationon the network These LBMPs reflect that higheost generation is required at
locations where transmission constraintst the ability to delivedower-costpower.

Congestion charges are applied to purchases andisalesling bilateral transactions) both
the dayaheadand reaitime markes, based on the congestion compos@&itrespective
LBMPs.2® Market participants can hedgay-aheadcongestion charges by owningafismission
CongestionContracs (TCCs) which entitle the holder to payments corresponding taoldlye
aheadcongestion charges between two locatiodswever,no TCCsare soldfor reattime
congestionasmost power is scheduled through the-déygad market

Transmission owners recover part of the embedded cost of building and maintaining the
transmission network through revenues from TCC sales andlasd congestion charges.

When transmission capability is sold in the TCC auctions;ati@ad congestion remues are

used to compensate TCC holders. Any residual revenue is paid to transmission owners. The
remaining embedded costs are recouped by Transmission Owners through a flat Transmission
Service Charge (TSC), assessed per MWh ofthess withdrawals.

This section discusses four key aspects of congestion management in 2024
1 Day-ahead and redime transmission congestion revenues (Subsegt)pn
1 Transmission constraints managed usingaftharket actions (Subsecti@),
1 TCC prices and payments (Subsect@)n
1 Allocation of dayahead congestion residuals (Subsediipn

In addition, general congestion patterns are summarized in the Appendix Séctdmle the
Market Operations section and its corresponding appendix evaluate other elements of congestion
management?

A. Day-ahead and Realtime Transmission Congestion Revenues

This subsection analyzes congestion that is managed by scheduling resources watigaday
and realtime markets to provide relief.

93 Congestion charges to bilateral transactions scheduled through the NYISO are based on the difference in

congestion component of the LBMP between the two locations (i.e., the sink minus the source).

94 See evaluations of pricing during transmission shortagleé @nd coordinated congestion management with

PJIM (AppendixV .E).
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Figure25 evaluates overall congestion revenues and shortfalls in the past ten years, showing
annual summaries for the following categories:

1 Day-ahead Congestion RevenuésThese are collected by NYISO when power is

$1,400 O DAM Congestion Revenue

$1,200

$1,000

Million $

-$200

scheduled to flow across congestethsmission lines the dayahead market.

Day-ahead Congestion Shortfalls (and Surpluse$) Shortfallsoccur when dasghead
congestion revenue collémhsare less than payments to TCC holdérkis typically
happens when the amount of TCCs sold exceeds the actual transmission capability
modeled in the daghead market. Shortfalls highlight outages and other factors that
reduce transmission capability over constrained interfaces. Convetsplysgs occur
when dayahead schedules utilize transmission capability not sold in the TCC auctions.

Balancing Congestion Shortfalls (and Surplused) Thesearise wheractual reatime
flows over a constrairiffer from those scheduled in the dalgead marketShortfalls
occur when dayahead scheduled flows exceed +iale flows, often due to outages, loop
flows, modeling inefficiencies, or other operational limitations. Surpluses occur when
reattime schedules utilize more transmission capability thanyisaiead scheduled.

Figure 25: Congestion Revenusand Shortfalls
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The figure shows that deghead congestion revenues, -@nead congestion shortfalls, and
balancing congestion shortfalls all declined from 2023, approaching the lowest levels seen over
the past decade. We discuss these changes further in the subsettians b

1. Day-Ahead Congestion Revenues

Despite increases in natural gas prices, emission allowance costs, and load lexaisaday
congestion revenues fell slightly from $311 million in 2023 to $306 million in 2024, just above
the decadéow of $297 million recorded in 2020. The primary @rivof this reduction was the
completion of the AC Transmission Segment A and Segment B prajettts end of 2023.

These projectslieninated the need for lengthy transmission outagsh requirecconstruction
work andincreased transfer capabilagros the CentraEast and UPNYSENY interfaces.
Additionally, lower net imports from Quebec further reduced Wegtast congestion.

As a result, although transmission facilities alongside the Cdeaistlinterface remained the
largest contributor to daghead congestion in 2024, its share dropped significantly from 53
percent in 2023 to just 24 percéntThis reduction was partially offset by higher natural gas
prices and greater regional gas spreads during the winter months of 2024, which typically
exacerbate Centrélast congestion.

Long Island congestion levels remained relatively stable between 2023 and 2024, continuing to
account for the second largest share ofalagad congestion. Major transmission outages have
been the primary driver over the past two years. One of the tavk\B#ines connecting upstate

to Long Island was out of service for approximately 200 days in each year, greatly reducing
import capability from upstate regions.

Unlike other regions, New York City facilities and WastCentral lines experienced notable
increases in daghead congestion in 2024. In New York City, more than 40 percent of this
congestion occurred during two cold spells in 1Jdchuary and late Decéer, driven by tight
gas supply and elevated gas prices. Most of the-We3entral congestion occurred the
ScribaVolney 345 kV linewhich frequentlylimited exports of gadired and nuclear generation
from the Oswego Compleduringhigh load condibnsin the summer months

2. Day-Ahead Congestion Shortfalls

Table5 shows dayahead congestion shortfalls for selected transmission facility gPoupay-
ahead congestion shortfalls fell from $59 million in 2023 to a net surplus of $3 million in 2024.
This marks the first time in the past decade that an annual net surplus has been recorded.

9 See Appendix Sectioltl .B for congestion revenues by transmission facility group.

96 Appendix Sectionll .F provides descriptions and detailed results for each transmission facility group.
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Table 5: Day-Ahead Congestion Shortfallan 2024

Facility Group Annual Shortfalls ($ Million)

Central to East -$18.4
North to Central $7.8
Long Island Lines

901/903 PARs -$9.4

Other Factors $8.7
New York City Lines $6.2
All Other Facilities $2.2

Transmission outages have been the primary driver ehdagd congestion shortfalls in recent
years. In 2024, several key outages contributed significantly to these shortfalls:

1 North to Central New York 7 Multiple transmission outages occurred throughout the
year to accommodate work on the Smart Path Connect Project in the North and Mohawk

Valley load zones.

1 Longlslandi The DunwoodieShor e Road 345 kV circuit (AY
service for more than 200 days, spanning two extended periods, including nearly the
entire first quarter and again from midne to late October.

1 New York City 1 The DunwoodieMot t Haven 345 kV circuit (n
service in January and February, while the Mott HeRemi ney 345 kV circui
l ined) was out of service on most days 1in

NYISO allocates dayahead congestion shortfalls that result from qualifying transmission
outages to responsible transmission owfieds. 2024, NYISO allocated $30 million in

shortfalls in this manner, with the outages listed above accounting for the majority of the total.
This allocation mechanism provides transmission owners with incentives to minimize the costs
and duration of plared outages.

However, these outagiiven shortfalls were offset by two primary sources ofalagad
congestion surpluses:

1 PAR-controlled lines between New York City and Long Island The901 and 903
linesgenerated over $9 million in daahead congestion surpluses due to differences
between the TCC auctions and the-déngad markah assumed flows frorhong Island
to New York City across the twimes. Normally, ConEd has a contractual riglotflow
up to 300 MW fronmupstate New YorkhroughLong Island to New York City, but since
LBMPs aretypically higher in Long Island, revenue surpluses are created when ConEd
schedulesdss than 300 MWb flow from Long Island to New York Cityn the day
ahead marketln 2024 thesescheduls were reducedn most daybecauseof the
extendedutage of the Y50ne whichflows power from upstate to Long Island.

97 Theallocationmethod is described in NYISOpen Access Transmission Tariffection20.
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1 New transmission facilitiesi Somenewfacilities related to the Public Policy
TransmissiorProjects were modeled ast-of-service inTCC auctions but as-iservice
in the dayahead market, leading to congestion surpluses of more than $20 million.

Currently, these surpluses are not allocated to responsible transmission owners. Instead, they are
socialized across all transmission owners in proportion to their TCC auction revenues. The
allocation of dayahead shortfalls and surpluses is discussedduin Subsectiod.

3. Balancing Congestion Shortfalls

Table6 shows balancing congestion shortfalls by transmission facility group in®2824&Inlike
day-ahead shortfalls, balancing congestion shortfalls are generally socialized to all NYCA load
through Rate Schedule 1 chard¥s.

Table 6: Balancing Congestion Shortfalls in 2024

Facility Group Annual Shortfalls ($ Million)
External Interfaces $8.3
TSA Contraints $3.8
Central to East -$3.8
All Other Facilities -$1.1

Congestion shortfalls are modest on most days but can escalate significantly on a limited number
of days due to unexpected events. For example, during the Thunderstorm Alert events, transfer
capability into Southeast New York was greatly reduced, conimdpaearly $4 million in

congestion shortfalls from approximately a dozen occurrences over the summer months.

External interfaces accounted for the majority of balancing congestion shortfalls in 2024, totaling
more than $8 million. Most of these shortfalls accrued on the primary PJM interface in

December. Beginning December 20, NYISO operators utilized OOMadiosecure the
WatercureOa k dal e 345 kV circuit (A31 |l ined) agains
Mile 2 and Fitzpatrick nuclear generators. The primary operational responses included curtailing
scheduled transactions and reducing imparit§ across the primary PJM interface. Thisoidt

market approach persisted until the end of January 2025, when a revised operational procedure

for Fitzpatrick was developed to prevent the simultaneous loss contingency scenario. When a
transmission consaint is managed by curtailing and limiting imports, it results in balancing

98 Appendixlll .F provides additional details on balancing congestion shortfalls.

9 The balancing congestion shortfalls estimatethis tablediffer from actual balancing congestion shortfalls

because thestimate (a) is partly based on retine schedules rather than metered injections and
withdrawals; andlf) uses the original constraint shadow costs from the dispatch model therefore does not
reflect the effect of price corrections and Scarcity Pricing Adjustments.

100 The only exception is that some balancioggestiorshortfalls from TSA events are allocated to Con Ed.
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congestion shortfalls, which are allocated to end users through Rate Schedule 1. If the constraint
had been managed explicitly in the market software, these costs would be allocated to the two
generators through LBMPs instead of being uplifted to encguser

However, these shortfallserepartially offsetby surpluses generated the CentraEast

interface, resulting from increased transfer capability due to operational adjustments to the status
of nearby capacitors and static voltage compensators, as wedllisme operations under the

PIMNY M2M process.

B. Management of Constraints using Outof-Market Actions

Transmissiortonstraints offiacilities rated 100 kV and above ayenerally managed through the
day-ahead and redime markets This approach provides several key benefits, including:

1 More efficient resource schedulinghat optimally balances the costs of satisfying
demand, ancillary services, and transmission security requirements; and

1 More efficient price signalsthat informlonger leaetime decisionssuch as fuel
procurementgenerator commitmengxternal transaction scheduling, and investsiént
generation and transmission infrastructure

However, certain transmission constraints, particularly those on lower voltage networks, are
resolvedprimarily through oubf-market actions, such:as

91 Out of merit dispatch and supplemental commitnwrgeneration
1 Curtailment of external transactions and limitations xter®al interface transfer limits;

1 Use of internal interfacer constraintransfedimits that serveas proxesfor limiting
transmissioriacilities and

1 Adjusting PARcontrolled lineflows on the higher voltage netwark

In April 2021, NYISO first began to incorporate a limited set®@k¥ constraints on Long
Islandin the dayahead and redgime markets®® This has allowed resources previously
dispatched oubf-merit to manage these constraints to be scheduled economically, which has
helpedimprove the efficiency of scheduling, pricing, and market incentives

Outof-market actions to manage constraints remain common in some aedds7 shows the
frequency of such actions by region, displaying the number of days in 2023 and 2024 when
OOM actions were use€d? New York City experienced the most frequent OOM actions of any

101 The NYISO has an egoing process to evaluate and incorporate additional 69 kV constraints into the market

models. The BrentwooePilgrim 69 kV line and the Elwoe®ulaski 69 kV line were incorporated in April
2021. The Deposindian Head 69 kV line and the West Hempst&éalverne 69 kV line were incorporated
in April 2022. TheHoltsville-West Yaphank 69 kV line was incorporated in March 2023.

102" gee Sectiofl .D in the Appendix for more details on the use of various resource types.
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region in the past two years. Most of these actions were commitments to satidhpN
requirements in New York City load pockets. In the North Zone, OOM actions were frequent as
well, primarily to commit generation to satisfyIN1 requirements the North Country load

pockes, which are not currently modeled in the -ddnead and redime markets. Large OOM
commitments in these local pockets often occurred on days with relatively low reserve needs,
leading to sizable surplus headroom on the G€ivhmitted units and substantial uplift costs.
These OOM commitments are evaluated in more detail in Se¢ki&n

Table 7: Summary of OOM Days for Managing Network Security and Reliability

20232024
# of Days with OOM Actions
Area

2023 2024
North Zone 188 225
New York City 265 242
Long Island 172 182
All Other Regions 68 38

On Long Island, supplemental commitments were typically made for reserve needs under tight
system conditions, often driven by severe weather, constrained gas supplies, emergency outages
of inter-ties, or generator trips. Although Long Island experienetdively few of these OOM
commitments over the past two years, it would be still beneficial to consider modeling the

reserve requiremenis the dayahead and redaime markets® IncorporatingN-1-1

requirementsnto the market software for key local areas, such as New York City, Long Island,
North Country load pocketsyould improve scheduling efficiencgrovide more ficient

investment signals, and help integrate renewable and storage resources.

Aside from OOM commitments for local reserve needs, Long Island experienced the most
frequent OOM actions to manage lowltage network constraintd able8 summarizes the
frequency of these actions in 2023 and 2024, including total hours and days in which OOM
actions were taken to manage 69 kV constraints and Transient Voltage Recovery (TVR)
constraints in four areas of Long Island. The table also shovesénage estimated LBMP in
each pocket based on the marginal costs of resources used to manage these constraints.

OOM actions to secure 69 kV facilities on Long Island have become less frequent since April
2021, when NYISO began incorporati6g kV constraints in the market software. As a result,
resources that were previously dispatchedafuherit to manage these constraints were instead
scheduled economically on 112 days in 2023 and 162 days in 2024. Overall, OOM actions to

103 5ee Recommendation 2024
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manage 69 kV constraints have declined more than 50 percent from the levels typically seen
prior to 2021. Nonetheless, in the valley stream load pocket, gas turbines were still needed on 40
to 50 days in each of the last two years to secure 69 kV trasismonstraints involving a
contingency not modeled in the market software.

Table 8: Constraints on the Low Voltage Network in Long Island
Frequency of Action and Price Impact, 2624

Long Island 69KV OOM TVR OOM Est. LEBMP w/
Year Load Pockets Avg. LBMP | Modeling I._ocal
#Hours | #Days | #Hours | #Days Constraints
2023 |v/alley Stream 473 41 $38.97 $44.46
Brentwood 33 S $40.19 $40.25
East of Northport 114 16 $43.52 $44.37
East End 44 8 676 69 $44.31 $61.20
2024 |valley Stream 371 49 $41.30 $42.58
Brentwood S 2 $41.41 $41.43
East of Northport 82 9 $43.27 $43.44
East End 20 5 646 63 $44.04 $57.92

NYISO has a process to periodically evaluate and incorporate additional 69 kV constraints into
the market models as needed. This process should contiragtit® OOM needs on Long

Island and improve scheduling and pricing efficiency. Setting more efficient LBMPs that
recognize the marginal cost of satisfying local transmission constraints will provide better signals
for future investmentHowever, this process does not address the TVR requirements on the East
End of Long Island where OOM actions arajfrent on high load days in the summer months.

The high costs of turning on dired resources to meet the TVR needs are not currently reflected
in LBMPs. Hence, ve recommend NYISOnodel East End TVR needss{ngsurrogate

constraing) in the market softwar®”* We illustrate in Sectiofil .E of the Appendix one

approach to develop surrogate constraints that could be used to satisfy TVR constraints within
the market models.

C. Transmission Congestion ContracPrices and Payments

We evaluate the performance of the TCC market by examining the consistency of TCC auction
prices and congestion prices in the -@dyead market for the Winter 2023/24 and Summer 2024
Capability Periods (i.e., November 2023 to October 20Z4ple9 summarizes TCC cost and

profit for the evaluation period separately for irgenal and intrazonal TCCg%®

104 gee Recommendation 2031

105 Appendix Sectionll .H describes how we break each TCC iimi@r-zonal and intrezonal components
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1 TheTCC Profitmeasures the difference betweenTi®C Paymenand theTCC Cost

1 TheTCC Cosimeasures what market participants paid to obtain TCC rights from the
TCC auctions. For a particular path, #@C Cosis equal to the purchased TCC MW
multiplied by the TCC price for that path.

1 TheTCC Paymenis equal to the TCC MW between two points multiplied by the
congestion cost difference in the dalyead market between the two points.

Table 9: TCC Cost and Profit
Winter 2023/243 and Summer 2024 Capability Periods

TCC Cost TCC Profit Profit as a Percent

($ Million)  ($ Million) of Cost
Intra-Zonal TCC
Central Zone $37 -$9 -23%
Mohawk VL -$23 $19 -82%
Capital Zone $25 -$13 -53%
Long Island $10 $10 96%
New York City $12 $0 3%
All Other $5 -$2 -32%
Total $66 $5 8%
Inter-Zonal TCC
Other to Central New York $26 -$13 -50%
Other to Southeast New York  $69 -$58 -84%
New York to New England $78 -$59 -76%
All Other $14 $7 46%
Total $187 -$124 -66%

Market participants purchasing TCCs in the auctions covering tineoh?h period from
November 2023 to October 2024 incurred alogtof $118 million. Overall, TCC holders
experienced aegativereturn of 47 percent (as a weighted percentage of the original TCC
prices), compared toreegativereturnof 66 percent in the previous-t2onth period. TCC
holders experienced averadgesesof 66 percent on intezonal transmission paths, while
realizing an averaggain of 8 percent on intraonal paths.

Substantial losses, totaling $117 million, occurred on transmission paths crossing the Central
East interface, into Southeast New York, and across the border to New England. These losses
coincided with a 54 percent reduction in édyead congestion revemalong these transmission
paths from 2023 to 2024. The reduction was driven primarily by lower net imports from
Quebec, fewer transmission outages, and increased transfer capability following the completion
of major transmission upgrades, all of whickajty eased wesb-east transmission bottlenecks.
This reduction was not well anticipated at the time of the auctions, TCC holders consequently
suffered losses on most irzanal and intezonal transmission paths within the affected

regions. Conversgl participants realized a profit of $19 million on infanal paths in the
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Mohawk Valley zone. This profit can be attributed primarily to TCC holders benefiting from
higher congestion in the TCC auction than in the-@agad market on countffow transmission
paths.

These findings suggest that TCC prices generally align with the levels of congestion anticipated
at the time of the auctions. The profits and losses of TCC bidders on most transmission paths
typically correlate with changes in dayiead congestion patterfrom previous years,

emphasizing the importance of anticipated congestion levels in evaluating TCC profitability.
Further, unexpected congestion, often triggered by lengthy unplanned outages, frequently serves
as a key driver of TCC profitability. TC&uction results also suggest that market expectations

of congestion improve closer to rdahe operations, consistent with the availabilityradre

accurate information about the state of the transmission system and market conditions

D. Allocation of Day-Ahead CongestionShortfalls and Surpluses

Dayahead congestion shortfalls aahdadsetworpl| uses (
capability differs from the modeled capability in the TCC auctions. Shortfalls arise when the
day-ahead flows over a binding constraint are lower than the trangf@bitity used by TCCs,

while surpluses occur when dahead flows exceed the transfer capability used by TCCs. In
general, it is beneficial to allocate surplus
this provides efficient financial incentg for Transmission Owners (TOs) to maintain

equipment, configure the transmission system, and schedule outages. This subsection evaluates
various categories of residuals and the extent to which they are allocated efficiently.

Shortfalls and surpluses are allocated to the responsible TO when they result from most changes
in modeled transfer capability. These include qualifying transmission outages;toesamice

of transmission, facility uprates, and facility derates thatlme attributed to a specific TO. This
allocation is based on the flow impacts of these factors on binding constraints in-titeeday

market and is consistent with a cost causation prinéipldowever, the remaining shortfalls and
surpluses are allocated in proportion to the TCC auction revenues received by each TO, which
does not align with cost causation principi®s.

The following example illustrates how the allocation of surpluses may not always align with cost
causation principles. Consider a scenario where a transmission constraint binds iratheadbay
market with a scheduled flow of 300 MW, while TCCs have lpreriously sold utilizing only

260 MW of transfer capability. This implies that the constraint is undersold by 40 MW. If the
additional 40 MW becomes available due to an uprate of the facility after the TCC auction, the
TO receives congestion surplusesresponding to these additional 40 MW from the-dhgad

106 See OATTAttachmentN, Formula N6 through N14 for the calculation of these allocations

107 gee OATT AttachmentN, Formula N15 for the calculation of this allocation
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market. Conversely, if the additional 40 MW arises solely because fewer TCCs were sold than
the available transfer capability, the responsible TO receives only a small portion of the resulting
congestion surpluses. This allocation method is inefficigitt anfairly penalizes TOs that own
equipment on interfaces that bind under multiple transmission flow pattérns.

Table10shows actual allocations of dayead congestion residuals over the past four years,
categorized into two distinct groups. The first category includes allocations based on the cost
causation principle, following Formulas®through N14 in the OATT Attahment N. The

second category consists of allocations based on TCC revenues, using Fottbuldt ié

important to note that these numbers represent net annual allocations, which understate the
allocation inefficiencies observable at more granular te(eely., hourly or constrakuspecific).

Table 10: Category of Day-Ahead Congestion Residual Allocations

2021-2024
Year Cong. Residual Allocation ($M)
Cost Causation Formula N-15
2021 $122.4 $56.8
2022 $326.5 $57.4
2023 $62.5 -$4.1
2024 $29.9 -$32.8

In 2021 and 2022, significant-lb shortfalls occurred primarily due to reductions in the Central
East interface limit caused by operational changes in nearby capacitoryatage
compensators, and other transmission equipment modeled in tabekay market.

Consequently, if TCCs are oversold across the Celaisi interface due to changes in the status
of certain equipment, one set of TOs receives the excess TCC rewshileshe resulting
shortfalls are borne by a different set of TOs. This allocation method does not incentivize the
efficient operation of transmission equipment.

N-15 surpluses have become more significant over the past two years, reaching nearly $33
million in 2024. We estimated hourly-hb residuals for each transmission constraint and
present them by month for major facility groupg$-igure 26.

N-15 surpluses frequently accrue for interfaces that were constrained in thbedaymarket
but that had been undersold in the TCC auction. Such congestion tends to result from changes in

108 For example, suppose a 100 MW line between nodes A and B is constraiffredn @ to B for 200 hours at

a shadow price of $5/MWh and (ii) from B to A for 150 hours at a shadow price of $5/MWh. The line will
provide $17,500 of congestion revenue = 100 MW * 20 hours * $5/MWh + 100 MW * 15 hours * $5/MWh.
However, the holder of 800 MW TCC from node A to B (assuming a distribution factor of 100% for the

TCC onto the line from A to B) will receive just $2,500 = 100 MW * 20 hours * $5/Mius100 MW *

15 hours * $5/MWh. This results in a $15,000 revenue surplus, but the surplus is allocated to all TOs rather
than just the owner of the line from node A to B.
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the pattern of generation and load from day to day and hour to hour, which shift the pattern of
congestion across the transmission network. Such variations accounted for a large stidre of N
surpluses on Long Island facilities in April and New York Gégilities in June and December.
This pattern is becoming more prevalent as intermittent renewable generation is added to the
system. Hence, if TCCs are undersold across a particular interface due to shifting generation
patterns, the surpluses are allechacross all TOs (in proportion to the TCC revenues) rather
than to the TO whose equipment is enabling transfers across the network. As a result, TOs do
not recoup the full value of their transmission assets when they are undersold in the TCC
auctions, poviding incentives to oversell transmission capability in the TCC autifon.

Figure 26: Estimated N-15 Residuals by Facility Group
By Month, 2024

$4

$2
&
c
g $0 \ \
s
© -
3 -$2 Annual
9 Shortfall
()
& Category M
S -4 2024
b7 ] |Central to East -$18.9
g B |North to Central $0.0
5 $6 Long Island Lines
© W | 901/903PARs | -$9.4 Estimated DAM Net Congestion Rents|
s L) | Other Factors -$1.0 (N-15 Allocation) After Removing
S -$8 B8 |New York City Lines | -$2.3 Congestion Residuals Allocated to
> : (E:Xte,ml""' T $2'% _ Responsible TOs per Tariff due to
a apital to Hud V -$1. Quialifying Facility Changes (Outages,

-$10 O |HudVI to Dunwod $0.2 Deratings, etc.)

B |West Zone $0.3 '
M |West to Central -$1.5
$12 1 |All Other Facilities $0.0
Jan ‘ Feb ‘ Mar ‘ Apr ‘ May ‘ Jun ‘ Jul ‘ Aug ‘ Sep ‘ Oct ‘ Nov ‘ Dec

Another significant type of NL5 surplus emerged from differences in flow assumptions on PAR
controlled lines between the dapead market and TCC auctions. Specifically, theRAR-
controlled lines between New York City and Long Islénel, the901 and 903 lingggenerated
over $9 million in N15 surpluses in 2024These linegonsistently caused congestion surpluses
becausé¢heir assumed flowkom Long Island to New York Cityere typically 300 MW in

TCC auctions but significantly lower in tlbay-ahead market.Sincetheseflows are generally

109 \When a commodity is oversold in a forward market, it tends to depress forward prices relative to spot prices.

Thus, it is likely that the oversale of TCCs tends to reduce overall collections of revenue by transmission
owners.
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uneconomic and raise production costs, reducing¢heduledlow from the TCC auction to the
day-ahead market led to significant surplus congestion revehhis also underscorésat

efficient scheduling the 901 and 903 lines would substantially reduce productiort’€dsten

though Con Ed has contractual rights to schedule these facilities, if Con Ed reduces the schedule
of these facilities, leading to production cost savings and congestion revenue surpluses, most of
these surpluses are distributed to other TOs.

A third type of N15 surplus accrued orew transmission facilitiesThe new facilities

associated witthe AC Transmission Segment A and Segment B projestaell as the Hurley
Avenue Highway System Deliverability Upgrade projeetre modeled asut-of-service in

TCC auctions due to their eligibilifipr Incremental TCC awardNYISO doesnot modelsuch
facilities as irservice in TCC auctions until the relevant Incremental TCC evaluation process
concludes However, these facilities were modeled asénvice in the daphead market,

leading to congestion surpluses adn@than $20 million in 2024. Again, these surpluses are
allocated broadly among all TOs in proportion to TCC auction revenues, which does not align
with the allocation of transmission upgrade costs.

In light of these inefficiencies, we recommend the NYISO revise the allocation -Giheay

congestion residuals that is currently socialized among TOs in proportion to TCC revenues rather
than being assigned to the responsible TO. Instead, the alloshtiold be determined by

changes in scheduled utilization of the transmission system between the TCC auctions and the
day-ahead market. This adjustment would enable transmission owners to recover the value of
transmission scheduled in the gayead markeeven if the capacity was undersold in the TCC
auctionst!!

110 see Recommendation 2082

111 See Recomendation 2023.
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VIII. CAPACITY MARKET PERFORMANCE

The capacity market is designed to ensure that sufficient capacity is availshtstyNew

Yorkdébs planning reserve margins. This mar ket
signals provided by the energy aauttillary servicesnarketsto facilitate new investment,

retirement decisions, and participation by demand response.

The capacity auctiorsetclearing pricedor four locations: New York City, Long Island,
Locality for Sout-helbst alNietwy OBy setirgh ddaalh [2ié.in
eachLocality, the capacity markéacilitates investmenthere it is most valuable for satisfying

t he NYI SO6s planning needs. This section of

1 A summary of capacity market results in 2023 in Subseétijon
1 Principles for setting efficient prices in the capacity market (SubseB}icand
1 We recommend capacity market reforms in the following areas:

- Defining additional pricing locations in the capacity market each year to capture
emerging transmission bottlenecks (Subsediipn

- Reforming capacity accreditation to ensure that supply resources are compensated
efficiently as the resource mix evolves (Subsecdbyn

- Compensating resources efficiently when locational capacity requirements are driven
by transmission security limits (Subsectign

- Providing efficient capacity compensation to transmission investment (Subsection
F), and

- Reflecting seasonal capacity value in SubsecBon
A. Capacity Market Resultsin 2024

The Capacity Demand Curves determine how variations ioléaeedsupply of capacity affect
clearing prices.Tablel11 shows average spot auction prices for each locality for the 2024/25
Capability Year and yeasveryear changes in key factors from the prior Capability Yé&able

11 shows that capacity prices rose in most regions primarily because of generator retirements.
Changes in parameters such as the Installed Reserve Margin (IRM) and Locational Capacity
Requirements (LCRs) also affect yemeryear capacity price trends.

A large amount of capacity in New York City retired in November 2022 and May 2023 due to

the NYDEC Peaker Rule regulations. Reductions in UCAP from internal resources in 2024 were
driven primarily by increased net exports to neighboring regions, higl@R&Falues, and

lower DMNC ratings of several resources. Surplus conditionsJriGcality and Long Island

led pricing in those regions being set by the systemwide curve throughout the year, except during

2024 STATE OF THE MARKET REPORT | 75



Capacity Market Performance

May T July in Long Island. In 2024, prices were driven down by a sharp drop in the systemwide
load forecast and a lower LCR in New York Gitympared to the year prior.

Table 11: Capacity Spot Prices and Key Drivers by Capacity Zong?
2024/25 Capability Year

NYCA  G-Jlocalty NYC LI
UCAP Margin (Summer)
2024 Margin (% of Requirement) 5.8% 16.4% 5.7% 11.7%
Net Change from Previous Yr 1.5% 7.9% 3.1% -1.4%
Average Spot Price (Full Year)
2024/25 Price ($/kW-month) $3.47 $3.47 $11.76 $3.60
Percent Change Yr-Yr -28% -29% -29% -25%
Change in Demand
Load Forecast (MW) -507 -172 -72 -38
IRM/LCR 2.0% -4.4% -1.3% 0.1%
ICAP Requirement (MW) 150 -817 -204 -35
Change in UCAP Supply (Summer)
Generation & UDR (MW) -554 -182 -158 -180
SCR (MW) -152 -73 -60 -7
Import Capacity (MW) -7
Change in Demand Curves (Summer)
ICAP Reference Price Change Yr-Yr  -12% -20% -12% -27%
Net Change in Derating Factor Yr-Yr 3.1% 2.3% 3.0% 1.4%

B. Principles for Efficient Locational Pricing for Capacity

Capacity markets should be designed to pmeiticient price signals that reflect the value of

additional capacitateach locton. This will direct investment to the most valuable locations

and reduce the overaépital investment necessarystiaat i sfy the fione day i n
reliability standard.The current framework for determining capacity prices involves:

1 Estimating Net CONE and creating a demand curve for each existing locality,

1 Determining the amounts of capacity to be procured in each locality at the LOE using the
ALCR Optimizer, o and

T Setting the spot prices based on the | ocal

In this subsection, we evaluate the efficiency of LCRs that the NYISO determined for the

upcoming 2025/26 Capability Year. There are numerous combinations of LCRs that could
satisfy NYI SO6s planning reliabil iR yOpctriintiezreirad
method, which is designed to minimize consumer payments while respecting (dpthé 1

reliability standard, (2) the systemwide IRM, and (3) transmission security limits (TSLs) in each
locality. Increasing the LCR in an area tends to redaaearginal reliability value because

112" see SectioV!.D in the Appendixfor more details.
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each additional unit of capacity provides diminishing benefits. In evaluating the performance of
the capacity market, we define two values that quantify the costs and benefits of capacity:

1 Marginal Reliability Impact (MRI) the estimated reliability benefit€., reduction in
annual loss of load expectatidoddLE)) from addingsomeUCAP to anarea.

1 Cost of Reliability Improvemer(CRI) i theestimatedtost of addig an amount of
capacity to a zone thahprovesthe LOLE by 0.001 Thisis based on the estimated cost
of new investment (Net CONE) from the latest demand curve reset study divided by the
MRI of capacity in a particular location.

In an efficient market, the CRI should be the same in every zone unddeltomgquilibrium
conditions( i . e . Level o.flfthE €RI s BwWer imane zbrie d&ndn)another, cost
savings would result from shifting purchases from the-eiggt zone to the lowost zone.
Figure27 andFigure28 show the estimated MRI, Net CONE, and CRI for each locality and
zone based on the 2025/26 Final LCR Ca3e.

Figure 27: Marginal Reliability Impact (MRI) and Net CONE by Locality and Zone
2025/2026 Capabiity Yearat Levetof-Excess Conditions

f-

g 0.010 . 200
|EIMRI -e-Net CONE| .
Y 0.008 160 3
| >
O =
1 4
0.006 _ 120 &
_ — - _ _ — — ] ] L
8 =z
~ 0.004 4 80 8
_ * * * * * * * * * =
e zZ
< 0.002 40
A B C D E F G H | J K
NYCA G-J Locality NYC LI

It is apparent fronfrigure28 that the use of the Optimized LCRs Method does not result in equal
CRI values across zoneshdrange between the minimum CRI locatidrZzone K(at $.9

million per 0.001 events) and the maximum CRI locatbdoneJ (at $3.4 million per 0.001

events) issignificant and indicates the requirements in some areas are inefficiently high or low
Forexample the relatively low CRI in Zone K indicates that it would be efficient to place
additional capacity there, suggesting that its LCR for the 2025/26 Capability Year (106.5

113 see SectioivI .F of the Appendix for the methodology and assumptions used to estimate the CRI and MRI.
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percent) is below the efficient level. The T-8ased floor does not prevent the Optimizer from
selecting a higher LCR value for a locality.

Figure 28: Cost of Reliability Improvement (CRI) by Locality
) 2025/2026 Capabiity Yearat Levelof-Excess Conditions
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Several factors account for the inefficiency of prices in the capacity market:

Issues with LCR Optimizefhe LCR Optimizer uses an optimization objective function that is
designed taninimize consumer cosfeom the perspective of a single buyer with market power
rather tharto themarginalcapacitycosts(i.e., investment costs), which has historically resulted

in inefficient and overly volatile LCRE# NYISO has been analyzing potential changes in the
objective function to minimize investment costs but recently paused this'éffakte support
development of an optimization approach that minimizes investment costs, but this must be done
in conjunction with a more granular capacity zone framework (which is discussed later in this
section) and consideration of appropriate Net CONEezufor use in the optimization. If the
capacity zone framework is not sufficiently granular, transmission constraints may arise in the
resource adequacy model that cannot be accounted for efficiently when the LCRS*ar&lset.

114 By minimizing overall consumer costs, the NYISO procures capacity like a monopsonist. Thus, the LCR

Optimizer may shift purchases inefficiently from one area to anbtwause othe resulting price effects.
See discussion in Appendid.Fofflawsi n t he Opti mi zer6s objective functi

115 sSee NYISO presentation to March 6, 2025 Installed Capacity Working Group, avhiable

116 pFor example, in some years, transmission constraints have limited flows into Zones A and B in the IRM and

LCR studies, but the IRM/LCR study process cannot set minimum requirements specifically for Zones A and
B. Rather, the only way that the IRM/LCRudy process can satisfy the local needs of Zones A and B is by
raising the statewide IRM by shifting capacity into Zones A, C, and D in a fixed proportion that includes a
relatively small share for Zone A. Consequently, to resolve a relatively smalim2edes A and B, the
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current inconsistency between the curregbgacity zone configuration and the transmission
constraints that bind in the resource adequacy model contributes to volatile and inefficient
locational requirements.

The LCR Optimizer may also falil to set efficient LCRs because it is run after the IRM has
already been determined. The LCR values are strongly affected by the IRM, which acts as a
constraint in the LCR Optimizer which limits the range of possible LCRom#s, but the range
of possible LCRs may vary significantly from year to yEarAs a result, changes to the IRM

can cause volatility in the LCRs.

Overly Broad Pricing Zonesn recent LCR studies, we have obseriviRll valuesfor Zone G

which are lower than for zones H and I, and lower MRI values for resources in Staten Island
compared to the rest of New York City. This suggests that there are material differences in the
reliability value of resources at different locationgha same capacity zones. SubsecGon
discusses improving locational capacity prices by defining more granular capacity zones to
account for intrazonal transmission bottlenecks.

Impact of Transmission Security Limifhe LCRs for the NYC and the-GLocality capacity

zones were set at the minimum floors based on their transmission security limits (TSLs). While
the high CRI in Zone J suggests it would be efficient to shift capacity to other zones, the
Optimizer cannoteduce the Zone J LCR because doing so would violate thebaStd

minimum requirement. While the TSLs have in some cases led to inefficiently high LCRs, they
have also prevented other problems with the LCR Optinfiizen causing the LCRs to be set at
extremely high or low values. The impacts of the TSLs are discussed further in SuliSection

C. Defining Additional Pricing Locations in the Capacity Market

An efficient capacitymarketrequiresc apaci ty zones that accurately
ability to utilize generation in different areas. When transmission bottlenecks limit generation
deliverabilityduring tight hours, capacity pricesflect these bottlenecks to send more efficient
investment incentives This section discusses deficienci e
defining capacitgonesand proposes a process to set more efficient locational capacity prices.

Issues with Current Zonal Framework

NYI SO6s capacity mar ket consists of four pric
New York City, Long Island, the G Locality, and Rest of State. The boundaries between these

IRM/LCR study process must move a much larger amount of capacity to Zones A, C, and D and from
southeast New York.

procedur e. A

17 This process known as the fTan 0
3 0 AUnihtre ed Met h«

i s
presentation to NYSRC on June
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regions roughly capture the locations of historical transmission bottlenecks that limit capacity
deliverability during summer peak period§. NYISO performs a New Capacity Zone study

every four years to examine whether new capacity zones should be created. This process has
created a new capacity zone only once, when #3d_Gcality was created in 2013. The existing
zonal framework and nemone creation process suffers from several deficiencies:

1 Highway constraints not modelédsenerators in load zones that are separated by
transmission constraints within an existing capacity region all receive the same price. For
example, in recent LCR studies we have observed transmission bottlenecks within the
Rest of State region (betwerones AB and zones &) and within the Lower Hudson
Valley (between zone G and zonesIH As winter demand grows, binding constraints
will likely emerge across the Central East interface between zoiiearl zone F.

1 Byway constraints not modelédsenerators whose output is limited by transmission
constraints within a load zone receive the full capacity price even when they are
effectively not deliverable. For example, there are binding deliverability constraints
between Staten Island and thetref New York City, but Staten Island resources are paid
the premium New York City price. Similarly, recent deliverability studies have found
binding constraints between eastern and western Long Island.

1 Considers OnlYOnePeaklLoad Scenarié The New Capacity Zone study will not lead
to creation of new zones in many situations where bottlenecks are present. It relies on a
deterministic study process that considers only one set of system conditions. As a result,
it fails to detect deliverabl i ty constraints that bind in N
adequacy model. This inadequacy will grow as more intermittent and storage resources,
whose output is not well represented by a deterministic snapshotirentearket.

1 Barriersto New InvestmeritNew resources attempting to enter potentially bottled areas
may be assigned System Deliverability Upgrades (SDU) by the interconnection process.
In recent years nearly all proposed new resources in certain areas have been assigned
prohibitively costlySDUs (sedV.A). This system discourages new investment while
protecting incumbent resources in bottled areas from competition. It also relies on
deterministic assumptions that may inaccur

The impact of these shortcomings is to esempensate resources in bottled areasuacier
compensate resources in highlue areas, which drives up capacity prices and retains excess
capacity in service. This is because the IRM and LCR processes compensate for the presence of
bottled capacity in a sufegional area by inflating ICAP regiaments instead of limiting

procurement in the bottled area. Legacy resources in bottled areas have incentives to not retire
and to retain their rights to sell capacity, preventing new entrants from entering those areas.

118 Capacity deliverability broadly refers to the ability of generation to be delivered to load at times of peak

system need. Assessments of deliverability examine whether the available generation in a region is
simultaneously deliverable to load in a sa@mahere all generation is needed to avoid load shedding.

80 | 2024 STATE OF THE MARKET REPORT



Capacity Market Performance

Overview of Proposal

We recommend that NYISO establish a dynamic process to update capacity zones used to set
prices (Recommendation 2022.1° This would expand the number of capacity zones and

replace the existing zone creation process, while keeping the structure of the capacity market
largely intact!?® Its primary effect would be to: (1) discount capacity payments to export
constrained areas that are currently overpriced (such as Staten Island), and (2) allow for

reliability needs to be efficiently reflected in prices as they emerge (for examplélahboks in

winter cause the value of capacity in zoneE £ fall relative to Zone F in the future). We

discuss this proposed process for establishing capacity zones and requirements in this subsection:

1. Represent all major capacity deliverability bottlenecks in the resource adequacy model;

2. Designate capacity zones as import or exportstrained capacity zones based on the
configuration of binding transmission constraints in the resource adequacy model,

3. Determine ICAP requirements for all import and export zones;

4. Establish import and export demand curves for use in the Spot Auction;

5. Apply a financial Capacity Constraint Pricing Credit or Charge to capacity payments of
resources that positively or negatively impact aggregate deliverability between regions.

1. Represent all major deliverability bottlenecks in the resource adequacy model

NYI SO6s r esour c e-MARBSasq prabablistiosimilation oddad shedding risk

that accounts for transmission limits between regions. It is used in the IRM and LCR studies to
determine the ICAP Requirements in the capacity market. The eepaon of the NYCA

region in the IRM and LCR studies includes areas based on the eleven historic load zones (zones
A-K) with transmission limits between thedt. In reality, there are also internal bottlenecks

119

I n this subsection, a ficapacity zoneo refers to a pi
NYCAandGJ Local ity zones), a Aregionodo refers to a part
(such as the Rest of State and GHjioas within the NYCAand& Locality), and an dare

of the system that is separated from other areas by transmission bottlenecks. Areas are represented as
Aibubbl es éMARSitopbldgg andSiiclude (but are not limited to) the 1stdric load zones (X).

20 'we have also recommended that NYI SO i mp lLeMiPeon)t. Locat i
(Recommendation (201Bc). Under this approach, prices would be set based on the Marginal Reliability
Improvement (MRI) of capacity at each location, withthe need for an ICAP Requirement or demand
curve. Inthe long term, this approach will better adapt to changing system conditions and be simpler and
more transparent, since it would greatly reduce the number of administrative parameters that influence
capacity market outcomes. For a discussion-oMP, see Sectiohand Section VIII.E of our 2022 Report
on the NYISO Markets, availablere The recommendation for more granular capacity zones {2022
which is discussed in this section, achieves many of the benefité BF-Cbut does not comprehensively
revise the existing capacity market structure.

121 Transmission limits between Staten Island and New York City are modeled indirectly by a dynamic limit on

PJM imports to Zone J via the AJ30 area.
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within the load zones that limit deliverability of capacity. For example, recent deliverability
studies indicate that binding export constraints exist in Staten Island and eastern and central
Long Island, with deliverability headroom tightening in othexaa. New intraonal constraints
may arise over time and pricing capacity in these areas efficiently requires that they be
represented in the resource adequacy model so the bottled capacity can be quantified.

Hence, the annual process used by NYISO and NYSRC to update the transmission topology for
the IRM study could identify intraonal capacity bottlenecks based on power flow simulation

and represent those constraints in GE MARS. New constraints couldrésergpd by

modeling additional areas in MARS with transmission interfaces between adjacent areas. Not all
constraints detected this way will lead to binding constraints in MARS since the probabilistic
outcomes of MARS will differ from a deterministic pemflow assessmeft? It may be

necessary to establish a threshold for representation of a new area in MARS so that only
bottlenecks that affect a significant amount of capacity are represented.

2. Designate capacity zones as import or expcerdonstrained based on configuration
of binding constraints in the resource adequacy model

After the previous step identifies individual capacity zones and transmission interfaces,
individual zones can be classified as either import or export zones:

1 Animport zone consists of one or more areas whose ability to import capacity is
constrained during all or some hours of reliability risk. Import zones would function like
NYIl SO6s existing capacity zones and coul d
example, a constraint on the UPMOONED interface between zones H and G could lead
to an import zone within the existing&Hocality consisting of zones-#

T An export zone is an area that has surplus
region. When exports from an area to its parent region are constrained in MARS, an
export zone should be created. Each export zone would be nested inside pdran im
zone. The process for compensating capacity in these zones is discussed further below.

Figure29 provides an example capacity zone topology under our proposal. It shows potential

import and export capacity zones following completion of the Long Island PPTN transmission
projects. Compar ed t ellLacaityia gxpasdedtaciudeZoneélyy zones
due to increased transfer limits within this area following the Long Island PPTN. New import

zones are created downstream of the Central Ed€} 8fd UPNY-CONED (HK) interfaces.

Within the Rest of State region, export zones are creatwdstern and northern New York.

Finally, new areas not currently modeled directly in MARS are created in Staten Island and

eastern Long Island, which lead to creation of export zones within the existing NYC and Long

122 A difference in the value of capacity between zones can be observed by calculating the Marginal Reliability

Impact (MRI) of each zone when the system is modeled ahatet reliability criteria. A difference in MRI
between zones indicates a binding transmission constraint between those zones.

82 | 2024 STATE OF THE MARKET REPORT



Capacity Market Performance

Island import zones. This arrangement of potential import and export zones is illustrative, and
new or different zones could be created depending on the location of deliverability bottlenecks.

This process would largely eliminate the ~ Figure 29: lllustration of Import and Export
need to assign mandatory SDUs to new Zones After LI PPTN Projects In Service
projects seeking CRIS. Instead, all NYCA e F-K

resources in a bottled region receive lowel
capacity prices reflecting the value of e e o o K
capacity in that region. Informational
studies could beegularly conducted by

g

NYISO to inform developers of potential | p.egena HK
new zones likely to emerge in the coming | ORA Model area NYC

- - - | COImport Zone LI
years based on the locations of projects in OExport Zone o - @

the interconnection queue. Developers | @Export Zone (not
i i currently modeled)

entering bottled regions could elect to func @

transmission upgradesdearn financial

rights allowing them to benefit from the

capacity value of the upgrades (see Recommendation20aAd SubsectioR).

3. Determine ICAP Requirements for all import and export zones

NYISO would continue to use the LCR Optimizer to establish LCRs for each import zone while
satisfying the minimum TSibased flooré?® This method implicitly accounts for both the cost

and the marginal reliability benefit of procuring capacity in each region as the amount procured
changes. As a result, the optimized LCRs will maximize procurement in-tmseregions until
transmissia constraints begin to limit the effectiveness of capacity there.

Under this process, the ICAP Requirements of import zones would represent the targeted
minimum amount of capacity to be maintained in that zone. For export zones, the ICAP
Requirement would represent the maximum amount of capacity that would be fulbralelie

to the parent zon¥* The requirements of export zones would be set such that any additional
capacity will cause the export constraints to bind during critical hours in MARShe
requirements of export zones would be included in the requirements of the parent import zone.

123 The NYCA IRM is currently determined prior to the LCRs by the NY State Reliability Council (NYSRC)
using a different process from the LCR Optimizer. It would be more efficient to determine the IRM and
LCRs simultaneously using the LCR Optimizer, bus fkinot necessary for Recommendation #2022

124 10 determine the amount of fully deliverable capacity, the LCR Optimizer would oeelest (5 percent)

discount on the cost of supplythe exporconstrained zoneThus, the exportonstrained zone would not
need its own Net CONE estimate.

125 This implies export zone capacity should have an MRI very close to that of the parent zone when capacity is

equal to the requirement, and a declining MRI relative to the parent zone if additional capacity were added.
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4. Establish import and export demand curves for use in the Spot Auction

Currently, the capacity marketds spot auction
encourage new entry when capacity in a zone a
proposal, this process would remain largely unchanged for impoeszdzach import zone

would clear based on its own demand curve, and each supplier would receive the highest clearing
price among import zones to which it belongs.

In the current framework, certain key demand curve parameters including the net cost of new

entry (Net CONE) and demand curve length are determined in the Demand Curve Reset (DCR)
process every four years. This process may not anticipate every impoarebdetermine

parameters for it. Hence, it will be necessary to: (1) determine Net CONE values for a set of

| ocations and use the Net CONE value of the i
created before the next DCR, and (2) establish a prozesgomatically determine demand

curve lengths for new zones based on the marginal reliability impact (MRI) of surplus capacity.

For export zones, we recommend creating export zone demand curves whose purpose is to
discount payments to resources in bottled areas. Each export zone demand curve would
determine the percentage of the psporezone,az oneds
a function of the export zoneds capacity surp
require a separate Net CONE estimate. Capacity in the export zone that is fully deliverable

during critical hours should be counted towards tlq@irement of the parent zone when clearing

the auction, and partially deliverable capacity should be counted on a discounted basis.

Figure30illustrates this concept. When Figure 30: Export Zone Demand Curve
capacity in the export zone is less than (o, of parent

eqgual to the export zone requirement, Zone Price
payments are equal to the parent zone  100%
price because all

capacity is deliverable. Surplus beyond

t he expor tremenbcausds the

price paid to fall as a percentage of the Pesport zone
parent zone price. The export zone

demand curve has a slope because exp

zone capacity may be bottled in some, 0%
but not all hours when surpluses are

modest. The area under the export zone
demand curve (which counts all capacity up to the export zone requirement and discounts any
surplus) is then counted as supply towards me

Highlighted area
included in Parent
Zone supply

Export Zone Qexpm one EXPOIt Zone
Requirement Supply (MW)

5. Apply a Capacity Constraint Pricing (CCP) component to capacity payments of
resources that positively or negatively affect transmission limits between zones.
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Each resource in a capacity zone is currently paid the same capacity price even though not all
resources within a zone contribute equally to loading of constraints affecting that zone. Hence,
we propose a financial Capacity Constraint Pricing Credit argghthat modifies the capacity
payments of resources that increase or decrease the total amount of capacity deliverable over a
binding constraint. These variable effects of different resources on the constraint are reflected in
their generation shift facts (GSFs). For example, generation added in an egpostrained

area at a bus with a very low or negative GSF on the constrained facility may increase the total
deliverable capacity by displacing other resources with higher GSFs on the cof&raint.

Efficient prices reward investment at locations that improve deliverability and discourage

investment at locations that diminish deliverability. We propose NYISO apply a CCP credit or
charge to reward or penalize r esotuWepmpgoset hat m
the following process:

1. Calculate a set of generator CCPs for each interface between capacity zones (e.g.,
between two nested Import Zones or between and Import and Export zone). The CCP
Factor is the amount by which an additiona
would change the total deliverable capacity, either positively or negatively. The CCP
Factors are specific to each interface between zones.

2. Calculate the price difference across each interface between nested capacity zones. This
is the difference in capacity price between the capacity zones connected by the interface.

3. Each generator earns a total capacity payment equal to its UCAP MW times the sum of
the zonal Capacity Price and generatoro6s u

SectionVI1.G of the Appendix includes an example of the calculation of CCP Factors and
generator payments. The CCP Credit/Charge would produce substantial benefits by providing
much more accurate locational incentives in each capacity zone. This is key becawergener

in any fixed capacity zone will have different effects on key constraints. It will also mitigate
issues that arise when new capacity zones are not created to reflect key deliverability constraints.

6. Conclusions Regarding the Granular Capacity Zones Proposal

The current zonal structure of the capacity market does not capture important distinctions in the
value of capacity by location and will become increasingly disconnected from the needs of the
system over time. As a result, the capacity market will segftigient signals for investment

and retirements and the flawed deliverability process will continue to be a major barrier to new
investment in certain locations. In this subsection, we have proposed a process to define new

26 1'h situations where the GSFs do not accurately appr ¢

such as for voltagbased transfer limits, other methods may be used.
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capacity zones that will better signal where additional capacity is and is not valuable. In
particular, this proposal will:

1 Avoid overcompensating resources in bottled areas and facilitate retirement-of non
deliverable capacity;

1 Reduce capacity costs because LCRs will not rise to compensate for bottled capacity; and
1 Attract and retain capacity in locations where it is more valuable to the system.

D. Improving the Capacity Accreditation of Individual Resources

Capacity accreditation refers to the value of
capacity when it is sold in the capacity market. It is intended to reflect the likelihood that the
resource will be available when needed for reliabilithisTsubsection discusses methods to

establish capacity credit in NYISO and proposed enhancements.

Status of NYISO Capacity Accreditation Reforms

Transactions in the capacity market are denominated in UCAP terms, so NYISO applies methods
for converting the installed capacity (ICAP) value of each resource to UCAP. Before May 2024,
these conversion methods relied on simple heuristics that did noatadyg reflect the marginal
reliability impact of each resource type. For example, the UCAP of an intermittent resource was
calculated based on its average output in a range of hours each day, which is not necessarily
when supply is tightest. As a resuhe UCAP ratings of some resources were inflated.

In May 2024, NYISO began to use UCAP values based on marginal accreditation principles.
Under the new rules, NYISO establishes a Capacity Accreditation Factor (CAF) for each
Capacity Accreditation Resource Class (CARC) reflecting its marginal contriliatrefiability
(e.g., its expected availability during hours when load shedding is most likely). CAFs will be
updated annually and for each capacity market relgfon.

Thesec hanges are a major i mprovement to the cape
compensation with their marginal contribution to reliability is necessary to encourage efficient
investment in a diverse resource pwhich is discussed in more detailAppendixVI.1.

Enhancements to Capacity Value Modeling

Notwithstanding these improvements, additional enhancements will be needed to address key
challenges in the coming years. NYISO calculates CAFs using its resource adequacy model,
MARS, which is a Monte Carlo model that simulates resource availability anchriety of
conditions. MARS is limited in its ability to model the following types of resources:

127 seenttps://www.nyiso.com/accreditatidor information oncapacity accreditation factors.
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1 Resources with Winter Fuel LimitatiohsSome generators can only burn natural gas and
often face fuel supply restrictions during very cold winter weather. During these periods,
NYISO relies heavily on generation by-filed and dual fuel resources, which have
limited stored fuel inventoriesWinter fuel limitations of gasnly and dual fuel
resources have npteviouslybeen modeled in MAR®UtNYISO has recommended
thatNYSRCadoptthem in the 226-27 IRM Study, which wouldenabé NYISO to
calculate gstinct CAFs for the firm fuel and nefirm fuel CARCsand, thereby, provide
financial incentives for firm fuetapability!* NY| SO6s proposal to i
limitations in MARS is a major improvement. As winter risk grows, further
improvements will be needed to ensure that the contributions of all resource types
towards winter reliability are properly modeled and reflectedAifrs. In particular, the
currently proposed approach will not result in CAFs for energy storage resources that are
consistent with those of resources with limited fuel inventories. It will also undervalue
the winter reliability contributions of intermént renewables that defer the need for
consumption of stored fuel during naoritical hours?®

1 LoadCorrelated Resources MARS models hourly load patterns independent of
resource availability. However, factors such as weather may affect both load and
availability of some resources. If solar generation and load are not appropriately
correlated in the model, solar and athesources will be valued inaccurately. Aligning
the modeling of resources and load profiles to reflect common drivers would improve
capacity value estimates. NYISO is currently developing improvements to better

correlate loadred BTM solar output®®

1 Energy Storagé Modelingrealisticdispatch of energy limited resources (ELRS) is
challenging because it must balance the objective of discharging optimally with the
limitations of foresight. NYISO recently adopted an approach in which ELRs are
dispatched to avoid load shedding priorto&r gency Oper ating Pr ocec
such as deployment of SCRs and reserves) but may only discharge in a predetermined set
of hours!3! This approach should be refined so that:

(a) a portion of storage capacity is withheld until reserve deployment EOPs, representing
a more optimal and realistic usage, and

shavingé storage is targe
likely, reflecting strategic behavior with imperfect foresigiit.

(b)r emai ni ng

128

129

130

131
132

Seesummary of latest proposaére

Opeak

See Section VIII.G of our 2023 State of the Market Report for the NYISO Markets, avaiable

See NYSRC IRM Model Proposed Whitepaper Scopes 2025, presented by NYISO to NYSRC Installed
Capacity Subcommittee on January 8, 2025, availade

See October 7, 2021 presentation to NY Sk sitivity Using GE MARS in Modeling El_Rgailablehere

See

our

comment s

on

NYl SO6s 201Berest orage capacity
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NYISO should also determine whether the sequencing of external assistance EOPs in
MARSs results in unrealistic timing of ELR dispatch. NYISO plans to consider
improvements to ELR modeling in 2025 and 26%6.

1 Inflexible Resourcesk Inflexible units such as steam turbines with long startup lead
times provide less reliability value than more flexible units because theynoidye
available when neededHowever, MARS treats these units as alwaysmitted and
available if not in outage. Hendégcapacity of thesanits is likely to be overvalued as
net load uncertainty increases due to rising deployment of intermittent resources.

Hence, we recommend that NYI&@d NYSRCconsider improvements to more accurately
evaluate marginal reliability contributions for: (a) gady generators with limited/no backup
fuel, (b) inventorylimited resources, (duratiorrlimited resources, (d) resources whose
availability is correlated with load, and (e) inflexible generat@seRecommendatiof021-4)

Functionally Unavailable Capacity

NYISO tests the Dependable Net Maximum Capability (DMNC) of each generator on a seasonal
basi s. This test is intended to rate each ge
forced outage or derating during temperature conditions comparableexpiheted peak load

period of each season. The ICAP that a resource can sell in the capacity market is determined
based on the lower of its DMNC and capacity interconnection rights (CRIS) quantity. NYISO

has generallpverestimate the ICAP of fossHfuel and nuclear resources with the following
characteristics:

1 Emergencyapacity Capacity offered above a gener at
(UOLN) that is only activated under NYISO Emergency Operattéh©peratorsnay
not commit this capacity in practice becan§eoncerns that the emergency capacity
cannot operate in a reliable manner, theiabyeasing the risk ajutageto the normal
rangeot h e g e mapacityt®™®or 6 s

1 Ambient Water Temperature Dependé&xnerators that have once through watsled
condensers experience diminished cooling capability as inlet water temperatures rise.
Environmental restrictions also prohibit outlet water temperatures from exceeding
defined thresholds. Therefore, manytluse watecooled units haveeducedcapability
on hot summer days due to higher water temperatures

133 See NYSRC IRM Model Proposed Whitepaper Scopes 2025, presented by NYISO to NYSRC Installed
Capacity Subcommittee on January 8, 2025, availadre

134 See NYISO Emergency Operatiodsanual

135 For example, if a 100 MW generator with 10 MW of emergency capacity has a 5 percent outage risk on the

nonemergency range (i.e., the first 90 MW), then the effective UCAP of that capacity would be 85.5 MW
(i.e., 95% of 90). If operating in the emerggmange increases the outage risk of the facility to 15 percent,

the true reliability value of the plant would be 85 MW, implying that the marginal value of the emergency
capacity imnegative0.5 MW.
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1 Tidal DependentGenerators with onethirough wateicooled condensers pulling water
from tidal dependent sources (i.e., the southern regions of the Hudson River Estuary and
Coastal regions) are also likely to see their capabilities rise and fall with changing tidal
conditions due to variations cooling water flow and pressure.

1 RelativeHumidity DependentCombustion turbines that are equipped with certain Inlet
Cooling Systems are significantly impacted by increases in the relative humidity in the
air. This impact increases as air temperatures rise, compounding this issue.

1 Barometric Pressure Dependeftombustion turbine efficiency and capability is
impacted by barometric pressure in a predictable manner. This relationship is positively
correlated, i.e., turbine capability increases with higher pressure conditions (and
decreases as pressure drops) beeair density impacts mass flow through the turbine.
This impact is predictably greater at summer peak load conditions since those correspond
to the warmest weather days and hot air is less dense than colder air.

1 Cogereration& Steam Demandsome units have reported derates from cogeneration
units due to limitations associated with their host steam denfmitie resources in this
category may sell capacity to NYISO without accounting for the full contractual
obligations to their host steam demand.

NYISO has begun to address issues with cogeneration capacity through improved DMNC test
and approval procedures. In addition, the NYISO made changes to procedures to address some
issues outlined above starting in May 2035The proposed changes will appropriately account
for relative humidity effects, but will only partially address water temperature dependent
(including tide dependent) resources and emergency cap¥cifurthermore, investigations

into observed underperformance from several resources during the 2024 summer peak periods,
mostly combined cycle generators, identified barometric pressure as a significant driver of
functionally unavailable capacity as wellhe issue arises mainly from the fact that generators
typically perform DMNC tests at the most favorable weather conditions possible, typically mild
temperature, clear, sunny days in early or late summer. Barometric pressure is much higher on
those type of days than on the typical peak legde day at warmer air temperatures.

Therefore, we have recommended that barometric pressure be added to the@ndigohs

output adjustment for all generators with one or more combustion turbine.

NYISO eliminated the Capacity Limited Resource (CLR) designation and will require such units
to offer the ICAP equivalent of the UCAP sold at the normal upper operating limit\)yOL

136 gee Management Committpeesentatiorirom March 27, 2024.
3 The NYI SO6s proposal for addressing water temperatur
generators to test in July or August between the hours of 10 AM and 10 PM. However, these timing
restrictions do not address: (i) tidal effects, or (ii) tfeatfof multiple units at a station operating
concurrently. We observe that DMNC tests of these generators are usually conducted for one unit at a time
during high tide conditions, leading to higher output levels than are achievable during peak summer
conditions. This assumes that most participants will test their generators individually at high tide conditions,
as has been characteristic in the past. See slide 87 2028eThird Quarter State of the Market Report

2024 STATE OF THE MARKET REPORT | 89


https://www.nyiso.com/documents/20142/43713211/5%202024-03-27%20MC%20-%20Modeling%20Improvements_v2.pdf/0dc344f9-22e8-20a8-cda6-95c38b85a73e
https://www.nyiso.com/documents/20142/38026057/NYISO-Quarterly-Report-2023-Quarter-3.pdf/eacd91e2-de93-3332-8457-b5502e45a579

Capacity Market Performance

beginning with the 2025/26 Capability Year. This ought to reduce the sale of emergency
capacity*3® We will evaluate the effects of this change on capacity sales and system operations.
One concern is that units operating in these ranges may have a higher risk of forced outage that
may not be reflected in their EFORH.

Figure31shows the estimated ICAP that was functionally unavailable to the market during peak
conditions last summer on fos$ilel and nuclear units by categdfy. Approximately 1,480

MW of ICAP was functionally unavailable on the hottest days, including an estimated 142 MW
from combined cycle and peaking units due to higher barometric pressure at high loads than
during actual DMNC tests for these resources.

Figure 31: Functionally Unavailable Capacity from Fossil and Nuclear Generators
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While NYISO has already implementex filed changeshatwill address much of #hcapacity
affected by the issues abowee recommend (see 202) the following additional changes to
DMNC testng and ICAP qualificatioprocesss:

138 con

This exempts combinedy cl e units with duct firing until the
that ¢

Duct Firingodo project and for block | oaded GTs

139 gee Appendix Sectiovil.C.

140 see SectioivI.C of the Appendix for details and assumptions underlying this figure.
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1 Calculateseasonatapacityratingsthat are adjusted f@ambientwater temperatures and
tidal conditions (in a similar procedure to what NYISO currently uses to adjust for
ambient air conditions) for affectggnerators

1 Quantify the UCAP value of emergency capacity based on its marginal value of capacity
determined by the Equivalent Forced Outage Rate of this.range

1 Requirecogeneration resourcésbe seasonally rated in a manner similar to Behind the
Meter Net Generatio(BTM:NG) resourceswhich takesinto account host steam
obligationsduring pealkoad conditions

1 Require stations with one or more combustion turbines to adjudifferences between
barometric pressures during DMNC tests and expected conditions at the forecasted peak
load.

E. Impact of Transmission Security Limits on Efficient Capacity Payments

The LCR Optimizer employs a nbasedomthen O6f |l oor 6 v
Transmission Security Limit (TSL). In recent years, LCRs have increasingly been set at this

6TSU oor 6. When this occurs, the capacity mar
that do not contribute to satisfying transmission sgcaeeds. In addition, the capacity demand

curves may set inefficiently high prices when there is surplus supply above tHea$&d LCR.

The TSLf  oor is enforced in the ALCR Optimizero -
NYSRC/NPCC transmission security criteria. Transmission security analysis differs from the

resource adequacy analysis used by the LCR Optimizer because: (1) tranderénoalculated

more conservatively in the transmission security analysis, and (2) peak load and resource

availability are modeled on a deterministic basis as opposed to stochasticaltya result, the

capacity needed to comply with transmission security criteria in a locality can exceed the amount
needed to satisfy reliability criteria in @AARS. In this case, the LCR is set by the T&ior.

I n NYI SO6s planning studies, some resource ty
transmission security requirements than resource adequacy requiréthémtsarticular:

1 Special Case Resources (SCBm)tribute 0 MWowards transmission security
requirements because they are assumed to not be available under normal transfer criteria.

¥l For example in the 2023 LCR Case, the MARS transfer limit between zones | and J was 4,400 MW, but the

Zone J transmission security limit was 2,875 MBbr a detailed discussion of the differences between
transmission security and resource adequacy analyses, see NYISO June 30, 2021 presentation to ICAPWG
ATransmi ssion Secur i there Meas analyis a the drivers of differerece betivéea b | e
TSL-based and Optimizdyased LCRs, sedMU Co mment s on t2032 Canpgreh8meides 2 02 3
Reliability Plan availablehere

142 geeoureviewof NYI SOés 2022 Reliabilityhedeeds Assessment
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1 Large resourcesanincreasehe transmission security requiremenhich is intended to
maintain reliability in the event that the largest two generation and/or transmission
elements are lost?

NYISO has recently made changes to the calculation of thefloSt.used in the LCR

Optimizer to align it with the transmission security methodology used in its Reliability Planning
Process?* The current methodology, which was used for the first time in the 2023/24 LCR
Report, determines the TSloor as the local installed capacity needed to meet peak load
considering resource unavailability based on expected forced outage rates whilengetpec

TSL. Since SCRs do not contribute to satisfying transmission security criteria, the current
methodology raises the TSloor by the amount of expected SCR capacity sales in the locality.

Figure32illustrates the impact of recent changes in the TSL methodology. It compares the final
LCRs and TSkHfloors in the New York City locality for the 2019/20 through 2(® capability
years, along with estimated TSloors for the 202&7 capability year.The impact of the
Ravenswood 3 unit on the TSloor is shown in all yearsThe impact of SCRs on the TSL

floor is shown beginning in 2022, whérwas first affected by SCR&® The 1,250 MW
Champlain Hudson Power Exprd§3HPE) project is expected t@isethe TSL:floor by 532

MW in 2026because it will be the largest contingency in New York EfyWe also show the
projectedhistoric New York City LCRs estimated as part of the annual IRM Spuolgess.

While these LCRs are not used in the capacity market, they were historically correlated with
changes in the Optimizgaroduced LCRs and may provide an approximate indication of LCR
levels in the absence of binding TSLs.

Figure32illustrates that the TSHoor is increasingly likely to determine the New York City
LCR. The NYC LCR has been set at its F8hor every year since thedoption of the current
methodology in 2022In that time frame, the TShased LCR has exceeded the IRM Study LCR
by 2.9to 7.7 percent After the CHPE line enters service, guojected2026/27TSL-floor

further increaseby 4.8 percent. TSL-floors lead to higher costs by requiring a larger amount of
capacity to be held in high@riced zones.

143 see oureviewo f NYIl SO6s 20 2 Rerebat showed thaastimadthatethe 980 MW
Ravenswood 3 unit in New York City increased transmission security needs by approximately 215 MW.

144 SeeNYISO October 42022presentation to ICAPWG on the TSL calculation for 2023, availabie

145 nthe2022 2 3 capability year, NYI SO used an fAinterim met
when calculating the TSfloor but did not convert the UCABased requirement into an ICAP quantity.

146 SeeFigures78 4 i n Appendi x F to NYdreSOdisd202r R&NAi,ewvaf | MY
Reliability Needs AssessmerRNA), availablehere
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Figure 32 Historical and Projected New York City LCRs and TSLs
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The capacity market is designed to attract and retain capacity needed to satisfy planning
reliability criteria. It is appropriate to set LCRs based on TSLs because, otherwise, a shortfall
relative to the TSL would likely trigger a regulated procuremestafpaci ty t hr ough
Reliability Planning Process. However, LCRs based onl&irs will lead to inefficient

capacity market compensation for two reasons that are discussed further in this subsection. First,
some resources receive capacity paymieatslo not contribute to satisfying transmission

security requirements. Second, existing capacity market demand curves overvalue surplus
capacity when requirements are set by ¥l8brs.

1. Overcompensation ofcapacity that doesnot contribute to transmission security

Large resources and SCRs are overcompensated when the LCR of their locality is set at its TSL
floor. This is because the presence of these resources causes-fit@orl &l.increase, so they
provide less net supply towards meeting capacity requirememtgtay are paid for in the

capacity market. This results in (1) higher consumer costs because these resources are paid more

than the value they provide, and (2) inefficient investment incentives, such as for SCRs to
convert to NYI SOoomichbh&sRifferest sequiremenés and prpvaes more
value towards transmission security neelasthe 202/25 Capability Y ear, we estimate that
large resources arBCRs in New York Cityvereovercompensated by up td&@million.4’

147" This value reflects an uppepund overpayment using the Tan 45 LCR of 72.7 percent as the assumed

prevailing LCR in the absence of the TSL. We apply the corresponding difference in projected capacity
prices to 479 MW summer and 243 MW winter SCR ICh#es the final four hour ELR CAF of 68.8
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Hence, we recommernmhying resourcef®r capacitybased on theequirements which they
contribute to meetinfRecommendation 202P):

1 SCRs should be compensated at the price that would prevail in their locality absent the
TSL-floor. This will require the NYISO to determine what the LCR would be if there
was no TSL requirement so that it can dete
resource adequacy needs.

1 Large resource that increase the size of the contingency used to determine-flooiT SL
should be compensated at two rates: the full capacity price for the portion of their
capacity that does not cause the Tidlor to increase, and the capacity pricet thauld
prevail absent a TStloor for the rest of their capacity.

1 Intermittent and storage resources that are assumed to contribute less to transmission
security than resource adequacy should also be compensated usingaattvate. These
resources would receive the full capacity price for the portion of their UCAR tlunts
towards transmission security requirements, and the capacity price that would prevail
absent the TSiloor for their remaining UCAP.

These changes would cause SCRs and large resources to be appropriately compensated based on
their contributions to resource adequacy requirements. Payments to these resources would be
unaffected when LCRs are not set at the -isbr.14°

2. DemandCurves overvalue surplus capacity beyond the TSbased requirement

The ICAP Demand Curves are designed to set prices at the Net Cost of New Entry (Net CONE)
as capacity in a locality approaches the LCR, and a declining price at larger surplus levels. This
structure recognizes that surplus capacity has incremental (hinighing) value for reducing

the risk of load shedding. The New York City demand curve values up to 18 percent more
capacity than the surplus requirement.

Surplus capacity has less incremental benefit when requirements are based on transmission
security as opposed to resource adequacy. This is because transmission security requirements
secure against a deterministic and highly conservative scenario, esgawtlits probability of
occurring*®® Hence, the probability of load shedding due to insufficient capacity in a locality is

percent for the 2024/25 capability year and 215 MW of capacity from Ravenswood 3 that causes an increase
in the TSL:floor.

148 Note that the additionf SCRs may also cause the NYCA IRM and Optimidetermined LCRs to increase

because SCRs are not available at all times. This affects SCRs' capacity payments through the Capacity
Accreditation Factor (CAF).

149 For a more detailed discussion, see our presentation at the September 24, 2024 Installed Capacity Working

Group, availabldere

150 n particular, transmission security plans for a scenario in which the single largest contingency (or in the case

of New York City, the two largest contingencies) has taken place. Other study assumptions include a
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vanishingly low when the locality satisfies transmission security requirements that significantly
exceed resource adequamysed requirements. For examplgure27 in SubsectiorB shows

that in the 2025/26 LCR case, which set the NYC LCR at itsfl@&ir, additional capacity in

New York City provides only slightly more reliability benefit than capacity upstate at the tariff
prescribed level of excess, despite being much more costly

The current demand curves may significantly overvalue surplus capacity in localities with LCRs
set by TSkfloors. For example, a ten percent capacity surplus in New York City may be priced
at a large premium over capacity in the Rest of State area,edpspyiding little or no marginal
reliability benefit compared to Rest of State capacity. Hence, we recommend developing sloped
demand curves reflecting the marginal value of surplus capacity for use when an LCR is
determined by a TSL (Recommendation 2@23

A transmission securithased demand curve should consider the incremental benefit of surplus
capacity for maintaining transmission security. Transmission security assessments consider a set
of deterministic large contingencies, but also include assungpéibout other system conditions

such as load and generator availability. Many of these assumptions are required to represent

A kedible combinations of system conditions which stress the systemut do not have
values defined by NYSRC, NPCC, oERC reliability criteriat®® Hence, it is reasonable to

consider that surplus capacity has incremental value for transmission security when it would help

to preserve reliability under more extreme credible values for these assumptions.

Figure33illustrates expected load shec Figure 33 Expected Load Shed at Transmission
in the peak hour simulated by the Security Requirement

transmission security margin calculatio 160

for New York City, as a function of
surplus capacity. We simulated
unserved energy by drawing load and
generator outages from random
distributions ging the Monte Carlo
method and limiting imports to the New
York City TSL. A surplus of zero
indicates that local capacity is equal to
the TSl-based requirement. At this
level of surplus, there is some expecte
unserved energy because load and

generatooutages may exceed the 0 500 1000~ 1500 2000 2500
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summer peak load level, outages of other generators, unavailability of emergency actions (such as SCRs or
external assistance), andnservativdevels of intermittent resource output.

151 gee section B.1 of the NY SRReliability Rules & Compliance Manuavailablehere
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values assumed in the TSL floor calculation. At larger surplus levels, EUE falls because
reliability is maintained even at more extreme levels of load and generator outages.

Figure34illustrates how recommendations 2022and 2023 could be implemented to
determinecapacity markeprices and settlements. Our proposal has the following features:

1 The Resource Adequacy (RA) Demand Curve on the left has a requirement determined
by the LCR Optimizer without enforcing the TSlbor.

1 The Transmission Security (TS) Demand Curve on the right has a requirement equal to
t he | o c aflbar ang astopeTh&tlreflects the incremental benefit of capacity
towards TS requirements.

1 Each supplier is assigned separate resource adequacy and transmission security UCAP
ratings, reflecting their marginal contributions towards each set of criteria.

1 Prices for resource adequacy and transmission security are determined separately at the
intersection of UCAP supply and demand on each curve.

1 Each supplier is paid its RA UCAP times the RA Price, plus its TS UCAP times the TS
Premium (difference between the RA and TS prices) if a higher price would be set for TS
than for RA.

Figure 34: lllustration of Transmission Security Demand Curve Concept

$/kW-Mo L CRRA $/kW-Mo LCRTS
Pricerg | . N__
: TS premium
5§ (1] R — :

UCAPg, MW UCAP UCAPL MW UCAP
RA Demand Curve TS Demand Curve

We estimated a reduction of aggregate New York City capacity payments by $380 million using
preliminary data for the 2025/26 capability year using this proposed approach compared to the
status quo. The majority of the savings are from lower prices wigg aisransmission security

demand curve that appropriately values surplus capacity. This proposal would necessitate the
consideration of a potenti al demand curve ref
transmission security requirements in ther@ed Curve Reset procesy.

152 For a more detailed discussion of this proposal, see our presentation at the September 24, 2024 Installed

Capacity Working Group, availabkereg including appendix content.
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F.  Financial Capacity Transfer Rights for Transmission Upgrades

Investmentn transmissiortan reduce the cost of maintaining adequate installed reserve

margins enhance the deliverability ekisting resourcesnd reduce the effects of contingencies.
Transmission often also provides significant resource adequacy benefits. To provide efficient
incentives to invest in transmission, we recommend that transmission developers receive
financial capacity transfer rights (FCTRSs) for upgrades. When a tresismupgrade improves

the capacity transfer limit between zones, the FCTR should provide compensation based on the
difference in the value of capacity between those zones. The Appendixrefihisanalyzes

how FCTRs might affect a transmission investment deciSion.

As intermittent generation is added to the grid, there will be additional opportunities for
investment in transmission to deliver the output to consumers. Howegayde of the absence

of capacity market compensation for transmission projects, developers lack the critical market
incentive necessary for markeased (rather than cest-servicebased) investment in
transmission.Thus, it is unlikely thaefficient marketbased investmesitn transmission will

occur if transmissiodevelopersannot recaie capacity market compensation

This recommendation will be particularly valuable in combination with our recommendation to
implement more granular capacity zones (Recommendationf2022e SectioVIIl .C). As

the capacity market captures differences in locational value based on more complete

transmission constraints, developers may find it economic to make voluntary upgrades to

improve their capacity payments. Our proposal for FCTRs would allow develape pursue

elective upgrades to be compensated for their reliability benefits. In addition, we highlight in
Subsectiovll.Cwher e an FCTR (which is a ACCP Credit/
efficient compensation to generators that affect transfer capability across constrained interfaces.

G. Assessment of Seasonal Capacity Market Framework

The capacity market was designed to procure sufficient resounmdmty satisfy demand

during summer peak condition#.has been taken for granted that this design would also make
sufficient resources available to satisfy demand at other times of the year. However, the
evolving supply mix and demand patterns will require NYISO to reform the capacity market to
avoid relability issues during peak winter condition$his subsection discusses these issues.

Causes of Changing Seasonal Reliability Risks

Resource adequacy risk in the NYISO system has historically been concentrated in summer
because peak load is much higher in summer than winter. Winter resource adequacy risk is now
growing relative to summer for the following reasons:

153 gsee Appendix Sectiovil .H for additional details.
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1 Natural gas limitation§ Approximately 7 GW of generation capacity in eastern NYISO
can operate only on natural gas and lacks backup fuel capalfili®n very cold days,
many of these generators cannot acquire gas on-irnobasis. Most of them daot
havefirm pipeline gas transportatiaontracts In the past decade, gas pipeline
infrastructure intdhe New YorkNew Englandegionhas not kept pace with demand
growth byutilities, causing notfirm gas availability for power plants to shrink

1 Growing winter demand Winter demand for electricity is growing, driven by state
policiesthatencouraga d opt i on of el ectri c 202eGoidi ng appl
Book forecasts that the gap between summer and winter peak load will shrinkvigom
7 GW in the near term té GW by 203. Winter peak load is projected to exceed
summer peak load 30401

1 Retirement of fuel secure generatioMajor retirement®f nortgas resources in recent
years in New York and New England have been replaced bfjfrgdggenerators
competing for the limited supply of gas available in the Northeast on cold winter days.

1 Neighboring areagioing through similar transitioin Neighboring regions increasingly
expecta shift towards winter reliability risk. HydrQuebec is a wintgpeaking system
which has gone from a net expanto a net importeof capacity during peak winter
months. ISO-NE and PJM both anticipate that winter reliability risk will surpass summer
risk in the coming years and have proposed capacity market reforms to encourage
generators to secure firm gas sup3fySuch actions may have impacts on the pipeline
gas transportation available to NYISO generators, and emergency assistance from
neighbors may be less available to the NYISO during tight winter conditions.

1 New resource characteristi¢slt is uncertain if the 1,250 MW Champlain Hudson Power
Express transmission line from Quebec to New York City will sell capacity in whititer.

154 see MMU Analysis of Gas Availability in Eastern New York, presentation to New York State Reliability

Council (NYSRC) Installed Capacity Subcommittee, January 3, 2024, avdilkxiale

195 tis important to note that electrification of heating demand does not imply a commensurate increase in gas

available to power plantdrirst, ar source heat pumps (which make up the vast majority of heat pump sales

in New York) are less efficient in very cold weather. As a result, the reduction in residential gas demand

they provide is offset by the fuel needed to meet their electric demathe onldest daysSecond, bout a

third of homes in New York with fossil fuel heating equipment use heating oil or kerosene, rather than gas,

so conversion of these homes to electric heat will increase demand for electricity without freeing up more gas
supply. Third, total heating demand is expected to grow in the coming decade in both New York and New
England, offsetting the reduction of gas use due to electrification. Finally, gas LDCs may respond to lower
customer gas demand by reducing their purchases of expensd peaki ngé resources such
imported LNG, so that available ndinm pipeline gas on very cold days does not increase. As a result,

electric demand for heating could grow much faster than gas available to generators.

1% sSee PJM May 30, Update @RelabilityRiskiModeling o § a i heidIPavbiune 28,
2023 presentation APJM Capacity Maheldeandddcurehts Assur an
relatedtoISENE mar ket project fAResource Capacity Accredite
Mar ket 0,hemvail abl e

157 The public contract for Tier 4 RECs between the owners of the CHPE project and NYSERDA appears to

assume a reference winter UCAP value of 0 MW in the winter capability fesed Tier 4 Renewable
Energy Certificate Purchase and Sale Agreement betwedxdaw York State Energy Research and
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If entry of this project causes retirement of faeture resources, winter reliability
margins could be further reduced.

The capacity marketdés purpose is to efficient
resource adequacy. As winter risk grows, it is critical to set capacity prices and accreditation

values that will attract and retain resources that are reliabilegdthe periods of greatest need.

The following subsections discuss improvements to the capacity market structure that are needed

to quantify and value winter reliability.

Improvements Needed to Capacity Market Design

The capacity market is designed to efficiently attract and retain capacity needed to satisfy the
systembébs resource adeqguacy requirements. NYI
to consider the unique factors that drive supply and demand ifadvleetapacity in summer and

winter separately. There is a need to reform key elements of the market to ensure that prices and
payments remain consistent with resourcesod re
the remainder of this subsectiove discuss the current shortcomings of the seasonal framework

and proposed improvements to address these shortcomings.

1. Summary of Current Seasonal Market Design

Under NYI SO6s current capacity mapalaraetersire a me wo
determined for all months by an annual study process conducted prior to the corresponding
capability year:
1 ICAP Requirements A single annual set of ICAP requirements based on the Installed
Reserve Margin (IRM) and Locational Capacity Requirements (LCRs) apply to all

months of the year. These are determined by resource adequacy model studies conducted
inthe year priortothe or r esponding capability year (th

1 Capacity Accreditation Factofis Annual CAFs are determined for each resource class
based on the IRM/LCR study. The CAF value is the same for all months of the year and
is intended to reflect the resourceds cont
resource typebds reliability varelatees seasona
amounts of summer and winter risk in the IRM/LCR study.

1 Seasonal Demand CurveBeginning in the 2025/26 capability year, separate summer
and winter demand curve reference prices are set so that the reference point is higher in
the season that has more reliability risk in the IRM/LCR study. This process is described
below.

Figure35i | l ustrates how summer and winter referen
new seasonal methodology. Reference points are chosen so that the demand curve reference unit

Development Authority and H.Q. Energy Services (U.S.) Inc, availdieo n NYSERDAO®s webpage
April 4, 2024.
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earns its net cost of new entry (Net CONE) when summer capacity is equal to the ICAP

requirement plus the tarifirescribed level of excess (LOE). The reference points are intended

to produce seasonal prices that mirror the proportion of reliabilityoaslrring in winter and

summer in the IRM/LCR study (subject to a 35 percent floor in each season). Itis assumed that
when summer capacity is at the LOE, the winter capacity surplus includes the incremental ICAP

of generators that have higher ratingsvin nt er (t he AWi nter Summer Ra

NYISO recently developed changes to the accreditation of gas and oil units in eastern New York
based on their winter fuel arrangemelttsGener at ors wi Il |l choose bet we
firmo capacity accreditation resource class (
Generators can qualify for the firm CARC by committing to maintain firm gas pipeline

transportation arrangements or sufficient stored inventory to operate for 56 hours aeness a

day period. Generators must elect a CARC during the IRM/LCR study process in August prior

to the capability year, and they cannot move between firm anfimoiCARCs after that date.

The difference between the firm and Aiam CAF values will ultimatéy depend on the level of

winter reliability risk in the IRM/LCR study.

Figure 35 NYISO Seasonal Reference Point Proposal
Assuming Higher Summer Risk in IRM/LCR Study
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2. Analysis of Current Design Shortcomings

The improvements to seasonal reference points and accreditation based on firm fuel supply
discussed above have already improved over the historic capacity market design, in which winter
prices bore no relationship to winter reliability risk. However cdugacity market will still rely

158 See NYISOApril30, 2025 Management Committee presentation fAM
Accreditation: Heierm Fuel 6, avail abl e
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on an annual approach to setting key market parameters that lacks the flexibility to respond to
seasonal variations in available capacity. T
ability to effectively coordinate seasonal capacity supply dewssjsuch as imports and firm fuel
elections) in the coming years:

Seasonal prices driven by-arte study assumptioiigunder the current framework, the ratio of
summer to winter risk in the annual IRM/LCR study has a major impact on the CAFs and
seasonal demand curve reference points. However, some factors that affect seasonal reliability
risk (such as seasonal imptavels and firm fuel elections) are either not known at the time of

the IRM study or not incorporated in it. For example, the IRM study has historically assumed a
consistent level of capacity imports agsdhe year, but recent years have seen major reductions
of net imports in winter compared to summer in the actual market. As a result, CAFs and
seasonal prices could fail to align with actual system needs, leading to inefficient incentives for
seasonalugpply decisions such as imports, exports, firm fuel and demand response.

Poor coordinaton offirm fuel elections Generators are currently required to elect firm fuel 16
months before the relevant winter period and cannot subsequently change firm elections. This is
poorly aligned with fuel procurement timelines and significantly limits incentives for generators

to respond to system needs by acquiring more firm fibreover fuel elections pose a

dilemma forthe IRMand market pcess that will require market changes to resolve.

Generatorsvill consider the requirements, prices and-fion CAFs when deciding how much

firm fuel to elect each year. Butd amount of fuel assumed to be available to generattre

IRM study could have a large impact inese valueslif fuel availability in the IRM study is
modeledbasedomg ener at or s0 el ect i aetidewhagoesecieatbefad or s  wi | |
knowing theexpectedlifference between firm and ndinm revenues (which would depend o

the elections of all generatorsyhis could lead t@olatile market outcomessaelections cannot
subsequently be changed even if it would be economic to dalsonatively, f fuel availability

in the IRM study is not modeldthsed oy e n e r at o r mabket®utcentes inctuding ,

CAFs, requirements and prices will be unaffected by firm elections and may not be determined
consistently with gener &% Thislack of eedbackddétwesndipmp | y ¢
elections and the market could incentivize generators to 1@heleror ovetelect firm fuel

(resulting in adverse reliability or consumer cost impacts, respectively).

For the 2026/2TRM study, NYISO has proposetd model fuel availabilitynot basecon
generatorsdo elections, and rPlRortmaoedsors discis¢ed s ap

159 Eor more detailed di scussi on, see March 17, 2025 | C/

the Capacihdrey Mar ket o,
160 gee April 11, 2025 NYSRC EC presentatioheredFuel Avail
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in theprecedingparagraph¢changes to the capacity market process will be needed to effectively
coordinate firm fuel elections regardless of lR& modeling method.

Volatile outcomes caused by win®rmmer ratid The current seasonal marketmework

requires NYISO to make assumptions about the difference in the amounts of ICAP sold in
summer and winter. This assumption (the Winter Summer Ratio r )ima& & Rrge impact

on the value of the demand curve reference point prices. If the WSR is biased or inaccurate, the
reference poirgtwill not be set at levels that produce revenues equal to the Net CONE when
summer surplus is equal to the tapfiescribed level of excess (LQE)

In the past, the WSR was primarily drivendigbled i f f er ences i n generator
capability. In the coming years, UDR resources (particularly the planned Champlain Hudson

Power Express (CHPE) project) could cause changes in seasonal capacity sales in the localities.
There is a risk that seasonalia#ion in sales by UDRs will result in an inaccurate WSR and

extreme pricing outcomes under current ruiesluding (1)t he WSR <cal cacdoant i on d
for seasonally varying sales of UDR resourees] (2)the WS calculation is backwartboking

and doesndt promptly ref | e ddrexanapleoveestnfatethagi€ s t o
CHPE sells no capacity in December through February, the New York City winter reference

point for 2026/27 would be set approximately $7.60 pentonth above the appropriate level

with an impact on the New York City wigrt capacity price of approximatelyt.$1.16?

Figure36illustrates how the inflexibility of the current framework could lead to poor market
outcomes and incentives in winter. In the two examples shown, rational behavior by market
participants does not cause market parameters to respond appropriately:

1 Example 1If winter risk in the IRM/LCR study is high, the resulting high winter prices
and firm premium should motivate more generators to acquire firm gas or increase oil
inventories. But under the current design, generators would lack incentives to acquire
firm fuel (because they cannot move from the-fion to firm CAF) and any acquisition
of firm fuel would have no impact on winter prices and CAFs.

1 Example 2If winter risk in the IRM/LCR study is low, the resulting low and flat winter
demand curves may lead to loss of capacity imports or even net exportsYi&®O in
winter. Because the low/flat winter demand curve would remain fixed, suppliers may
have incentives to reduce winter imports and increase exports even when this would
cause elevated reliability risk in NYISO.

161 Thjs price impact considers expected surplus lene?®26/27. We arrive at this estimate by recalculating

the wintersummer ratio assuming CHPE is included as selling 1,250 MW in all summer months as well as
November, March and April, then recalculating the demand curve reference points using 2025/26 parameters.
See SectioWVI.l in the Appendixfor more details of problems caused by the WSR methodology.
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Figure 36: Potential Market Outcomes Under Current Seasonal Framework

| Example 1 | | Example 2 |
IRM/LCR Study High winter risk in Winter risk underestimated in
Result IRM/LCR study IRM/LCR study
Market parameters High/steep winter demand Low/flat winter demand curve,
curve, high firm CAF premium low firm CAF premium
Market participant Generators acquire more Winter imports fall and/or
response firm fuel exports rise
Market Impact
Ideal Impact Winter price and firm premium Winter price rises to prevent
fall due to lower winter risk excessive loss of net imports
Impact in No impact; winter price and Small increase in price, firm
current design firm CAF premium remain high CAFT premium remains low

3. Seasonal Capacity Market Proposal

The current seasonal market framework is incomplete because prices and CAFs are largely
determined by the summer/winter risk shares in the annual IRM/LCR study and lack flexibility
to respond to seasonal variations in supply. In afualitioning marketprices and generator
payments would adjust to changes in supply, providing efficient incentives to attract resources
needed to maintain reliability in each season.

Hence, we recommend establishing seasonal capacity requirements, CAFs, and demand curves
(Recommendation 2022). This would consist of the following:

1 SeasonaRequirementsestablish season#CAP requirements that reflect the amount of
capacity needed to satidiyereliability criterion in each season. This could be done
using the IRM/LCR modeling approach to determine separate requirements for satisfying
summer and winter reliability targets.

1 Seasonal CAEgalculate separate summer and winter CAFs for each resource class. As
a result, assumptions about relative summer and winter risk in the IRM/LCR study would
not distort the value of the CAFs when there are changes in the supply mix.

1 Firm ElectionsCloser toCapability Period: move the deadline for elections of firm fuel
closer to the corresponding winter capability period (e.g., in the fall before the
corresponding winter). This would better align firm fuel decisions with the timing of fuel
contracting opportunities for suligrs, and create opportunities to suppliers to secure
hedges through bilateral trades or the capacity strip auction to justify the additional costs
of acquiring firm fuel.

1 Seasonal Demand Curvesstablish separate summer and winter capacity market demand
curves, using UCAP requirements derived from the seasonal ICAP requirements. The
UCAP requirement would represent the amount of seasonally available capacity needed
to comply with reliability citeria in the IRM/LCR study. Changes in the amount of
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seasonal UCAP sold in the auction (for example, due to changes in the amount of firm

fuel held by generators or net imports) would result in movement along the demand

curve, treating seasonal UCAP from any source interchang&aldReference prices of

each seasonds demand curve would be set so
the reference technology when UCAP supply approaches the UCAP requirement in any
season. It will be necessary to review the current demand cuipe ghd slopes to

ensure that prices reflect the reliability value of capacity when risk is distributed across
seasons®®

Figure37 illustrates how seasonal capacity requirements (determined based on the amount of
capacity that satisfies the reliability criterion in each season) would translate into seasonal
demand curves based on the UCG&driivalent of the requirements. Prices waelsllt in the
reference technology earning its Net CONE when reliability risk approaches the planning

criterion (e.g. Al day in 10 yearso LOLE) in
Figure 37: lllustration of Requirements and Demand Curves Under Seasonal Proposal
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The proposed approach has the following advantages:

162 The translation to a seasonal UCAP requirement should be done using the seasonal ICAP to UCAP ratio of

the resource mix modeled in the IRM/LCR studgth adjustment for differences in generator EFORd values
between the capacity market and IRM studg® a result, the importance of accurate assumptions regarding
the quantity seasonally variable capacity (such as imports or firm gas) would be greatly reduced. For
example, if the IRM/LCR study assumes no generators hold firm gas and a resource baexguesutly
acquires firm gas, the UCAP requirement would remain fixed based on thettdA®AP ratio of resources

in the IRM/LCR study and the generator that acquired firm gas would sell additional UAP, causing the
market to clear further along the demamuive.

183 EFor example, combined summer and winter capacity r e\

when the risk level with the current capacity surplus is one half of the reliability criterion in both seasons.
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1 It does not rely on accurate assumptions regarding relative summer and winter risk in the
IRM/LCR study;

1 It does not rely on ICAP Winté8ummer Ratio to set demand curves;

1 Requirements and prices in summer and winter reflect the need for capacity that is
reliably available (UCAP) in each season, rather than a requirement for nameplate
capacity regardless of availability (ICAP) across all seasons;

1 Seasonal CAFs convert all resourcesod capac
that demand curves respond appropriately to changes in supply from any source; and

1 Greater stability of seasonal prices and CAFs because they are not determined by
sensitive estimates of relative winter and summer risk.

In the near termwe recommendhat NYISO update its market processes to mitigate the risk of
extreme pricing outcomes caused by inaccuracies in the veuemer ratio (Recommendation
20235). Potential solutions for the treatment of UDRs could include a requirement for UDR
owners tanake separate seasonal elections for summer and winter in the IRM study process,
and/or changes to the calculation of the WSR parameter to account for unsold cdpacity.
addition, theWSR calculation shouldccount forchanges to the resource mix (such as known
entry or retirements) rather than rely on a backwao#ing calculation.Finally, corresponding
modifications to the seasonal reference point formula may be required to ensure appropriate
prices if the WSR value is less than ovée recommend making these improvements on an
expedited basis to address the ream risk of WSR distortions caused by UDRs. In the long
term, our recommendation to adopt a seasonal capacity market discussed eardieseictitm
would eliminate the need for the WSR parameter entirely.

4. Conclusion of Winter Capacity Market Assessment

In this subsection, we highlighted improvements that are needed to the modeling of winter
reliability risk in NYISO6s resource adequacy
will result in volatile and inefficient prices as winter risk grows reéato summer risk. We

make the following recommendations:

1 Establish seasonal capacity requirements, CAFs, and demand @ecesnmendation
20222); and

1 Update market processes to mitigate the risk of extreme pricing outcomes caused by
inaccuracies in the WSR (Recommendation 28p3This should be addressed on an
accelerated schedule due to the siean nature of the risk.
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IX. EXTERNAL TRANSACTIONS

Wholesale markets facilitate the efficient use of both internal resources and transmission
interfaces between control areas. The latter is beneficial because it allows:

1 Low-cost resourceis one aredo compete to serve consumaranother areaho might
otherwiserely onhighercost resourcesand

1 NYISO to accesemergency power, reserves, and capdaityr neighboring systems,
helping tolower the costs of meeting reliability standaadsoss control areas.

NYISOimports and exports substantial amounts of power foamadjacent control areasdew
England, PJM, Ontario, and Quebén addition Long Islandand New York Cityare directly
connectedo PJM and New Englanda six controllable lineswhich together caimportup to
roughly 2.7GW directly todownstate ared$* He n c e ,  dotélimPdaddapability islarge
relative toits load making efficient interface scheduling essential.

This section provides a summary of physical interchange patterns between New York and
neighboring control areas in recent years in subseétiand a summary of virtual import and
export scheduling in subsecti@1 SubsectiorC evaluates three aspects of the performance of
Coordinated Transaction Scheduling with ISO New England and PJM: overall production cost
savings from CTS, the impact of transaction fees imposed on CTS transactions, and drivers of
forecast error in the modeused to schedule CTS transactions.

A. Interchange between New York andAdjacent Areas

Figure38 summarizes the net scheduled imports from neighboring control areas from 2018
through 2024 during peak hours (i.e., 6 am to 10 pm, Monday through Fiielay).

In 2024, averagetal net imports from neighboring areas during peak hours were approximately
2,370 MW in peak hours, marking a 9 percent decrease from the previous year and the lowest
level since 2018. Nonetheless, imports continued to serve a significant portion d N¥ékg
accounting for more than 12 percent of pbakir demand in 2024.

164 The controllable lines ar¢he Cross Sound Cable, the 1385 Lie, Linden VFT Linethe HTP Linethe
Neptune Cableand the A line The A line is a PARcontrolled line that interconnediéy C to New Jersey,
which is scheduled as part of the primary PJM to NYISO interface and is operated under the M2M JOA with
PJM in realtime. This line is further evaluated in Appendix SechNoR.

165 Figure A54to Figure A57in the Appendixprovide additional details
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Figure 38 Average Net Imports from Neighboring Areas
Peak Hours, 2012024
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Controllable Interfaces to New York City and Long Island

On Long Island, net imports from neighboring control areas averaged over 800 MW during peak
hours in 2024, serving more than 33 percent of {eak demand. The Neptune Line was

typically scheduled at its full available transfer capability, regardlesgstém conditions, while

flows across the Cross Sound Cable and the 1385 Line were more responsive to variations in gas
price spreads between Long Island and New England.

In New York City, net imports over the HTP and Linden VFT lines averaged 665 MW during

peak

the third consecutive year in which average imports across the two schieseexceeded 650

hour s

i n

2024,

sat i sf y-hoorglemarelaThis markédl

perc

MW, driven primarily by increased flows over the HTP line. Persistent discounts in natural gas
prices in northern New Jersey relative to other northeastern pipeline hubs continued to
incentivize greater volumes of legost imports fron PJM to New York City.

Primary Interfaces

Average net imports from neighboring areas acrosttirgrimary interfacesell by 16 percent
from 2023 to 895 MW in 202i peak hoursthe lowest level observed since 20Tis

decrease was largely due to reduced imports from Quebec. Increased net exports to New

England, which also experienced reduced imports from Canada, further contributed to the overall
decline. However, higher imports from PJM and Ontario partidigebthese reductions.
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Among the primary interfaces, the Quebec interface historically accounted for the largest share
of net imports. However, for the first time, New York became a net exporter to Quebec in 2024.
The decline in net imports from Quebec began in March 20X8&n by extensive wildfires

across several Canadian provinces, significantly affecting generation and transmission
capabilities in Quebec. Persistent drought conditions throughout 2024 further exacerbated this
issue, leading to even lower import levels.

Net imports across the primary interfaces with PIJM and New England followed changes in gas
price spreads and emission allowance price differences between these regions. For example,
during winter monthdNew York normallyimportedfrom PJM and expoetdto New Englangd
consistent wittseasonal gas pricpreads (i.e., 8w England> New Y ork > PJM).These

variations in net imports reflect the complex interactions between electricity and natural gas
markets, as natural gas is a crucial fuel for power geparatarticularly in the Northeast region.

In addition, imports from PJM have increased over the past two years as RGGI allowance prices
have risen 54 percent from 2022 to 2024, adding around $3.25/MWh of input costs to a typical
combined cycle generatar NYISO relative to most areas of PJRA.

B. Virtual Imports and Exports in the DAM

Traders frequently schedule transactions between NYISO markets and neighboring control areas

in the dayahead market but subsequently withdraw these transactions in thieneeatarket.

We refer to these external trts, asthewfenttionsimgar as fiv
to ordinary virtual supply and load scheduled in the load zones.

Figure39 examines the frequency and magnitude of scheduled net virtual imports in the day
ahead market in each month over the past two y&aihe figure indicates that virtual external
transactiondetween NYISO and neighboring control areasurred in nearly every hqur
averagingover 540MW in the net import directiom 2024 and exceeding 800 MW in
approximately 10 percent of hours.

The large and consistent volumes of virtual transactions in the net import directidwaoaise
concerns related to market performance. Firgijal imports and exports aceirrentlytreated

as physical energy the dayahead markediut subsequentlfail postDAM checkout with
neighboring control areas. Thdan result in insufficient scheduling duringetForecast Pass of
theday-ahead market, necessitati8®E commitments to address capacity deficiencies after the
day-ahead marketin fact, ret virtual importsvere identified as one of the primary drivers of
SRE commitments in 2023 and 2024, accounting for approxima@8lywh\V of missing supply

166 SeeFigure A7 in the Appendix for more description of this analysis.

167 SeeFigure A38in the Appendix for more description of this analysis.
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on affected day¥® Furthermore, undehe current Dynamic Reserves project proposal, virtual
and nonrfirm importswill count towardsatisfying operating reserve requiremergsientially
leading to undeschedulingof physical energy and operating reserves

Figure 39: Virtual Imports and Exports in the Day -Ahead Market
By Month, 20232024
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Seconddespite failing posDAM checkout, virtual transactions are treatecaslable in

RTC6s advisory schierawdi ngblte menfREG&s blwitndi ng
This inconsistency catcreate unrealistc amp constraints in RTCO6s adyv
frame which subsequentlgistortsreattime prices and schedules in the binding time frame.

Instances of this issue have occurred from time to time at the Ontario interface. This

inconsistency will likely continue to undermine schigay efficiency if left unaddressed.

Therefore, NYISO should consider methods to cleiddytify imports that are virtual or nen
firm in the dayahead market and avoid treating as equivalent to firm physical supply.

C. Coordinated Transaction Scheduling with ISOGNE and PJM

Coordinated Transaction Scheduling (CTS) allows two neighboring RTOs to exchanrgmeeal
mar ket i nformation t o -lourexeemal traasackoas mone afficientlyc i p an

168 SeeFigure A94for additional details on this analysis.
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CTS offers two key advantages over the traditional hourly LBM&ed scheduling system used
at the interfaces with Ontario, Quebec, and between Long Island and Connecticut:

1 Flexibility : Interface flows can be adjusted every 15 minutes instead of every 60
minutes, allowing for a more efficient response to changingtireal conditions.

T

Timeliness: CTS schedules transactions much closer to the operating tondyH

LBMP-based schedules are established up to 105 minutes in advance, while CTS

schedules transactions less than 30 minutes ahead, benefiting from more accurate system
information.

This subsection discusses several factors affecting CTS performance at the PJM and ISO New
England interfaces, particularly the effects of transaction fees anetshrprice forecasting

errors. We also provide a detailed analysis of key factors cofitigbto inaccuracies in shert

term price forecasts.

Under

Avg Offered and Cleared Bids (MW)

1. CTS Bids and Production Cost Savings

1200
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-400

-800

CTS,

traders
exceed the bid price. Therefore, it is critical for traders to submit a sufficient volume ef price
sensitive bids.Figure40 evaluates the priegensitivity of bids at the primary PIJM and IBE
interfaces and the associated market efficiency gains.
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Figure 40: CTS Bids and Production Cost Savings
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The lower panel shows the average amount of mécesitive bids and cleared schedules at each
interface during peak hours (i.e., HB 7 to 22) from 2020 to 282@nly CTS bids are allowed

at the ISONE interface, while CTS bids and LBM#pased bids are used at the PIM interface.
The figure shows LBM#fbased bids relative to the shtetm forecast so the prieensitivity of
LBMP-based bids can be directly comphte that of CTS bid$’° Theupper paneshows the
market efficiency gains from CTS, measured by production cost saings.

The average amount of prisensitive bids at the PIM interface was significantly lower than at
the New England interface in each year from 2020 to 2024. On average, approximately 1,215
MW of bids (including both imports and exports) were offered n & penge 0f$10 to $10 per
MWh at the New England interface over this fiuear period, substantially higher than the 180
MW offered in the same price range at the PJM interface. Likewise, the average amount of
cleared pricesensitive bids at the New Emgld interface was more than thitesaes the average
amount cleared at the PJM interface during this period.

Over the five years from 2020 to 2024, interchange adjustments from the CTS process (relative
to forecasted hourly schedules) occurred in approximately 85 percent of intervals at the New
England interface, compared to just 50 percent at the PIJM inteAace result, e estimated
production cost savings from the//NE CTS process totaleég¥3 million over the past five

years, compared to just $3 million at the primary PJM interf&c&Ve find thatproduction cost
savings were significantly highat theNew Englandnterfacebecause of: (a) higher availability

of price sensitive offers which allow more frequerita-hour interchange adjustmenénd (b)

price forecast accuracy was better at the New England intefBathk factors are examined in
greater detail in this subsection.

2. Impact of Fees Charged to CTS Transactions

The differences in performance between the two CTS processes are largely attributable to the
largefees imposed at the PJidterfacein contrast to the lack of substantiednsmission charges
or uplift charge®ntransactions between New York and NEengland. At the PJM border,

169 TS pids in the price range €10 to $10 per MWh are considered prgamnsitive for this chart.

170 For example, if the shoterm price forecast in PIM is $27, a $5 CTS bid to import would be scheduled if the

NYISO price forecast is greater than $32. Likewise, a $32 Lilelsed import offer would be scheduled
under the same conditions. Thus, the LBW#3ed offer would be shown in the figure as comparable to a $5
CTS import bid. Section I\C in the Appendixdescribes this figure in greater detail.

171 SectionlV.Cin the Appendix describes this analysis in detail.

172 productioncost savings are calculated relative to our estimates of scheduling that would have occurred under

the previousiourys c hedul i ng process, which we proxy based on
model that are determined 30 minutes before each awrevaluatiortends tounderestimatethe

production cossavings, because the hourly schedties we estimate would have occurred without CTS

reflectsome of the efficiencies that result from CTS
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NYISO typically chargegphysical exports a transmission rate ranging fi&rto $8 perMWh

(which is the same rate charged to firm network customers) even though these exports are
economically curtailable in reime. Consequently, very few CTS export bids are submitted at
price-sensitively. In additionrRJMchargesa transmission rate averaging less than $1 per MWh
on both physical imports and exports that usefiromservice!”® Thesechargesarea

significant economibarrier torealizing the fullpotential benefitef the CTS procesat the PIM
border

Figure4l1 examines the averageoss profitability of scheduled retine transactions (excluding
the transaction fees discussed earlier) and the average scheduled quantity at the two CTS
interfaces fron2020 to 20244 At the primary New England interface, the gross profitability of
scheduled redime transactions (including both imports and exports) averaged roughly $0.25
per MWh over the fivgyear period. This indicates that CTS has been successful in stimulating
competition at the New England interface, since firms have evidently competed away large
systematic price differentials.

Figure 41: Gross Profitability and Quantity of Scheduled RealTime External Transactions
PJM and NE Primary Interfaces, 262024
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173 Although PJM increased its Transmission Service Charge substantially to firm imports/exports to

$6.34/MWh in 2020, it kept the charge to rAiinim transactions (including CTS transactions) at a low level of
$0. 67/ MWh . Al s otime teviddoscoh a(rwghei sc hfi rienacll ude | myinoer t s and
schedule that is higher or lower than the-dagad schedule) at a rate that averages less than $1/MWh.

174 Reattime external transactions here refer to external transactions that are only scheduled igtithe real

market (excluding transactions scheduled in theatesad market and flow in retine).
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At the PJM border, scheduled imports exhibited significantly higher average gross profitability,
while scheduled exports showed even greater profitability. This reflects that market participants
only schedule transactions when they expect the price spetaden markets to be large

enough to offset the transaction fees they must pay. Consequently, they schedule much lower
guantities, particularly for exports from NYISO to PJM, which are subject to the highest
transaction fees. These results demonsthaterhposinglarge transaction fees low-margin
tradingstrongly discourages transaction scheduldrgmati@lly reducing trading volumes,

liquidity, and sometimes even revenues collected from the fees

We recommend eliminating or reducing these charges at the interfaces with PJM for several
reasons®Fi rst, as New Yorkos resource mix evol ve:
resources, it will become increasingly important to schedule exports to neighboring regions

during times when excess renewable generation cannot be absorbestdig tonsmers. A
betterperforming CTS would facilitate more efficient scheduling between markets, supporting

the successful integration of renewable resources. High fees, on the other hand, will lead to

more frequent curtailments of renewable generation thatwise could be exported.

Second, it is unreasonable to apply the same transmission service chargessengiine

exports as those assigned to network load customers. These charges are designed to recover the
embedded cost of the transmission system, which is planned faojeeted growth of network

load. However, pricsensitive exports likely contribute nothing to the cost of the transmission
system.

Third, we estimate that NYISO collected roughly $hillion in export fees from redime

exports to PJM 2024 while PJM collecte®3.5 million in export fees from reéime exports

to NYISO. This suggests that lowering the export fee could actually lead to a higher overall
collection of fees, because it would allow CTS transactions to be profitable under a wider range
of conditions.encouraging greater participation and increasing total trading activity.

3. Evaluation of RTC Forecasting Error

At the two CTS interfaces, the price forecasts produced by PJM were notably less accurate than
those produced by NYISO and ISO New England in recent years. Because efficient CTS
performance relies heavily on accurate price forecasting, it is essemvaltate market

outcomes to identify the sources of forecast errors. This subsection summarizes our analysis of
the factors contributing to NYISO6s forecast

RTC schedules resources with commitment lead times ranging from 15 to 45 minutes, including
external transactions and fagart units. Inconsistencies between RTC and RTD prices may

175 see Recommendation 2095
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indicate that some RTC scheduling decisions and/ottireal prices are inefficient. We

performed a systematic evaluation of the factors contributing to RTC/RTD price inconsistencies

in 2024. This evaluation quantifies the impact of individual factoemagh pricing interval,

enabling a comparison of their relative significance over time. We expect this evaluation to be

valuable as NYISO and stakeholders prioritize different projects to improve market performance.

Figure42 summarizes the RTC/RTD divergence metric result§ifdre t rdb méatt or s

factors that cause or contribute to differences between RTC and RTD) inQ024ndings

show that the primary contributors to RTC price forecast errors in 2024 were largely consistent

with prior years.’®

Figure 42 Detrimental Factors Causing Divergence Between RTC and RTD
2024
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The most significant categowyas transmission network modeling issues, which accounted for

36 percent of RTC/RTD divergences in 2024. Key drivers within this category include:

1 Variations in transfer capability available to NYIS0heduled resourcgsrimarily due

to: (a) transmission outages; (b) changes in loop flows around Lake Erie and from New
England; (c) inaccuracies in shift factor calculations for NYISO units, which result from

the assumption that flows over PATntrolled lines are not affeed by generation e
dispatch; and (d) variations in inteane load distribution.

(i

176 See SectiofV.Di n t he Appendi x for a detailed description

fibeneficial o factors.
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1 Errors in the forecasted flows over PARntrolled lines between the NYISO and PJM,
specifically the 5018, A, and JK lines, which occur primarily because the RTC forecast:
(a) lacks a module to predict loop flow variations from PJM across these lines, (b)
assumes no PAR tap adjustments are made to control flows, and (c) incorrectly assumes
that NYISO generation rdispatch does not affect the flows across these lines.

The secondargest category was forecast errors in load (net of behmoheter solar) and

production from griescale wind and solar resources, which accounted for 25 percent of the
overall RTC/RTD divergence in 2024" Although the contribution from load forecast errors

fell modestly over the past two years from the level recorded in 2022, it remained relatively high.
Specifically, between hours 10 and 18, the average RTC forecasted load was approQbnately
MW higher than average RTD load, contributing to a $1.4 per MWh difference between average
RTC LBMPs and RTD LBMPs during this peridéf Operator adjustments to the RTC load
forecast were a significant driver of the load difference between RTC and RTD. The impact of
forecasting errors related to intermittent wind and solar generation has been on the rise as
renewable penetration has erdad inNew York Further, the accuracy of the load forecast is

also affected by behinthe-meter solar production forecasting. The significance of this category

is likely to increase as more intermittent generation enters the market in the coming years.

The thirdlargest category, which accounted for 20 percent of RTC/RTD divergence in 2024,

was inconsistent assumptions related to the timing of the RTC and RTD evaluations. This
includes inconsistent ramp profiles assumed for external interchange didatheduled

generators, and dispatchable generators. For example, RTC assumes external transactions ramp
to their schedule by the quaH®our (i.e., at :00, :15, :30, and :45), while RTD assumes that

external transactions start to ramp five minutesiaethe interval and reach their schedule five
minutes after the intervalvhich is effectively five minutes later than the RTC assumption.

Addressing the sources of inconsistency between RTC and RTD is important for improving the
performance of CTS with ISO New England and PJM under present market conditions.
Further more, New Yorkds resource muek i s trans
generation towards: (a) intermittent renewable generation, which increases uncertainty of

resource availability in real time, and (b) new types of peaking generators and energy storage
resources, which must be deployed based on-shront forecasts afystem conditions. A better
performing RTC will more efficiently schedule flexible resources in response to rapid changes in
system conditions, which is critical for successful integration of renewable generation and for
maintaining reliability in an eveaing grid.

177\ this case, the forecast error is the difference between the forecast used by RTC and the forecast used by

RTD, however, even the RTD forecast can differ from the actuatirealvalue.

178 SeeFigure A70in the Appendix for more details.

179 Appendix SectionlV .E shows the ramp profiles assumed by RTC and RTD for external transactions.
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X. COMPETITIVE PERFORMANCE OF THE MARKET

We regularlyevaluate the competitive performance of the markets for energy, capacity, and
other products. This section discusses our evaluatidg@2fmarket outcomes ithreeareas:

1 SubsectiorA evaluate®ur screens fopotential economic and physical withholding;

1 SubsectiorB analyzes thapplicationof market power mitigation measures in New York
City and in other local areas when generation is committed for relialitity;

1 SubsectiorC evaluateshe use of the market power mitigation measurélsarcapacity
market forNew York City and the & Locality.

A. Potential Withholding in the Energy and Ancillary ServicesMarket

In a competitive market, suppliehawe strong incentives to offer their supply at prices close to
their shortrun marginaproductioncosts Fuel costs account foreghmajorityof shortrun
marginalcosts for most generatoiso he close correspondencesabctricity prices and fuel
pricesis a positive indicator fathe competitiveness tieN Y| SOds mar ket s.

T h eupplys u r foreepergy is relatively fladit low and moderateadlevels and steegy at
highloadlevels which causes prices to be more sensitive to withholding and other
anticompetitive conduct under high load conditions. Conditions arise when the supply cost curve
becomes steep during periods of low and moderate demand, which could make such periods
suseptible to potential anticompetitive conduct as well. Prices are also more sensitive to
withholding in transmissioconstrained areas where femsuppliers compete to serve the load

and manage the congestion into the area. Hence, our assessment focuses on potential
withholding in Eastern New York because it contains the most irgpotrained areas and is

most susceptible to limitations on natligas supply during peak winter periods.

In this competitive assessmehigure43 evaluats potential physical withholding by analyzing

economic capacity that is not offered in raale, either with or without a loggetkratingor

outage. Deratings and outages are shown according to whether they atersh@re., up to

seven days) or lonterm. Figure44 evaluates potenti@conomic withholding by estimating an

i out p uhichg the amount of generation that is economic at the market clearing price but

is not producing outpuiecausehesupplied s  @drameters (economic or physical

parameters) excedle reference level by a given threshoBbth figures show quantities by
season, | oad | evel, a¥d the supplierds portfo

180 Both evaluations exclude capacity from hydro and other renewable generators. They also exclude nuclear

units during maintenanaautageswhich cannot be scheduled when the generator isgostomic

Mitigation Threshold refers to the threshold used for statewide mitigation, which is the lower of $100 per
MWh or 300percentf the reference levelThresholdl is the25 percent of the reference leyahd

Threshold ds 100 percent of the reference levEee Appendix Sectiorlb.A andll.B for more details.
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Deratings as a Percent of Capacity
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Figure 43: Unoffered Economic Capacityin Eastern New York
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Overall levels of noffered economic capacityere low but rose modestly in 2024. However,
both longandshortterm outages and deratings increased noticeably among generators in
Eastern New York, averagingpércent in the largest portfolios during loads above 19 GW.

Most of the capacity flaggedifghortterm outages and derates in peak hours was on combined
cycle units in Eastern New York, with conventional steam turbines accounting for much of the

remaining capacity flagged. Combined cycles generators tend to be écamaihhours during

peak periods so even shadration outages can create a significant amount of flagged capacity.
This summer withessed more |lotegm outages as well, especially among combined cycle units.

Supply chain issues led several othervasenomic combined cycles to miss much or all of the
peak summer periods while waiting on delivery of parts.

The amount of unoffered economic capacity increased when load levels in the east rose above 17

GW, primarily among suppliers other than the top three. Roughly 12 percent of economic
supply was unavailable from the smaller portfolios during the higheshloars (greater than 19

GW) and more than 3 percent of economic supply was unavailable from the Top 3 suppliers.

Typically, suppliers with small portfolios are less likely to have incentives to withhold.
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In the highest load hours, nearly-gércent of the unoffered economic capacity of the Top 3
suppliers was unoffered or nalispatchable capacity from online resources. Notable reasons for
online resources not offering their upper output ranges included:

1 Inflexibility of ductfiring capacityi Some combined cycles offer inflexibly in reahe
to manage physical operating constraints on the-fthect portion of the output range.
Currently, the market models treat duct burners as capable of responding to AGC and
eligible for 1@minute reserg products; however, dufiting capacity is generally not
flexible enough to provide either of these servi®aN Y I S O 6 dmpe Ddct
Firing Modelingproject is slated to develop a market design to address some of these
issues.

1 Ambient condition$ Capacity ratings for temperatudependent resources change daily
and hourly as ambient conditions vary. Relevant factors include air temperature, relative
humidity, inlet water temperatures, and tidal levels. NYISO currently collects unit
specific odput factor curves that can be used to adjust for daily ambient air temperature
changes, but NYISO does not have comparable information for humidity, inlet water
temperatures, and tidal levels, which affect the capability of generatbrseviain inlet
cooling systems and water cooled condensers and make it difficult to quantify the precise
amount of capacity unavailable due to ambient conditi¢ms.

1 Inability to follow basepoint Many older, smaller combined cycle generators upstate
never installed the necessary equipment to follawidute dispatch instructions
automatically. Consequently, these units usually do not offer flexibly iftirealwhen
committed. While some gerators might make the necessary capital improvements to
follow dispatch automatically, it is not cesftfective for others.

1 Cogeneration steam demandeveral cogeneration resources in Eastern New York sell
steam under bilateral contracts and sell excess electric generation to the grid. Typically,
host steam load takes priority over selling electricity to the grid and, therefore, electric
capability fom these resources is often derated when host steam demand rises.

The amount of output gap Eastern New York remained very low in 2024, averaging 0.05
percent of total capacity at tkeatewidemitigation threshold andl.6 percent at the lowest
threshold evaluated (i.&25 percenabove the Reference Leyel

The output gap in Eastern New York is usually largest during either high load conditions in
summer or in peak winter conditions when fuel prices become volatile. In 2024, the summer and
winter were relatively mild in terms of peak load and natural gasqrrespectively.

Consequently, output gap at the mitigation thresteldl remained low.

181 Analysis of the affected capacity is provided in SectorC.

182 Analysis of the affected capacity during the summer is provided in SadiioD.
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Figure 44: Output Gap in Eastern New York

20231 2024
10%
9% O Threshold 1
8% @ Threshold 2
7% m Mitigation Threshold

6%
5%
4%

3%

Deratings as a Percent of Capacity

2%

1%

0%

Janh—'
Jun F—'

olF|0O =
2023 2024 2023 2024 ‘ ‘ <9 ‘ 9~1111~ 133~ 1515~ 1717 ~ 1$ >19
Winter Summer ‘ ‘ 2024
Month ‘ ‘ Load Level (GW)

Much of the output gap in 2024 was attributable to units that typicallyheusased reference

levels that are lower than the true marginal cost of generation. Thus, a significant portion of the
capacity identified as output gap is due to low reference levels rather than inappropriately high
energy offerd®® To limit the potential for excessive mitigation in areas with strict mitigation
measures (i.e., New York City), most NYC generators havebassid Reference Levels.

It is generallya positive indicator thahe unoffered economic capacity ahé output gagvere
comparable for top suppliers and other suppliers dunigigload conditionsvhen the market is

most vulnerable to the exercise of market power. Overall, the patterns of unoffered capacity and
output gap were consistent with competitive expectations and, outside of a few isolated cases,
did not raise significant concern regardthg exercise of market power.

B. Automated Mitigation in the Energy Market

In New York City and other transmissimonstrained areasdividual supplies are sometimes
needed toelievecongestiorand may benefit from withholding supply (i.e., may have local

183 NYISO Market Services Tariff Section 23 outlines three types of reference levels that a generator may have.

The first type is the bidbased reference level, which is calculated as the average of accepted economic bids
during unconstrained intervals oube past 90 days, adjusted for changes inatead gas prices. This
approach tends to undstate marginal costs for units that face fluctuating intraday fuel prices.
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market power)Li kewi se, when an individual supplier6s
reliability, the supplier may benefit from raising its offer prices above competitive leiels

these cases, the market power mitigation measures effectively limit thg abduch suppliers

to exercise market power. This section evaluates the use of three key mitigation measures:

1 Automated Mitigation Procedure (AMP) in New York Cityr'his is used in the day
ahead and redime markets to mitigate offer prices of generators that are substantially
above their reference levels (i.e., estimated marginal costs) when their offers would
significantly raise the energy prices in transmissionstrained ared$§?

1 Reliability Mitigation in New York Cityi When a generator is committed for local
reliability, the stadup cost and minimum generation cost offers of the generator may be
mitigated to its reference levels. A $0 conduct threshold is used in trehdaygmarket
and the AMP conduct threshold is used in the-tiea market.

1 Reliability Mitigation in Other Areas When a generator is committed for reliability and
the generator is pivotal, the stah cost and minimum generation cost offers of the
generator may be mitigated to its reference levels. A conduct thresholdhagltlee of
$10 per MWh or 10 percent of the reference level is used.

Figure45 summarize the market powemitigation (i.e., offer cappingjhatwas imposedh the
day-ahead and redime markets ire023 and in 2024The figure shows that most mitigation

occurs in the dayhead market where most supply is scheduled. Reliability mitigation

accounted for roughly 9Bercentof all mitigation in 2024, nearly all of which occurred in the
day-ahead market. In New York City, the amount of capacity committed for reliability and the
frequency of mitigation decreased from 2023 to 2024 due to higher energy prices which-made in
city steam units more economic than in prior yedrse reliability mitigation is critical for

ensuring that the market performs competitively because units that are needed for local reliability
usually have market power.

AMP mitigation accounted for aboutpercentof total mitigation, up from 1 percent in 2023.

AMP mitigation only applies when there is an actrasmissiortonstraint. Congestion in

New York City increased from the prior year in certain load pockets which contributed to higher
levels of AMP mitigation.

184 The conduct and impact thresholds used by AMP are determined by the forowitiedin the NYISO

Market Services Tariff, Section 23.3.1.2.2.1.
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Figure 45. Summary of Day-Ahead and RealTime Mitigation
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Whennatural gagpricesbecome volatile, generatdrequentlyuse the Fuel Cost Adjustment

(FCA) functionality to adjust their reference levels in the-dagad and redgime markets.This

has increased in frequency since the Indian Point units retired and eastern New York has become
more reliant on gasnly and duafuel units. The FCA functionality is important because it

allows a generator to reflect fuel cost variations closettenwthe market clears. This helps the
generator to avoid being mitigated and scheduled uneconomically.

While it is important to ensure that generators are not mitigated inappropriately, the FCA
functionality provides the opportunity to submit biased FCAs that might allow an economic
generator to avoid being mitigated. NYISO has considered tariff chang&s¢bment H to

address the potential for firms to withhold by submitting biased fuel cost adjustifteStsch

changes would address this potential problem by imposing financial sanctions on generators that
submit biased FCAs to withhold capacigthough no such changes have been adopted thus far

C. Competition in the Capacity Market

The capacity market is designed to ensure that sufficient capacity is available to meet planning
reserve margins by providing lottgrm signals for efficient investment in new and existing

185 Seepresentatiorirom March 7, 2023 MIWG.
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generation, transmission, and demand response. NYISO has market power mitigation measures
that are designed to ensure that the markets perform competitively.

Supply-side market power mitigation measures prevent or deter suppliers with market power
from inflating prices above competitive levels by withholding economic capacity in these areas.
The supplyside mitigation measures work by imposing an offer cap on pivotal suppliers in the
spot auction and by imposing penalties on capacity otherwise wittield.

Buyerside market power mitigation (BSM) measures are used in New York City andXhe G

Locality to prevent entities from artificially depressing prices below competitive levels by

subsidizing the entry of uneconomic capaciiye BSM measures work by imposing an offer

floor on mitigated capacity, thereby preventing such capacity from depressing the clearing price.
Beginning with NYISO6s interconnection CIl ass
New York state policy (AExcluded Facilitieso)
are not Excluded Facilities are exempted from an offer flobiey pass one of four

evaluationg®’

1. Application of the Supply-Side Mitigation Measures

Given the sensitivity of prices in the Mitigated Capacity Zones, the sigmbdymarket power
mitigation measures are important for ensuring that capacity prices in these zones are set at
competitive levels.From time to time, the NYISO evaluates whether a proposal to remove
capacity from a Mitigated Capacity Zone has a legitimate economic justifictferhave

found that the NYISO svaluatios in recent years have bearaccordance with the tariff.

2. Application of the Buyer-Side Mitigation Measures

Class Year 202 which concluded ibecembel024, included intermittent renewables, energy
storage, and an HVDC transmission projeatticipatingint he st at eds O0Tier 406
procurement in the mitigated capacity zones. All ofG¥&3 projects in the mitigated zones

were considered to be Excluded Facilities and therefore not subject to BSM evaluation.

186 gSeeNYISO MST, Sections 23.4.5.2 to 23.4.5.6.

187 A new entrant can receive a BSM exemption under the provisions of: (a) Competitive Entry Exemption, (b)

Part A Test Exemption, (c) Part B Test Exemption, and (d}Sghply Exemption. See MST Section
23.45.7.
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XI. DEMAND RESPONSEPROGRAMS

Participation by demand response in the marketides numerous benefits, including enhanced
systenreliahlity , lowerproductioncosts, decreased price volatility, and reduced supplier market
power. Even modest reductionsanergyconsumption by endsers during higiprice periods

can significantly reduce the costssociated witkommitting and dispatching generation to
satisfysystemneedsThese benefits underscore the value of designing wholesale markets that
provide transparent economic signals aratket processes that facilitate demand respofise.
intermittent generation continues to expand in the coming decades, demand response-and price
responsive loads will play an increasingly vital role in helping NYISO maintain security and
reliability at the lowest cost.

Demand response programs provide incentives for retail loads to participate in the wholesale
market. The Special Case Resou(&CR) programandthe Targeted Demand Response
Program(TDRP) allow reliability demand response resource®eactivatedvhen NYISOor

the local Transmission Own#arecasts a shortage. Currentigarly all of the 1,488 MVéf
demand response resourcegisteredn New York arereliability demand responsesources®®
TheDemandSide Ancillary Services Progra(®@SASP enablesconomic demandesponse
resources to participate in the ancillary services mar&a#teough this program will sunset on
October 31, 2025, and NYISO is encouraging DSASP resources to transitioistthrited
Energy Resourcend AggregatiofParticipation Model

To facilitategreater consumer engagemeMY ISO createdhe Distributed Energy Resource
(DER) and Aggregatiorrarticipation Modelwhich was launched on April 16, 2024. This
modelenable bothindividual large consumers and consumer aggregatioparticipatemore
activdy in theday-ahead and reaime markes, accommodaig durationlimitationsin offers,
payments, and obligations.

No resources participated in the DER and Aggregation Participation Model in 2024. The lack of
participation in the new DER model is an indication that many existing demand response
resources prefer the rules of the SCR and DSASP programs. Future SOfsl wejpassess the

DER model as participation increases and, if participation remains low, discuss potential
explanations. Our Recommendation #2@24ddresses elements of the DER model that may
deter participation®®

188 |n addition, there are demand response programs that are administered by local TOs.

189 gee Sectioh.
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Special Case Resources Program

The SCR program is the most importal@gmand response program operated by NY\&O

nearly 1.5 GW of resources participating2024 The primary incentive for SCR participation

is that it allows demand responseste | | capaci ty TharedibtéredgOamity oimnar k et
reliability program resources has steadily increased over the past three years.

In the Summer 2024 Capability Period, SCRs contributed to resource adequacy by satisfying:

1 3.8 percent of the UCAP requirement for New York City (on average);
1 3.3 percent of the UCAP requirement for thd Gocality;

1 0.5 percent of the UCAP requirement for Long Island; and

1 2.9 percent of the UCAP requirement for NYCA overall.

SCRs are required to respond to activations for at least 4 hours. In the 2023/24 Capability Year,
their UCAP MWs were discounted using the Duration Adjustment Factor of 90 percent for 4
hour duration limited resources. Starting in the 2024/25 Capa¥dity, their UCAP MWs are
discounted using the Capacity Accreditation Factor (CAF) foodr resources, which was

estimated to b89 percent in Zone J9 percent in Zone K8 percent in Zones G/H/I, arG#

percent in Rest of State using a resource adgquadel that estimates the marginal reliability

value of each resource typ¥€.

DemandSide Ancillary Services Program

This programallows demanedside resources to offer operating reserves and regulation service in
the wholesale marketCurrently, twelve DSASP resources actively participate in the market,
providing considerable value by reducing the cost of ancillary services in the New York market.
Collectively, these resources can provide up to 433 MW of operating reserves. Haewer,

end of October 2025, NYISO will retire this program and the DER model will provide the only
mechanism for demarslde provision of ancillary services.

Demand Response and Scarcity Pricing

In an efficient market, clearing prices shoattturatelyreflect the cost of deploying resources to
satisfy demand and maintain reliability, particularly urgtgrcityconditions. NYISO has
specialscarcitypricing rules for periods when demand response resources are deployed.

In 2024, NYISO activated SCR resources on four days:

1 June 20 in Zone K for localized reliability needs on Long Island.
9 July 15, 16 and August in all zones for NYCAwide capacity needs.

190 gee Section 4.1.1 of ICAP Manual for more details
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Scarcity pricing wasiottriggeredon June 20, partly due tao deficiencies in the reserve
market related to Long Island

1 The reserve market requirements are understated relative to the actual reliability needs in
Long Islandi Recommendatio#2024-1 aims toaddress this by raising the market
requirement talign with full reliability need

1 The reserve clearing prices in Long Island doawziount fotthe costs of satisfying the
reserve market requirements for Long IslariRecommendatio#2019-1 proposes
addresmg this by setting reserve clearing prices for Long Island that considandihg
reserve constraints in the market scheduling model.

Scarcity pricing was triggered on the other three days when SCRs were activated in all zones,
although scarcity pricing was triggered in a small share of intervals. SCRs must be called for a
block of hours and all SCRs within the activation zones mudepyed. The inability to

moderate the quantity and duration of SCR activations leads to some periods of low price levels
during SCR deployments. The DER model is designed to enhance flexibility in demand
participation. Future reports will assess gsfprmance as participation increases.

Additionally, demand responsesourcedn local utility programsvere activatedanultiple times

throughout the summer of 2024, primaffity peakshavingi n | ocal TOs® servi ci
While thesedeployments helpeavoidor reduceNYCA capacity deficienieson several days,

their value was not fully reflected in wholesale energy prices, as utility demand response
deployments araot currently factored into market scheduling and pricittg.

Theload reductions fromatility -activateddemand responsg not considered in deghead

forecasts, whiclhasled to excessive reliability commitmernasd unnecessary eaf-market

actions on higload days in previous years, although this did not occur in 2024. In addition, the
deployed MW $ not considered in the current scarcity pricing rindbe reaitime market even
though it helpsvoidreservedeficienées. To enhance market efficiencywibuld be beneficial

for NYISO tocollaboratewith TOs to evaluate the feasibiliand appropriateness including

utility demand responsgeployments irits market scheduling and pricing processes

191 Utility demand responsesources are paid primarily for availability (including capacitylility programs

often provide large payments (~$1,000/MWh) for pshkvingthat are far above the value of load reduction
in the realtime market.

192 see our analysis iQuarterly Report on the NYISO Markdtsird Quarter of 2024pages 780.
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XII. RECOMMENDATIONS

Our analysis in this report indicates that the NYISO electricity markets performed welidn 20
although we recommeratiditionalenhanementgo improve market performanc&wenty-four
recommendations are presented in five categories below. A numbering system is used whereby
each recommendation is identified by the SOM report in which it first appeared and the number
used in that report. For example, Recommendation-261d&iginally appeared in the 2015

SOM Report as Recommendation #16. The majority of these recommendations were made in
the 2023 SOM Report, but Recommendations 2D24d 20248 are new in this report. The

following tables summarize our current recommendations and NYISO market design projects to
help address the recommendatibat is in the 2025 project plan and/or projected work for 2026
based on the December 2024 version of the Market Vision document (which is avalable

Number Section

High Priority Recommendations

Recommendation

NYISO Project Scope:

(2025 / 2026)

Energy Market Enhancementsi Pricing and Performance Incentives

2023
SOM
Appx.
V.N
2023
SOM
Appx.
V.D

201516

20161

2024-1 VI.E

2017-2 VI.A1

Dynamically adjust operating reserve
requirements to account for factors th:
changehe amount of reserves that mt
be held on internal resources.

Consider rules for efficient pricing and
settlement when operating reserve
supplies provide congestion relief.

Use the reserve market rather than ot
of-market actions to satisfy local
reserve requirements in New York Cit
Long Island, and upstate New York
load pockets.

Modify operating reserve demand
curves to improve shortage pricing an
ensure NYISO reliability

Capacity Market i DesignEnhancements

20214 VIl .D

20221 VIl .E.1

Improve capacity modeling and
accreditation fospecific types of
resources

Compensate capacity suppliers basec
their contribution to transmission
security when locational capacity
requirements are set by transmission
security needs.

Dynamic ReservegSoftware
Design Specs / Development
Complete)

More Granular Operating Reserve:
(- / Market Concept Proposed)

N/A

Modeling Improvements for
Capacity Accreditation:
(Deployment £) andNYISO RA
Model Strategic Plaigsee below)

Valuing Transmission Security:
(Market Concept Proposed)
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Recommendations

NYISO Project Scope:

Number  Section Recommendation (2025 / 2026)

WinterReliability Capacity
EnhancementgMarket Design
Complete / Software Design Spec:

Establish seasonal capacity

20222 VIl .G .
requirements and demand curves.

Implement more granular capacity
20224 VIII.C  zones and a dynamic process for N/A
updating the zones

Other Recommendations

NYISO Project Scope:

Number  Section Recommendation (2025 / 2025)

Energy Market Enhancements Pricing and Performance Incentives

Dynamic ReservesReview
Operating Reserve Supplier Cost
Recovery(Market Design Concept
Proposed #)

Allocate congestion residuals to
20231 VII.D | NYTOs based on incremental transfer
capability scheduled in the DAM.

Modify fast start pricing logic to base
Minimum Run Time eligibility criteria
on the treatment of the unit rather thai
the bid.

20232 VI.B N/A

Evaluate need for longer lead time Balancing Intermittency(Phase 1.

VI.AL, X . DevelopmenComplete Phase 1:
20211 VI E | reserve products to.a(‘jdress increasin Deployment &Phase 2Market
operational uncertainties. .
Design Complete
Consider modeling transient voltage
20213 VII.B  recovery constraints on Long Island ir N/A
the energy market.
Set dayahead and redime reserve Dynamic ReservegSoftware
20191 XIl.B | clearing prices considering reserve Design Specs / Development
constraints for Long Island. Complete)
Eliminate transaction fees for CTS
AU e transactions at the PIMYISO border. N
Energy Market Enhancements RealTime Market Operations
Revise tariff to provide disincentives fi
20233 VI.D  overgeneration by generators with N/A
negative incremental costs.
Consider enhancements to the Improving DuctFiring Modeling:
20201 VI.C  scheduling of dueliring capacity in the (Development Complete
reattime market that more Deployment)
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NYISO Project Scope:

Number  Section Recommendation (2025 / 20%6)

appropriately reflects its operational
characteristics.

Eliminate offline faststart pricing from
the realtime dispatch model.

Operate PARcontrolled lines between

New York City and Long Island to

minimize production costs and create N/A
financial rights that compensate

affected transmission owners.

Capacity Markefi Design Enhancements

Develop sloped demand curves
reflecting the marginal value of surplu
20234 VIIl .E.2  capacity for use when an LCR is N/A
determined by a Transmission Securi
Limit.
Update market processes to mitigate 1
risk of extreme pricing caused by

20202 VI.A.2 N/A

Appx.

20128 0

VS Mlllae inaccuracies in the Wint&ummer Nl
Ratio parameter.
Evaluate locational marginal pricing o

20131c VIl .C capacity (CLMP) that minimizes the N/A

cost of satisfying planning
requirements.
Grant financial capacity transfer rights
VIII .C.5 between zones for markbased
AU VIII .F  transmission upgrades that help satist e

planning reliability needs.
Broad Market Enhancements

Evaluate potential reforms to enhance
20242 Xl incentives fo_r demandldg - N/A
interconnection and participation in thi

wholesale market.
Planning Process Enhancements
Improve transmission planning
assumptions and metrics to better
identify and fund economically efficier
transmission projects.

20223 IV.B.2 N/A

This section discusses each recommendation in detadl. The last subsection discusses
several prior recommendations that we chose not to include this year.
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A. Criteria for High Priority Designation

As NYISO MMU, we are responsible for recommending market rule changes to improve market
efficiency. In most cases, our recommendations providelbigh changes, assuming that

NYISO will shape a detailed proposal that will be vetted by stakeholdersinetiimg in a 205

filing to the FERC or a procedural change. In some cases, we may not recommend a particular
solution but may recommend NYISO evaluate the costs and benefits of addressing a market issue
with a rule change or software change.

I n each report, we designate a few recommenda
of their effects on market efficiency or, in some cases, the magnitude of the market or pricing
i ssue. When possi bl e, we (qesdimatgthg praguctio® c o mme n

cost savings and/or investment cost savings it would produce because these are the most accurate
measures of economic efficiencWe focus on maximizing economic efficiency because this

will minimize the costs of satisfyingthg st e m6 s n e e dteym. ONe ea nottude ethel o n g
potential measures that focus largely on economic transfers associated with changing prices,

such as consumer savings, because they do not measure economic efficiency.

In addition to these considerations, we often consider the feasibility and cost of implementation.
Relatively quick or lowcost recommendations generally warrant a higher priority because they
produce higher benefib-cost ratios. On the other hand,aeunendations that would be

difficult to implement or involve benefits that are relatively uncertain receive a lower priority.

B. Discussion of Recommendations

Energy Market Enhancementsi Pricing and Performance Incentives

20241: Use thereservemarket rather than out-of-market actions to satisfy local
reserve requirements in New York City, Long Island, and upstate New York
load pockets.(High Priority)

NYISO is required to maintain sufficient energy and operating reserves to satisfy local (i.e., sub
zone level) reliability needs based ofilM), N-1-1, and N1-1-0 criteria in New York City, Long
Island, and other areas of New York State. These locakreagents are not satisfied through
marketbased scheduling and pricing, so it is necessary for NYISO to satisfy local requirements
with outof-market commitments in the majority of hours. The costs ebbutarket

commitments are recouped through makwle payments rather than through market clearing
prices for energy and operating reserves. The routine use ofwhake payments distorts
shortterm performance incentives and longerm incentives for new investment that can satisfy
the local requiremds. Furthermore, they undermine incentives for denrsahel participation in

the wholesale market. Hence, we recommend NYISO implement local reserve requirements in
load pockets that are otherwise satisfied with costlyobumarket actions.
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We designate this recommendation as High Priority partly because of significant transmission
and resource mix changes planned over the next five to ten years. New transmission and the
retirement of peaking generation are shifting the locations of resenstrained areas, while the
interconnection of intermittent renewable generation is leading to larger and more variable
operating reserve needs. Localized operating reserve requirements would help NYISO maintain
reliability efficiently by providing betteincentives for investment in new and existing resources
that can provide reserves at a low cost.

Status NYISO has deferred addressing this recommendation until 2026 when it tentatively

pl ans a mar ket concept proposed for the HAMore
encourage NYISO to consider whether local reserve requirements should ctivesides of

multiple generators due to a natural gas system contingency.

20231: Allocate congestion residuals to NYTOs based on incremental transfer
capability scheduled in the DAM. (Current)

A large share of the cost of maintaining the high voltage transmission system is recovered
through the collection of DAM Congestion Revenues and the auctioning of PETE.C

auction revenues are allocated to each NYTO in proportion to the value of its transmission
facilities in the auctions, while charges are assessed to each NYTO to the extent that outages of
its equipment reduce scheduled transfers in the DAM. Howedem additional transmission
capability is scheduled in the DAM (above what was sold in the TCC auction), the resulting
revenues are allocated in proportion to the T
facilities allowed the additional schdthg. Consequently, NYTOs do not recover the actual

value of their transmission assets when their assets are not sold in the TCC auctions, which
provides incentives to oversell the capability of the transmission system in the TCC auction,
leading TCC pies to be depressed relative to DAM congestion prices.

We recommend NYISO revise the allocation of DAM congestion residuals based on changes in
scheduled utilization of the transmission system between the TCC auctions and dheathy
market. This would allow each NYTO to recover the value of transmisdieagied in the

DAM even if the capacity was not sold in the TCC auctions.

Status NYISO is considering in whether to address this issue iDyimamic ReservesReview
Operating Reserve Supplier Cost RecogfI5 market project.

193 paMm Congestion Revenues arise from scheduling in theadtegad market, equaling the shadow price of

each constrained facility times the flow scheduled over the facility in the DAM. Transmission Congestion
Contracts (ATCCs0), swithdarationa rargingafrors 1 to 21 menths, givethe t r i p
holder the right to receive payments based on congestion in thehdagd market. Each TCC represents a

slice of the value of the transmission system based on scheduling in the DAM.
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20232: Modify fast start pricing logic to base Minimum Run Time eligibility
criteria on the treatment of the unit rather than the bid.

Faststart pricing is a modeling technique that allows small gatekt resources with high
minimum output levels (relative to their maximum output level) to set the clearing price when
their capacity is displacing higheost resources in the DAM and Riarkets. Resources are
eligible to set price if they can be started inr8idutes or less and they have-adur minimum

run time. Currently, by offering to start in-8@inutes or less in the reime market, a generator
agrees to be treated as haviryl@our minimum run time, even if it has submitted an offer with
a longer minimum run tim&* Nonetheless, quiektart resources that submit an offer with a
Minimum Run Time of more than one hour are treated as ineligible to set price asStalRast
Resource (even though they are treated as havirigpariminimum run time for scheduling
purposs) in the reatime market.

We recommend NYISO revise the fasart pricing logic to base eligibility on the minimum run

time used for scheduling rather than the value of the offer parameter that is currently ignored for
scheduling purposes by the réiahe scheduling system. Weligwe this change can be made

without modifying the tariff since the current tariff language bases eligibility criteria on the
minimum run time that a unit Ahaso r¥®ther tha

20221-1: Evaluate need for longer lead time reserve products to addregscreasing
operational uncertainties (Current Effort)

The NYISO currently operates markets for@thute, 16minute and 1dminute spinning

operating reserves. These products provide the system flexibility to respond to unexpected
contingencies in real time by converting reserve suppliers to energy witkialglahort notice.

There is a growing set of possible situations where larger quantities of reserves are needed over
longer time horizons. For example, generators are routinely committed-oarket in New

York City load pockets to satisfy multiple miingency requirements that could be satisfied by
resources with longer response times. In the long term, entry of intermittent renewables is
expected to lead to large deviations of net load from the forecast over multiple hours. Procuring
some of the aditional reserves from resources with longer response times would allow NYISO

to costeffectively maintain security and reliability in these situations, since a larger set of
resources can provide reserves over longer time intervals. It would alsolskswvaiof-

market actions to be priced more efficiently to the extent that these actions could occur through
the market by deploying a longkrad time reserve product.

194 NYISOMST4.4.1.4s t a tREGwiIll make all economic commitment/@emmitment decisions based

upon available offers assuming Suppliers internal to the NYCA have a minimum rénrniobéonger than
one houm

9% NY|I SO MST 2. 6Stderfti nRes diFraseé: A Generator that é(3) ha
or | essébo
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We recommend that NYISO evaluate the need for longer lead time reserve products of up to four
hours. While the existing reserve products are designed to satigfgigencyreserve needs

(i.e., being prepared for the occurrence of specific unforeseen events), longer lead time reserves
are needed for dispatch in case load or intermittent generation deviate significantly from the
forecasted level. Thus, longer lead time resemwould be scheduled and deployed differently

from the existing contingency reserproducts. Longer lead time reserve products could allow
NYISO to address reliability needs more efficiently and avoid the use of out of market
commitments to secure against miltiur net load ramps. This would also provide better

incentives for builthg and maintaining flexible resources that help integrate renewables. This
evaluation should also consider the impact of
provide reserves over a given timeframe.

Status:In the 2024Balancing Intermittency Phaseptoject developed a market design concept
proposal, which will use existing reserve products to satisfy new Uncertainty Reserve
Requirements for net load and renewable generation forecast Rhase 2wvill define new 1
hour and 4hour products for longer time frameBhase 1is planned for deployment in 2026,
andPhase 4s planned for deployment in 2029.

2021-3: Consider modeling transient voltage recovery constraints on Long Island in
the energy market.

Transient voltage recovery (TVR) criteria for the East End of Long Island are not represented in
the market software, so TVR criteria is frequently satisfied by scheduling generatiofr out

market during the summer. This sometimes leads to inefficieeraton scheduling and fails

to provide efficient incentives to resources that can contribute to satisfying TVR criteria. Hence,
we recommend that NYISO satisfy these criteria in theadead and redgime markets using
surrogate constraints, so that geation scheduled to satisfy TVR criteria for the East End of

Long Island are compensated appropriately. AppelidE illustrates how surrogate constraints
could be used to satisfy TVR criteria within the market models.

20191: Set dayahead and realtime reserveclearing prices considering reserve
constraints for Long Island. (Current Effort)

The dayahead and redime markets schedule resources to satisfy reserve requirements,

including specific requirements for Ifinute spinning reserves, -Minute total reserves, and
30-minute total reserves on Long Islandowever, reserve providers on Long Island are not

paid reserve clearing prices corresponding to these requirements. Instead, they are paid based on
the clearing prices for the larger Southeast New York region. Compensating reserve providers in
accordane with the dayahead and redgime scheduling decisions would improve incentives in

the dayahead and redime markets, and it would also provide better signals to new investors

over the long term.
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Status NYISO plans to address this recommendation through the plévomedsland Reserve
ConstraintPricing project in 2027 along with the deploymentfnamic Reservesvhich will
include the capability to dynamically procure reserves on Long I1$f&nd.

2017-2: Modify operating reserve demand curves tamprove shortage pricing and
ensure NYISO reliability. (High Priority)

Shortage prices during operating reserve deficiencies are currently too low to adequately
encourage market participants to take actions that preserve reliability during critical conditions.
This is because the demand for operating reserves in the maesehatk fully reflect their value

in ensuring the load is served, or the vadiidost-load (VOLL). In addition to failing to

schedule resources and incent resource actions that will help avoishiedding in the short

term, this reduces the incentivereplace inflexible and pogrerforming resources with fast
ramping generation and storage in the lortgem. The shortage prices are also sometimes too
low to schedule available resources that are needed to satisfy reliability requirements, which
compds operators to resort to eaf-market actions to satisfy the requirements.

This problem i s exacerbated by the i mplement a
New England and PJM, which result in much higher incremental compensation for energy and
reserves during reserve shortagietcsISONEandY |l SO0 s
PJM receive over $4,000 per MWh during even slight shortagesmiriiie and 3@ninute

reserves, while NYISO sets pridestween $750 and $3,000 per MWh duritegpl0-minute

and 30minute shortages. This results in inefficient impard exports during tight regional
conditions, negatively affecting NYI SOb6s reli
even when shortages in NYISO are much deeper.

Hence, we recommend that the NYISO modify its operating reserve demand curves to provide
efficient incentives and ensure reliability during shortage conditions. The values of operating
reserve demand curve steps should be targeted so that:
1 Clearing prices rise to levels that are efficient given the VOLL and the risk of load
shedding given the depth of the reserve shortage;
T The incentive effects of neighborsé PFP ru

1 The realtime market schedules available resources so that NYISO operators do not need
to engage in oubf-market actions to maintain reliability, and

1 NYISO reattime scheduling models prioritize appropriately when multiple reserve
requirements and/or transmission constraints are simultaneously in shortage.

196 Seelong Island Reserve Constraiticing, presented to the Market Issues Working Group on February 7,

2024.
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This recommendation is high priority because the need for resources to be responsive to
emergency conditions in real time will become increasingly important. The entry of intermittent
renewables and retirement of conventional generators is likely t@agecreet load forecast
uncertainty and create new operational challenges. This recommendation will improve
incentives for generation and load flexibility and efficient usage of regional resources to preserve
reliability. The costs of increasing operatiregserve demand curves would be offset by a
corresponding reduction in capacity market demand curves.

20161: Consider rules for efficientpricing and settlement when operating reserve
providers provide congestion relief(Current Effort, High Priority)

The NYISO is required to maintain flows such that if a contingency were to occur, no
transmission facility would be loaded above its LAregm Emergency (LTE) rating pest
contingency. In some cases, the NYISO is allowed to use operating reserves apdsbther
contingency operating actions to satisfy this requirement. This allows the NYISO to increase
utilization of the transmission system into load centers, thereby reducing production costs and
pollution in the load center. Since these operating regeowders are not compensated for

helping manage congestion, the market does not provide efficient signals for investment in new
and existing resources with flexible characteristics. Hence, we recommend the NYISO evaluate
means to efficiently compensaiperating reserves that help manage congestion.

New York City is expected to lose most of its peaking generation over the next three years and it
is important for the NYISO market to provide efficient signals for new investment. Some of the
retiring peakers are currently utilized for thousands of hpersyear to manage congestion by
providing offline reserves, which reduces production costs and allows higher levels of imports to
New York City. If reserve providers are not compensated in a manner that is consistent with
their value, it is less likelthat new investors will place resources in areas that relieve congestion
and that new resources will have flexible operating characteristics. This will become more
important as new intermittent generation is interconnected to the New York City tranamissio
system in the coming years because this will lead to additional variability in congestion patterns.

Status NYISO plans to address this recommendation with the deploym&yinaimic Reserves
in 2027197

20159: Eliminate transaction fees for CTS transactions at the PJIMNYISO border.

The efficiency benefits of the Coordinated Transaction Scheduling (CTS) process with PIJM have
generally fallen well short of expectations since it was implemented in 2014. We have observed
far greater utilization of CTS bidding at the ISE interface sioe it was implemented in 2015.

The lower utilization of CTS with PIM is due partly to the relatively large fees that are charged

197 SeeDynamic Reservegpresented to the Market Issues Working Group on January 25, 2024.
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to these CTS transactions, while fees were eliminated betweeNESEhd NYISO. We

estimate that the collection of export fees from CTS transactions wamiba in 2023

because the high export fees were usually higher than the expected profits from exporting to
PJM. Thus, a lower export fee could result in an overall higher collection of fees because it
would allow CTS transactions to be profitable under a wider rahgenditions. It is unlikely

that CTS with PIM will function effectively as loag transaction fees and uplift charges are

large relative to the expected value of spreads between makketddition, during periods

when surplus renewable generation in upstate New York cannot be delivered to downstate areas
due to transmission constraints, export fees for CTS transactions will impose significant costs on
renewable generators that expamt@us power, which will tend to increase REC costs for
ratepayers in the long run.

We recommend eliminating transaction faesl uplift charges on CTS transacti@etween the
PJM and NYISO.It would be beneficial for NYISO to eliminate transaction fees for CTS
transactions regardless of whether PIJM does the same.

201516: Dynamically adjust operating reserve requirements to account for factors
that change the amount of reserves that must be held on internal resources.
(Current Effort, High Priority)

The amount of operating reserves that must be held on resaurnasy local areasan be

reduced when there is unused import capabiitty the areas. In many cases, it is less costly to
produce more energy from resources in an area, reducing the flows into the area and treating the
unused interface capability as reserves. We recommend that the NYISO modify the market
software to optinze the quantity of reserves procured for each requirement.

In some cases, the operating reserve requirements above could be satisfied with resources having
lead times longer than 30 minutes (rather thamirute and 3@ninute reserve providers).

Accordingly, we have recommended that the NYISO evaluate the oelxhfier leaeime

reserve products (see Recommendation 2)21Before longer lead time reserve products have

been created, the most efficient way to represent such requirements may be witinatd0

reserve requirement in the market models. NYIS@ukhconsider these tradeoffs in its

evaluation of Dynamic Reserves.

This recommendation is a high priority because it will enable NYISO to schedule and price
operating reserves efficiently as it implements other high priority recommendations. This will
become more important as the New York resource mix evolves overrtiiegcdecade.

Status NYISO is working toward deployment of Dynamic Reserves in 2027, although we have
raised concerns with elements of the prop&¥al.

198
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Energy Market Enhancementsi RealTime Market Operations

20233: Revise tariff to provide disincentives for overgeneration by generators with
negative incrementalcosts.

Control area operators maintain system security fmisgatching generation up and down to

match load throughout the day. Good utility practice requires generators to make reasonable
efforts to adhere to dispatch instructions given the physical lim&atbtheir equipment. To

support good utility practice, the NYISO imposes ewrd undeigeneration penalties on

generators to ensure they are incentivized to follow dispatch instructions. Units that over
generate by more than three percent of thgpeupperating limit are penalized by: (i) not

receiving LBMP revenue for production above the three percent level if the LBMP is positive
and being paid the LBMP when it is negative, and (ii) incurring a small share of the regulation
capacity costs in thatterval. For generators that incur positive incremental costs to increase
output, this ovegeneration penalty is sufficient to motivate adherence to dispatch instructions
because the penalty ensures they will benefit financially from following theiatisin.

However, for generators with negative incremental costs, this penalty is sometimes not sufficient
to motivate them to obey dispatch instructions because they may still benefit financially from not
following the instruction to within the three pent level. Consequently, NYISO must

sometimes maintain security by curtailing other nearby renewable generators that do follow
dispatch instructions consistently. We recommend NYISO work with stakeholders to revise the
overgeneration penalties to ensuhat generators with negative incremental costs do not benefit
from overgenerating.

20201: Consider enhancements to the scheduling of duéiting capacity in the real-
time market that more appropriately reflects its operational characteristics.
(Current Effort)

Generators with duct firing catmemaketyasaar e abl e
portion of the dispatchable range of the generattmwever, ducfiring capacity is not always

capable of following a-#ninute dispatch or hinute reserve depyment signal.The process

of startingup and shuttinglown duct burners may take longer than five minukas. this

reason, many generators with d€icghg capability do not offer it into the retilme market,

whi | e o tshcehresd uil seedl iftfléxiblys Therm B approximately 900 MW of duct

firing capacity in the NYCA, so this enhanced scheduling capability could significantly increase

the availability of operating reserves, which will become more valuable as older peaking units

retire overthe next three yeardVe recommend NYISO schedule these units in a manner that

reflects their actual ability to respond to system conditions.

Status NYISO developed a proposal to partially address this recommendatiotnnprts/e
Duct Firing Modelingproject in 2023. NYISO plans to deploy the design in 2026.

20202: Eliminate offline fast-start pricing from the real-time dispatch model.
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NY | S O o6-ttme marketi runs a dispatch model that updates prices and generator schedules
every five minutes Currently, the dispatch model treatsmhute gas turbines (i.e., units
capable of starting up in ten minutes) as if they can followrartutesignal. However, since
10-minute gas turbines are unable to respond in five minutes, the units routinely receive
schedules they are incapable of followirihis leads to periods of undgeneration,
inconsistencies between scheduled transmission flodisetual flows, and inefficient prices

that do not reflect the balance of supply and dem&xid.recommend that NYISO eliminate the
feature which is known as offline fastart pricing.

20128: Operate PAR-controlled linesbetween New York City and Long Islandto
minimize production costs and create financial rights that compensa
affected transmission owners

Significant efficiency gains may be achieved by improving the operation of thecBa#olled
linesbetween New York City and Long Islafice., the901 and 903 lings These lines are
scheduled according to the terms of lestgnding contracts that pdate open access
transmission tariffs and the NYI SO6s mar ket s.

In 2023, these linesverebothscheduled in the daghead market in thieefficient direction (i.e.,
from the highpriced area to the loyriced area®6 percentof the time. We estimate that their
operation increased production costs i@ fillion. Furthermore, we estimate that their
operation increased New York State emissions of carbon dioxi@e8lpgrcent 260thousand
tons) and nitrous oxide ypercent 454tons)!*®

In 2024, thanefficient operation of these lines waieatly reduce because lengthy transmission
outagedrequentlyprevented the lines from beinged to flow power in the inefficient direction
resulting in a dayahead market congestioevenuesurplusof $9.4 million2°°

We recommend that NYIS@ork with the parties to the underlying wheeling agreements to

explore potential changes to the agreements or to identify how the agreements can be
accommodated within the markets more efficiently. Since more efficient operation would

benefit one partyimancially at the expense of the other, it is reasonable to create a financial
settlement mechanism to compensate the party that would be giving up some of the benefits from
the current operation. We discuss such a mechanism in SBcii@i the Appendix.

199 gSee SectioV.Fin the Appendix.

200 gee Sectiowll .A.
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Capacity Market i Design Enhancements

20234: Develop sloped demand curves reflecting the marginal value of surplus

capacity for use when an LCR is determined by a Transmission Security

Limit.
The shape of the sloped demand curves was developed when the IRM and LCRs were normally
based on probabilistic resource adequacy criteria. The slope of the demand curve reflects that
the marginal reliability value of capacity declines but remains posititee amount of surplus
capacity rises. In recent years, the LCRs have frequently been based on transmission security
criteria, which is deterministic in that it does not explicitly quantify the contribution to reliability
of surplus supply in conditi@more extreme than the specific planning criteria. The same
sloped demand curves are used regardless of whether the LCRs are based on resource adequacy
or transmission. It would be beneficial to develop sloped demand curves that reflect the value of
addtional capacity for transmission security. We recommend NYISO develop sloped demand
curves for capacity zones with T®lased LCRs that reflect the value of surplus capacity given
the expected load forecast uncertainty and random variations in the éitjaibdlgenerating
capacity.

20235: Update market processes to mitigate the risk of extreme pricing caused by
inaccuracies in the WinterSummer Ratio parameter.

NYISO has recognized that as New York transitions from being a supeakng system to

one with significant winter reliability risk, it will need to develop a fully seasonal capacity
market with a complete set of auction parameters for summer and vantétiens. (See
discussion below of Recommendation 22pP However, it will take several years to develop a
fully seasonal capacity market, and NYISO currently does not expect to implement this before
202821 The current capacity market is based on a mix of annual and seasonal parameters,
requiring that some winter auction parameters be based on information from the summer. We
have determined that extreme pricing outcomes could arise during the wintee ifitbdarge
inconsistencies between the UDR elections in the IRM study and the quantities sold from the
UDRs during the winter month& he currently backwartboking winter-summer ratio

calculation will also fail tgoromptlyreflect major changes in the seasonal supply Mg a

result, revenues to the reference technology could significantly exceed the Net CONE when
summer surplus in a capacity zone is at the tpréscribed level of exces3herefore, we
recommend NYISO develop this aspect of theess@al capacity market on an expedited
schedule (by the 2026/27 Capability Year) to avoid the possibility of extreme capacity pricing
outcomes in the winter months.

201 The 202 Market Vision plans for deployment Winter Reliability Capacity Enhancemeims2027.
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20221: Compensate capacity suppliers based on their contribution to transmission
security when locational capacity requirements are set by transmission
security needs(High Priority, Current Effort)

NYISO determines Locational Capacity Requirements (LCRs) annually usifngGifie

Optimizeo method, but the LCRs are subject to a minimum floor in each lotiadityis

designed to respect transmission security criteria. NYISO has recently taken steps to align its
calculation of Transmission Security Limits (TSLs) that are used in the LCR process with the
methodology used in its reliability planning studies. This baslted in LCRs being set at the
TSL-based floor in multiple localities, and the importance of the TSLs is expected to grow.

Some resources, including largentingencyresource and Special Case Resources (SCRs), are
assumed to provide limited value for meeting transmission seplaitying requirements

SCRs are not counted as helping satisfy transmission security requirements, while large supply
resources constituting one of the two largest in a given area tend to increase the capacity
requirement in the area. For example, in New York City, individupply resources larger than
700 MW generally increase the capacity reguient in the city.Consequently, the presence of
these resources causes LCRs to increase when set by the TSL methodblsgpauses

consumer costs to increase and undermines efficient incentives for investment, because some
suppliers receive payment based on requirements which they do not help to résadelress

this, we recommenddjustng the capacity paymente resourced®ased ornher contributions to
meeting the underlying resource adequacy and transmission seeqguiyements®? For large
contingency resources, this recommendation should not apply to the portion of the unit that does
not cause an increase in the Transmission Security Limit.

StatusThe 2024 Mar ket Vision states that NYI SO p
include transmission secur i tValuing Brangshdssiann t he wh
Securityproject.

20222: Establish seasonal capacity requirements and demand curvebligh
Priority, Current Effort)

NYISO's capacity market uses the same installed capacity requirements in all months of the year.
The level of surplus supply in each spot capacity auction is determined by the amount of

installed capacity relative to this annual requirement. U$umllybeaslittle relationship to

actual seasonal reliability risk, which is determined by seasonally available supply (considering
resource deratings) and seasonal load leVitsa result, seasonal prices are determined by the

level of installed capacity (gardless of its actual availability) and may fail to provide incentives

202 gee discussion in Sectidfill .E. This will require the NYISO to determine what the LCR would be if there

was no TSL requirement so that it can determine a r ¢
needs.
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that correspond to seasonal reliability riskurthermore, the process for setting annual
requirements may h@oorly-suited to the timeframe required for winter fuel procurement
decisions.Hence, we recommend considering implementation of separate seasonal capacity
requirements and demand curves that would reflect the level of supply needed to maintain
reliability in each season.

NYISO modifiedto its capacity market demand curveestablish separate seasonal values for
the reference point (i.e., the price when supply is equal to the requirement) considering the
expected proportion of reliability risk in each season. This proposal is an improvement which
will better align prices vih expected reliability risk when the system is at its tamiéfscribed

level of excess. However, because the level of surplus in each auction will still be determined
based on installed capacity coaned to a single annual requirement, prices will fail to send
efficient incentives to maintain reliability in many circumstances. Hence, we recommend
moving to acapacitymarket with separate seasonal requiremelgsiand curves, and other
parameters

Status:The 2024 Market Vision states that NYISO plans to deploy market design changes in
2027 under th&Vinter Reliability Capacity Enhancemeprbject.

20224: Implement more granular capacity zones and a dynamiprocess forupdating
the zones(High Priority)

NYI SO6s capacity mar ket has four pricing zone
capacity price. However, the marginal value of capacity differs by location due to internal
transmission constraints within each of tuerentcapacity zones. For example, bottlenecks

limit the deliverability of capacity in Staten Island to the rest of New York City, but Staten Island
suppliers are paid the premium New York City price. This results in inflated consumer payments

and reduces imntives to retain capdgiin areas where there are reliability needs or to retire

capacity in areas with oversupply. Furthermore, the deliverability planning process places
inefficiently high transmission upgrade costs on some new project developers, which acts as a
barriertonew entry i n some ar-dehned zone featiospodess iscnotr r e n t
capable of creating new capacity zones in a timely manner.

Hence, we recommend implementing and dynamically updating an expanded set of capacity
zones that will reflect the known bulk transmission bottlenecks on the NYISO system. This
process would establish requirements for all load zones and designatszhsaleas using the

LCR Optimizer method. It would price capacity using demand curves for regions with binding
transmission constraints i n-MARGI &Qatefthisesour ce
process, it will be necessary to define export demand ctovesgions that have surplus

capacity and face transmission bottlenecks.
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Because no configuration of zones will accurately reflect the key constraints that separate areas
from a planning perspective, the recommendation also includes a proposed capacity constraint
pricing (CCP) component that would be applied in capacity sedtienThis is an incremental
locational price adder that would ensure that the economic signals for each resource reflects its
effects on the key planning constraints.

This recommendation is high priority because: (1) significant overpayment by consumers is
already occurring due to overpricing of expoonstrained areas, (2) coming changes in
reliability needs (such as the growing importance of winter reliability) make it critical for the
capacity market to be able to accurately signal the value of retaining and attracting capacity
where it is needed, and (3) there are inefficient barriers to new ertrgans where generation is
not fully deliverable within one of thexisting four capacity zones.

Status:The 2024 Market Vision states that NYISO plans to begin working on market design
changes in 2027 for deployment in 2029 undeiGhrenular Capacity Zoneproject.

20214: Improve capacity modelingand accreditationfor specific types of resources.
(High Priority, Current Effort)

NYISO implemented a new capacity accreditation framework in the 2024/25 Capability Year,

which compensates resources according to their marginal contribution to reliability. For each
Capacity Accreditation Resource Class (CARC), this contribution iteflen its Capacity

Accreditation Factor (CAF), which is calculated based on the impact of an incremental amount

of that resource type on the reliability metr
GE MARS. These changes establish a framewarlkfficiently compensating resources in the

capacity market based on their impact on resource adequacy. However, limitations in current
MARS modeling techniques may prevent some resource types from being evaluated as

accurately as possible:

a) Winter fuel limitationsi NYSRC is evaluating how to model in MARS limits on the
output of gadired units without backup fuel that are jointly unavailable during extreme
cold weather for the 2026/27 Capability Year;

b) Energy storage modelingMARS uses a simplified method to dispatch energy limited
resources that coulaetter reflect strategic dispatch under imperfect foresight and the
tendency for energy storage resources to be scheduledmoinL reserves;

c) Resource/Load CorrelatioidVARS models renewable output shapes independently of
load shapes, but these are correlated in practice because both are driven by weather;

d) Inflexible Resources MARS does not accurately model the availability of inflexible
units with long startup lead times because it assumes they are always committed and
available; and

e) Conventional Generators Receiving Excessive CieS#veral categories of generation
receive excessive credit under current capacity market rules, including (i) generators
affected by ambient water temperature, humidity, and barometric pressure conditions
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under peak summer conditions, (ii) emergency generating capacity that is unreliable or
cannot be deployed in retine with the existing market software, and (iii) generators
receiving EFORd values that overstate their reliability in critical hours dinegoent
off-peak operation.

We recommend that NYSRC and NYISO consider improvements to more accurately evaluate
marginal reliability contributions for: (a) gamly generators with limited/no backup fuel, (b)
energy limited resources, (c) resources whose availability is correlatetbad, and (d)

inflexible generators, and (e) conventional generators receiving excessive capacity credit. For
generators with limited backup fuel, it is necessary to madlifiventoryconstraints because
MARS does noevaluatethe potential for o#fired and dualfuel units with limited orsite fuel to
deplete their inventories during winter cold snaps

Status:NYISO and NYSRC have already made significant progress towards addressing this
recommendation in the following ways:

a) Winter fuel limitationsi Starting with the202627 Capability Year, the IRM Study and
the capacity market will distinguish between firm and-fion gasfired generators.

e) Conventional Generators Receiving Excessive Cre8tarting with the 2025/26
Capability Year, the NYISO will:

1 Reduce the excessive credit to generators affected by ambient water temperatures,
1 Properly account for ambient humidity impacts, and

1 Place limits on the ability of generators to designate capacity as available only
during emergencies.

In addition, NYISO and NYSRC are actively working to assess potential improvements to

energy storage modeling, winter load shapes, and correlations among viegiredent
resources and load® We support NYI SO and NYSRCO6s contint
priority on incorporating these changes in IRM studies.

20131c: Evaluatelocational marginal pricing of capacity (C-LMP) that minimizes
the cost of satisfying planningequirements.

The oneday-in-tenyear resource adequacy standard can be met with various combinations of
capacity in different areas of New York. The demand curve reset process sets the capacity
demand curve for each locality relative to the IRM/LCR witHally considering whether this
results in a consistent relationship between the clearing prices of capacity and the marginal
reliability value ofcapacity in each LocalityReliance on four fixed capacity zones will also
prevent the current market from respondingigmificant resource additions, retirements, or
transmission network changes.

203 gee NYSRC IRM Model Proposed Whitepaper Scopes 2025, presented by NYISO to NYSRC Installed

Capacity Subcommittee on January 8, 2025, availadre
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We recommend the NYISO evaluate a capacity pricing framework where the procurements and
clearing price at each location is set in accordance with the marginal reliability value of capacity
at the location. Our proposed Locational Marginal Pricing of Gap@e-LMP) would

eliminate the existing capacity zones and clear the capacity market with an auction engine that
will include the planning criteria and constraints. This will optimize the capacity procurements
at locations throughout the State, and dsthllocational capacity prices that reflect the marginal
capacity value at these locations.

This recommendation would produce sizable economic and reliability benefits over the long
term. In particular, it wouldeduce the costs of satisfying resource adequacy needgate
efficient investment and retiremeiie nore adaptable to changes in resounte (i.e.,

increasing penetration of wind, solar, and energy storage),jraptifg market administration.

20121c: Grant financial capacity transfer rights between zones for markebased
transmission upgrades that help satisfy planning reliability needs.

This is similar to the NYISOO0s current rul es
(TCCs). New transmission projects can increase transfer capability over interfaces that bind in
the NYI SO6s capacity mar ket . eréseurceaslequatyramdn s mi s
transmission security benefits that are comparable to capacity from resources in constrained

areas. Accordingly, transmission should be compensated for the resource adequacy

transmission security benefits through the capacdyket. Creating financial capacity transfer

rights will help: (a) provide efficient incentives for economic transmission investment when it is

less costly than generation and DR alternatives, and (b) reduce barriers to entry that sometimes
occur under thexisting rules when a new generation project is required to make uneconomic
transmission upgrades.

Broad Market Enhancements

20242: Evaluate potential reforms to enhance incentives for demanside
interconnection and participation in the wholesale market.

For more than a decade, electric load growth has been flat or even negative throughout much of
the U.S. as energy efficiency improvements and bethiedneter solar generation have offset

demand growth. However, as these trends wind down, the rate toicéledemand growth is

expected to rise because of heating electrification, electric vehicle adoption, and the
interconnection of new large loads such as data centers. These trends pose significant challenges
for centralized wholesale markets such ad${Y, which are responsible for using efficient

market incentives to maintain security and reliability in the operations and planning time

horizons, facilitating swift interconnection of new supply and load, and adapting to the loss of
existing generatioresulting from environmental policies.
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These trends will require the centralized wholesale markets to make significant reforms in

multiple areas in the coming years. One major area in need of reform encompasses the processes
and incentives for demargide interconnection and participation e twholesale market. Such

reforms would help soften the impact of laiggale changes in electric supply and demand.
Regulators have sought to promote mechanisms for desdagbarticipation and facilitate new
energyintensive investments such as dataters?®* NYISO has taken a number of steps to

improve demandide access to wholesale market, but significant effort is still needed in key

areas.

First, NYISO has sought to transition capaa#fling loads from th&CR programwhich is an
emergency demand response progremthe new DER participation model, but the current rules
impose significant burdens on DERs beyond what is required for generators that sell capacity.
For example, generatoase able tesatisfy their capacity obligation by offering into the day

ahead market with a stawp notification time, minimurrun time, and staip cost to ensure the
generator will recoup its commitment costs if scheduled. However, DERs can only sell capacity
if they are willing to be curtailable with little notice and withd &bility to recoup

commitment costs with minimum duration or commitment cost parameters.

Second, NYI SO6s planning department has recog
interconnections will not require firm service because they will be enrtgysive businesses

that seek lowcost energy and rapid interconnection but do not have theatymed for

reliability.?°® Some such businesses can simply shift consumption away from periods of tight

supply, while others will prefer to maintain reliability with their own onsite bgzlgeneration

rather than NYI SO system resour cesoesnotthavwe ver ,
distinct rules for notiirm load customers, so large load customers that are willing to be

curtailable are subject to the same interconnection costs and procedural timelines as customers
seeking firm service.

Third, the cost of building and maintaining the higiitage transmission system is not fully
recouped from the sale of TCCs and congestion rents from thehaéaygl market, so

transmission service charges are used to recoup the remaining embedded hists. W
transmission service charges are allocated on a volumetric (i.e., per MWh) basis to LSEs and
exports, the cost of the transmission system is primarily driven by the planning requirements of
the system, which are driven by the amount of firm load upéel@k conditions. Hence, the

current practice of recouping the net cost of the transmission system with a volumetric charge
places excessive cost burdens on loads that are curtailable and/or consume proportionally more
under mild and/or moderate systenmdiions, while undecharging loads that have firm needs

204 Examples include Commission Order 2222 an®isketAD24-11-000addressingi C-lmcation of Large

Loads at Generating Facilitiesd

205 Eor example, sel Y | S @024Reliability NeedsAssessmenpages 13 and4-37.
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under peak conditions in areas of the system where capital projects are needed to maintain
reliability. Consequently, the current volumetric transmission rate design does not provide
efficient incentives for new investment in enefgtensive businesses.

Fourth, in an effort to bolster incentives for demarde participation in the wholesale market,

the Commission issued Order 745 in 204hich required centralized wholesale markets to pay

theif ull LMPO to demand response resourc#®ds to c
This weltintentioned but misguided mandate ignored the cost savings that loads realize when

they do not consume electricity. Consequently, centralized markets do not have a balance

between charges to buyers and payments to sellers when demand resgpmunses are

involved, resulting in uplift charge®8’ These uplift charges have been acceptable when demand
response resources were called for five to ten hours per year under peak conditfoequbnt

participation by demand response resources will eventually lead to unsustiang®lyplift

charges for the rest of the markét.

These issues will distort incentives for demaide participation and undermine the benefits to
the overall market. Hence, we recommend NYISO evaluate these concerns and consider
potential reform. In addition, it would be beneficial for the Commissiaeéxamine the Order
745 mandate to pajemand response resourcesltne® even whentieyrealize a cost reduction
from not consuming

Enhance Planning Processes

20223: Improve transmission planning assumptions and metrics to better identify
and fund economically efficient transmission projects.

In recent years, NYISO transmission planning has been driven solely by the need to integrate
expected future renewable resources under the Public Policy Transmission ProcBssTiiPT
NYISO6 Economic Planning Process foessn longterm informational forecasting of the
resource mix and congestion pattetingife Outlook)that forms the basis for eventual

evaluation of projects in the PPTPBeficienciesn the methodology used for evaluating benefits
may cause NYIS@ed solicitations for public policy transmission to select a project thattfails

206 seeCommission Order 745, datédarch 15, 2011Docket No. RM1617-000. Throughout the record, the
term fAf uulsédah diphemismser payingademand respongwoviderfor load reductioreven
thoughit is avoidinga charge for consuption.

207 Eor exampleif amarket has 100 MW of generation serving 100 MW of load at an LBMP op&B8MWh
theloads will pay out $3,000 per hour and the generators will receive $3,000 perdtre@R provider
provides 1 MW of load redtion, total generatiomnd loadwill be reduced to 99 M\\Wbutloads will have to
pay for 100 inWding®9 MiAsofigenetatiomand 1 MW BR. Consequently, the 99 MW
of remainingload customers will each p&p.30per MWhof uplift in addition to the $30BMP.

208 pemand response activatiaill be paid thd.BMP in hours wherit exceeds the Minthly Net Benefits

Thr es Md B d,avfich islikely to occur forhundreds or thousands loburs per yearSeehere
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efficiently address the underlying need or that is not the best among competing piojtuts.
report we recommend the following enhancements that will lead moreeffestive projects to
be selected in future solicitations:

d) Update the methodology of the Outlook study to better account for market incentives of
renewable and storage resources;

e) Evaluate economic and PPTN projects usipgogectcase that considers changes to the
resource mix resulting from the Project's inclusion; and

f) Estimate transmission project benefits based on their NYISO market value.

C. Discussion of Recommendations Made in Previous SOM Reports

During the development of each State of the Market Report, we review the progress that has

been made toward the evaluation and/or implementation of recommendations made in previous
reports. Normally, we remove a recommendation from the list if NYISO kBasmded to the

substance of the recommendation by modifying an operating practice or by filing market rule
changes and the Commission has accepted them (or they are largely uncontested). In some cases,
we remove a recommendation from the list if it becoapgmrent that the cost of

implementation would be significantly greater than originally anticipated, there is a material

change in the underlying drivers for the recommendation, or there is little prospect for adoption.

Recommendations removed since the 2023 SOM Report

We have removed from this report the following recommendations that were made in the 2023
State of the Market Report:

20171: Model local reserve requirements in New York City load pockdtsis
recommendation has been replaced with similar recommendation-£2024ch applies to load
pockets throughout the NYISO footprint.

2021:-2: Model full reserve requirements for Long Island his recommendation has been
replaced with similar recommendation #2@R4vhich applies to load pockets throughout the
NYISO footprint.

201213: Adjust look ahead evaluations of RTD and RTC to be more consistent with the timing
of external transaction ramp and gas turbine commitnieWhile NYISO has not made market
reforms that would address our concerns with the inconsistent timing of key steps in RTC and
RTD which currently lead to inefficient reaime scheduling and dispatch, we are reassessing
how potential solutions contempgakin this recommendation would be best combined with
efforts to integrate intermittent renewables and atieg¥conventional resources. We will

continue to evaluate these issues in future reports.
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Appendix i Market Outcomes

l. M ARKET PRICES AND OUTCOMES

The New York ISO operates a mesettlement wholesalmarket system consisting of

financially binding dayahead and redgime markets for energy, operating reserves, and
regulation (i.e., automatic generatioontrol). Through these markets, the NYISO commits
generating resources, dispatches generation, procures ancillary services, schedules external
transactions, and sets markétaring prices based on supply offers and demand bids.
Additionally, theNYISO operates markets for transmission congestion conaadtgstalled
capacity, which are evaluated$®ctiondll andVI of the Appendix.

This section of the appendix summarizes the market results and performan24imth@e
following areas:

1 Wholesale market prices;

Fuel pricesandgeneration by fuel type;

Fuel usage under tight gas supply conditions;
Emissions from internal generators;

Load levels

Day-ahead acillary services prices;

Price corrections;

Day-ahead energy market performance; and

= =4 =4 4 -4 -4 -2 -2

Day-ahead ancillary services market performance.

A. WholesaleMarket Prices

Figure A1: Average AlIn Price by Region

The first analysislisplaysthe total costs of serving load from the NYISO marlestshe aHlin
price for electricity. This value represents the sum of/adllesale market costmcluding
energy, uplift, capacity, ancillary services, and NYISO cost of operations. Tihepaite is
calculated for various locations in New York Statdlecting the substantial variability in
capacity and energy prices by locatibmthis metric:

1 The energy componentis loadweighted average retime energy prices.

1 The capacity componenis derived fromclearing prices in the monthly spot auctions
and capacity obligations in each area, allocated over energy consumption in that area.

1 The uplift componentincludes bothHocal and statewide uplittostsfrom Schedule 1
charges, allocated over the energy consumed in the area.

1 Ancillary servicescostsare distributed evenly across all locatidmspurposes of this
metric

Figure A1 shows the average afi prices along with the average natural gas prices frdz 20
to 224 at the followingsevenocations: (athe West Zone (i.e., Zone A)) the North Zone
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(i.e., Zone D); (c) Central New Yolke., Zons B, C, and E;, (d) the Capital Zone (i.e., Zone

F); (e)the Lower Hudson Valley region (i.e., Zones G, H, and))Néw York City (i.e., Zone

J); and @) Long Island (i.e., Zone K). The majority of congestion in New York occurs between
and within theseegions.

Figure A-1: Average All-In Price by Region
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Natural gas prices are based on the following gas in(fites a transportation chargéa) the
Niagaraindex from December to March and Tennessee Zone 4 200L index during the rest of the
year for the West Zone and Central New Y,dI® the Iroquois Waddington index for the North
Zone; (c)theminimum of Tennessee Zone 6 dnoljuois Zone 2ndicesfor the CapitalZone

(d) the average of Iroquois Zone 2 index andfted CO M3index for Lower Hudson Valley

(e) the Transco Zone 6 (NY) index for New YorkyG and (f)the Iroquois Zone 2 index for

Long Island?®® An incremental 6.9 percent tax rate is also reflected in the natural gas prices for
New York City. Anincremental 1 percent tax rate is reflected for Long Island.

Figure A2: Day-Ahead Electricity and Natural Ga3osts

Figure A-2 showsload-weightedaverage natural ga®stsandloadweightedaverage dayahead
energy prices irach month of 202tr the seven locations shownhigure A2. The inset

209 The following tansportation costs are included in the delivered prices for each :rég)i$6.27 per

MMBtu for ZonesA throughl, (b) $0.20 per MMBtu for Mw Y ork City, and(c) $0.25 per MMBtu for
Long Island.
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table shows the annual averages of natural gas costs and LBMPs for 2023 anéllt@idh
hydro and nuclear generators prodougch of the electricity used by New York consumers,
natural gas unitasually set the energy price as the marginal esipecially in Eastern New
York.?10

Figure A-2: Day-Ahead Electricity Pricesand Natural Gas Costs
By Month, 2024

$100 2023 2024 $10
LBMP NG Cost| LBMP NG Cost
m West (Zone A) $26.74 $2.12 | $33.85  $2.13
m CentralNY (Zone BCE)| $28.30 $2.14 $36.22  $2.16
@ North (Zone D) $24.79 $3.11 | $3355  $2.68
$80 B Capital (Zone F) $38.58  $3.19 $41.03  $3.13 * $8
@ LHV (Zone GHI) $35.59  $2.92 | $40.91  $2.87 =
= O NYC (Zone J) $35.43 $2.26 | $41.35 $2.56 M
= ® || (Zone K) $44.36  $3.55 | $47.81  $3.22 §
E S~
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Figure A-3: Average Monthly Implied Marginal Heat Rate

The following figure summarizes the monthly average implied marginal heat rate, which
highlights changes in electricity prices that are not driverfiug} pricefluctuatiors.

ThelmpliedMarginal HeatRateis calculated athe dayahead electricity priceninus a generic

unit Variabl e Operati ons ainided bythe fueltcesttltatn c e ( A VO
includesthe natural gasost and greenhouse gas emission cost (i.e., RGGI Allowance Cost). For
examplejf the electricity price is 80 per MWh the VOM cost is $3 per MWlthe natural gas

price is 8 per MMBtu, and the RGGI clearing price is $13 perL£owance, then, the implied

marginal heat ratevould indicatethat a generator with@8 MM Btu per MWh heat rate is on the

margin?!!

210 The prevalence of natural gas units as the marginal resource is apparent from the strong correlation

between LBMPs and natural gas prices, particularly in Eastern New York

211 In this example, the implied marginal heat rate is calculatedd@sM$vh i $3/MWh) / (3/MM Btu +

$13/ton * 0.06 ton/MMBtu emission rate), which equal8MM Btu per MWh.
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Figure A-3: Average Monthly Implied Marginal Heat Rate
Day-Ahead Market, 2024

Average
Implied
18 Marginal Heat
Rate
2023 2024
16 mWest (Zone A) 83 90
mCentraINY (Zone BCE) 8.8 9.6
14 ENorth (Zone D) 5.9 7.8
BCapital (Zone F) 9.6 8.8
12 BLHV (Zone GHI) 93 91
ONYC (Zone J) 109 100
10 BL| (Zone K) 10.2

Implied Marginal Heat Rate (MMbtu/MWh)
[e0)

0
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Figure A-3 shows the loadveighted average implied marginal heat rateanh month of 2024

for the seven locations shownkigure A1 andFigure A2. The table in the chart shows the
annual averages of the implied marginal heat rates in 2023 and in 2024 at these loBgtions.
adjusting for variation in natural gas prices, the implied marginal heat rate shows more clearly
the seasonal variation in electricity prices.

Figure A4 Figure A5: Price Duration Curves and Implied Heat Rate Duration Curves

The following two analyses illustrate how prices varied across hours and locatiguse A4
shows seven price duration curves for 2024, one for each of the folleetipns (a) the West
Zone (i.e., Zone A)(b) the North Zone (i.e., Zone D); (c) Central New Yik., Zons B, C,
and B; (d) the Capital Zone (i.e., Zone F); the Lower Hudson Valley regidie., Zones G, H,
and 1); £) New York City (i.e., Zone J); and) Long Island (i.e., Zone K)Each curve irFigure
A-4 shows the number of houfisorizontal axi$ when the loadveighted average retéime price
in each region exceedélde corresponding prickevel (vertical axi3. Additionally, the table in
the chart shows the number of hours in 2024 at each location when thimmeeptice exceeded
$100, $200, and $500 per MWh.

The price duration curves show the distribution of prices in wholesadtricity markets where
asmall number ohours exhibitedrery high price that are typically associated with shortages
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Pricesduring shortagemayrise to more than ten times thenualaverage price leveimeaning

that evera limited number of price spikes can significgnimpactthe average price levét?

RealTime Prices ($/MWh)

Figure A-4: Real-Time Price Duration Curves by Region

2024
$300 ‘
Number of Hours
>$500 >$200 >$100
$250 — West (Zone A) 3 21 131
North (Zone D) 4 25 169
Central NY (Zone BCE) 3 21 166
$200 | — Capital (Zone F) 7 41 275
‘ LHV (Zone GHI) 4 31 249
NYC (Zone J) 6 67 344
— LI (Zone K) 10 72 470
$150
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$50 v
$0 T T T T T T T T ﬁ
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Figure A5 shows the implied marginal heat rate duration curves for each location from the

previous chart during 2024. Eactrve shows the number of hol®rizontal axiy) when the
implied marginal heat rate for each s@gion exceeded the correspondienel (vertical axi3.

The calculation of the implied marginal heat rate follows the same methodologligara A-3
except that this is based on r#iale prices rather than dahead prices. The inset table
compares the number of hours in each region when the implied heat rate exceeded 8 and 11
MMBtu per MWh between 2023 and 2024.

212

I n other words, the distribution
price is greater than the median price due to the impact of shortage pricing hours.

of

energy

prices
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Figure A-5: Implied Heat Rate Duration Curves by Region
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B. Fuel Pricesand Generation by Fuel Type

Figure A6 to Figure A9: Fuel Prices RGGI Costs, and Generation by Fuel Type

Fluctuations indssil fuel pricesespecially natural gas pricégve been the primary driver of
changes in wholesatdectricity pricesover the past several yedts. This isbecausduel costs
account for most of the marginaloduction costs of fosdiliel generators.

Some generators in New York hasgalfuel capability, allowing them to burn either oil or
natural gas. These generators usually burn the most economiwliig often translates to
using natural gas as the default choice for most of the Wtarations may arise, however,
where some generators optoarn oil evenf it is more expensivedue to specific circumstances
or operational consideratioA¥. Since most large steam units can beither oilor natural gas,

213 Although much of the electricity generated in New York is from hglirciric anchuclear generators,
natural gas units are usually the marginal source of generation. Hence, natural gas prices more directly
affect wholesalelectricity prices.

214

For instancenatural gasnay bedifficult to obtain on short noticeln addition, New York City and Long
Island reliability rules sometimes require that certain units burn oil to limit the exposure of the electric grid
to possible disruptions in the supply of natural gas.
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the effects of natural gas price spikesetectricity pricesduring periods of high volatilitare
partly mitigated by generators switching to“fl.

Natural gas price patterns are normally consistent between different regions in New York, with
eastern regions typically having a small premium in price compared to the western zones.
However, bottlenecks on the natural gas system can lead to signifiifargnces in delivered

gas costs by area, particularly during peak winter conditions. This in turn can produce
comparable differences in energy prices when network congestion occurs. The natural gas price
differences generally emerge by pipeline anadye. We track natural gas prices for the

following pipelines/zones, which serve different areas in New York.

1 Tennessee Zone 6 prices are representative of natural gas prices in the Capital Zone as
well as in portions of New England;

1 Transco Zone 6 (NY) prices are representative of natural gas prices in New York City;

1 Iroquois Zone 2 prices are representative of natural gas prices in the Capital Zone and
Long Island;

1 TETCO M3 prices and Iroquois Zone 2 are representative of natural gas prices in various
locations of the Lower Hudson Valley region; and

1 Tennessee Zone 4 200L prices are representative of natural gas prices in portions of
Western New York.

Figure A-6 shows averageatural gas and fuel girices by month fronr2021 to 2024 The table
compares the annual average fuel prices for these four y€ars.

Reginal Greenhouse Gas Initiative (RGGI) allowance prices have increased substantially over
the past few years, contributing significantly to the costs of electricity production in 2024. In
Figure A7, the upper portion shows monthly RGGI allowance prices 2019 to 2024, while the
lower portion illustrates the equivalent energy costs, expressed in $ per MWh, for hypothetical
generating units with heat rates of 7,500 Btu/kWh and 10,000 Btu/kWh, respettive

Figure A7 shows the quantities of generation by fuel type in seven regions of New York in each
quarter of 2024 as well as for all the NYGA. The table in the chart shows annual average
generation by fuel type from 2022 to 2024.

215 Conventional steam units that have diwadl capability are required to burn No. 2 oil (ULSD) in New York

City, but they generally burn No. 6 residual fuel oil in other areas.

216 These are index prices that do not include transportation chargegplicable local taxes

217 The equivalent energy cost equals RGGI pti€e06 shortton/MMBtu * unit heat rate

218 Pumpedstorage resources in pumping modetegated as negative generatiohh e fA Ot her 06 cat egol

includes methane, refuse, solar, and wood.
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Figure A-6: Monthly Average Fuel Index Prices
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Figure A-7: RGGI Allowances Prices and Equivalent Energy Cost
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Figure A-8: Generation by Fuel Type in New York
By Quarter by Regior2024
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Figure A9 summarizes how frequently each fuel type was on the margin and settitigheeal

energy prices in New York State and in each region of the state during 2024. The table in the
chart shows annual statistics by fuel type from 2022 to 20R&%e than one type of unit may be
marginal in an interval, particularly when a transmission constraint is binding (different fuels
may be marginal in the constrained and unconstrained atdas}e, the total for all fuel types

may be greater than 100 percent. For example, if hydro units and gas units were both on the
margin in every interval, the total frequency shown in the figure would be 200 percent. When no
unit is on the margin in a gasular region, the LBMPs in that region are set by: (a) géoeran

other regions in most intervals; or (b) shortage pricing of ancillary services or transmission
constraints in a small share of intervals.

The fuel type for each generator in b&igure A7 andFigure A9 is based on its actual fuel
consumption reported
Energy I nformation Admini

to the U.S.

strati on

Envi

ronment a

(AREI AD) .
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Figure A-9: Fuel Types of Marginal Units in the RealTime Market in New York
By Quarter by Regior2024
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C. Fuel Usage Under TightGas Supply Conditions

The supply of natural gas is usually tight in the winter season due to increased demand for
heating. Extremeweather conditions often lead to high and volatile natural gas prcksge

share of generators in Eastern New York has-tivelcapability, allowing them to switch to an
alternative fuel when natural gas becomes expensive or unavailable. However, the increase in
oil-fired generation during such periods may be limiteddweral factors, including:

1 Not having the necessary air permits;

1 Not having oitfiring equipment in serviceable condition;
1 Low onsite oil inventory;
1

Physical limitations and gas scheduling timeframes that may limit the flexibility of dual
fueled units to switch from one fuel to the othamd

1 NOx emissions limitations.
This subsection examinastualfuel usage in the winter @024 focusing on the portion of the

year where the supply of natural gas is likely to be tight. This has histoheallg big impact on
the system operations, especially in Eastern New York.

A-10 | 2024 STATE OF THE MARKET REPORT



Appendix i Market Outcomes

Figure A10: Actual Fuel Use and Natural Gas Prices in the Winter

Figure A10summarizs the average hourly generation by fuel consumed in Eastern New York

daily during the winter months of 2024 (including the months of January, February, March, and
December).

Figure A-10: Actual Fuel Use andNatural Gas Prices
EasterrNew York, Winter Months, 202
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The figure showactual generation for the followirfgel categories: (a) oil; (maturalgas; (c)
hydrg (d) nuclear; and (eall other fuel typess a group.In addition, the figure shasvthe day
ahead natural gas price index for Iroquois Zone 2 and Transco Zone 6 TN& figure also
compares these quantities by month for the samenfaumth period between 2022 and 2024.
Each day in the charépresents a 2dour gas day, which starts from 10 am on each calendar
day and ends at 10 am on the nex¢éwdar day.

D. Emissions from Internal Generation

Power plants generate three main air pollutants when generating electricity: sulfur di)je (
nitrogen oxidesNOx), and carbon dioxidegJ0O;). These emissions from electricity generation
vary by type of fuel, energy technology, and power plant efficiency and have declined
substantially since the inception of the NYISO markets. Policy makers have set up aggressive
agenda in recent years fan ambitious clean energy transitioom conventional energy
resources. It is important ftne NYISO marketto provide strong and clear incentives to attract
new technologies and help integrate clean energy resources. This subsection examines the
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emission levels of the threeajor pollutantgrom internal generation resources in the NYISO
markets.

Figure A-11: Historical Emissions by Quarter in NYCA

Figure A11shows the historical trend of annual total emissions since 2000 in the NYISO
footprint for CQ, NGOy, and SQby quarter.

Figure A-11: Historical Emissionsof COz2, NOx, and SQ in NYCA
By quarter, 2002024
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Figure A12- Figure A13. Emissions by Region by Fuel Type

The following two figures show quarterly emissi@tsoss the system by generation fuel type
for COz, and NOX, respectively. Emission values are given for seven regions as well as the
system as a whole for 2023 and 20Pde emission tonnage is given by aggregating the total
pollution from operations on the various fossil fuel types for each month of the qliagenset

table in each chart provides summary data on the total tonnage of emissions byefuel typ
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CO2 Emissions (Million Short Ton)

NOx Emissions (Short Ton)

Figure A-12: CO2 Emissionsby Region by Fuel Type
by quarter 2023-2024
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Figure A-13: NOx Emissions by Region by Fuel Type
by quarter 2023-2024
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E. Load Levels

Figure A-14: Load Duration Curves for New York State

The interactiorbetweerelectric supply and consumer demasdnother key driver girice

movements in New YorkSinceyearto-yearchanges in supply are usually smélictuations in

electricity demand explain much of tekortterm variationsn electricity prices. Thaighest

load hours argoarticularlyimportant as they account fa disproportionately large sharehafth

market costs to consumers and revenues to generators.

Figure A-14 presents load duration curves that illustdgenandvariationover the pasthree

years. Thesecurves show the number of ho®rizontal axi$in which the statewide load was

greater than or equal to therrespondindevel (vertical axi3. Additionally, the inset table

provides the annual average load levels for the past ten years and the number of hours in each

year when the system load exceeded 28, 30, and 32 GW.
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F. Day-Ahead Ancillary Services Prices

Figure A-14: Load Duration Curves for New York State

—2022
—2023
—2024

20227 2024
Year Peak Average Number of Hours:
Load (GW) | Load (GW) | >32GW >30GW >28GW

2015 311 18.4 0 23 105
2016 32.1 18.3 1 33 163
2017 29.7 17.9 0 0 43
2018 31.9 18.4 0 59 167
2019 304 17.8 0 11 66
2020 30.7 17.1 0 5 61
2021 30.9 17.3 0 12 74
2022 305 174 0 6 56
2023 30.2 16.8 0 1 24
2024 29.0 17.2 0 0 31
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Figure A15: Day-Ahead Ancillary Services Prices

The NYISO schedules resources to providergy, operating reserves, argjulation service in
the dayahead and redime markets. The NYISO eoptimizes the scheduling of these products
such that the combined cost of all products is minimized. Given that available supplies must
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satisfy energy demand and ancillary services requirements simultaneously,arkeencillary
servicegricesbothreflect the costs to the system of diverting resources to provide ancillary
services that would otherwise provide energy. Hence, ancillary services prices generally rise and
fall with the price of energipecause it influences the level of these opportunity costs

NYISO has foumarketbasedancillary services products: 4flinute spinning reserves, -10

minute total reserves, 3Qinute reserves, and regulation. In addition, the NYISO has locational
reserve requirements that result in differences betWéestern Eastern SoutheasNew York

and New York Cityreserve pricesThe figureshowsthe average dagthead prices for these four
ancillary services products in each month of 2023 and 2024. The prices are shown separately for
the following four distinct regions: Y&ew York City, (b) Southeast New York (including

Zones Gl and Zone K); (b) the Capital Zone (Zone F, in Eastern New York but outside

Southeast New York); and (c) West New York (including Zonds)A

Figure A-15. Day-Ahead Ancillary Services Prices
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The stacked bars show three price components for each region:rali@ spinning
component, the Xinute norspin component, and the-Bdinute component, each representing
the cost of meeting applicable reserve requirements. Take NewCitgres an example

1 The 30minute component represents the cost to simultaneously meetthie 3@
reserve requirements for New York City, Southeast New York, East New York, and
NYCA;
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1 The 10minute norspin component represents the cost to simultaneously meet-the 10
minute total reserve requirements for New York City, East New York and NYCA
(Southeast New York does not have a separataifQte total reserve requirement); and

1 The 10minute spinning component represents the cost to simultaneously meet the 10
minute spinning reserve requirements for East New York and NYCA (New York City
and Southeast New York do not have separat@ib@te spinning reserve requirements).

Therefore, in the figure, the d@inute reserve price in each region equals itmdtute

component, the inute norspin reserve price equals the sum of itgy@Aute component and
10-minute norspin component, and the-blinute spinning reserve pricguals the sum of all

three price components. The blue dashes give thaliegd regulation capacity prices for the
system. Finally, the inset table compares average final prices (not the components) in 2023 and
2024 on an annual basis.

G. Price Corrections

Figure A16: Frequency of Realime Price Corrections

All real-time energy markets are subject to some level of price corrections to account for
metering errors and other data input problems. Moreover, price corrections are required when
flaws in the market operations software or operating procedures lead far be calculated
erroneously. Accurate prices are critical for settling market transactions fairly and sending
reliable reaitime price signals. Less frequent corrections reduce administrative burdens and
uncertainty for market participants. Henités important to resolve problems that lead to price
corrections quickly to maximize price certainty.

Figure A-16: Frequency of ReaiTime Price Corrections
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The figuresummarizes the frequency of price corrections in thetial energy market in each
monthfrom 2022 to 2024 The table irthe figureindicatesthe change in thigequency of price
correctionsover the past several years. Price corrections continue to be very infrequent.

H. Day-Ahead Energy Market Performance

The dayahead market allows participants to make forward purchases and sales of power for
delivery in realtime. Participants can use the gatyead market to hedge risks associated with

the realtime market, and the system operator usesat@ad bids andffers to improve the
commitment of resourcesSimilarly, loads cannsure against price volatility in the reahe

market by purchasing in the dajpead market. Suppliers can avoid the risk of stattptheir
generatas on an unprofitable day sintiee dayahead auction market will only accept their
offerswhencommitments are profitahleln addition to the value it provides individual market
participants, perhaps the greatest value of theatt@ad market is that it coordinates the overall
commi t ment of resources to satisfy the next

In a wellfunctioning system with daghead and redaime markets, we expect that dalgead
and realtime prices will not systematically diverge from one another. lfalasad prices were
predictablyhigherthan realtime prices, buyers would increase purchases irtiraal
Alternatively, if dayahead prices were foreseealalyer than realtime prices, buyers would
increase purchases dafieadvice versa for sellers)

Price convergence is desirable because it promotes efficient commitment of generating
resources, procurementfoiel, and scheduling of external transactioRsrsistent differences
between dayahead and redime prices can undermine incentives for suppliers to offer at
marginal cosin the dayahead marketWe expect random variations from unanticipated
changes in supply and demand between the two markets on atodmur basis, but persistent
systematic differences between eyead and redime prices would raise potential concerns.

Figure A17 & Figure A18: Average DayAhead and Realime Energy Prices

In general, dayahead prices are based on the expectations efimeimarket outcomes and are
influenced by several uncertainties. First, demand can be difficult to forecast with precision and
the availability of supply may change due to forced outagesimerous other factors. For

example, the operators may commit additional generation for reliability after treehdag

market, increasing the supply available to the-tiea market. Second, special operating
conditions, such as thunderstorm alertayralter the capability of the transmission system in

ways that are difficult to arbitrage in dapead marketsAccordingly, dayahead prices reflect

the probabilityweighted expectation of infrequent highiced events in the retime market.

Figure A17 andFigure A18 compare dayahead and redime energy prices in WeZbne
Central Zone, North Zone, Capital ZommdHudson Valley, New York City, and Long Island.
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Figure A-17: Average DayAhead and RealTime Energy Pricesin Western New York
West, Central, antlorth Zonesi 2024
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Figure A-18. Average DayAhead and ReaiTime Energy Prices inEastern New York
Capital,Hudson Valley, New York City, and Long Island®024
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The figures aréntended to reveal whether there are persistent systematic differences between the
load-weightedaverage dayahead prices and retine prices at key locations in New YorKhe
barsshowaveraganonthlyday-ahead and redgime pricesnveighted on the hourly daghead

loadin each zone The inset tables report the percentage difference between the average day
ahead price and the average +t@ale price, as well as the average absolute value of the

difference between hourly dahead and redime prices in the past three years. The latter

metric measures the typical difference between theatiead and redime prices in each hour,
regardless of which is higher. This metric is substantially affected byimeaprice volatility.

Transmission congestion can lead to a wide variation in nodal prices witbire, while the

price of each zone is a loagkighted average of the nodal prices in the zone. Hence, the pattern
of intrazonal congestion may differ between the-dagad market arttie reattime market,

leading to poor convergence at individual nodes ¢weaghconvergence is good at the abn

level.

The pattern of intrazonal congestion may change between thehéag market and the real
time market for many reasons:

1 Generators may change their offafter the dayahead marketThis is common during
periods of fuel price volatility or when natural gas is more easily procuredtozad.

1 Generators may be committed or@mnmitted after the daghead market, changing the
pattern of transmission flows.

1 Constraint limits used to manage congestion may change from trehdag market to
the realtime market.

1 Transmission constraints that are sensitive to the level of demand may become more or
less acute after the dahead market due to differences between expected load and actual
load.

1 Transmission forced outages, changes in the scheduled transmission maintenance, and
differences in phase angle regulator settings can result in different congestion patterns.

In general, virtual trading and prisensitiveload bidding help improve convergence by
facilitating arbitrage between dahead and redime prices. But the NYISO is currently unable
to allow market participants to subreithervirtual tradesor price sensitive load bids at the load
pocket levebr a more disaggregated levdlhus,good convergence at the zonal level may mask
a significant lack of convergence within the zone.

I. Day-Ahead Reserve Market Performance

The NYISO ceoptimizes the scheduling of energy, operating reserves, and regulation service
such that the combined production cost of all products is minimized in thehéay and real

time markets. The energy and ancillary services markets place demé#melsame supply
resources, so prices for energy and ancillary services are highly correlated, and scarcity in the
energy market is generally accompanied by a scarcity of ancillary seg&esthe dayahead
energy market, a weflerforming dayaheadancillary service market will produce prices that
converge well with reatfime market prices.
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In the market for energy, virtual trading improves convergence betweesthdayg and redime

prices, which helps the ISO commit an efficient quantity of resources in trehéay market.

In the ancillary services markets, on the other hand, only arycgervices suppliedirectly
participateand no virtual trading of ancillary services is allowed. Procurement of ancillary
services is managed by the ISO, which obtains the same amounts of ancillary services in the day
ahead and redgime markets baseah reliability criteria and without regard to price. Therefore,

when systematic differences arise betweenatsad and redaime ancillary services prices,

ancillary services suppliers are the only entities able to arbitrage them and improve convergence

Figure A19to Figure A21: Distribution of dayahead price premiums for reserves

To evaluate the performance of the @dnyead ancillary service markets, the followihgee
figuresshow the monthly daghead and redaime average prices for: (a) Westerni@thute

reserve prices; (b) Eastern-ftinute spinning reserve prices; and (c) Eastermitiute noRspin
reserve prices. These prices are shown for each month of the past twd lgeanset table for

each chart shows the annual averages for each year e @erage daghead price(b) the

average redime price (c) the difference between the average ddead price and tteserage
reattime price and (d)the average absolute difference between theatiaad price and the real

time price. Average absolute difference between the two prices provides a better metric for how
consistent the convergence betweenalagad and redgime prices are than the simple average.

Figure A-19: Day-Ahead Premiums for 38Minute Reserves in West New York
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Figure A-20: Day-Ahead Premiums for 10-Minute Spinning Reservesin East New Y ork
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Figure A-21: Day-Ahead Premiums for10-Minute Non-Spin Reservein EastNew Y ork
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J.  Regulation Market Performance

Figure A22. Regulation Prices and Expenses

Figure A-22 shows the regulation prices and expenses in each month of the past two years. The
upper portion of the figure compares the regulation prices in thaltizgd and redime

markets2!® The lower portion of the figure summarizes regulation costs to NYISO customers,
which include:

1 Day-Ahead Capacity ChargeThis equals dayhead capacity clearing price times
regulation capacity procured in the dalyead market.

1 RealTime Shortage RebateThis arises when a regulation shortage occurs in the real
time market and regulation suppliers have to buy back the shortage quantity at-the real
time prices.

1 Movement Chargé This is the compensation tegulation resources for dispatching up
and down to provide regulation service. The payment amount equals the product of: (i)
the realtime regulation movement price; (i) the instructed regulation movement; and
(iii) the performance factor calculated the regulation service provider.

Figure A-22. Regulation Prices and Expenses
by Month, 20237 2024
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219 The dayahead and redime regulation prices shown in the upper portion of the chart represent the
composite value of the capacity price and a movement component.
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. ANALYSIS OF ENERGY AND ANCILLARY SERVICES BIDS AND OFFERS

In this section, wanalyze energy and ancillary servited and offer patterns tassessnarket
efficiency andensure thamarket participant conduatigns witheffective competition.
Specifically, this section evaluates the following areas:

Potential physical withholding;
Potentialeconomic withholding;

Market power mitigation;

Operating reservesfers in the dayahead market;

= =2 =4 A A

Loadbidding patterns; and
1 Virtual trading behavior.

Supplierswith market power can exgse itin electricity markets by withholding resources to
increase the market clearing priétysicalwithholdingoccurs when a resource is derated or not
offered into the marketespite beinggconomic to produce energy (i.e., when the market clearing
price exceeds the e s o unargigabcest). Suppliers may also physically withhold by
providing inaccurate operating characteristgigch as excessively long stap notification

times Economicwithholdingoccurs whera supplier raisess offer price to reduce its output
below competitive levels or otherwigereasanarket clearing price Potential physical and
economic withholding are evaluated in subsectidrsdB.

I n t he NYI S OO&ascompetitivegenerataotes equals itsnarginalproductioncost.

Absent market power, a supplier maximizes profits by producing output whetsguerduction

costis lowerthan the LBMP. However, a supplier with market pomey profit from

withholding when its losses froreducedutpust are offset byts gains fromhigherLBMPs.
Accordingl vy, NYI SO6s mar ket power mitigation
marginal costs if their uncapped offers substantially exceed their estimated marginal cost and
would materially impact LBMPs. In recent years, marginal cdshates have become more

uncertain during peak winter periods because of gas scheduling limitations and gas price

volatility. As a result, the efficiency of mitigation measures depend on the accuracy of fuel cost
estimates. Market power mitigation is exatled in subsectio@.

The NYISO ceoptimizes the scheduling of energy and ancillary servicbstimthe dayahead

and realtime markes. This ceoptimizationensures thatricesfor energy and ancillary services
reflectproper opportunitgostsof diverting resourcefom energyto ancillary servicesCo-
optimization also reduces the potential for suppliers to exercise market power for a particular
ancillary service product by allowing the market to flexibly shift resources between products,
thereby increasing the competitito provide each product. Offer patterns for key operating
reserve products in the dayead market are evaluated in subseddon

Buyer behavior also influences energy pricemderscheduling load generally lonssday-
ahead prices arldads tansufficient commitment for regime needs.Alternatively, wver-
schedulingoadtends to raise dagthead prices above rda@he prices. Thus, market participants
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have incentives to schedule amounts of load consistent withimesload. The consistency of
day-ahead load scheduling with actual load is evaluated in subsé&ction

Virtual tradingplaysan importantole in overall market efficiency by impravwg price
convergence between dahead and redime marketstherebypromotingefficient commitment
and scheduling of resources in the -@dyead marketWhen virtual trading is profitable, it
generally promotes convergence betweenaltagad and redime prices and tends to improve
the efficiency of resource commitment and scheduling. The efficiency of virtual trading is
evaluated in subsectidn

A. Potential PhysicalWithholding

We evaluate potential physical withholding by analyziagrahead and redime generator
deratingsof economic capacity as well as economic capacity that is unoffered-tinmeal A

derating occurs when a participant reduces the maximum output available from the plant. This
can occur for a planned outage, a kiegn forced outage, a shaerm forced outageor without

any logged outage recard\ derating can beitherpartial (maximum output is reducedt

greater than zero) or complete (maximum atip zero). Unoffered economic capacity in real

time includes quicistart units that do not offer in retine and online baseload units that offer

less than their full capabilityThe figures in this section show the quantity efadngs and

unoffered reatime capacity as a percent of tofspendable Maximum Net Capability
(ADMNCO) from al |l g e n the mostoeceat DMMC test value gfieatm b a s e
generatar Shortterm Deratinggnclude capacity that is derated for seven days or fewer. The
remaining deratings are shownlamg TermDeratings??°

We focus patrticularly on shetérm deratings and retime unoffered capacity because tlaeg

more likely to reflect attempts to physically withhold treaelong-term derangs, sincet is less
costly to withhold a resource for a short peridaking a longterm forced outage would cause a
supplier to forego the opportunity to earn profits during more hours when the supplier does not
have market powerNevertheless, the figures in this subsection evaluatetknng deratings as

well, since they stilmay be an indication of withholding.

We focus on suppliers in Eastern New York, since thisiastadesroughlytwo-thirds of the
St at e @éontaihssevatal areas witmited import capability, and is more vulnerable to the
exercise of market power tha\Western New York.

We also focus on economic capacity, since derated and unoffered capacity that is uneconomic
does not raise prices above competitive levels and, therefore, is not an indicator of potential
withholding. The figures in this subsection show the portion aitddrand unoffered capacity

that would have been economic based on Reference Levels and markefprides.

assessment determines economic commitment of baseload units bdsgeéhbeadrices
consideringstartup, minimum generation, and incrementakts. Economic dispatch of

220 For our analyses of physical and economic withholding, we exclude unoffered capacity from hydro, solar,

wind, landfill-gas and biomass generators as well as nuclear units on planned maintenance outages.

221 This evaluation includes a modest threshold, which is described in subs®etion A Lower Thr eshol
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baseload units is based on RTD prices considering ramp rate limit&aQsick-start units that
were economic to commit must have been economic at both forecast RTC prices and settlement
RTD prices??®

Figure A23- Figure A26: Unoffered Economic Capaciby Month Load Level, &
Portfolio Size

Figure A23andFigure A24 show the broad patterns of deratings andiea unoffered
capacity in New York State and Eastern New York in each month of 2023 and 2024.

Mostwholesale electricity production comes from baseload and interméolateenerating
resources Higher-cost resources are used to meet peak loads and constitute a very small portion
of the total supply. This causes the market supply curve ¢corbparativelyflat at low and

moderate output levels and steeply sloped at high output IeMeésefore, as demand increases
from low load levels, pricesgse graduallyuntil demand approaches peak leyatswhich point

prices can increase quickly as tlwsttier units are required to meet load. The shape of the

market supply curve has implications for evaluating market paveenely that suppliers are

more likely to have market power broad areaander higher load conditions.

Figure A-23: Unoffered Economic Capacityby Month in NYCA
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222 If a baseload unit was committed by the DAM, optimal dispatch and potential physical withholding of

incremental energy ranges was evaluated at RTD prices, even if the units DAM reference costs were above
the DAM prices.

223 I
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Figure A-24: Unoffered Economic Capacityby Month in East New York
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To distinguish between strategic and competitive conduct, we evaluate pgibysiall

withholding consideringnarket conditions and participant characteristics that would tend to
createboththe ability andheincentive to exercise market power. Under competitive conditions,
suppliers maximize profits by increasing their offer quantities during the highest load periods to
sell more power at the higher peak priCHsus, we expect competitive suppliers to schedule
maintenance outages during kead peiods, whenever possiblé&Nonetheless, more frequent
operation of generators during high load periods increases the frequency of forced outages,
which can reduce the amount of capacity offered into the matagiacity that is on forced

outage is more likely to be economic during Rigad periods than during lel@ad periods.

As noted previouslya supplier with market power is most likely to profit from withholding in
periods when the market supply curve becomes seagphighrdemand periods) because that is
when prices are most sensitive to withholdittence, we evaluate the conduct relative to load
and participant size iRigure A25andFigure A-26to determinenvhether the conduct is
consistent with workable competition.
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Figure A-25: Unoffered Economic Capacityby Supplier by Load Level in New York
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Figure A-26:. Unoffered Economic Capacity by Supplier by Load Level in East New York
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B. Potential EconomicWithholding : Output Gap Metric

Economic withholding is an attempt by a supplieinftate its offer price to raise LBMPs above
competitive levels.In general, aupplier without market power maximizes profit by offering at
marginal cost becausaflated offer pricesor other offer parameters prevehé unitfrom beng
dispatched when it would have been profitable. Hence, we analyze economic withholding by
comparing & e n e r saupply offérs withits reference level which is an estimate of marginal
cost that is used for market pemmitigation?24 22> An offer parameter igenerally considered

to beabove the competitive level if it exceeds the reference level by a given threshold.

Figure A27to Figure A30: Output Gap by MonthSupplier Size, and Load Level

One useful metric for identifyingotential economic withholdings t he @ dlbet put gap.
output gap is the amount of generation Hygtears to beconomic at the market clearing price

butis not scheduled, either due to bids that exceed the reference levels or due to othéffactors
Weassume that the unitodos competi tTodeteermmé f er pr i
whether a unit is economic, we evaluate whether it would have been economic to commit based

on dayahead prices and whether its incremental energy would have been economic to produce
based on redime prices. Since gas turbines can beesthin realtime, they are evaluated based

on realtime prices.Like the prior analysis gbotential physical withholdingve examinghe

broad patterns of output gap in N&wrk State and Eastern New York, and we additess

relationship of the output gap to the market demand Bvetlparticipant size

The following four figureshow the output gap usittigree thresholdghe statewide mitigation
threshold(i.e.,thelevel used for mitigation outside New York Cjtywhich is the lower of $100

perMWh or 300 percent of ;andtgoesadddiondhreshold:s r ef er enc
Thresholdlis2per cent of a genanrddhreshold 2is IQierteatnfeance | ev
gener at or 6 s.Thetvdb monrnatigatian thfegholds hnesed toidentify abuses of

market power that do not trigger thedsholds specified in the tariff for imposition of mitigation
measuresHowever, since there is uncertainty in the estimation of the marginal costs of

individual units, lower thresholds are more likely to flag behavior that is actually competitive.

Like the analysis of deratings in the prior subsection, it is useful to examine the output gap by
load level and size of supplier because the incentive to economically withhold resources is
positively correlated with these factors. Hence, these figudésaile how the output varies as

224 The method of calculating reference levels is described in NYISO Market Services Tariff, Attachiment H

NYISO Market Monitoring PlasMarket Mitigation Measures, Secti@3.3.1.4. Forsomegenerators, the
reference |l evels are based on an average of the gen
the previous 90 days. The theory underlying this approach is that competitive conditions that prevail in

most hours provide a stromgcentive for suppliers to offer marginal costs. Hence, past accepted offers
provide a benchmar k f oiForsomggemeeators, the reférencetewet igbasedon c o st
an estimate of its fuel costs, other variable production costs, and any other applicable costs.

225 Due to the Fuel Cost Adjustment (FCA) functionality

by a generator for a particular hour or day to account for fuel price changes. The NYISO monitors these
generatoiset FCA reference levels and maguest documentation substantiating a generator FCA.

226 The output gap calculation excludes capacity that is more economic to provide ancillary services.
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load increases and whether the largest three suppliers exhibit substantially different conduct than
other suppliers.

Figure A-27: Output Gap by Month in New York State
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Figure A-28. Output Gap by Month in East New York
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Figure A-29: Output Gap by Supplier by Load Level in New York State
2024
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Figure A-30: Output Gap by Supplier by Load Level in East New York
2024
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C. Day-Ahead and RealTime Market Power Mitigation

Mitigation measures are intended to mitigatteses of market power while minimizing

interference with the market whéns workably competitive NYISO applies conducnd

impact test that can result in mitigation afparticipané bid parameters (i.e., incremental

energy offers, statip and minimum generation offers, and physical paramet&h® .mitigation
measures are only i mposed wdlefmedcadugfhieshadds s d con
and when the effect of that conduct on market outcareseds weltlefined market impact

threshold$?” This framework prevents mitigation when it is not necessary to address market

power, while allowing high prices duringgitimate periods of shortage.

The dayahead and redime market software is automatedoerform conduct and impaadts

and impose mitigation when appropriatBhe mitigation measures are designed to allow prices
to rise efficiently to reflect legitimate supply shortages while mitigating inflatied pricesthat
would otherwise lead tprices above competitive levels duestmnomic withholding.

When a transmission constraint is binding, one or more suppliers may be in a position to exercise
market power due to the lack of competitive alternatives in the constrained area. For this reason,
more restrictive conduct and impact thresholds are usechfmrtconstrained load pockets in

New York City. The ircity load pocket conduct and impact thresholds are determined by a
formula that is based on the number of congested hours experienced over the preceding twelve
month period?® This approach permits the-aity conduct and impact thresholds to increase as

the frequency of congestion decreases, whether due to additional generation or increases in
transmission capability. Anaity offer fails the conduct test if it exceeds thé&rence level by

the threshold or more. daity offers that failthe conducttestare tested for price impact by the

market software If their price impact exceeds the threshold, they are mitigated.

When local reliability criteria necessitate the commitment of additional genersdippliers

may be in a position to exercise market power due to the lack of competithelocal area.
Hence NYISO hasmore restrictive conduct and impact thresheltien a single supplier is
pivotal for satisfying local reliability criteria outside New York C#. The tarifflimits the
startup cost and minimum generation cost offers of such units to conduct thresholds of the
higher of $10 per MWh or 10 percent of the reference el

While uncommon, a generator can be mitigated initially in theadtedad or redime market and
unmitigated after consultation with NYIS®. Mitigation can be reversed for several reasons:

221 See NYISO Market Services Tariffections23.3.1.2 and 23.3.2.1.

228 Threshold = (0.02 * Average Price * 8760) / Constrained Hours. This threshold is defined in the NYISO
Market Services Tariff, Section 23.3.1.2.2.1.

229 In New York City, he startup cost and minimum generation cost offers of wotsmitted for local

reliability are effectively subject to $0 thresholds. See NYISO Market Services Tariff, Section 23.5.2.1.
230 See NYISO Market Services Tariff, Section 23.3.1.2.3.
231 NYISO Market Services Tariff, Section 23.3.3 lays out the requirements for consultakimoccurs after
the market date, so any effect of the mitigation on LBMPs is unchangedrhitigation.
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1T A generatorods reference -inigatecedonsultaioniwithac cur at
NYISO to increase the reference level before the generator was mitigated.

T A generatorés reference | evel on a particu
level that NYISO approved for the generator before the generator was mifitfated.

1 The generator took appropriate steps to inform NYISO of a fuel price change prior to
being scheduled (through an FCA or other means), but the generator was still mitigated.

T A generatoros fuel cost may chang-aehesi gni f i
market software is unable to use reference levels that vary by time of day, so it may be
mitigated in a particular hour of the dapead market and then unmitigatedeotite
proper reference level is reflected.

NYISO also reviews the markets for potential abuses of market power in the form of

uneconomic overproduction from generation facilities. While the mitigation provisions for
withholding aim to prevent a generator from underproducing in order to increess, pr

mitigation provisions for uneconomic overproduction prevent generators from increasing output

in order to reduce prices below competitive levels. There are several reasons why a market party
operating a generator with local market power may be tivized to over produce and reduce

prices to benefits its portfolio, including:

1 Create a constraint that raises prices downstream for other generators in its portfolio;
1 Buy out of a dayahead position at very low or negative LBMPs; and/or
1 Benefit a financial position that profits from lower prices.

Similar to the economic and physical withholding provisions, uneconomic overproduction

mitigation measures employ conduct and impact thresholds to identify such békaiibe.

NYI SO6s established mitigation measures gener
concerns listed above. However, we have identified a concern with the lack of financial

incentives for intermittent generators to follow curtailment irgdtoms under certain conditions.

When these resources do not follow curtailment instructions, it threatens system security and

may lead to inefficient market operations. Appendix Sedfidhprovides analysis of this issue

and our recommendation to address it.

Figure A31& Figure A32 Summary of DayAhead and Realime Mitigation

Figure A31 andFigure A-32 summarize the amount of mitigation in New York that occurred in
the dayahead and the retime markets ir2023 and 2024. These figures do not include
guarantee payment mitigation that occurthmsettlemensystem

232 The hierarchy of information that is used to calculate reference levels is provided in NYISO Market

Services Tariff, Section 23.1.4. It is possible for a generator to have alidded or LBMFbased
reference level that is less accurate than the reference level determined through consultation.

233 See tariff sections 23.3.1.3 and 23.3.2.1.1.1.
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Figure A-31: Summary of Day-Ahead Mitigation
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Thebars in the upper panel of the figumedicate the percent of hours whiecrementaknergy

offer mitigation was imposed on one or more units in €atbgory, while the bars the lower
panelindicate the average amount of capacity mitigated in hours when mitigation oq@asred

well as the portion that was unmitigatedjjitigated quantities are shown separately for the

flexible output ranges of units (i.encrementaEnergy) and the nefiexible portions (i.e.

MinGen)23** In each figure, the left portion shows the amount of mitigation by the Automated
Mitigation Procedure (AAMPO) on the economi ca
York City, and the right portion shows the amount of mitigation on the units cordrfotte

reliability in New York City, Long Island, and the upstate area.

D. Operating Reserveffers in the Day-Ahead Market

Multiple factors, including opportunity costs, demand curves, and offetstminethe prices of
ancillary servicesThe NYISO ceoptimizes the scheduling of energy and ancillary services in

the dayahead and redgime markes. Co-optimization causes the prices of energy and ancillary
services to reflect the costs to the system of diverting resources to provide ancillary services that
would otherwise provide energy.

The ancillary services markaisedemand curves that represent the economic value placed on
each class of resves. When the reserve requirements cannot be satisfied at@ayshan

the demand curve, the system is in shortage and the reserve demand cungnaiided in

the reserve price and the energy price. This approach is recognized for producing efficient prices
during shortages of reserves because it provides a mechanism for reflecting the value of reserves
in the price of energy duringhertages.

This subsectioffocuses ormffer patternsn the dayahead market for several key operating

reserve productsn an efficient market, we expect suppliers to respond to predictable differences
between dayahead and redime prices by raising or lowering their offer prices in the-dagad
market. However, the high volatility ofattime clearing pricess difficult to predict in the day
ahead marketHigh volatility of realtime pricess a source of risk fasuppliersthat sell

reserves in the dagheadmarket sincesuppliersmustforegoreattime scarcity revenuei they

have already sold reserves in the-dagadmarket. Some suppliers may reduce their exposure

to this risk by raising their reserves offer prices in thealagad market.

Figure A-33to Figure A34. Day-Ahead Reserve Offers That Satisfy NYCAMatute
Requirement and Eastern New YorkMihute Reserve Requirement

Figure A-33summaries eserve offershat can satisfy NYCA 3@ninute operating reserve
requirement in each quarter of the past three years. These quantities limthudi®@minute and
30-minute and both spinning and nepin reserve offeralthoughthey are not shown separately

in the figure Only offers from dayahead committed (i.e., online) resources and available offline
quick-start resources amecluded in this evaluatiorsince theydirectly affect the reserve prices.

234 Mitigation of gas turbine capacity is shown in the Incremental Energy category whenever the incremental

energy offer or the startup offer is mitigated.
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The stacked baiia theFigure A-33 show the amount of reserve offers in selected price ranges
for West New York (Zones A to E), East & York (Zones F to J), and NYCA (excluding Zone
K). Long Island is excluded because therent rulesimit its reserve contribution to the broader
areas (i.e., SENY, East, NYCARAs a result, Long Island reserve offers have little impact on
NYCA reserve prices.

The blackbar in the figureepresergthe equivalent average -30inute reserve requirements for
areas outside Long Islandhis is calculated as NYCA 3fhinute reserve requirememtinus30-
minute reserves scheduled on Long Islavhere the line intersexthe bar provides a rough
indication of reserve pricewhich, however, is generally lower than actual reserve prices
becaus®pportunity costs are not reflectgdthe figure

Figure A-33. Day-Ahead Reserve Offers That Satisfy NYCA 3Minute Requirement

Committed and Available Offline Quie8tart Resources, 20222024
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Figure A-34 summarizes offers that can satisfy the Eastern New York reserves requirement and
shows generator offers for -Ifinute reserves from committed resources and available offline
quick-start resources. The first set of stacked bars shows the offers froratgentar the 10

minute spinning requirement (set at 330 MWs and shown with a black bar) while the second set
of stacked bars show the offers forhinute norspinning reserves. The final stack is the sum

of the first two and is shown with daak bar designating the Eastern NY totalrihute

requirement of 1200 MWs. Similar Fagure A33, the intersection oheblack bars withlthe

stacked liness a rough indication of reserve pridest is generally lower than actual reserve

prices becausepportunity costs are not reflectedthe figure
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Figure A-34: Day-Ahead Reserve Offers that Satisfy ENY 1M/Jinute Reserve Requirement
Committed and Available Offline Quie8tart Resources, 2022024
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E. Analysis of Load Bidding and Virtual Trading

In addition toscreening suppliers farhysical andeconomic withholding, it is important to
evaluate hovbuyerbehavior influences energy prices. Therefore, we evaluate whether load
bidding is consistent witthe principles ofvorkable competition. Load can behedugd in one
of the followingfive ways:

1 Physical Bilateral Contractsi These schedules allow participants to settle transmission
charges (i.e., congestion and losses) withNléSO between two pointa/hile privately
setting the commaodity sale with their counterpartidsis does not represeatl bilateral
contracting in New York because participants have the option of entering into bilateral
contracts that are settled privatédyg., contracts for differences)

1 Day-Ahead Fixed Loadi This represents load scheduled in the-diagad market for
receipt at a specific busegardless of the daghead price. It is equivalettta load bid
with an infinite bid price.

1 Price-Capped Load Bidsi These aréoad bid submitted intéhe dayahead market
with aspecificbid price indicating the maximunamount the Loa®erving Entity
(ALSEO0) is ®illing to pay.

1 Virtual Load Bids T These are bids to purchase energy in theatead market with a
bid price indicating the maximum amount the bidder is willing to pay. Virtual load

235 For example, a LSE may make a pra@apped bid for 500 MW at $60 per MWh. If the eityead clearing

price at its location is above $60, the bid would not be accepted in trehday market.
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scheduled in the daghead market isubsequentlgold backin the realtime market.
Thevirtual buyer earnsr pays the difference between the -@énead and redime
prices. Virtual tradings currently allowednly at theload zondevel.

1 Virtual Exports T These are external transactions in the export direction that are
scheduled in the daghead market but are withdrawn or bid at high price levels in real
time. They function similarly to virtual load bids but are placed at the external proxy
buses rathethan at the eleven load zones.

Each of these load categories is important because they tend to increase the amount of physical
resources scheduled in the eityead market. Converselyrtual supply and virtual imports

tend to reduce the amount of physical resources scheduled in tabeky market. Virtual

supply is energypfferedfor salein the dayahead marketvith an offer price indicating the

minimum amount the market participant is willing to accept. Virtual supply sold in the day
ahead market isubsequentlpurchased baci thereakttime market.

Figure A35: Day-Ahead Load Schedules versus Actuald-oa

Many generating units have long lead times and substantial commitment costs. Their owners
must decide whether to comnitemwell in advance of redime, oftenbefore they can be

certain that the unit will be economic. The gdyead market provides suppliers witmaansof
beingcommitedonly when economatly justified. These suppliers areore likelyto sell into

the dayahead market if daghead prices are generally consistent with-tie@ prices. Thus,
efficient unit commitment relies on consacy between the deghead and the reiime

markes. The followingfigure evaluatethe consistenchetweerday-ahead load scheduling
patterns and actual loaoffering insights intahe overall efficiency of the daghead market.

In a wellfunctioning marketday-ahead load schedulase expectetb be generally consistent
with actual load. Undescheduling loadanlead to lower dayahead prices and insufficient
commitment for reatime needswhile over-schedulingmayraise dayahead prices above real
time prices.As a resultmarket participants have incentives to schethddamountghat are
consistent with reaime load.

The following figureshows day-ahead load schedules and bids as a pexgeot reattime load

during daily peak load hours in 2023 and in 2@R#arious locations in New Yorkased on an

annual averageSince vrtual load(including virtual exportshas the same effect on dakead

prices and resource commitment as physical load, theshamentogether in this analysis.

Conversely, virtual suppl{including virtual importshas the same effect on dalead prices

and resource commitment as a reduction in physical load, so it is treated as negative load for the
purposes of this analysis.

For each periogyhysical load and virtual load arepresentetdy bars in the positive direction,
while virtual supply igepresentedly bars in the negative direction. Net scheduled load,
indicated by the line, is the sum of scheduled physical and virtual load minus scheduled virtual
supply. Virtual imports and exports are shown only for NYCA and are not displayed for
individual subareas in New York.
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Figure A-35. Day-Ahead Load Schedules versus Actual Load

By Region, 2023 2024
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F. Virtual Trading in New York

Virtual tradingplaysan importantole in market efficiency by imprawg price convergence
between dayahead and redime marketstherebypromotingefficientcommitmentand

scheduling of resources in the eayead marketVirtual trading in the dayhead consists of
purchases or sales of energy that are not associated with physical load or physical resources.
Virtual bids and offergrovide liquidity to the daaahead becaugbey constitute aubstantial

share of the pricsensitive supply and demarttat esthlish efficient dayahead prices.

Virtual transactionshat arescheduled in the daghead market settigainstrealtime energy

prices Virtual demand bids are profitable when the-teak energy price is higher than the
day-ahead pricewhile virtual supply offers are profitable when the gdyead energy price is
higher than the redime price. If prices are lower in theéay-aheadmnarket than in the redime
market, a virtuatradermay purchase energy the dayahead market argkll it back in the real

time marketwhich will tendto increase daghead prices and improve price convergence with
the realtime market. Hence, profitable virtual transactions improve the performance of the day
ahead marketThe New York ISO currently allows virtual traders to schedule transactions to
arbitrage the price differences at the load zone level betweeahdayl and redime.

Market participants can schedule virtiigbe transactionat the external proxy buses, which are
referred to a¥irtual ImportsandVirtual Exportsin this report. These types of external
transactions act the same way as the virtual bids placed at the load zones (i.e., the imports and
exports that are scheduled in the -@dnead market do not flow in retiine). Since the virtual
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imports and exports have a similar effect on scheduling and pricing as virtual load and supply,
they are evaluated as part of virtual trading in this section.

Figure A-36: Virtual Trading Volumes and Profitability

The figuresummarizesecent virtual trading activity in New Yoiky showingmonthly average
scheduled quantities, unscheduled quantities, and gross profitability for virtual transactions in
2023and2024 The amount of scheduled virtual supply in the figure includes scheduled virtual
supply at the load zones and virtual imports at the external proxy buses. Likewise, the amount of
scheduled virtual load in the chart includes scheduled virtual load @Etiednes and

scheduled virtual exports at the axit@ proxy busesGross profitability is the difference

between the price at which virtual traders bought and sold positions in tHaheag market

compared to the price at which these positions were covered in themeaharke36237

Figure A-36: Virtual Trading Volumes and Profitability
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The table below the figurghows a screen for relatively large profits or losedsch identifies

virtual transactions with gross profits (or losses) larger than 50 percent of the average zone (or
proxy bus) price For example, an average2#1 MW of virtual transactions (of percent of all

virtual transactions) netted profits larger than the 50 percent of their zone (or proxy bus) prices in

236 The gross profitability shown here does not account for any other related costs or charges to virtual traders.

237 The calculation of the gross profitability for virtual imports and exports does not account for the profit (or

loss) related to price differences betwela-ahead and redime in the neighboring markets.
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December of 2B4. Large profits may be an indicator of a modeling inconsistency, while
sustainedosses maype an indicator of potential manipulation of the -@énead market.

Figure A-37: Virtual Trading Activityby Region

Figure A37 summarizes virtual trading by geographic region. The eleven zones in New York
are broken into seven geographic regions based on typical congestion patterns. Zone A (the
West Zone) is shown separately because of increased congestion in recent yeai3.(tden
North Zone) is shown separately because generation in that zone exacerbates transmission
congestion on several interfaces, particularly the CeBtrat interface. Zone F (the Capital
Zone) is shown separately because it is constrained from MWéstevy York by the Centratast
Interface and from Southeast New York by constraints in the Hudson Valley. Zones J (New
York City) and K (Long Island) are shown separately because congestion frequently leads to
price separation between them and othersar@&e figure also shows virtual imports and
exports with neighboring control areas. The Ontario proxy bus, the primary PJM proxy bus (i.e.,
the Keystone proxy bus), and the primary New England proxy bus (i.e., the Sandy Pond proxy
bus) are evaluated smptely from all other proxy buses.

The lower portion of the figure shows average quantities of scheduled virtual sangplyrtual
load and their gross profitability for tlsevenregionsand four groups of external proxy buses
each quarter d2024 Profits or losses are not shown for a category if the average scheduled
guantity is less than 50 MWThe upper portion of the figure shows the avedayeahead
scheduled load (as a percentage of-tiead load) at each geographic regiofhe table in the
middle compares the overall virluaading activity in2023and2024

Figure A-37: Virtual Trading Activity by Region
by Quarter2024
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Figure A-38: Virtual Imports and Exports in the Daahead Market

The following charevaluaesscheduled virtual imports and exports in the-dagad marketin

this analysis, vtual imports and exports are defined as external transactions that are scheduled
in the dayahead market but withdrawn from the re@drket market (i.e., nealtime bids

submitted) Virtual wheels are excluded from this analysis.

The bottom portion of the chart shows the hourly average quantity of net virtual imports for each
month.The bars represent the average net virtual imports scheduled across the four primary
interfaces between NYISO and neighboring control areas. Virtual imports and exports are rare
across the Schedulddne interfaces, which are excluded from this analysis.

The top portion of the chart shows the percentage of hours in each month when total net virtual
imports across the four primary interfaces fall into the following ran@ggess than 200 MW;
(b) between 200 and 500 M) between 500 and 800 MW; aiid) more than 800 MW.

Figure A-38: Virtual Imports and Exports in the Day-Ahead Market
by Month, 2023- 2024
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I1. TRANSMISSION CONGESTION

Congestion arises when the transmission netwgoblottlenecked, limitinglispatchof the least

expensive generators to satisfystem demandWhen congestion occurs, the market software
establishes clearing prices that vary by location to reflect the cost of meeting load at each

location. These LocatiorBas ed Mar gi nal Pri ces -dodidefeMitos 0) r ef
is required at locations where transmission constraints prevent the free flow of power from

lower-cost resources.

The dayahead market is a forward market that facilitates financial transactions among
participants. NYISO allows market participants to schedule transactions in t@eky market
based on the predicted transmission capacity, resulting in congestorsameurchaseids
andsell offersin merit orderare not scheduled to reduce flows over constrained facilities.
Congestion charges are applied to purchases andssakduledn the dayaheadand reaitime
markes based on the congestion componerthefLBMP. Bilateral transactions scheduled
through the ISO are charged the difference between the LBMPs of the two locatiptige(i.e.
price at the sink minus the price at the source).

Market participants can hedge congestion charges in thaldesd market by owning
Transmi ssi on Co nMrg&s,)which entiti€therhbldeata paygnengsnhi
corresponding to the congestion charges betwedrthe source and sitdcations. For
example, if a participant holds 150 MW of T€fdom zoneA to zone B, this participant is
entitled to 150 times thdifference between theongestion priceat zone BandzoneA.
Excepting transmission losses, a participant can perfectly hedge a bilatérattcoetween two
points if it owns a TCC between the points.

Incremental changes in generation and load from theaegd market to the retine market
are subject teongestion charges payments in the redéilme market As in the dayahead
market, charges foeattime bilateral transactions are based on the difference between the
locational prices at the two locations of the bilateral contreitte realtime market There are
no TCCs for reatime congestion

This sectiorsummariesthe followingaspects of transmission congestion and locational pricing:

1 Congestion Revenues and Pattéri@&ibsectiong\, B, andC evaluate congestion
revenues collected by the NYISO from the -@dnead markeindpatterns of congestion
in the dayahead and redime markets

1 Constraints Requiring Frequent GaftMarket Actionsi SubsectiorD evaluates the
management of transmission constraints that are frequently resolved usofgrarket
actions, including 115 kV an@b kV networksin New York.

1 Linear Constraints to Model Long Island East End TVR RequireniebtdsectiorE
describes a modeling approach to more efficiently schedule and price resources to satisfy
the Transient Voltage Recovery (ATVRO) req

1 Congestion Revenue ShortfallSubsectior analyze congestiorshortfalls in the day
ahead and redime markets and identify major causes of shortfalls.
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1 Transmission Line RatingsSubsectiorG analyze the potential congestion benefit of
using ambientemperature adjusted line ratingghe market model.

1 TCC Prices and Daphead Market CongestidnSubsectiorH reviews the consistency
of TCC prices and daghead congestion, which determine payments to TCC holders.

1 Transitioning Physical Contracts to Financial Righ&ubsection presents a concept for
modernizing contracts for physical power delivery thatgate the NYISO market to
financial rights that would allow key transmission facilities to be used more efficiently.

A. Summary of Congestion Revenue and Shortfalls

This subsection summarizes congestion revenues and shortfalls that are collected and settled
through the NYISO markets. Most congestion revenues are collected through-tieddy

market, which we refer to amy-aheadcongestiorrevenues These are collected by NYISO

when power is scheduled to flow across congested interfaces in Habeay market. The

revenue collected is equal to the marginal cost of relieving the constraint (i.e., constraint shadow
price) in the dayahead market muiilied by the scheduled flow across the constraint in the day
ahead market®

In addition to dayahead congestion revenues, NYISO incurs two types of shortfalls that occur
when there are inconsistencies between the transmission capability modeled in the TCC market,
the dayahead market, and the reéahe market:

1 Balancing Congestion ShortfallsThese arise when dahead scheduled flows over a
constraint exceed what can flawver the constraint in the retaime market3® To reduce
flows in real time below the daghead scheduléhe NY SO must redispatch generators
by increasingyeneratiordownstreanof theconstraint and reducing generation upstream
of the constraint. These redispatch costs (i.e., the difference between the payments for
increased generation and the revenues from reduced generation in the twarartues)
balancing congestion shortfall thatrecovered through uplift.

1 Day-ahead Congestion ShortfallsThese occur when the dayread congestion revenues
collected by NYISO are less than the payments to TCC hol8kostfallsgenerallyarise
when the quantity of TCCsoldon a path exceeds the transfer capability of the path
modeled in the daghead market when it is congas$t‘® Day-ahead congestion
shortfalls equal the difference between payments to TCC holders aiatheiagy
congestion revenued.hese are partly offset by the revenues from selling excess. TCCs

238 The shadow price of a transmission constraint represents the marginal value to the system of one MW of

transfer capability. For example, if 100 MW is scheduled to flow across a constrained line with a shadow
price of $50/MWh in a particular hour in tdey-ahead market, the NYISO collects $5,000 in that hour
(100 MW * $50/MWh).

239 For example, suppose 100 MW is scheduled to flow across a particular line in thleedaymarket. If 90

MW flows across the line when it has a shadow price of $70/MWh in an hour in tHeweaharket, the
NYISO will have a balancing congestion shalitbf $700 in that hour (100 MW 90 MW) * $70/MWHh).

240 For example, suppose 120 MW of TCCs are sold across a particular line. If 100 MW is scheduled to flow

when the constraint has a shadow price of $50/MWh in an hour in thehdayl market, the NYISO will
have a dayahead congestion shortfall of $1,00Ghat hour ((120 MW 100 MW) * $50/MWh).
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Figure A-39: Congestion Revenue Collections and Shortfalls

Figure A-39 showsday-ahead congestion revenue and the two classes of congestion shortfalls in
each month of 2023 and 2024. The upper portion of the figure shows balancing congestion
shortfalls. The lower portion of the figure shows -@ngad congestion revenues colledigdhe

NYISO and dayahead congestion shortfalls and the sum of these two categories is equal to the
total net payments to TCC holders in each month. The table in the figure reports these categories

on anannual basis.

Figure A-39: Congestion Revenue Collections and Shortfalls
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B. Congestion on Major Transmission Paths

Transmission lines moving power from lex@st to highcost areas provide considerable value.

In New York, eastern supply is generally more expensive than western supply, but most demand
is in the East. This creates transmission bottlenecks from Weastpol€ading to significant
congestiorrelated price differences between regions. This subsection examines congestion
patterns in the daghead and reagime markets.

In the dayahead market, the NYISO schedules generation and load based on the bids and offers
submitted by market participants and the assumed transfer capability of the transmission
network. When scheduling between regions reaches the limits of theisaio® network,

congestion price differences arise between regions in thatuzsd market.

Market participants submit bids and offers in the-dhgad market that tett their expectations
of reattime prices andcongestionso dayahead congestion prices are generally consistent with
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reattime congestion priceslo the extent that differences arise betweenalead and redaime
congestion patterns, it suggests that unexpected operating conditions may have occurred in the
reattime market. Consistency between dayead and redime prices is beneficial for market
efficiency because it helps ensure that the resources committed each day are the most efficient
ones to satisfy theystemneedsn reattime. Therefore, it isisefulto evaluatéhe consistency

of congestion patternsetweenthe dayaheadand realtime markes.

Figure A40to Figure A42: Day-Ahead and Redalime Congestion by Path

Figure A-40to Figure A42 show the value and frequency of congestion along major
transmission lines in the dahead and redime marketFigure A40 compares these quantities
in 2023 and 2024 on an annual basis, whitgire A41 andFigure A42 show the quantities
separately for each quarter of 20Zrhefiguresmeasure congestion in two wag%

1 The frequency of binding constraintnd

1 The value of congestion, which is equal tonmerginal cost of relieving the constraint
(i.e., constraint shadow cost) multiplied by the scheduled flow across the corfétraint.

In the dayahead market, the value of congestion equals the congestion revenue collected by the
NYISO, which is the primary funding source for TCC payments. In theimalmarket, the

value of congestion does not equal the congestion revenue collgdtesl YISO, since most
reattime power flows settle at deghead prices rather than réiahe prices. Nonetheless, the
reattime congestion value provides the economic significance of congestion in ttienesal

market. The figure groups congestion gahe following transmission paths:

1 WestZone Lines: Transmission lines in the West Zone.

1 Westto Central: Primarily Westto-Central interface, Dysinger East interface, and
transmission facilities in the Central Zone

1 North to Central: Primarily transmission facilities within and out of the North Zone.

M Central to EastTransmission facilities from Western and Central New York to Eastern
New York, includingthe Centrato-East interface.

1 Capital to Hudson Valley: Primarilines leading into Southeast New York
1 Hudson Valley to Dunwoodie: Lines and interfaces from Hudson Valley to Dunwoodie.

1 NewYorkCity: Lines leading into and within the NY&15 kV systemline leading into
and within New Y ork City load pocket@&nd goups of linesnto load pockets that are
modeled as interfagsonstraints.

1 Long Island: Lines leading into and within Long Island.

1 External Interface: Congestion related to the total transmission limits or ramp limits of
the external interfaces.

241 Binding transmission constraints with a shadow cost lower than $0.1/MWh are not included

242 The shadoveostof a transmission constraint represents the marginal value to the system of one MW of

transfer capability.
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Congestion Value ($ in Millions)

Congestion Value ($ in Millions)

Figure A-40: Day-Ahead and RealTime Congestion by Transmission Path
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Figure A-41. Day-Ahead Congestion by Transmission Path
By Quarter, 2024
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Figure A-42. RealTime Congestion by Transmission Path
By Quarter, 2024
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C. RealTime CongestionMap by Generator Location

Figure A43to Figure A44: RealTime LoadWeighted Congestion Maps by Location

The previous subsection reports congestion patterns on a zonal basis or along lazgeahter
interfaces, while this subsection displays more granular information pertaining to congestion
across generator nodeBigure A43 andFigure A44 are two congestion maps showing such
information for the entire system and New York City, respectively.

The maps display differences in LBMPs between generator nodes across theSystem,
illustrating transmission bottlenecks not only between broader areas but also within smaller
subareas, highlighting the prevalence of kznaal price divergence between generation pockets
and load pockets. Often, significant congestion arises frorbamance of inexpensive
generation located in an export pocket driving bottlenecks on transmission lines servicing load
pockets with a small number of competing generators. It also highlights where generation or
transmission investment is likely to be mwaluable, which can help guide investment. Each
map shows details of nodal congestion in the-tiez market in 2024, specifically:

1 Loadweighted hourly average retaine LBMP at each generator node within the region;

243 Although the differences in LBMPs include the differences in congestion and losses, the differences in

losses are usually much smaller than the differences in congestion, particularly between generator nodes
that are within smaller subareas.
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1 For the systemwide map, reali me pri ces on the neighboring
interface are loagveighted using NYCA systemwide load and presented as additional
bubbles. These bubbles are not sized based on average generatidfi‘landls;

1 Pertinent gas market information including regional gas prices in the systemwide map
and key operational points of gas delivery in the NYC fap.

The generator bubbles are sized based on annual average generation MWh, however the sizing of
these bubbles differs between the two maps due to the disparities in geographical sizes of the
entire system versus New York City. In each case, however, aslibgr is set such that

generators at or below a certain annual average output all appear with the same size (i.e., the
smallest sized bubble on the map), while generators with greater annual average outputs are
shown with a size that is in proportion teetr annual average generation. Portfolios with

multiple generator PTIDs at the same station or within close proximity to each other are
aggregated into one bubble and sized based on average portfolio generation. Each generator
bubble is colored based arheat mapping scale included to the right of each map. Prices along

the colorscale are included with colder colors representing lowerlagighted reatime prices.

Figure A-43: NYCA Real-Time Load-Weighted Generator Congestion Map
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244 The external interface prices are sourced from the respective system operator web platforms for each

region. These prices can be found for each regi®ilsk ISO-NE, andIESOweb platforms.

245 Natural gas prices are based on the average index prices without additional adders sourced from Platts.
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Figure A-44: NYC Real-Time Load-Weighted Generator Congestion Map
2024
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D. TransmissionConstraints Managed with OOM Actions

Transmission @nstraints orthe highvoltage network (includin@30 and 345 kV facilitieg
upstate New York and most 138 kV facilities in New York City and Long Islaredjenerally
managed through the dajhead and redime market systemdhis provides several benefits
including (a) that the market optimization balances the costs of satisfying demand, ancillary
services, and transmission security requirements, resulting in ffioren¢ scheduling

decisions; angb) that the market optimization also produces a setngparentlearingprices
which provide efficient signals for longer lead time decisions such as fuel procurement,
generator commitmengxternal transdmn scheduling, and investmantnew and existing
resources and transmission

However, transmission constraints on the-litage (i.e., 115 kV and lower) network were
usually managed with owtf-market operator actions until 2015 when the NYISO started to
incorporate these lowoltage constraints into the market systems. The&pperator actions
to resolve constraints on the lexsltage networknclude:

9 Out of merit dispatch and supplemental commitnargeneration
M Curtailment of external transactions and limitations xtemmal interface transfer limits;

1 Use of an internal interfat@nstraintransferdimit that functionsas a proxy for the
limiting transmissiorfacility; and
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f Adjusting PARcontrolled lineflows on the high voltage netwark®

In this subsection, eevaluate:

1 The frequency of such OOM actions used to mam@gesmission constraints on the low
voltage network in New York (including 115 kV and 69 kV facilities) that are not
incorporated in the market systems; and

1 The potential pricing impact in several load pockets on Long Island.
Figure A45 & Figure A46. OOM-ManagedConstraints on the Low Voltage Network

Figure A-45shows the number of days2024when various resources were used of meritto
manage constraints gix areas of Mw York: (a)West Zone (b) Central& Genese&ones; (C)
Capital Zone(d) North & Mohawk ValleyZones; (e) Hudson Valley Zone; and (f) Long Island.
In addition, the figure also reports the number of days whepfeuerit commitments were
made to satisfy voltage needs o1\ reserve needs in several local load pockets.

Figure A-45. OOM -Managed Constraints in New York
Summary of Resources UsedManageConstraints, 2024

North & MHK VL Zones  # Daysg
\N/_Ilt_l 21%5 Capital Zone # Days
CO a?e. M t Constraint Management
onstraint Managemen Import/Export Limitation 3
Gen Up 10 Gen Up 3
Gen Down 4
West Zone # Days PAR 18 Gen Down 10
Any Resource 16
Voltage 1 Any Resource 225 Y
Constraint Management .
Import/Export Limitation 1 N Cent-Hud # Days
PAR 4 Constraint Management
Any Resource 6 - — ) 4 / Import/Export Limitation 2
T emmss, [ a ,\ Gen Up 2
IR \ ™ 7Lf ( Gen Down 6
Cy \ | 2 Any Resource 10
- 1 v
;A 0 am Y /'--\\ /
, [N / Y Long Island # Dayg
>l /1. L AN N-1-1 10
[ ! ) S B | el - \ Voltage 69
— 7 - \ Constraint Management
Central Zone 7 Dava gepr:)S/pExport Limitation 1%4
Voltage 2 Gen Down 22
Constraint Management NYC ANV Resource 182
Import/Export Limitation 3 N-1-1 Y
Gen Up 3 .
Constraint Management
Any Resource 8
Gen Up
Gen Down
Any Resource

Figure A46focuses on the area of Long Islastpwing the number of hours and daysZn24

when various resources were used to manage @9 kva b e | e d

constraint{ | abel ed a sinfaufloaRpockédd bong Island:

1 Valley Stream: Mostly constraints around the Valley Stream bus;

246 These constraints are sometimes managed with the use of line switching on the distribution system, but this

is not included in our analysis here.

as anbBv® kV OOMoO)
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1 Brentwood: Mostly constraints around the Brentwood bus;
1 East of Northport: Mostly the éhtrallslip-Haugauge and the ElwooeDeposit circuits;

1 East End: Mostly the constraints around the Riverhead bus and the TVR requirement.

For a comparison, the tables also show the frequency of congestion managemeffd/the
and138 kV constrairdvia the market modelFigure A46 also shows our estimated price

impacts in each anglslandload pocket that result from explicitly modeling these 69 kV and

TVR constraints in the market softw&fg.

Figure A-46: Constraints on the Low Voltage Networkon Long Island
Frequency of Actiotdsed to Manag€onstraints, 2024

East of Northport #Hours #Days|
69kV OOM 82 9
69kV 1427 177
138kV 603 90
TOTAL 1539 185

East End #Hours #Days
69kV OOM 20 5
TVR OOM 646 63
TOTAL 666 68

Avg. Est. LBMP with
Load Pocket LBMP Local Constraints
Valley Stream #Hours #Days Brentwood #Hours #Days| [Brentwood $41.41 $41.43
69kV OOM 371 49 69kV OOM 5 2 East End $44.04 $57.92
138kV 1324 225 69kV 153 53 East of Northport $43.27 $43.44
TOTAL 1621 244 TOTAL 157 54 Valley Stream $41.30 $42.58

E. Linear Constraints to Model Long Island East End TVR Requirements

Cert ai

based on operating guidelinéé. These OOM commitments not only generate uplift but also

n

resour ces

ar

e

required

to be onl
requirement on the East End of Long Isl&fftdiThese resources are expensive oil peakers, which
are rarely committed economically. As a result, OOM commitments are made by the local TO

depress real time prices on Long Island (Sgere A46). Integrating TVR requirements into

247

The following generator locations are chosen to represent each load gapBetrett ST for the Valley

Stream pockefp) NYPA Brentwood GT for the Brentwood pockét) Holtsville IC for the East of
Northport pocket; and) Green Port GT for the East End pocket

248

249

informationbeingreleasedo-market

Includes Global Greenport GT, East Hampton units, South Hampton IC, and Southold IC.

SeeEast End Operating Guidelipavailable athttps://www.psegliny.com/oasis/transmissionner
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the market software could enable more efficient scheduling and pricing of resources on Long
Island. This subsection outlines an approach to modeling TVR requirements using linear
constraints for scheduling and pricing purposes.

The following three tables, excerpted from the lakestt End Operating Guidelindetail

operating options under various outage conditions and load [€9eTable A1 summarizes
generator start procedures for 20 operating scenarios based on the availability of twe voltage
control devices: the 9EU DVAR and the 9C DRSS. Depending on their statusesT ailec

2 or TableA-3is utilized to guide the commitments of the five-fiéd peakers on the East End.

For instance, in Scenario 1, where both voltegetrol devices are fully available, oil peakers

must be committed to address the TVR need when South Fork load exceeds 173 MW. In such
c a s e sEquivaléneUnifiSupport for South Fork Load to ResolvedVdRues from Tablé\-

3 serve as a reference for resource commitment.

Table A-1: East End Generation Start Procedures

9EU 9C | 9CDRSS | GEN ~ARM Generator
DVAR DRSS CAPS START VOLTAGE Equivalent
DVAR COLLAPSE table
1 Available 100% Available 173 294 Table 2
2 Available 75% Available 172 281
3 | Available 50% Available 171 280
4 Available 25% Available 170 279 Table 1
5 Available 0% Unavailable 169 278
6 Available 100% Unavailable 171 280 Table 1
7 Available 75% Unavailable 170 279
g Available 50% Unavailable 170 279
9 Available 25% Unavailable 169 278 Table 1
10 | Available 0% Unavailable 169 278
11 | Unavailable 100% Available 155 276 Table 2
12 | Unavailable 75% Available 154 263
13 | Unavailable 50% Available 153 262
14 | Unavailable 25% Available 152 261 Table 1
15 | Unavailable 0% Unavailable 151 260
16 | Unavailable 100% Unavailable 153 262 Table 1
17 | Unavailable 75% Unavailable 152 261
18 | Unavailable 50% TUnavailable 152 261
19 | Unavailable 25% Unavailable 151 260 Table 1
20 | Unavailable 0% Unavailable 151 260

250 See theeast End Operating Guidelineeleased on 07/22/2022
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Table A-2: East End Generator Support (Table 1)
Canal DRSS not Fully Available

Equivalent unit support
Units for South Fork load to
resolve TVR*
Greenport GT 34 MW
East Hampton GT 24 MW
East Hampton Diesel 10 MW
Southold GT 20 MW
Southampton GT 13 MW**
Total Unit Support 101 MW

* There 1s an additional 8 MW of support for first unit dispatched due to change in
limiting condition (1.e. 1f Greenport GT 1s dispatched first, the unit will provide
34+8=42 MW of support)

** Southampton GT cannot be dispatched first

Table A-3: East End Generator Support (Table 2)
Canal DRSS 100% Available

Equivalent unit support
Units for South Fork load to
resolve TVR
Greenport GT 46 MW
East Hampton GT 37T MW
East Hampton Diesel 16 MW
Southold GT 22 MW
Southampton GT 0 MW#*
Total Unit Support 121 MW

* Southampton GT does not provide support for TVR. Unit can be dispatched for
load and/or thermal constraints.

The following linear constraints can be developedepresent Tabla-2 and TableA-3. As

shown inTable A4, the dispatch levels of the five generators are labeled G1 through G5, while
their commitment statuses are denoted as C1 through C5. For pricing purposes, all five blocked
on resources can be dispatched flexibly between zero and their respective UOLSs.

Table A-4: East End Generator Commitment and Dispatch Parameters

Generator Dispatch | Commitment Status .
Resource Name [0, UOL] {0, 1) Bid UOL
Greenport GT Gl C1l UOL1
East Hampton GT G2 Cc2 uoL2
East Hampton Diesel G4 C3 uoL3
Southold GT G3 C4 uoL4
South Hampton GT G5 C5 UOL5
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TableA-3is straightforward to model with the following two linear constraints:
1 For commitment,

TEO6p oxo6c p@EOBO ca@odt TmMzoL YE @OE 0@ OQ
0 ¢ 32 "QQWitere C1 to C5 are binary commitment variables (0 or 1).

1 For pricing,
‘@ Q ‘@ —a@ —'@® Y¢ @0t i0e hQ
0 ¢ Y2 QQWiere G1 to G5 are dispatchable from 0 to their individual UOL.

TableA-2 has additional constraints, thus it is segmented to account for the additional 8 MW of
support from the first committed resource.

Case 1: Whem “Y¢ @O®¢ 0@ O'D ¢ SR QQQQi
1 For commitment,
ouZop CurO¢ pmOC CMHOT padou YE®OEIIR DQ
0 € Y QQQQI
1 For pricing,
@ Q @ —a —® VE @0 0@ &0
0 € Y2 QQQQI

Case 2: WheiiY¢ @®¢ i0@ O'D £ 3 "QQQQ|
1 For commitment,
ozlp curoég pmbo ¢mrOT paodv YE@OEIDR OQ
0 &€ 2 QQami
1 For pricing,
@ @ '@ —Q@ —® Y¢@®BEI@ DOQ
0 ¢ 2 QQami

Additionally, to ensure that South Hampton GT is not dispatched first, the following constraint
must be enforced:
T 6u Op O¢ 00 Ot

These linear constraints could provide a mechanism to efficiently schedule and price the TVR
requirement through the market software rather than inefficient OOM actions and uplift
payments.

F. Day-Ahead and BalancingCongestion Shortfallsby Path or Constraint

Congestion shortfalls generally occur because of inconsistent modeling of the transmission
system between markets. Dalgead congestion shortfalls indicate inconsistencies between the
TCC and dayahead market, while balancing congestion shortfalls inglicabnsistencies
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between the daghead market and the r@ahe market. These two classes of shortfalls are
evaluated in this subsection.

Figure A47. Day-Ahead Congestion Revenue Shortfalls

Day-aheadcongestion revenue shortfalls generally arise when the quantity of TCCs sold for a
particular path exceeds the transfer capability of the path modeled in tabemy market

during periods of congestion. Similarly, surpluses occur when the quanti/Gs 3old for a

path is less than the transfer capability of the path in theldesd market during periods of
congestion. The NYISO minimizes dapead congestion revenue surpluses and shortfalls by
offering TCCs in the forward auction thaflectthe expected transfer capability of the system.

In addition, transmission owners can redpotentialday-ahead congestion revenue shortfalls by
restricting the quanigsof TCCs that are offered by NYISO.

NYISO determines the quanéisof TCCs to offer in a TC@uction by modeling the

transmission system to ensure that the TCCs sold are simultaneously feasible. NYISO uses a
power flow model that includes an assumed configuration of the transmission system. The
simultaneous feasibility condition requires that M@&Cs awarded be feasible in a contingency
constrained economic dispatch of the NYISO transmission system. If this condition is satisfied,
the congestion revenues collectad expected to kmufficient to fully fund awarded TCCs.
However, if transmission outages occur that were not modeled in the TCC auction or the
assumptions used in the TCC aucti¢ag., assumptions related to PAR schedules and loop
flows) areinconsistent with the assumptions used in theatead market, the congestion
revenues collected may be insufficient to meet TCC obligations.

Figure A47 shows dayahead congestion shortfalls by transmission path or facility in each
month of 2023 and 2024. Positive values indicate shortfalls, while negative values indicate
surpluses The shortfalls are shown for the following paths:

M North to Central: Transmission lines in the North Zone, the M8sesh Interface,
EDIC-Marcy 345 line, and Marcy 76éB8larcy 345 line.

Central to East: Primarily the Centaast interface.

New York City Lines: Lines leading into and within New York City.

Long Island Lines: Lines leading into and within Long Island.

External: Related to the total transmission limits or ramp limits of the external interfaces.

= =2 = 4 A

All Others: All other types of constraints collectively.
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Figure A-47. Day-Ahead Congestion Shortfalls
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The figure also shows the shortfalls resulting from some unique factors separately from other
reasons for select transmission paths. For Long Island lines, the figure shows separately the
shortfalls resulted from differences in assumed schedules acrdas®tRAR controlled lines
between Lake Success and Valley Stream in Long Island and Jamaica in New York City (i.e.,
901/903 lines) between the TCC auction and theedaye ad mar ket , | abel ed
in the figure.

Figure A48 Balancing Congestion Revenue Shortfalls

Balancing congestion revenue shortfaltksurwhen dayahead scheduled flows across a
particular line or interface exceed its réiate transfer capabilitywhich often requirethe 1ISO
to redispatchn real time by purchasing additional generation in the impaonstrained area
(where reatime prices are high) and selling back energy in the exquorstrained area (where
reattime prices are low)The cost of this redispatch is the balancing congestion shortfall.

Key factors causing changes in transfer capability betweealtiegd and regime markets
include:

1 Transmission Deratings and Outage$ When these occur after the dalyead market,
they reduce the transfer capability of relevant transmission interfaces or facilities. They
may also change the size of the largest contingency relative to a particular transmission
interface or the distriliion of flows over the transmission system, thereby reducing the
available transfer capability of other transmission facilities.
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1 Unmodeled Constraints in the Dayahead Marketi Reliability rules require the
NYISO to reduce actual flows across certain key interfaces during TSA events. Since
TSA events are not modeled in the g@dyead market, they generally result in reduced
transfer capability between the dalgead market angakttime operation.The
imposition of simplified interface constraints in New York City load pockets in the real
time market that are not modeled comparably in theati@ad markedlso results in
reduced trasfer capability between the daypead market and retane operation

91 FastStart Pricing i This methodology treats physically inflexible gas turbines as
flexible in the pricing logic of the redime market model. Differences between the
physical dispatch logic and the pricing logic can lead to unutilized transfer capability on
interfaces tht are congested in real time, leading to balancing congestion revenue
shortfalls.

1 PAR Controlled Line Flows T The flows across PARontrolled lines are adjusted in
reattime operations, which can result in flows that are very different from thaluzgd
assumptions. These differences can affect the flows across multiple inteifaces.
includes flow adjustments on PAg®ntrolled lines that result from the Coordinated
Congestion Management (AM2MO) process betw

1 UnscheduledL oop Flowsi loop flows from other regions use a portion of the
transmission capability across many interfaces in New York, reducing the portion of
transmission capability available to the NYISO market in the direction of the loop flows.
A balancing congestion renae shortfall occurs when the loop flows assumed in the day
ahead market are lower than the actual loop flows on congested interfaces in real time.

The net cost of #aredispatchn reattime due to changes from dayead (i.e., balancing

congestion shortfallg$ collected from loads through uplift charges, most of which is allocated

to load throughout the state. Howeweportion associated with facilities that require special
operation during TSA events is charged to Consolidated Edison whose customers benefit most
directly from the additional reliability.

Similar toFigure A47, Figure A48 shows balancing congestion shortfalls by transmission path

or facility in each month of 2023 and 2024. For select transmission paths, the figure also shows
the shortfalls resulted from some unique factors separately from other reasons. Positive values
indicate shortfalls, while negative values indicate surpluses
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Figure A-48. Balancing Congestion Shortfall$>:
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G. Transmission Line Ratings

Transmission line ratings define the maximum transfer capability of each line, impacting

commitment. dispatch, congestion and prices. Accurate line ratings are esserdaistated

ratings can lead to inefficient market outcomes (e.g., higher productsts, and unnecessarily

high congestion and energy prices), while overstated ratings may pose reliability risks.

Line ratings are typically limited by thermal, voltage, or stability constraints, with thermal limits
usually being the most restrictive. Thermal limits are typically influenced by ambient conditions
(e.g., temperature, wind speed, and solar irradiarte®) example, when ambient temperatures

are cooler than the typical assumptions used for rating the facilities, additional power flows can

be accommodated.

Currently, the NYISO primarily uses static seasonal line ratings for most facilities in the day
Adj ust ed

aheadandredli me mar ket s. Some Ambient

time market, but static line ratings remain prevalent. This stibsezxamines the potential
economic benefits of 1 mplementing hour|
251

reflect the effect oiny expostprice corrections.

The balancing congestion shortfalls estimated in this figure may differ from actual balancing congestion
shortfalls because the figure: (a) is partly based onrtireal schedules rather than metered injections and
withdrawals; andl) uses the original constraint shadow costs from the dispatch model therefore does not
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Figure A49: Potential Congestion Benefit of Using Ambi@eimperature Adjusted
Ratings

Figure A-49 shows our estimate of potential congestion benefit from using antbraperature
adjusted line ratings for 2019 to 2024.

We estimate ambievatdjusted ratings based on the following assumptféfs:
1 Summer line ratings are developed based on an ambient temperature of 95°F (or 35°C);

1 Winter line ratings are developed based on an ambient temperature of 50°F (or 10°C);
and

1 For overhead lines, the relationship between the ambdostment rating factor and the
ambient temperature is close to linear in a wide range of normal weather conditions.

Therefore, we extrapolate the ambient adjusted ratings from the straight line that connects the
summer and winter ratings and their assumed rating temper&attii@$nd speed is a critical
parameter that impacts equipment thermal ratings, but its variation is not considered in this
calculation.

In the figure, the bars in thmttom of the chart represent the estimated potential benefit, which
eqguals the constraint shadow cost times the additional transfer capability from the estimated
potential ambient adjustmeft: These estimates are done separately for theadagd and real

time markets on an hourly basis. This is shown separately for facilities: a) in the West Zone; b)
from West to Central; ¢) from North to Central; d) from Capital to Hudson Valley; ande) fro
Hudson Valley to Dunwoodie. The bars in the top portion of the chart show the potential benefit
as a percent of total congestion values in each facility group. The inset table summarizes these
guantities on an annual basis for all facilities combined.

The CentraEast interface is not included in this analysis because its rating is based on the
voltage collapse limit, which is not typically affected by ambient temperature. The transmission
facilities in New York City and Long Island are also excludedause most of these facilities are
underground cables, whose ratings are not as sensitive to ambient air temperature as overhead
lines.

252 S e e -IinE Ratings Task Force Final Reporton-Lie ne Ratingso by New York Pov

253 For example, if the line rating for a facility is 100 MW in the summer and 145 MW in the winter, then the

ambient adjusted rating at 80°F is calculated as 100-9%3{145-100)/(5695) = 115 MW.

254 For example, if NYISO uses a rating of 120 MW for one transmission facility in the market model, the

facility is binding with a shadow cost of $100/MWh, and our estimated ambient adjusted rating is 150 MW,
then the potential congestion benefit is estimae(1560120)*100 = $3000.
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Figure A-49: Potential Congestion Benefit of Using AAR Line Ratings
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H. TCC Prices and DAM Congestion

In this subsection, we evaluate whether clearing prices in the TCC awggoasonsistent with
congestion prices in the dajpead market. TCCs provide an entitlement to the holder for the
day-ahead congestion between two points. In a-fueittioning market, the price for the TCC

should reflect a reasonable expectation of theaktaad congestion. Perfect convergence cannot

be expected because many factors affecting congestion are not known at the time of the auctions,
including forced outages of gemaéors and transmission, fuel prices, weather, €here are two

types of TCC auction€entralized TCC Auctions and Reconfiguration Auctions.

1 Centralized TCQ\uctionsi TCCs are sold in these auctions as@nth products for the
Summer Capability Period (May to @tter or the Winter Capability Period (Nember
to April), as tyear products for two consecuti@apability Periods, and as-ear
products for four consecuti@apability Periods. Most transmission capability is
auctionedas6-month products. Th€apability Periodauctions consist of a series of
rounds in whicha portion of the capability is offered, resulting in multiple TCC awards
and clearing pricesParticipants may offer TCCs for resale or submit bids to purchase
additional TCCs in these auctions.
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{1 Balanceof-Period Auctiong>®7 The NYISO conducts Balanceof-PeriodAuction once
everymonthfor the remainingnontts in the same Capability Periém which the TCC
will be effective. Participants may offer TCCs for resale or submit bids to purchase
additional TCCs in th8alanceof-PeriodAuction. Each monthlBalanceof-Period
Auction consists of only one round.

Figure A50: TCC Cost and Profit by Auction Round and Path Type

Figure A50summarizes TCC cost and profit for the Winter 2023/24 and Summer 2024
Capability Periods (i.e., the 48onth period from November 2023 through October 2024). The
TCC Costmeasures what market participants paid to obtain TCC rights from the TCC auctions.
For a particular path, thHECC Costs equal to the purchased TCC MW multiplied by the TCC
price for that path. Th€CC Profitmeasures the difference betweenT®C Paymentwhich is

equal to the TCC MW between two points multiplied by the congestion cost difference in the
day-ahead market between the two points, and'thb€ Cost

The figure shows the TCC costs and profits for each round of auction in-theritB period,
which includes: (a) three rounds of eyear auctions for the exact samertidnth Capability
Period; (b)our rounds of sixmonth auctions for the Winter 2023/24 Capability Period; (c) four
rounds of sixmonth auctions for the Summer 2024 Capability Period; and (d) twelve Balance
of-Period auctions for each month of therhi@anth Capability Perioé® The figure includes the
TCCs that were purchased and sold by Market Participants in these auctions.

For the purposes of the figure, each TCC is broken into-aateal and intr&zonal components,
making it possible to identify portions of the transmission system that generate the most revenue
in the TCC auction and that are most profitable for the bwfef€Cs. Each TCC has a Paint

Of-l njection ( A-BDfONid)h darnadwaa RoAiPnQWO ) . The POI al
generator bus, a NYCA Zone, the NYISO Reference Bus, or an external proxy bus. For the
purpose of this analysis, all transacted TCCs in tisi@ns are unbundled into the following
standard components: (a) POI to the Zone containing the POI (POI Zone), (b) POI Zone to the
Zone containing the POW (POW Zone), and (c) POW Zone to POW. When a TCC is unbundled
into standard components for this Bsés, the original TCC is replaced by up to three TCCs.

The three standard components are further grouped into two categories: {2)metdiCCs,

which include all unbundled POI Zone to POW Zone TCCs; and (b}antra TCCs, which

include POI to POI Ze TCCs and POW Zone to POW TCTS.

255 The Balanceof-Period Auction started with the September 2017 monthly auction, which replaced the

previous Reconfiguration Auction that was conducted only for the nextnoméh period.

256 In the figure, the bars in the &é6Monthly6é category r

applicable BOP auctions.

257 For example, a 100 MW TCC from Indian Point 2 to Arthur Kils2nbundled to three components) A
100 MW TCC from Indian Point 2 to Millwood Zondy)(A 100 MW TCC from Millwood Zone to New
York City Zone; andg) A 100 MW TCC from New York City Zone to Arthur Kill 2. Compons(a) and
(c) belong to the intr&one category and Componéh} belongs to intezone category.
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The figure shows the costs and profits separately for thezatra and intezone components of
TCCs. The table in the figure summarizes the TCC cost, profit, and profitability for each type of
TCC auction for the two categories of TCC pathbe profitability is measured by the total TCC
profit as a percentage of total TCC cost.
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Figure A-50: TCC Cost and Profit by Auction Round and Path Type
Winter 2023/24 and Summer 2024 Capability Periods

Inter-Zone Cost Profit  Profitas a
$M) ($M) % of Cost
One Year $64 -$46 -72% Intra-Zone Cost Profit  Profit as a
Six-Mth: Winter $106 -$72 -68% $M) ($M) % of Cost
Six-Mth: Summer $13 -$2 -14% |One Year $28 -$9 -33%
— |Monthly $4 -$3 -84% |Six-Mth: Winter $19 -$12 -64%
Total $187 -$124 -66% |Six-Mth: Summer $21 $24 112%
Monthly -$1 $3 -227%
Total $66 $5 8%
= \I:I\nw':'w DDD‘D‘ T e — Duuﬂuuugﬂhjﬂﬂﬂﬁﬁﬂ—
B TCC Profit
OTCC Cost
AN HNEN ZoPLsHNEN SRR [HNoHNoNZoPLs/< @Y SRR
One | Six Monthly Six Monthly One | Six Monthly Six Monthly
Year Month - Month - Year Month - Month -
Winter Summe Winter Summe
Inter-Zone Intra-Zone

Table A5 & Table A6: TCC Cost and Profit by Path

The followingtwo tables compare TCC costs with TCC profits for both intnaal paths and
inter-zonal paths during the Winter 2023/24 and Summer 2apability Period (i.e., the 12
month period from November 2023 through October 2024). Each pair of POl and POW
represents all paths sourcing from the POI and sinking at the POW-:zdmigrpaths are
represented by pairs with different POl and POW, while intraal pshs are represented by
pairs with the same POI and POW. TCC costs and profits thaigguer than $2 million are
highlighted with green, while TCC costs and profits that are lower-gamillion are
highlighted with light red.
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Table A-5: TCC Cost by Path
Winter 2023/24 and Summer 2024 Capability Periods

PO Row WEST GENESE CENTRL MHK VL NORTH CAPITL HUDVL MILLWD DUNWOD N.Y.C. LONGIL OH HQ NPX PJM| Total
WEST $0 $0 $0 $25 $0 $0 $0 $0 $0 $0 $0 %0 $28
GENESE $0 -$1 $0 $0 $0 $0 $0 $0 $0 $0 %0 $1
CENTRL | -$3 - $0 $0 $9 $0 $0 $0 $0 $0 $0 $0 %0 $41
MHK VL $0 -$1 -$3 -$6 $0 $0 $0 $0 $0 $0 $0 $24 $0 -$9
NORTH $1 $1 $1 $18 $0 $0 $0 $0 $0 $0 $0 $0 $0 %0 $23
CAPITL $0 $0 -$8 -$2 $0 -$20 -$1 -$3 $0 $3 $0 $0 -$1 %0 -$8
HUD VL -$4 $0 -$5 -$1 $0 $9 -$1 $84
MILLWD $0 $0 $0 $0 $0 $0 $2
DUNWOD| $0 $0 $0 $0 $0 $0 $6
N.Y.C. $0 $0 $0 $0 $0 $0 $13
LONGIL $0 $0 $0 $0 $0 $0 $0 $9
OH $1 $0 $0 $1 $0 $0 $0 $3
HQ $0 $0 $0 $19 $0 $0 $0 $20
NPX $0 $0 $0 $0 $0 -$2 -$4 -$6
PJM -$10 $0 -$2 $0 $0 $0 $60 $48
Total -$15 -$2 $26 $13 -$2 $25 $71 $2 -$2 $33 $26 $1 $0 $78 -$1 $253

Table A-6: TCC Profit by Path
Winter 2023/24 and Summer 2024 Capability Periods

POI Pow WEST GENESE CENTRL MHK VL NORTH CAPITL HUDVL MILLWD DUNWOD N.Y.C. LONGIL OH HQ NPX PJM Total
WEST $0 -$1 -$2 $0 $0 $0 -$19 $0 $0 $0 $0 $0 $0 $0 $0 -$22
GENESE| $0 - $0 $1 $0 $0 $0 $0 $0 $0 $0 $0 $0 -$1
CENTRL $2 $0 -$7 $0 $0 $0 $0 $0 $0 $0 $0 -$12
MHK VL $0 $1 $0 $0 $0 $0 $0 $0 $0 -$19 $0 $7
NORTH $0 -$1 -$1 $0 $0 $0 $0 $0 $0 $0 $0 -$11
CAPITL $0 $0 $7 $1 $2 $0 $0 $0 $0 $0 $0 $13
HUD VL $3 $0 $4 $1 $0 -$9 -$1 $0 $0 -$40 $0 -$55
MILLWD $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 $0
DUNWOD| $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 %0 $1
N.Y.C. $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 %0 $1
LONGIL $0 $0 $0 $0 $0 $0 $0 $0 $0 $0 $10
OH $1 $0 $0 -$1 $0 $0 $0 $0 $0 $0 $0
HQ $0 $0 $0 -$12 $0 $0 $0 $0 $0 $0 -$13
NPX $0 $0 $0 $0 $0 $1 $3 $0 $0 $0 $4
PIM $8 $0 $2 $0 $0 $0 -$51 $0 -$1 $0 -$41
Total $15 $1 $1 -$3 $4 -$14 -$63 -$1 $2 -$9 $8 $1 $0 -$59 $0 -$118

Figure A51- Figure A53: Allocation of Dayahead Congestion Residuals

Congestion shortfalls and surpluses resulting from differences between the TCC auctions and the
day-ahead market are allocated to transmission owners as charges or NMIEG.currently
uses a two-stage process defined in the OATOF the allocations, as illustrated liigure A-51:

1 First, congestion residuals resulted from Qualifying facility changes (e.g., outages,
returnto-services, and uprate/derate) are allocated to respotrsibsnission owners.
This allocation is based on the flow impact of these change factors on the binding
constraints in the daghead market, adhering to the cost causation prinéiple.

1 Secondtheremaining congestion residuateferred to adlet Congestion Rentare
allocated to transmission owners in a different i2yThese allocations are in

258 See OATT, Attachment N, Formula®through N14 for the calculation of these allocations.

259 See OATT, Attachment N, Formula-Db for the calculation of these allocations.
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proportion to the auction revenueaealr om
congestion patterns, which may not necessarily align with the cost causation principle.

Figure A-51: Illustration of Allocation of DAM Congestion Residuals

Socialized

. Allocation

Allocation Revenues

Shortfalls Other Shortfalls Surpluses Other Surpluses Net Congestion
Allocated to Allocated to all Allocated to Allocated to all Residuals
Responsible TOs TOs per Responsible TOs TOs per
for Outages & OATT Formula  for Return-to-  OATT Formula
Derates N-15 Service & Uprates N-15

Figure A-52 shows actual allocations of dajpead congestion residuals for each month over the
past two years. The blue bars represent the portion allocated in the first stage based on a cost
causation principle, while the red bars represent the portion that weatatlon the second stage
based on TCC revenues using FormwaiNn the OATT Attachment N. The inset table

provides an annual summary of the net amount of congestion residuals allocated through these
two methods for the past four years.

Figure A-52: Allocation of DAM Congestion Residuals

By Month, 20232024
$25

B Cost Causation Allocation

m Formula N-15 Allocation vear | €0ng. Residual Allocation ($M)
Cost Causation Formula N-15

$15 2021 $122.4 $56.8
2022 $326.5 $57.4
$10 2023 $62.5 -$4.1
2024 $29.9 -$32.8
) I I I I
$0 -—!—I_! l!-!.--!!!
-I u - -- III

$20

Day-ahead Congestion Residuals ($ Million)

-$10

-$15

JFMAMIIJIASONDIFMAMI I ASOND
2023 2024
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Figure A53 shows our estimates bfet Congestion Rentslated to particular transmission
facility groups in each month of 2024.

Figure A-53: Estimated DAM Net Congestion Rents by Transmission Facility

2024
$3

»
c
g $0 [ |
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<
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I.  Potential Design of Financial Transmission Rights for PAR Operation

This subsection describes how a financial right could be created to compensate ConEd if the
lines between NYC and Long Island were scheduled efficiently (rather than according to a fixed
schedule) in accordance with Recommendation #8)1hich is descried in SectiorXll. An

efficient financial right should compensate ConEd: (a) in accordance with the marginal
production cost savings that result from efficient scheduling, and (b) in a manner that is revenue
adequate such that the financial right should not result implify for NYISO customers. Note,

this new financial transmission right would not alter the TCCs possessed by any market party.

Concept for Financial Transmission Right

An efficient financial right should compensate ConEd for the quantity of congestion relief
provided at a price thaeflects the marginal cost of relieving congestion on each flow gate in the
day-ahead and redgime markets. These are the same principles upon which generators are paid
and load customers are charged. Hence, a transmission right holder should be paid:

DAM Payment =

r=H e 4 FtTa r=Hw =4k

dL AL, . W
= h T VAt «
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RTM Payment =

1 e r= 7a 1al Hw A9k

= h T VArF -

Total Payment = DAM Payment + RTM Payment, where a negative payment would result in a
charge to ConEd. To illustrate, suppose there is congestion in the DAM on the interface from
upstate to Long Island (Y50 Line), from upstate to NYC (Dunwoodie), andhat¥alley

Stream load pocket (262 Line) while the 901 Line flows are reduced below the contract amount:

T TCC MWoago1= 96 MW

DAM MW go1 = 60 MW
DAM SPyso = $10/MWh
DAM SPounwoodie= $5/MWh
DAM SP2s2= $15/MWh
DAM SFoo1, ys50= 100%
DAM SFoo1,bunwoodie= -100%
DAM SFoo1,262= 100%

DAM Paymengo1 = $720 per hour = (60 MW 96 MW) x {(-100% x $10/MWh) +
(100% x $5/MWh) +{100% x $15/MWh)}

=4 =4 =4 4 4 -4 -5 -2

Since DAM payments are made for deviations from the TCC modeling assumptions, the new
financial transmission right would not alter the TCCs possessed by any market party.

RevenueAdequacy

Just as the LBMP compensation to generators is generally revenue adequate, the new financial
transmission right would also be revenue adequate. This is illustrated by the following
scenarios:

1 Basease Scenario Provides an example of the current market rules where the NYISO
receives revenues from loads that exceed payments to generators, thereby contributing to
DAM congestion revenues.

1 PAR Relief Scenarido Shows how a PARontrolled line could be used to reduce
congestion, allowing the owner of the line to be compensated without increasing uplift
from DAMCRs.

1 PAR Loading Scenarib Shows how the owner of the line would be charged if the DAM
schedule increased congestion relative to the TCC schedule assumption.

These scenarios use a simplified four node network, including: Upstate, NYC, Valley Stream,
and Rest of Long Island. The four nodes are interconnected by four interfaces:

1 The Dunwoodie interface from Upstate to NYC,
1 The Y50 Line from Upstate to Rest of Long Island,
1 The 262 Line from Rest of Long Island to Valley Stream, and
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1 The PARcontrolled 901 Line from Valley Stream to NYC.

For simplicity, the 901 Line contract amount that is used in the TCC auction is rounded to 100
MW.

The Base Case Scenario shows that a net of $22,500 of DAM congestion revenue is collected
from scheduling by generators and loads. The table also shows the amount of DAM congestion
revenue that accrues on each constrained facility. lexaisiple, DAMCR equals $0 because

the flows on each constrained facility are equal to the capability/assumption in the TCC model.
Since the 901 Line contract moves power from a high LBMP area to a low LBMP area, it
reduces congestion revenue by $2,000jtddes not cause DAMCR because it is consistent

with the TCC auction.

The PAR Relief Scenario shows that if the 901 Line flow is reduced from 100 MW to 10 MW, it
reduces the generation needed in Valley Stream and increases generation in NYC, reducing
overall production costs by $1,800 as compared to the Basecase Sceimaed.B3/Ps do not
change in this example, payments by loads are unchanged and $1,800 of additional congestion
revenues are collected. The collection of additional congestion revenues allows the NYISO to
compensate ConEd $1,800 for the PAR adjustmentDa&MCR remains at $0.

The PAR Relief Scenario shows that if the 901 Line flow is increased from 100 MW to 120

MW, it increases the generation needed in Valley Stream and reduces generation in NYC,
increasing overall production costs by $400 as compared to the Basecase S&anegio.

LBMPs do not change in this example, payments by loads are unchanged and $400 less
congestion revenue is collected. The collection of less congestion revenue requires the NYISO
to charge ConEd $400 for exceeding the contract amount, and DAMCIRsesh&0.

BASECASE SCENARIO
Load Generator

Node LBMP Load Generation Revenue  Payments

Gen/Load Upstate $25 10000 13000 $250,000  $325,00(
Payments NYC $30 4000 1900 $120,000 $57,00C
Valley Stream $50 350 150 $17,500 $7,50C

Rest of Long Is. $35 2500 1800 $87,500 $63,00(

Total 16850 16850 $475,000  $452,50(

Net (Gen minus Load) 0 $22,50C

Shadow Interface Congestior

Interface Price Flow Revenue

Transmission Dunwoodie $5 2000 $10,00C
Revenue Y50 $10 1000 $10,00C
262 Line $15 300 $4,50C

901 Line Contract -$20 100 -$2,00C

Total $22,50(C

DAMCR (Gen minus Load minus Congestion) $0
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PAR RELIEF SCENARIO (901 Line Flow Reduced from 100 MW to 10 MW)

Gen/Load
Payments

Transmission
Revenue

Node LBMP

Upstate $25
NYC $30
Valley Stream $50
Rest of Long Is. $35

Total
Net (Gen minus Load)

Shadow
Interface Price
Dunwoodie $5
Y50 $10
262 Line $15
901 Line Contract -$20
901 Line Adjust -$20

Total

Load Generation

10000 13000
4000 1990
350 60
2500 1800
16850 16850
0
Interface
Flow
2000
1000
300
100
-90

DAMCR (Gen minus Load minus Congestion)

Load
Revenue
$250,000
$120,000

$17,500
$87,500

$475,000

PAR LOADING SCENARIO (901 Line Flow Increased from 100 MW to 120 MW)

Gen/Load
Payments

Transmission
Revenue

Node LBMP

Upstate $25
NYC $30
Valley Stream $50
Rest of Long Is. $35

Total
Net (Gen minus Load)

Shadow
Interface Price
Dunwoodie $5
Y50 $10
262 Line $15
901 Line Contract -$20
901 Line Adjust -$20

Total

Load Generation

10000 13000
4000 1880
350 170
2500 1800
16850 16850
0
Interface
Flow
2000
1000
300
100
20

DAMCR (Gen minus Load minus Congestion)

Load
Revenue
$250,000
$120,000

$17,500
$87,500

$475,000

Generator
Payments
$325,00(¢
$59,70C
$3,000
$63,00C

$450,70C
$24,30C

Congestior
Revenue
$10,00C
$10,00C
$4,500
-$2,000
$1,800

$24,30C
$0

Generator
Payments
$325,00(
$56,40C
$8,500
$63,00C

$452,90C
$22,10C

Congestior
Revenue
$10,00C
$10,00C
$4,500
-$2,000
-$400

$22,10C
$0
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V. EXTERNAL |INTERFACE SCHEDULING

New Yorkimports a substantial amount of power fréour adjacent control areadew

England, PJM, Ontario, and Queb@dlditionally, fivecontrollable linegthe Cross Sound
Cable, the 1385 Linghe Linden VFT Linethe HTP Lineand the Neptune Cableonnect

Long Islandand New York Citydirectly to PJM and New England, collectively providing up to
2.2 GW of importsto downstate area8%?%! Given the substantiaglansfer capability between
New York and the adjacent regions relativé\te w Y dotalkpdner consumptigrefficient
scheduling otheseinterfaceds crucial.

Efficient use of transmission interfaces between regions offers two key benefits:

T

First, access texternal resourcegduces costs of serving New York load when lewer
cost external resources are availaliliewise, bwer-cost internal resources gain the
ability to compete to serdeadin adjacent regions.

Second, he ability to draw on neighboring systems for emergency power, reserves, and
capacity helps lower the cost of meeting reliability standiawréach control area.

This sectbn evaluatesransaction scheduling between New York and adjacent control areas:

1
1

SubsectiorA summarizesaheduling between New York and adjaceotrolareas;

SubsectiorB evaluates anvergence of prices between New York and neighboring
control areas;

SubsectiortCe x ami nes the efficiency of Coordinate
including an evaluation of transaction offer patterns and profitability;

SubsectiorD provides a systematic evaluation of factors that lead to inconsistencies
between the RTC evaluation, which schedules CTS transactions every 15 minutes, and
the RTD evaluation, which determines r&aie prices every five minutes that are used

for settlemats; and

SubsectiorE examines several key factors that lead to inconsistencies between RTC and
RTD in more details.

260

261

Cross Sound Cable (ACSCO0) cwitmatransfercapdbiitn@30MW.l and t o C
Neptune Cable connects Lotgland to New Jerseyith a transfer capability of 660 MVWNorthportto-

Nor wal k | i n econfettd 2@yIslanditorCendéectiouith a transfer capability i00 MW.

Linden VFT Line connects New York City to PJM with a transfer capability of 315 Mison
Transmission Project (AHTP Lined) connects New York
660 MW.

In addition to the controllable lines connecting New York City and Long Island to adjacent control areas,
there is a small controllable |Iine between upstate
Sc hedul endis dchieduledseparately from the primary interface between New York and Quebec.
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A. Summary of Scheduled Imports and Exports

Figure A54Figure A54to Figure A57 Figure A57: Average Net Imports from Ontario,

PJM, Quebec, and New England

The following four figures summarize the net scheduled interchangealttime between New

York and neighboring control areasa823and2024 The net scheduled interchange does not
include unscheduled power flows (i.e., loop flows). For each interface, average scheduled net
imports are shown by month for peak (i.e., 6 am to 10 pm, Monday through Friday)-pedloff

hours. This is shown fahe primary interfaces with Ontario and PIJMFigure A54, the
primary interfaces with Quebec and New EnglanBigure A55, and the controllable lines
connecting Long Island and New York City with PJM and New Englafkdgare A56 and
Figure A57.
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Figure A-54: Monthly Average Net Imports from Ontario and PIJM
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Figure A-55. Monthly Average Net Imports from Quebec and New England
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Figure A-56. Monthly Average Net Imports into New York City
202371 2024
600 |
Average Peak 2023 2024
Linden VFT 264 281
500 HTP 413 382 I;I T
= = Peak Y -
E 400 -
= -a-0OffPeak \
2 _ \
o
g 300 v Il ul \.
5 \ /1 N \/ a \
Z —/ —
200 ] . ]
100
0 FT T T T T T T T T T T T T T T T T T T T T T T T FT T T T T T T T
2023 2024 2023 2024
Linden VFT HTP

2024 STATE OF THE MARKET REPORT |A-73



Appendix i External Interface Scheduling

700

600

500

400

300

200

Net Imports (MW)

100

-100

Figure A-57: Monthly Average Net Imports into Long Island
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B. Price Convergence and Efficient Scheduling with Adjacent Market

The

perfor mance
use of internal resources, but atsothe efficient use of transmission interfaces between New

of

New Yor kos

wh ol

Northport-Norwalk
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2024
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el

York andneighboring control areaslrading between neighboring markets tends to bring prices
together as participants arbitrage price differences. When an interface is used efficiently, prices

in adjacent areas should be consistent unless the interface is constrained. A lack of price

convergence indicates that resoes are being used inefficientBshighercost resources are
operating in the higipriced region that could have been supplanted by increased output from
lower-cost resources in the lepriced region Efficient scheduling is particularly important
during shortages when flows between regions have the largest economic and reliability

consequences. Moreover, efficient scheduling can also alleviatgeweration conditions that

can lead to negativeipe spikes.

ect

However,one cannot expect that trading by market participants alone will optimize the use of the
interface Several factors prevent reine prices from being fully arbitraged.

1 Market participants do not operate with perfect foresight of future market conditions at

the time that transaction bids must be submitted. Without explicit coordination between

the markets by the 1ISOs, complete arbitrage will not be possible.

1 Differences in scheduling procedures and timing in the maaketsarriers to arbitrage.

1 There are transaction costs associated with scheduling imports and exports that diminish
the returns from arbitrage. Participamsuld not be willing taschedule additional
power between regions unless they anticipate a price difference greater than these costs.
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1T The risks associated with curtail ment and
schedule external transactions when expected price differences are small.

Figure A58: Price Convergence Between New York and Adjacent Markets

Figure A58 evaluates scheduling between New York and adjd@€atmarkets across

interfaces with opeaccesscheduling. The Neptune Cable, the Linden VFT Litlee HTP

Line, and the Cross Sound Cable are omitted bedaese are Desighated Scheduled Lines,

which havealternate systems to allocate transmission reservat®ni®©shave reatime

markets, which allow participants to schedule mat&eharket transactions based on

transparent price signals in each region. Based on the prevailing prices in each market, we can
evaluate whether the interface is scheduled efficiently.

Figure A58 summarizes price differences between New York and neighboring markets during
unconstrained hours in 2024. In these hours, there were no NYISO constraints that prevented
scheduling. However, in some of these hours, there may have been constrainévémaegithe
other 1ISOs from scheduling transactiéfs In the figure, he horizontal axishowsthe range of

price difference between New York and the adjacenntrol areast the border. The heights of
the bargepresenthe fraction of hours in each price difference category

Figure A-58: Price Convergence Between New York and Adjacent Markets
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262 In these hours, prices in neighboring RTOSs (i.e., prices at the NYISO proxy in each RTO market) reflect

transmission constraints in those markets.
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Table A7: Efficiency of IntefMarket Scheduling

Table A7 evaluates the consistency of the direction of external transaction scheduling and price
differences between New York and New England, PJM, and Ontario during 2024. It evaluates
transaction schedules and clearing prices between New York and the thretsraaréss the

three primary interfaces and five scheduled lines (i.e., the 1385 Line, the Cross Sound Cable, the
Neptune Cable, the HTP Line, and the Linden VFT interface).

The table shows the following quantities:

1 The estimated production cost savings that result from the flows across each interface.
The estimated production cost savings in each hour is based on the price difference across
the interface multiplied by the scheduled power flow across the intéfface.

1 Average hourly flows between neighboring markets and New York. A positive number
indicates a net import from neighboring areas to New York.

1 Average price differences between markets for each interface. A positive number
indicates that the average price was higher on the New York side of the int&¥face.

1 The share of the hours when power was scheduled in the efficient direeipfigm the
lower-price market to the highgariced market).

The vast majority of power is scheduled in the-dagad market, while small balancing
adjustments are typically made in the ridale market. So, this analysis is shown separately for
the portion of flows scheduled in the dalyead market versus the pontthat is from balancing
adjustments in the retime marke£®®

Table A7 evaluates the efficiency of the hourly net scheduled interchange rather than of
individual transactions. Individual transactions may be scheduled in the inefficient direction, but
this will induce other firms to schedule countien transactions, therghoffsetting the effect of

263 For example, if 100 MW flows fror®IJMto New York across its primary interface during one hour, the

price in PIMis $50 per MWh, and the priée New Yorkis $60 per MWh, then the estimated production
cost savings is $1,000 (=100 * $10). This is because each MW of flow saves $10 by allowing a $60 per
MWh resource in New York to ramp down and be replaced by a $50 per MWh resoBdié ifT his

method of calculating production cost savings tends to vestenate the actual production cost savings
when power flows from the loygriced region to the higpriced region, since if flows in the efficient
direction were reduced, the cost of tharginal resource in the importing region would rise while the cost
of the marginal resource in the exporting region would fall. However, this method of calculating
production cost savings tends to cestimate the actual production cost increases wbhemipflows from

the highpriced regiortowards the lowpriced region, since if flows were reduced, the cost differential
between the marginal resources in each region would converge.

264 Therealt i me Hourly Ontario Energy Price (AHOEPO) is wus

the dayahead and redaime markets.

265 For example, if 100 MW is scheduled from the {pviced to the higfpriced region in thelay-ahead

market theday-ahead shedule would be considerefficient direction and if the relative prices of the two
regions was switched in tlieattime marketand the flow was reduced to 80 MW, the adjustment would be
shown as20 MW and theaeaktime schedule adjustment would be considegffitient directionas well.
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the individual transaction. Ultimately, the net scheduled interchange is what determines how
much of the generation resources in one control area will be used to satisfy load in another
control area, which determines whether the external interface iefikéently.

Table A-7: Efficiency of Inter-Market Scheduling
Over Primary Interfaces and Scheduled Lin@924
Day-Ahead Market Adjustment in Real-Time

Average Avg Internal Percent of Estimated |Average Avg Internal Percent of Estimated
Net Minus Hours in  Production Net Minus Hours in  Production
Imports External Price Efficient Cost Savingy Imports External Price Efficient Cost Savings
(MW) ($/MWh) Direction  (Million $)* | (MW) ($/MWh) Direction  (Million $)*

Free-flowing Ties

New England -817 $0.66 48% -$5.6 149 $1.01 61% $4.5
Ontario 542 $4.89 77% $25.9 171 $4.01 64% $9.9
PJIM 1,099 $2.58 70% $24.3 -112 $0.67 52% $5.9
Controllable Ties
1385 Line 18 $0.78 69% $2.4 -9 $0.92 54% $1.3
Cross Sound Cable 173 $4.94 74% $12.0 4 $4.23 54% $0.5
Neptune 622 $12.77 95% $70.2 -5 $11.59 37% -$1.1
HTP 371 $10.19 94% $33.5 13 $9.35 60% $1.4
Linden VFT 286 $9.15 93% $24.3 1 $9.31 56% $0.5

* The estimated production cost savings tend to: 1) under-estimate actual savings when power flows from the low-priced regic
high-priced region, since if flows were reduced, the cost of the marginal resource in the importing region would rise while the ¢
marginal resource in the exporting region would fall; while 2) over-estimate actual cost increases when power flows from the hi
region to the low-priced region, since if flows were reduced, the cost differential between the marginal resources in each regio
converge.

C. Evaluation of Coordinated Transaction Scheduling

Coordinated Transaction Scheduling (ACTS0) en
market operators to exchange price information shortly befordimel aiding market

participants in scheduling external transactions more efficie@tmpared to hourly LBMP

based schedulingh¢ CTS intrehour scheduling system offers two key advantages:

1 Timeliness: CTSschedules transactions less than 30 minutes ahead, whereas hourly
LBMP-basedschedules are established up to 105 minutes in advance, benefiting from
more accurate system information.

1 Flexibility: Interface flows adjust every 15 minutes instead of every 60 minutes, enabling
a more efficient response to changing #t@ak conditions.

Figure A59: Bidding Patterns of CTS at the Primary Pad NEInterfaces

Figure A59 shows the average amount of CTS transactions offered and scheduled at the primary
PJM and New England interfaces during peak hours (i.e., HB 7 to 22) in each month of 2024.
Positive numbers indicate import offers to New York and negative numbers remesert bids

to PJM or New England. Stacked bars show the average quantities esgn&ittive CTS bids

for the following three price ranges: (a) betwe®h0 and $5/MWh; (b) between $5 and
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$10/MWh; and (c) between $10 and $20/M¥fh Bids that are offered belov$10/MWh or

above $20/MWh are considered price insensitive for this analysis. Unlike the primary New
England interface where only CTS bids are allowed, traditional Libsked bids and CTS bids

are both allowed at the PIM infiace. To make a fair comparison between the two primary
interfaces, LBMPbased bids at the PJM interface are converted to equivalent CTS bids and are
shown in the figure as well. The equivalent CTS bids are constructed as:

1 Equivalent CTS bid to import = LBMBased import offeif PJM Forecast Price
1 Equivalent CTS bid to export = PJM Forecast Prit®MP-based export bid

The two black lines in the chart indicate the average scheduleespnséive imports and

exports (including both CTS and LBMbased bids) in each montiithe table in the figure
summarizes for the two CFéhabled interfaces: a) the average amount of-ggositive bids

with low offer prices, which are either less than $5/MWh or between $5 and $10/MWh; and b)
the average cleared prisensitive bids in 2024

Figure A-59: Price-Sensitive RealTime Transaction Bids and Offers by Month
PJM and NE Primary Interfaces, 2024
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266 RTC evaluates whether to schedule a CTS bid to import assuming it has a cost equal to the sum of: (a) the

bid price and (b) PJMés or NEG6és forecast marginal
schedule a CTS bid to export assumingwis | | i ng t o export at a price up

marginal price at the border less (b) the bid price.
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Figure A-60: Transaction Profitability athe Primary PJMand NEInterfaces

The second analysis examines the profitability of scheduled transactions at the tgodblesl
interfaces. In the bottom portion Bigure A60, the column bars indicate the profitability

spread of the middle two quartiles (i.e., 25 to 75 percentile) in 2024. The line inside each bar
denotes the median value of the distribution. These are shown separately for imports and exports
at the two intgfaces. Scheduled transactions are categorized in the following two groups:

1 Day-aheadi Transactions that are scheduled in the-alagad market and actually flow
in reattime. This excludes virtual imports and exports, which have abegd schedule
but do not bid/offer in redime.

1 Realtimei Transactions not offered or scheduled in the@aagad but scheduled in the
reattime (i.e., dayahead schedules are zero, but-teaé schedules are not zero).

The bars in the top portion of the figure show the average quantity of scheduled transactions for
each category in 2024 and the inset table summarizes the annual average profit.

Figure A-60: Profitability of Scheduled External Transactions
PJM and NE Primary Interfaces, 2024
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Table A8: Efficiency of IntraHour Scheduling Under CTS

The next analysis evaluates the efficiency of the -€m&bled intrehour scheduling process
(relative to our estimates of the scheduling outcomes that would have occurred under the hourly
scheduling process) with PJM and New England.
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To estimate the adjustment in the interchange schedule attributable to tHeint@TS

scheduling process, it is first necessary to estimate an hourly interchange schedule that would
have flowed if the intrdnour process was not in place. We estinfagebtase interchange

schedule by calculating the average of the four advisory gifaterschedules during the hour

for which RTGsdetermined final schedules at each hosdieduling interfaceé®’

Table A8 examines the performance of the iAfw@ur scheduling process under CTS at the
primary PJM and New England interfaces in 2024. The table shows the following quantities:

1 % of All Intervals with AdjustmeritThis shows the percent of quartesur intervals
during which the interface flows were adjusted by CTS (relative to the estimated hourly
schedule) in the scheduling RTC interval.

1 Average Flow Adjustmerit This measures the difference between the estimated hourly
schedule and the final schedule. Positive numbers indicate flow adjustments in the
import direction (i.e., from PJM or New England to New York) and negative numbers
indicae flow adjustments in the export direction (i.e., from New York to PJM or New
England).

1 Production Cost SavingsThis measures the market efficiency gains (and losses) that
resulted from the CTS processes.

o0 Projected Savings at Scheduling Tim&his measures the expected production cost
savings at the time when RTC determines the interchange scheduletlaervas
primary interface.?°®

o Net OverProjected Savings This estimategproduction cost savings that anger
projected. CTS bids are scheduled based partly on forecast prices. If forecast prices
deviate from actual prices, transactions may be-sekeduled, undescheduled,
and/or scheduled in the inefficient direction. This estimates the portion afysavi
that inaccurately projected because of PIM, NYISO, aneNG@orecast errorg®®

o OtherUnrealized Savings This measures production cost savings that are not
realized once the following factors are taken into account:

267 RTCisis the RTC run that posts the results by the time 15 minutes past each hour. The first interval of

each RTGsis ending at 30 minutes past each hour. For baahly-scheduling interface, each RT:C
makes binding schedules for the second calendar hour in Hartdva-half optimization period For
examplethe first RTGsof each day posts market results by 0:15 am; the first interval of itarake-half
optimization period is ending at 0:30 am; and it makes binding transaction schedules for all hourly
scheduling interfaces for the hour beginning at 1:00 am.

268 This is calculated as (final RTC schedulestimated hourly schedule)*(RTC price at the PIM/NE piioxy

PJM/NE forecast price at the NYIS proxy). An adjustment was also made to this estimate, which is
described in Footnot273.

269 This is calculated as: a) (final RTC schedulestimated hourly schedule)*(RTD priceRTC price) for

NYISO forecast error; hifinal RTC schedulé estimated hourly schedule)*(PJM forecast piideIM RT
price) for PIM forecast error; and(@nal RTC schedulé estimated hourly schedule)*(NE forecast pfice
NE RT price) for NE forecast error.
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- ReaHime Curtailment’®- Some of RTC scheduled transactions may not actually
flow in reattime for various reasons (e.g., chemkt failures, reatime cuts for
security and reliability concerns, etc.). The reduction of flows in the efficient
direction reduces market efficigngains.

- InterfaceRamping’t- RTD and RTC have different assumptions regarding
interface schedule ramping. In RTD, interface flows start to ramp at 5 minutes
before each quartdrour interval and reach the target level at 5 minutes after.
RTC assumes that the target flow levaigached at the top of the quarkerur
interval. Therefore, an inherent difference exists between RTD flows and RTC
flows at the top of each quartkour interval, which will lead a portion of
projected savings to be unrealized in real time.

- Price Curve Approximation This applies only to the CTS process between New
York and New England. CTSPE forecasts@oiht piecewise linear supply curve
and NYISO transfers it into a stépnction curve for use in the CTS process (as
shown inFigure A62). This leads to differences between the marginal cost of
interchange estimated by ISSE and the assumptions used by the NYISO for
scheduling.

o Actual Saving$'>2”37 This is equal to (Projected Savirigdlet OverProjected
Savings Unrealized Savings).

1 Interface Price$ These show actual refiine prices and forecasted prices at the time of
RTC scheduling.

270

271

272

273

This is calculated as (final RTD schedulénal RTC schedule with ramping assumption at the top of
quarterhour interval)*(RTD price at the PIM/NE proxyPJM/NE RT price at the NY proxy).

This is calculated as (final RTC schedule with ramping assumption at the top of -tnoantémterval i
final RTC schedule without ramping assumption)*(RTD price at the PIM/NE pr&dM/NE RT price at
the NY proxy).

This is also calculated as (final RTD schedukstimated hourly schedule)*(RTD price at the PIM/NE
proxyi PJM/NE RT price at the NY proxy) + an Adjustment (as described below).

The marginal cost of production is estimated from LBMPs that result from scheduling a transaction, but the
marginal cost of production varies as the interface schedule is adjusted. For example, if 100 MW is
scheduled to flow from PJM or NE to NYISO, rethgthe price spread between markets from $12/MWh

to $5/MWh, our unadjusted production cost savings estimate from the transaction would be $500/hour (=
100 MW x $5/MWh). However, if the change in production costs was linear in this example, the true
savirgs would be $850/hour (= 100 MW x Average of $5 and $12/MWh). We make a similar adjustment

to our estimate of marginal cost of production assuming that: a) the supply curve was linear in all three
markets; b) at the NY/PJM border, a 100 MW movement irstipply curve changes the marginal cost by

7.5 percent of NY LBMP in the New York market and 2.5 percent of PJM LBMP in the PIM market; and

c) at the NY/NE border, a 100 MW movement in the supply curve changes the marginal cost by 15 percent
of NY LBMP in the New York market and 5 percent of NE LBMP in the NE market.
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1 Price Forecast ErroisThese measure the performance of price forecasting by showing
the average difference and the average absolute difference between the actual and
forecasted prices on both sides of the interfaces.

To examine how price forecast errors affected efficiency gains, these numbers are shown
separately for the intervals during which forecast errors are less than $20/MWh and the intervals
during which forecast errors exceed $20/MWh.

Table A-8: Efficiency of Intra -Hour Scheduling Under CTS
Primary PJM and New England Interfaces, 2024

Average/Total During Intervals w/ Adjustment
CTS - NY/NE CTS - NY/PIM
Both Forecast| Any Forecast Total Both Forecast| Any Forecast Total
Errors <= $20| Error > $20 Errors <= $20| Error > $20
% of All Intervals w/ Adjustment 75% 9% 84% 44% 15% 59%
Average Flow Adjustment| Net Imports 40 51 41 -5 -72 -22
(MW) Gross 135 177 140 90 129 100
Projected at Scheduling Time $8.3 $4.9 $13.2 $2.3 $10.3 $12.6
Production| ot over- NY -$0.4 -$1.3 -$1.7 -$0.1 $0.3 $0.1
Sg\?;gs Projection by: | NE or PIM $0.0 $12 | -$12 -$0.9 $103 | -$11.1
($ Million) Other Unrealized Savings -$0.3 -$0.7 -$1.0 -$0.1 -$0.2 -$0.3
Actual Savings $7.6 $1.7 $9.3 $1.2 $0.1 $1.4
Actual $31.87 $75.34 $36.38| $36.05 $29.99 $49.30 $34.79| $33.68
Interface NY Forecast $32.66 $70.35 | $36.57| $36.26|  $30.72 $48.65 | $35.18|$34.02
($F/>lr\I/ICV?/f1) NE or PIM Actual $31.43 $81.35 $36.61| $38.17 $26.44 $54.31 $33.37($31.16
Forecast $31.13 $77.07 $35.89| $37.74 $28.53 $93.11 $44.58| $39.86
Price - Fest. - Act. $0.79 -$4.99 | $0.19| $0.21 $0.72 -$0.65 | $0.38 | $0.34
Forecast Abs. Val. $2.44 $35.15 $5.84 | $5.57 $2.38 $15.86 $5.73 | $4.82
Errors Fcst. - Act. -$0.31 -$4.28 -$0.72| -$0.43 $2.09 $38.80 $11.21| $8.70
@mwhy | NEOTPIMET s val $3.67 $36.47 | $7.08| $7.38| $557 $70.19 | $21.64|$17.91
| For Adjustment Intervals Only I T T I For All Intervals

Figure A61& Figure A62: Price Forecast Errors Under CTS

The next analysis compares the performance of price forecasting by the three ISOs in the CTS
processFigure A-61 shows the cumulative distribution of forecasting errors in 2024. The price
forecast error in each 4hinute period is measured as the absolute value of the difference
between the forecast price and actual price.

Figure A-61 shows the ISENE forecast error in two ways: (a) based on the prase linear
curve that is produced by its forecasting model, and (b) based on tHarstBpn curve that the
NYISO model uses to approximate the piagse linear curve.

Figure A62illustrates this with example curvé¥. The blue squares in the figure show the
seven price/quantity pairs that are produced by theN&®rice forecast engine (CTSPE). The
blue line connecting these seven squares represents a piecewise linear supply curve at the New

274 The two curves are forecasted supply curves used in the market on January 5, 2016.
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England border. The red st@mction curve is an approximation of the piecewise linear curve
and is actually used in RTC for scheduling CTS transactions at the New England border.

1

Frequency of Intervals

Supply Curve Price ($/MWh)

00%

Figure A-61: Distribution of Price Forecast Errors Under CTS
NE and PJM Primary Interfaces, 2024
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Figure A-62: Example of Supply Curve Produced by ISGNE and Used by RTC
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D. Evaluation of Factors Contributing to Inconsistency between RTC and RTD

RTC schedules gas turbines and external transactions shortly in advance-ofitluebreal
time market, so its assumptions regarding factors such as the load forecast, the wind forecast, and
the ramp profile of individual resources are important.

Figure A63to Figure A65: Forecast Assumptions Used by RTC to Schedule CTS
Transactions and Their Price Impact

Figure A63to Figure A65 provide the results of our systematic evaluation of factors that lead

to inconsistent results in RTC and RTD. This assesses the magnitude of the contribution of

various factors using a metric that is described below. An important feature of thisisnisiaic

it distinguishes between factors ticausedifferences between RTC forecast prices and actual

RTD prices (which we cal |l frelecedifferancesibetaded f act o
RTC forecast prices and actual R¥D prices (wh

RTC schedules resources with lead times of 15 minutes to one hour, including fast start units and
external transactions. Inconsistency between RTC and RTD prices is an indication that some
scheduling decisions may be inefficient. For example, suppasBTitaforecasts an LBMP of
$45/MWh and this leads RTC to forego 100 MW of CTS import offers priced at $50/MWh, and
suppose that RTD clears at $65/MWh because actual load is higher than the load forecast in RTC
and RTD satisfies the additional load with 20W of online generation priced at $65/MWh. In

this example, the undéorecast of load leads the NYISO to use 100 MW of $65/MWh

generation rather than $50/MWh of CTS imports, resulting in $1,500/hour (= 100 MW *

{$65/MWh - $50/MWh}) of additional produ@n costs. Thus, the inefficiency resulting from

poor forecasting by RTC is correlated with: (a) the inconsistency between the MW value used in
RTC versus the one used in RTD, and (b) the inconsistency between the price forecasted by RTC
versus the actug@rice determined by RTD. Hence, we use a metric that multiplies the MW
differential between RTC and RTD with the corresponding gtitferential for resources that

are explicitly considered and priced by the 1@l models.

For a generator, external transaction, or load i, our inconsistency metric is calculated as follows:
Metrici = (NetInjectionMWRrrc i NetlnjectionMW rp) * (Pricarrci Pricartp)?’®
Hence, for the load forecast in the example above, the metric is:

MetriCioad = 100 MW * ($45/MWhi $65/MWh) =-$2,000/hour

275 Although RTC produces ten forecasts looking 150 minutes into the future, and RTD produces four

forecasts looking one hour into the future that are in addition to the binding schedules and prices that are
produced for the next five minutes, this metricatcalated comparing just the -tBinute ahead forecast of
RTC (which sets the interchange schedules for the interfaces with PJIM aiNEI8@t use CTS) to the 5
minute financially binding interval of RTD. Future reports will perform the analysis basetthentime

frames as well.

276 Note, that this metric is summed across energy, operating reserves, and regulation for each resource.
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For the highcost generator in the example above, the metric is:

Metricgenerato= -100 MW * ($45/MWhi $65/MWh) = +$2,000/hour
For the foregone CTS imports in the example above, the metric is:

MetriCimport = 0 MW * ($45/MWhi $65/MWh) = $0/hour

The metric produces a negative value for the load forecast, indicating that thdanadast of

| oad was a Adetrimental o factor that contri bu
price and the actual RTD price. The metric produces a positive f@ the generator that
responded to the need for additional supply i
a Abeneficialo factor that helped Iimit the d
actual RTD price. The metric producegero value for the foregone CTS imports, recognizing

that the divergence was not caused by the CTS imports not being scheduled, but rather that their

not being scheduled was the result of poor forecasting.

For PARcontrolled line i, our inconsistency metric is calculated across binding constraints c:

Metrici = (FlowMW,r1c T FlowMWirto)  &{(SkadowPricertc * ShiftFactorcrrci
ShadowPriceMWrTo * ShiftFactorcrm)}

Hence, for a PARControlled line that is capable of relieving congestion on a binding constraint,
if the flow on the PARcontrolled line is higher in RTD than in RTC and the shadow price of the
constraint is higher in RTD than in RTC, the metric will progla positive value, indicating that
the PARcontrolled line had a beneficial inconsistency (i.e., it helped reduce the divergence
between RTC and RTD congestion prices). However, if the flow on thedeARolled line
decreases in RTD while the shadovceris increasing, the metric will produce a negative value,
indicating that the PARontrolled line had a detrimental inconsistency (i.e., it contributed to the
divergence between RTC and RTD congestion prices). This calculation is performed for both
fiodp mi zedo PARY iamd &dmwoPARS .

For transmission constraints that are modeled, it is also important to quantify inconsistencies that
lead to divergence between RTC and RTD. To the extent that such inconsistencies result from
reductions in available transfer capability that increaseesiman, the metric will produce a

negative (i.e., detrimental) result. On the other hand, if inconsistencies result from an increase in
transfer capability that helps ameliorate an increase in congestion, the metric will produce a
positive (i.e., benefiail) result. For each limiting facility/contingency pair c, the calculation

utilizes the shift factors and schedules for resources and other inputs i:

Metric_BindingTx = ShadowPricerrc* i $8hiftFactor crrc* (MW irTtc T MWirTD)}
T ShadowPricerm * i $ShiftFactorcrm * (MWirTc T MWiRrTD)}

217 A PAR is woptiemdzeédonif the RTC and RTD models treat
optimization engine, while a PAR is called fopti miz
models treat the flow as a flexible within some range.
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Once the metric is calculated for each optimized PAR and each binding constraint, the
transmission system is divided into regions and if a particular region has optimized PARs and/or
binding constraints with positive and negative values, the followingad@nts are used. If the

sum across all values is positive, then each positive value is multiplied by the ratio of:
{(TotalGrossPositive + TotalGrossNegative)/TotalGrossPositive} and each negative value is
discarded. If the sum across all values is negathen each negative value is multiplied by the
ratio of: {(TotalGrossPositive + TotalGrossNegative)/TotalGrossNegative} and each positive
value is discarded. This is done because when transfer capability on one facility in a particular
region is redued, the optimization engine often increases utilization of parallel circuits, so the
adjustments above are helpful in discerning whether the net effect was beneficial or detrimental.

Example 1

The following twenode example illustrates how the metrics would be calculated if a
transmission line tripped after the RTC run, causing a divergence between RTC and RTD prices.
Suppose, RTC forecasts:

M Loadr =100 MW and Loagl= 200 MW;

1 Three transmission lines (Lines 1, 2, and 3) with equal impedance connect A to B and the
lowest rated line (Line Thas 50 MW of capability, so the shift factor of node A on Line
1 is 0.333 (assuming node B is the reference bus);

1 Gem produces 250 MW at a cost of $20/MWh and ggroduces 50 MW at a cost of
$30/MWh; and

M Thus, in RTC, Price= $20/MWh, Price = $30/MWh, Flowg1 on Line 1 =50 MW, so
the ShadowPrieg: = $30/MWh.

Suppose that before RTD runs, Line 2 trips, reducing flows from Node A to Node B and
requiring output from a $45/MWh generator at Node B. This will lead to the following changes:

1 Only two transmission lines (Lines 1 and 3) with equal impedance connect A to B, so the
shift factor of node A on Line 1 is 0.5 (assuming node B is the reference bus);

1 Gem produces 200 MW at a cost of $20/MWh, @@noduces 50 MW at a cost of
$30/MWh, andGers, produces 50 MW at a cost of $45/MWh; and

M Thus, in RTD, Price= $20/MWh, Price = $45/MWh, Flowg1 on Line 1 =50 MW, so
the ShadowPrigg1 = $50/MWh.

In this example, the metric would be calculated as follows for each input:
Metric_Loach = $0 = €100MW - -100MW) * ($20/MWh- $20/MWh)
1 Metric_Loadk = $0 = €200MW - -200MW) * ($30/MWh- $45/MWh)
1 Metric_Gen = $0 = (250MW- 200MW) * ($20/MWh- $20/MWh)

1 Metric_Ger = $0 = (50MW- 50MW) * ($30/MWh- $45/MWh)
1
1

=

Metric_Gemz = $750/hour = (OMW 50MW) * ($30/MWh - $45/MWh)

Metric_BindingTx =-$750/hour = $30/MWh * 0.333 * (250MW200MW)1 $50/MWh
* 0.5 * (250MW - 200MW)
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T

Metric_BindingTx exhibits a negative value, indicating a detrimental factor because the
divergence between RTC prices and RTD prices was caused by a reduction in transfer
capability from Node A to Node B. Metric_Gerexhibits a positive value, indicating a
beneficial factor because the divergence between RTC prices and RTD prices was limited
by the response of additional generation at Node B. All of the other factors have a zero
value because they neither contributedonvergence or divergence betw&3rC and

RTD prices.

Example 2

The following twenode example illustrates how the metrics would be calculategeifierator
tripped after the RTC run, causing a divergence between RTC and RTD prices. Suppose RTC

forecasts:

1 Loadr =100 MW and Loagl= 200 MW;

1 Three transmission lines (Lines 1, 2, and 3) with equal impedance connect A to B and the
lowest rated line (Line 1) has 50 MW of capability, so the shift factor of node A on Line
1 is 0.333 (assuming node B is the reference bus);

1 Gem produces 200 MW at a cost of $20/MWh and ggroduces 100 MW at a cost of
$20/MWh; and

1 Thus, in RTC, Price= $20/MWh, Price = $20/MWHh, Flowg1 on Line 1 = 33.33 MW,

so the ShadowPrige; = $0/MWh.

Suppose that before RTD runs, @énps, increasing flows from Node A to Node B from 100
MW to 150 MW, requiring 50 MW of additional production from Gemd requiring 50 MW of
production from a $45/MWh generator at Node B. This will lead to the following changes:

1 Gem produces 250 MW at a cost of $20/MWh d&ers2 produces 50 MW at a cost of
$45/MWh; and
1 Thus, in RTD, Price= $20/MWh, Price = $45/MWh, Flowg1 on Line 1 = 50 MW, so

the ShadowPrigg1 = $75/MWh.

In this example, the metric would be calculated as follows for each input:

T

= =42 =4 4 A

Metric_Loach = $0 = €100MW - -100MW) * ($20/MWh- $20/MWHh)
Metric_Load = $0 = €200MW - -200MW) * ($20/MWh- $45/MWh)
Metric_Gem = $0 = (200MW- 250MW) * ($20/MWh- $20/MWh)
Metric_Gem = -$2,500/hour = (100MW OMW) * ($20/MWh - $45/MWh)
Metric_Gemz = $1,250/hour = (OMW 50MW) * ($20/MWh - $45/MWh)

Metric_BindingTx = $1,250/hour = $0/MWh * 0.333 * (200MV250MW)i $75/MWh
*0.333 * (200MW- 250MW)

Metric_BindingTx exhibits a positive value, indicating a beneficial factor because excess
transfer capability was utilized to reduce the divergence between RTC prices and RTD
prices that was caused by the generator trip at Node B. Metrigz &dmbits a positive
value, indicating a beneficial factor because the divergence between RTC prices and
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RTD prices was limited by the response of additional generation at Node B. All of the
other factors have a zero value because they neither contributed to convergence or
divergence between RTC and RTD prices.

Categories of Factors Affecting RTC/RTD Price Divergence

RTC and RTD forecasts are based on humerous inputs. We summarize inputs that change
between RTC and RTD in the following ten categories for the purposes of this analysis:

1 Load Forecast Errar Combines the forecast of the load forecasting model with any
upward or downward adjustment by the operator.

1 Wind Forecast Error Uses the blended value that is a weighted average of the wind
forecasting model and the current telemetered value.

1 External Transaction Curtailments and Checkout Failures
1 Generator Forced Outages and Derates

1 Generator Not Following Scheduld ncl udes situations where a
schedule is affected by a ramapnstraint and where the raropnstraint was tighter as a
result of the generator not following its schedule in a previous interval.

1 Generator on OOM Dispatch
1 Generator Dispatch In Merit

1 NY/NJ PARs and Other Ne@®ptimized PARS Includes the A, J, K, and 5018 PAR
controlled lines.

1 Transmission Utilizatioii Includes contributions from binding constraints and optimized
PARs. This category is organized into the following regional transmission corridors:

o West Zone

0 West Zone to Central NY

o North Zone to Central NY

o Central East

0 UPNY-SENY & UPNY-ConEd
o New York City

o Longlsland

1 Schedule Timing and Ramp Profiliiigrhis includes differences that result from
inconsistent timing and treatment of ramp between RTC and RTD for load forecast,
external interchange, sedtheduled generation, and dispatchable generation. This is
illustrated for external interchange igure A68.

Figure A63 summarizes the RTC/RTD divergence metric results for detrimental factors in 2024,
while Figure A-64 provides the summary for beneficial factoFsgure A65 summarizes the
beneficial and detrimental metric results for Transmission Utilization.
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Figure A-63: Detrimental Factors Causing Divergence between RTC and RTD
2024
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Figure A-64. Beneficial Factors Reducing Divergence between RTC and RTD

2024
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Figure A-65: Effects of Network Modeling on Divergence between RTC and RTD
By Region, 2024
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E. Patterns of Key Factors Driving Price Differencedetween RTC and RTD

The following analyses focus on several key factors contributing to inconsistency between RTC
and RTD, which (a) evaluate the magnitude and patterns of forecast errors of these factors and
(b) examine how these affectg. the accuracy of

Figure A66 & Figure A67: Differences in Prices vs Differences in Assumptions of Net
Interchanges between RTC and RTD

Figure A-66 shows a histogram of the differences in 2024 between (a) the RTC assumed net
interchange and (b) the actual net interchange reflected in RTD at the -tnoanténtervals (i.e.,

at :00, :15, :30, :45). For each tranche of the histogram, the figure size@srtae accuracy of

the RTC price forecast by showing

1 The average of the RTD LBMP minus the RTC LBMP;
1 The median of the RTD LBMP minus the RTC LBMP; and
I The mean absolute difference between the RTD and RTC LBMPs.

LBMPs are shown at the NYISO Reference Bus at the guaoterintervals for RTC and RTD.
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Figure A-66. Histogram of Differences Between RTC and RTD Prices and Net Interchange
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Figure A67 shows pricing and scheduling differences by time of day. The stacked bars in the
lower portion of the figure show the frequency, direction, and magnitude of differences between
RTC and RTD net import levels for 100+ MW tranches. The upper portion bfjtine

summarizes the accuracy of the RTC price forecast by showing the average RTD LBMP minus
the average RTC LBMP and the mean absolute difference between the RTD and RTC LBMPs.
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Figure A-67: Differences Between RTC and RTD Prices and Net Interchange Schedules
by Time of Day, 2024
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Figure A68: lllustration of the ramp profiles that are assumed by RTC and RTD

The differences in net interchange schedules between RTC and RTD result from factors such as
transaction checkout failures, curtailments by operators, and different ramp assumptions used in
RTC and RTD.Figure A68 provides an illustration of the ramp profiles that are assumed by

RTC and RTD. The different ramp profiles lead to inconsistencies between RTC and RTD in the
level of net imports, which contribute to differences between the RTC price forecast and actual
5-minute RTD clearing prices. Although inconsistent ramp profile assumptions are not the only
source of inconsistent RTC and RTD prices, they illustrate how inconsistent modeling
assumptions can lead to inconsistent pricing outcomes.

In RTD, the assumed level of net imports is based on the scheduled interchange at the end of
each 5minute period. Transactions are assumed to move overnanl@e period from one

scheduling period to the next for both hourly anehiBute interfaces. ThE0-minute period

goes from five minutes before the tofsthe-hour or quartehour to five minutes after. On the

other hand, RTC schedules transactions as if they reach their schedule aoththédpour or
guarterhour, which is five minutes eartighan RTD. Green arrows are used to show intervals

when RTD imports exceed the assumption used in RTC. Red arrows are used to shown intervals
when imports assumed in RTC exceed the RTD imports.
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Figure A-68: lllustration of External Transaction Ramp Profiles in RTC and RTD
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Figure A69 & Figure A70: Differences in Prices vs Differences in Load Forecasts
between RTC and RTD

Figure A69 shows a histogram of the differences in systemwide load forecasts (including load
biases by operators) between RTC and RTD at the gureoterintervals (i.e., at :00, :15, :30,

:45)for 2024 For each tranche of the histogram, the figure summarizes the accuracy of the RTC
price by showing:

1 The average of the RTC LBMP minus the RTD LBMP;
I The median of the RTC LBMP minus the RTD LBMP; and
i The mean absolute difference between the RTDRard LBMPs.

LBMPs are shown as zonlmlad-weighted prices at the quadour intervals for both RTC and
RTD.

Figure A70shows these pricing and load forecasting differences by time o Haystacked
bars in the lower portion of the figure show the frequency, direction, and magnitude of
differences between RTC and RTD load forecast levels in trang@esupper portion of the
figure summarizes the accuracy of the RTC price forecast by showing:

1 The average RTC LBMP minus the average RTD LBMP; and
1 The mean absolute difference between the RTD and RTC LBMPs.
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Figure A-69: Histogram of Differences Between RTC and RTD Prices and Load Forecasts
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Figure A71& Figure A72: Curtailments on RTC/RTD Divergence

Figure A71 compareshefrequency of external transaction curtailments by month in 2023 and
2024. This is shown separately for the Ontario interface, the Quebec interface, the primary New
England interface, the Neptune interface, and the primary PJM interface. All other irstarace
grouped together. For one patrticular interface, one hour is counted towards the curtailment
frequency if the quantity of net curtailments in either import direction or export direction was
more than 100MW in any intervals within the hour.

Figure A72shows the 10 days in 2024 which contributed the most significant impact to the
category of detrimental curtailments causing divergence between RTD and RTC. Of this
category, the bulk of the impact (nearly 80 percent) is contained within the top 10 days.

Figure A-71. Number of Hours with External Transaction Curtailments by Interface
By Month, 20232024
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Figure A-72: Top 10 Days in Detrimental Curtailment Category

2024

The top 10 days constitut7.1%
of the total detrimental impact of
this category in 2024.
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V. MARKET OPERATIONS

The objective of the wholesale market is to coordinate resources efficiently to satisfy demand
while maintaining reliability. The daghead market should commit the lowesst resources to
meet expected conditions on the following day, and thetirealmarket should deploy the

available resources efficiently. Clearing prices should be consistent with the costs of deploying
resources to satisfy demand while maintaining reliability. Under shortage conditions, the real
time market should provide incents/ér resources to help the NYISO maintain reliability and

set clearing prices that reflect the shortage of resources.

The operation of the redéilme market plays a critical role in the efficiency of the market

outcomes because changes in operations can have large effects on wholesale market outcomes
and costs. Efficient redgime price signals are beneficial because #rmyourage competitive

conduct by suppliers, participation by demand response, and investment in new resources and
transmission where they are most valuable.

In this section, we evaluatiee followingaspects of wholesale market operationgd(d@4

1 RealTime PriceSetting by Gas Turbines with Muliour Minimum Run Timeis This
subsection evaluad¢he consistency of pricing witlas turbinecommitmentand
dispatch decisions the realtime market, focusing on a subset of gas turbines that offer
multi-hour minimum run times

1 Availability of CombinedCycle Duct BurneCapacityin ReatTime Operatioai This
subsection evaluates the availability of duct burner ranges on cordyided in real
time operations, highlighting its variability across different times and ambient conditions.

1 Dispatch Performance of Intermittent Generators when Curtdil€dis evaluates the
performance of intermittent generators when operators curtail them for system security.

1 Performanceof Operating Reserve ProvideirsThis subsection analyzes: a) the
performance of gas turbines in responding to a signal teugiart the reatime market;
and b) how the expected performance of operating reserve providers affects the cost of
congestion management in New York City.

1 M2M Coordinationi This subsection evaluad¢he operation of PARontrolled lines
under marketoomar ket coordination ( MNM3MMo) bet ween

1 Operation ofControllable Lines This subsection evaluates the efficiency of-teak
flows across controllable lines more generally.

1 Regulation Movemettib-Capagty Ratio i This subsection evaluates the actual
movemento-capacity for individual regulation providers versus the single common
multiplier used in the regulation scheduling process.

1 Pricing Under Shortage ConditioisWe evaluatéwo types of shortage condition@&)
shortages of operating reserves and regulagiod (b)transmissiorshortages.

1 Supplemental Commitment for Reliabilitfpupplemental commitmenése necessary
when the market does not provide incentives for suppliers to sagigginreliability
requirements However, supplemental commitmemndésse concerns because they indicate
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the market does not provide sufficient incentjteeydampen market signaland they
lead to uplift charges

1 BPCG Uplift Charge$ This subsection evaluates BPCG uplift charges resulted
primarily from supplemental commitment and -@ftmerit dispatch.

A. RealTime Price-Setting by Gas Turbines with Multi -Hour Min imum Run Times

The 1SO schedules resources to provide energy and ancillary services using two models in real

ti me. First, the Real Time Dispatch model (n
deploying resources that are flexible enough to adjust their outputfexeerginutes. RTD also
starts10-minute unitswhen it is economic to do €6 RTD models the dispatch acrassighly

a onehour time horizon (rather than just the next five minutes), which better enables it to

determine when gas turbinewill be economic to start or when a generator should begin

ramping in anticipation of a constraint in a future interval.

Second, the Real Time Commitment model (ARTCO
two-anda-half hour time horizon. RTC is primarily responsible for scheduling resources that are

not flexible enough to be dispatched by RTD. RTC sigstand shis-down10-minuteand 30
minuteunitswhen it is economic to do $€6° RTC also schedules bids and offers to export,

import, and wheethrough power to and from other control areas.

The realtime scheduling procesgnoresminimum run time offerendassunesa default one
hour minimum run time for aflast start units Nonethelesdast start units thatubmit bids with
multi-hourminimum runtimesareexcluded from setting priceS.herefore, the redlme costs
of these units are not properly reflected in the LBMPBis Jubsection evaluates the potential
market impact from thidiscrepancy between scheduling and pricing in thetie& markets

Figure A73: RealTime Prices during Commitment of GTs with Midtur MRT

Figure A-73 evaluates prices during commitments of gas turbines offering-hmauti minimum

run times in the regime market in the past three years. The evaluation focuses on economic
commitments made by RTC, RTD, or RXIAM, %% excluding seHschedules and owtf-market
commitments made by operators.

The bars in the figure show the total number of hours when GTs are economically committed
each year. The blue bars indicate the number of hours when LBMPs exceeded GT costs (i.e.,
incremental cost + amortized startup cost), while the red bars representtber of hours

when LBMPs were below GT costs. The black line shows our estimate of potential price impact
if these GTs were allowed to set prices. GTs are combined into seven groups in New York City
and Long Island based on their electric connedbahe grid.

278 10-minute unitscan start quickly enough to provide-finute nonsynchronous reserves.

279 30-minuteunitscan start quickly enough to provide-8linute norsynchronous reserves, but not quickly

enough to provide Hhinute reserves.

280 The RealTime Dispatchi Corrective Action Mode (RTECAM) is version of RTDthat NYISO operators
can run ordemand to address abnormal or unexpected system conditions.
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Figure A-73: Prices During Commitments of GTs Offering Multi-Hour Min Run Times
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B. Availability of Combined-Cycle Duct Burners for RealTime Operation

Most combined cycle units in New York have duct burners, which uses supplementary firing to
increase the heat energy of a gas turbineds e
downstream heatkcovery steam generator. This additional ougau be offered into the

energy market as a portion of the dispatchable range of the unit. However, mdstrayct

capacity is less capable of following a fir@nute dispatch signal. The process of staftipg

and shuttingdown duct burners is simildo the starup and shutlown of a fasttart unit. For

this reason, some combined cycle units with a duct burner do not offer it into thienesal

mar ket , whil e -0odteduwsl esd mph iydispatdegbld mantey. i n a no

Table A9 & Figure A74- Figure A75. CombinedCycle Unit Duct Burner Capacity and
Availability in New York

Table A9 summarizes the amounts of ddicing capability in the summer and winter capability
periods by load zone.

Figure A74 shows a exampleof a combineetycle unit thatould not follow dispatch
instructionsduringaR e s e r v e RPUD g\kent due 1o fis inability to fire the duct burner
within 10-minutes. However, this duct burner capacity is considered capable of following 5
minute dispatch signals in the market scheduling and pricing softWare.disconnect presents
challenges in redime operations when the duioting capacity becomes more valuable under
tight system conditions like an RPU event.
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Table A-9: Combined-Cycle Unit Duct Burner Capacity in New York
By Load Zone
# Generators Summer Winter

Lol 2 (PTIDs) MW MW
West & Genesee 7 51 56.5
Central 7 38 39
North 3 31 31
MHK VL 2 13 15
Capital 10 209 189
HUD VL 5 174 179
NYC 7 280 312
Long Island 3 90 96

NYCA Total 44 886 917

In the figure, he two lines show the levels where resource capacity shifts from baseload without
duct burners (gray line) to the duct burner range (red line). Capacity values are not given for
confidentiality purposeshe bluebarsshow the actual output produced by the resource in each
RTD and RTBCAM interval. The blacklashedine shows the Bninute instructions by the

market modelThe redpatterned area between tp@y lineand the instructed output line

outlines the duct burner output that was amttially deliverableby theresource

Figure A-74: Duct Burner Real-Time Dispatch Issue
Example of a Failed RPU

RPU == Actual Output
Performance —Non-DB UOL
Evaluation
RPU Start ——DB Range
Interval | ¥ -=- Desired Output

11:00 11:05 11:10 11:14 11:15 11:20 11:21 11:25 11:30 11:35 11:40 11:45 11:50 11:55

Figure A75examinegiuct burneavailability in the reatime market for each quarter of 2024.
The quantities in the charts are calculated for @aciinute intervabnd then aggregated to the
hourly level. The two charts on the left side show the amount of duct burner capacity scheduled
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or made available for scheduling within the timeframes that are unlikely deliverable for energy
and reserves. These values show: (a) the average amount of MWs scheduled to provide 10
minute spinning reserves and regulation services; and (b) the amd&umtiofite upramping
capability assumed to be available by duct burners.

The two charts on the right side show capacity that was not made available in offers for either

energy and/or reserves from units with duct burners, including: (a) the average amount of duct

burner capacity unavailable in reahe because of no offerihisrangg | abel ed as &6 Eme
M Waéor nondispatchable due to inflexible sed€hedule level | ab el e-di »as VB e | f

(b) the average amount of baseload capacity that was available but not offdi@dioute and
30-minutereserves in regime because the units were disqualified from offetimgsereserves.

Figure A-75: Evaluation of Duct-Burner Availability in Real -Time
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Figure A76 & Figure A777 Ambient Impact on Duct Burner Availability Intraday

The NYI SO Mar ket Design project Al mprove Duct
modeling issues that render participation of duct burner capacity in thimeaharkets

onerous. The proposed approach allows participants to set a registratioatpatandentify the

output level at which the duct range begins and to the participation of these megawatts-in the 10
minute reserve produ! The objective is twofold:

1 Remove duct burner capacity from participation asnliute reserve capacity, and

1 Allow for lower ramp rates in that range that better reflect the physical limitations of the
duct burners.

281 See slide 11 opresentation
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While this change should reduce the amount efnlif@ute reserves that the NYISO schedules
from generators with duct burners, the physical point at which this range begins is highly
variable daily and even hourly due to the effects of ambient conditiogsrarator capability.
Figure A-76illustrates how the duct firing range of a typical combined cycle generator varied

hourly across a typical summer month (June 2023).

T The solid black I
generator taken from the dayh e a d

ne

(ADAO)

shows

the hourl

bi ds

i.e., the UOL of the unit minus its reported duct firing capability.

1 The shaded blue region shows the capacity associated with the duct burner range. Itis
assumed that the duct range will be utilized last due to the higher fuel and maintenance

costs of firing in that range.

All capacity values are shown as ratios to the Summer DMNC for the example unit. For
example, it is often the case that a combined cycle will offer a higher UOL than its DMNC due
to ambient conditions, especially in the early parts of the summer orafftheak hours. Thus,

the total UOL may be 11percent of DMNC with the neduct burner range ending at 200

percent of DMNC.

Figure A-76: lllustration of Duct Burner Range
Example Generator Hourly Capability
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Figure A 77 displays how the availability of the duct burner range may be mischaracterized by
static ramp rate ranges even when market participants actively adjust this parameter through the

_~ S S =S S S S S S S S s S S S s s s s s

registration process. The figure shows the following two hourly averagwittpsa

across
1 The dashed black line shows the hourly UOL of the generator excluding the duct range,

A-102 | 2024 STATE OF THE MARKET REPORT



Appendix i Market Operations

1 Baseload capacity that could be mischaracterized as being in the duct burner range, and
1 Duct Burner capacity that could be mischaracterized as being in the baseload range.

These quantities are shown for three periods across the Summer 2023 Capability Period:
1 Late Springincludes the months of May and June;
1 Summerincludes the months of July and August; and
1 Early Fall: includes the months of September and October.

This analysis assumes that the market participants actively manage their resources and update the
registration parameter for the duct burner range twice a week (Monday and Thursday) based on
the average temperature recorded at the generator site ovesineip three or four days. The
estimates of the two quantities in the chart are based autpet factor equations established

for individual combined cycle units and their onsite hourly temperatét€Ehe results in the

chart show how much capacity on average could be mischaracterized for combined cycle
generators with duct burners.

Figure A-77: Hourly Limitations of Administering Static Duct Burner Ranges
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282 Output factor equations are used for ambient temperature dependent generators, which include combined

cycle units, to estimate their upper operating limits based on ambient air temperatures. Refer to
Attachment Mof the ICAP Manual for further information.
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C. Dispatch Performance of Intermittent Power Resources during Curtailments

Table A10displays the performance of whahdsolar powered Intermittent Power Resources
(AlPRso) in 2024 when receiving an Output Lim
placed into a performance range based on how much it actually reduced outpuedanomic
curtailments in 2024. Performance is measured as one minus the sum of overgeneration divided

by expected curtailment by resource during all RTD intervals when an RTD Output Limit was
imposed. Overgeneration is calculated as the maximumrofand the difference between the
generatord6s actual out pu-percanhd its Upper Ogeatng lommti ¢ b a
(AUOLO) . Expected curtail ment is estimated b
economic basepoint and its RT@récasted outpdt® Performance metrics are then calculated

as one minus the total annual overgeneration divided by the total annual expected curtailment

value.

Table A-10: Performance of IPRs during Economic Curtailment

2024
Performance Range No. of Units Percent of ICAP

0% to 10% 0 0.0%
10% to 20% 3 8.7%
20% to 30% 2 1.1%
30% to 40% 0 0.0%
40% to 50% 0 0.0%
50% to 60% 2 7.7%
60% to 70% 3 9.7%
70% to 80% 5 12.3%
80% to 90% 10 16.8%
90% to 100% 19 43.7%

While most intermittent generators comply well with curtailment instructions and most
curtailment instructions are given to the good performing resources, a small number of
generators perform significantly worse than averdggure A78 shows the performance of one
wind resource that did not respond appropriately during a January 2024 event. Since this unit
did not respond to Output Limits, the operators were forced to issue manual curtailment
instructions to other nearby wind unitsn@intain transmission security. The primary axis
shows total generation from the nooampliant unit broken into two categories:

1 The actual output from the unit that would have been produced even if it had followed its
Output Limit (blue columns), and

1 The actual output from the unit that would have been curtailed if the resource had
followed its Output Limit (orange columns).

283 The economic basepoint is driven by the Output Limit whereas the RTD forecast output is not constrained
by the curtailment instruction. Therefore, the RTD forecast output gives an approximate value of the
capability of the IPR in the absence of an Ottgmit.
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The amount of curtailment megawatts that would have applied to the unit were calculated based
on the amount of output curtailed manually by operators from other IPRs and adjusted based on
the shift factors from all relevant units on the active constrdihe secondary axis shows the
reattime nodal LBMP (black line) at the neesponding IPR along with an estimate of its

marginal cost (red dashed line). Whenever these two lines diverge, it indicates that the
magnitude of the manual curtailments issuedhegyNYISO caused the constraint to not bind in

the realtime market.

Figure A-78: Failure to Follow Curtailment Instructions
Event where IPR Did Not Respond to Output Limits, January 2024
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The following summarizes the overgeneration penalties for intermittent generators that do not
obey curtailment instructions.

Explanation of Overgeneration Charge Shortcoming

When the reatime LBMP is negative, as is usually the case during an interval with an Output
Limit, the NYISO balancing settlement is determined based on the following simplified
formula?8

(ErTT Epa) * LBMPRrT + P
Where:
ErT = Reattime Actual Output in MW from the resource
Epa = Day-ahead scheduled Output in MW from the resource

284 See B.2 of the Accounting and Billiidanual
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LBMPrr = Realtime LBMP

P = Overgeneration Charge which is 0 if the Actual Output is less than or equal to the
Basepoint plus 3% of UO#®

However, the resource will also receive compensation based on state Renewable Energy
Certificates (ARECso0) and feder al production
produces. This means that the true balancing settlement to the resatluckngnboth the
NYISO settlement and the production credits is:
(ErTT Epa) * LBMPRrT + (ERT* CREDIT) + P
Where CREDIT is the sum of the value per MWh of the applicable PTC and RECs to the
resource.

When the I PR fails to follow dispatchg0)its ac
to which the model instructs it, i.e.kE> Esp. The change in settlements to the resource from
all sources can be described as:

{(ErTT Epa) * LBMPRT + (ErT* CREDIT) + P} 1 {(Esri Epa) * LBMPRrT + (Egp * CREDIT)}

Which is equal to:
( REEsp) * (rRHMLBGPEDI T ) + P

This equation will yield a positive value if (CREDIT + LBMB > P. Therefore, if the
resourceds LBMP i s srantmargibal cast (plr* CRE®IT)dbypamv e it s s
amount greater than the value of the overgeneration charge, i.e., the maximum ofgheathy

and realtime regulation capacity chargestands to benefit from ignoring an Output Limit

instruction. If the LBMP is similar to the shatn marginal cost, the IPR has a weak

disincentive to ovegenerate by more than 3% of its UOL. If the LBMP is much higher than its
shortrun marginal costas occurred in the event summarize&igure A78), then the IPR will

profit significantly by not complying with curtailment instructions.

D. Performance of Operating Reserve Providers

Wholesale markets should provide efficient incentives for resources to help the ISO maintain
reliability by compensating resources consistent with the value they provide. This subsection
evaluates: a) the performance of GTs in responding tewgiarstuctions in the reaiime

market; and b) how the expected performance of operating reserve providers affects the cost of
congestion management in New York City.

Table A11: AverageGT Performancafter a StatUp Instruction

Table A11summarizes the performance of offline GTs in responding tewgtartstructions
that result from NYISO audits and economic commitments (including commitments by RTC,

285 The overgeneration charge is based on the maximum of thehdsad and redime regulation capacity

price for the impacted intervals.
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RTD,and RTBCAM).26 The t abl ed6s r ows c at-pegatincrenentper f or
from O to 100 percent. A unitdos performance f
level at its expected full output time (i.e., at 10 or 30 minutes after receiving-astart

instruction), expressed as a percentage of it

40 MW 10minute GT produces 30 MW at the-finute mark after receiving a stap

instruction, its performance is 75 percent, which falls into thtso8D-percent category. The

perf ormance category represents a unitbdés aver
NYISO audits in 2024. For each performance category, the table shows:

1 Number of Units;

1 Total Number of Associated Urgtarts;

1T Average Performance On Time: measured at t
1 Average Performance 10 Minute Later.

Performance metrics are also broken down for two different operating conditions:

1 RPUs + Unforeseen Economic Starts & AuditsThese include Reserve Pickup
(ARPUO) events, random NYI SONOfantcipateslin and e
the lookahead advisory evaluations.

1 Remaining Economic Starts and AuditsThese include reests conducted within days
after an initial audit failure and economic starts that are anticipated in thatheaki
advisory evaluations.

Table A-11: Average GT Performance After a Start-up Instruction
2024

10/30-Minute GT Start Performance - 2024

RPUs + Unforeseen Remaining Economic Starts
Performancel No. of | TO&! NO- Of| Economic Starts and Audits and Audits
Category | Units Evsafligtsed Performance | Performance | Performance | Performance
OnTime (10 MinLater|{ OnTime |10 Min Later
0% - 10% 0 0
10% - 20% 0 0
20% - 30%| O 0
30% - 40% 1 15 35.3% 54.9%
40% - 50% 1 8 46.3% 50.0%
50% - 60% 1 13 42.3% 70.2% 85.0% 96.8%
60% - 70% 3 134 66.4% 78.2% 64.2% 83.0%
70% - 80% | 2 14 50.7% 65.3% 97.2% 86.5%
80% - 90% | 24 2807 83.4% 95.0% 86.8% 95.0%
90% - 100% 72 7082 96.0% 97.9% 94.0% 97.5%

286 This evaluation does not include OOM stapis by either NYISO or TO as we do not have reliable data for

the instructed starting times.
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Figure A79: Use of Operating Reserves to Manage Congestidiew York City

The NYISO sometimes operates a facility above its tbBrggr m Emer gency (ALTEO)
postcontingency actions (e.g., deployment of operating reserves) would be available to quickly
reduce flows to LTE.The use of postontingency actions is important because it allows the

NYISO to increase flows into load centers and reduce congestion tusi®ver, the service

provided by these actions are not properly compensated.

Figure A-79 shows such select-l constraints in New York CityThe left panein the figure
summarizes thenay-aheadandreaktime congestion values iB024. The blue barsepresent
the congestion values measured up to the seasonal LTE ratings of the f&¥ilifies red bars
represent the congestion values measured for the additional transfer capability abd%e LTE
The bars in the right panel show therageseasonal LTE and STE ratinfys these facilities,
compared to the averageI\Nconstraint limits used in the market software.

Figure A-79: Use of Operating Reserves to Manage-M Constraints in New York City
Limits Used vs Seasonal LTE Ratings, 2024
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287 Congestion value up to seasonal LTE = constraint shadow cost x seasonal LTE rating summed across all
market hours / intervals.
288

Congestion value for additional capability above LTE = constraint shadow cost x (modeled constraint limit

- seasonal LTE rating) summed across all market hours / intervals.
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E. Market-to-Market Coordination with PIJM

Coordinated congestion management between NYI
January 2013This process allows eadRTO to relieve congestion more efficiently on its

constraints with r@lispatch from the othd®TO6 s r e whenitiisdessscostly for them to do

s028 M2M includes two types of coordination:

1 Redispatch Coordination If one of the predefined flowgates becomes congested in the
monitoring RTO, the nomonitoring RTO will redispatch its generation to help manage
congestion when economic.

1 PAR Coordinationi If certain predefined flowgates become congested in one or both
RTOs, theesets ofPAR-controlled lines between New York and New Jersey can be
adjusted to reduce overall congestigh.

Ramapo PARs have been used for the M2M process since its inception, while ABC and JK
PARs were incorporated into this process later in May 2017 following the expiration of the
ConEdPSEG Wheel agreement. The NYISO and PJM hawstablished process for
identifying constraints that will be on the list of atefined flow gates for Rdispatch
Coordination and PAR Coordinatigft

Figure A80: NY-NJ PAR Operation under M2M with PIM

The use of Relispatch Coordinatiohas beeinfrequentsince the inception of M2M, whildé
use of PAR Coordination hddr more significant impacts on the markéience, the following
analysis focuses ahe operation oNY-NJPARs in2024

Figure A-80evaluates operations of these N PARs under M2M with PJM during periods of
noticeable congestion differential between NY and PBgr each PAR group in the figure, the
evaluation is done for the following periods:

1 WhenNY costs on relevant M2M constraints exceed PJM dopsta) $10/MWh to
$20/MWh; b) $20/MWh to $30/MWh; or ¢) more than $30/MWh.

1 When PJMcosts on relevant M2M constraints excé&d costsby: a) $10/MWh to
$20/MWh; b) $20/MWh to $30/MWh; or ¢) more than $30/MWh;

The market cost is measured as the constraint shadow price multiplied by the PAR shift factor,
summed over relevant M2M constraints in eaghiBute market interval and then averaged over

289 The terms of M2M coordination are set forth in NYISO OATT Section 35.23, which is Attachment CC
Schedule D.

290 These include two Ramapo PARs that control the 5018 line, three Waldwick PARs that control the J and K

lines, and one PAR that controls the A line.

291 The list of predefined flowgatesCoordinated Flowgates and Entitlemerisspostecherein the subgroup

fiNoticeso under fiGener al I nformati ono.
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each hakhour period. In the figure, the top portion shows two stacked bars for each evaluation
group, representing the total number ofrBhute intervals with and without any PAR tap
movements; while thbottom portion shows average actual PAR flows (blue bar), compared
with their average M2M targets (red diamand)

Figure A-80: NY-NJ PAR Operation under M2M with PJM
2024
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F. Operation of Controllable Lines

The majority of transmission lines that make up the bulk power system are not controllable, and

thus, must be secured by redispatching generation in order to maintain flows below applicable

limits. Howeverthere are still a significant number of controllable transmission lines that

source and/or sink in New York. This includes HVDC transmission lines;¢hRolled lines,

and VFT-controlled lines. Controllable transmission lines allow power flows to dengied

along paths that | ower the overall cost of sa
greater benefits than conventional AC transmission lines.

Controllable transmission lines that source and/or sink in NYCA are scheduled in three ways.
First, some controllable transmission lines are scheduled as external interfaces using external
transaction scheduling procedufés.Such lines are analyzed in Sect\if of the Appendix,

292 Thisincludes the Cross Sound Cable (an HVDC line), the Neptune Cable (an HVDC line), the HVDC line

connecting NYCA to Quebec, the Dennison Scheduled Line (partlyadrirolled), the 1385 Scheduled
Line (PAR-controlled), and the Linden VFT Scheduled Line.

A-110 | 2024 STATE OF THE MARKET REPORT



Appendix i Market Operations

which evaluates external tr ans awntrollediinesaeh ed ul i
optimized in the sense that they are normally adjusted by the local TO to reduce generation
redispatch (i.e., to minimize production costs) in thealagad andealtime markets. Third,

Anempt i mi z-eodtiwlledPliAeR are scheduled according to various operating procedures

that are not primarily focused on reducing production costs in thaltzgd and redime

markets. This subection evaluates the usenonoptimized PARcontrolled lines.

Table A12 & Figure A81: Scheduling of Noi®ptimized PARControlled Lines

PARs are commonly used to control line flows on the bulk power system. Through control of
tap positions, power flows on a PARnNtrolled line can be changed to facilitate power transfer
between regions or to manage congestion within and between coaas! arhis subsection
evaluates efficiency of PAR operations during 2024.

Table A12 evaluates the consistency of the direction of power flows oroptimized PAR
controlled lines and LBMP differences across these lines during 2024. The evaluation is done
for the following eight PARcontrolled lines:

1 One between IESO and NYISO: St. Lawrenddoses PAR (L34 line).
1 One between ISOIE and NYISO: Sand BarPlattsburgh PAR (PV20 line).

1 Four between PIM and NYISO: Two Waldwick P&entrolled lines (J & K lines), one
BranchburgRamapo PARcontrolled line (5018 line), and one Lind&oethals PAR (A
line). These are discussed in ssbctionE.

1 Two between Long Island and New York City: Lake Sucdessaica PAR (903 line)
and Valley Streardamaica PAR (901 line), whiclmesusuallyscheduled to support a
wheel of up t300 MW from upstate New York through Long Island to New York City.

For each group of PARontrolled linesTable A12 shows:
1 Average hourly net flows into NYCA or New York City;

1 Average price at the interconnection point in the NYCA or NYC minus the average price
at the interconnection point in the adjacent area (the external control area or Long Island);

1 The share of the hours when power was scheduled in the efficient direetipfigm the
lower-price market to the highgarice market)and

1 The estimated production cost savings that result from the flows across each line. The
estimated production cost savings in each hour is based on the price difference across the
line multiplied by the scheduled power flow across the3fde.

293 For example, if 100 MW flows from Lake Success to Jamaica in one hour, the price at Lake Success is $50

per MWh and the price at Jamaica is $60 per MWh, then the estimated production cost savings is $1,000
(=100 * $10) because each MW of flow saves $i@lowing a $60 per MWh resource in New York City

to ramp down and a $50 per MWh resource in Long Istamdmp up This method tends to under

estimate the actual production cost savings when power flows from thericed region to the highriced
region, since if flows in the efficient direction were reduced, the cost of the marginal resource in the
importing regon would rise while the cost of the marginal resource in the exporting region would fall.
However, this method of calculating production cost savings tends teestiarate the actual production
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This analysis is shown separately for the portion of flows scheduled in th@hdayg market
versus the portion that is from balancing adjustments in thd¢imeaimarke£® For Ontario, the
analysis assumes a dakiead schedule of 0 MW since Ontario does not operate ahaayl
market. The vast majority of power is scheduled in theadtesad market, while small balancing
adjustments are typically made in the riéale marlet.

Table A-12: Efficiency of Scheduling on NorOptimized PAR Controlled Lines

2024
Day-Ahead Market Schedule Adjustment in Real-Time
Avg NYCA Percent of Estimated Avg NYCA  Percent of Estimated
Avg . . . . Avg . . . .
Flow Price minus  Hours in  Production Flow Price minus  Hours in  Production
(MW) Avg Outside  Efficient Cost Savings (MW) Avg Outside  Efficient Cost Savings
Price ($/MWh) Direction  (Million $) Price ($/MWh) Direction  (Million $)
Ontario to NYCA
St. Lawerence 6 $5.85 52% $0.8
New England to NYCA
Sand Bar -80 -$8.68 76% $6 0 -$8.26 55% $0.4
PJM to NYCA
Waldwick 149 $5.95 86% $6 -84 $3.57 46% -$0.9
Ramapo 508 $10.52 93% $46 63 $9.27 63% $5
Goethals 74 $9.25 91% $8 27 $9.40 54% -$3.8
Long Island to NYC
Lake Success 39 -$3.12 19% -$1 -3 -$2.81 50% $0.2
Valley Stream 35 -$2.92 22% -$1 3 -$3.77 41% -$0.2

* The estimated production cost savings tend to: 1) under-estimate actual savings when power flows from the low-priced regior
priced region, since if flows were reduced, the cost of the marginal resource in the importing region would rise while the cost of
marginal resource in the exporting region would fall; while 2) over-estimate actual cost increases when power flows from the hic
region to the low-priced region, since if flows were reduced, the cost differential between the marginal resources in each region
converge.

Figure A-81 provides additional detail on the efficiency of scheduling for one of the lines in the
table. The figure ia scatter plot of powdlows versus price differencegross the Lake
Successlamaica line The figure showkourly price differences in theeattime market on the
vertical axis versupower flows scheduled in the regahe marketon the horizontal axisPoints
above the $@lollar line in the figure are characterized as scheduled in the efficient direction.
Power scheduled in the efficient direction flows from the lepre&zed market to the higher

priced market. Similarly, points below the-@0llar line are characterized as scheduled in the
inefficient direction, corresponding to power flowing from the highwced market to the lower
priced market. Good market performance would be indicated by a large share of hours
scheduled in the efficient decgon.

cost increases when power flows fraigh-priced regiortowards the lowpriced region, since if flows
were reduced, the cost differential between the marginal resources in each region would converge.

294 For example, if 100 MW is scheduled from the {pviced region to the higpriced region in thelay
ahead marketheday-ahead sheduleis considereckfficient direction and if the relative prices of the two
regionsis switched in theeattime marketand the flow was reduced to 80 MW, the adjustnieshown as
-20 MW and theeaktime schedule adjustmerg considerecfficient directioras well.
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Figure A-81: Efficiency of Scheduling on PAR Controlled Lines
Lake Succesdamaica Liné 2024

$60 -
$40 : .
§ Efficient Direction
z $20 3 :
@ © © ¥ °
Q $O 3 : - & A 44
8 o° § g o* o4 ° o g g o °
)] g g o 00 o
B o 9 ¢ o ¢ 3 © g ’ %
;QE o8 ’ s 3 "3
o -$20 s 2 ° :
9o ° 8 o ¢
a o o ¢ . , ¢
° ° °
-$40 8 ° Inefficient
] ¢ g Direction
o < o
-$60 8 M :
0 20 40 60 80 100 120 140 160 180 200

Scheduled RealTime Flow from LI to NYC on the PAR Controlled Line ( MW)
G. Regulation Movementto-Capacity Ratio

Regulation sellers submit a tvart offer indicating two separate costs of providing regulation
services. One is the capacity offer indicating the cost associated with setting aside capacity for
regulation. The other is the movement offer that indicaddgianal cost associated with moving
the resource up and down every six seconds when deployed to provide regulation. Under the
current market rules, a composite offer is calculated equehpa¢ityoffer) plus fnovement

offer) times (movementnultiplier) for each regulation provider that estimates its overall cost of
providing regulation and is used in the market software for scheduling and pricing.

Resources are currently scheduled assuming a uniform Regulation Movement Multiplier of 8 per
MW of capability,®® but they are deployed based on individual ramping capability and are
compensated according to actual movement. This inconsistency between assumed costs and
actual costs incurred can lead to inefficiency in the resource scheduling and pricing. This
subseabn focuses on actual regulation movement versus assumed common multiplier.

Figure A82 & Figure A83: Regulation Movemerb-Capacity Ratio

Figure A-82 shows a distribution of average actual moventestiapacity ratio of all scheduled
regulation suppliers in 2024. The blue bars show the average scheduled regulation capacity in

295 The uniform Regulation Movement Multiplier was changed from 13 to 8 on August 31, 2021.
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each movemerb-capacity ratio. The solid blue line represents the capacity weighted average
actual movementio-capacity ratio, compared to the multiplier of 8 that is currently used for all
resources when formulating the composite regulation offer.

Figure A-82 Distribution of Actual Regulation Movement-to-Capacity Ratio
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Figure A-83tracks the variation of regulation movemeéoicapacity ratio in recent years,
summarizing the following quantities by month:

1 Average regulation requiremeiniThe regulation requirement varies by hour by season.
This is the hourly average regulation requirement for each month.

1 Average actual regulation movemeatcapacity ratid This is calculated as total
regulation movement MW from all resources divided by total scheduled regulation
capacity in each month.

H. Market Operations under Shortage Conditions

Prices that occur under shortage conditigms, when resources are insufficient to meet the

energy and operating reserves and regulation needs of the system while satisfying transmission
security constraintggre an important contributor to efficient price signdisthe longrun,

prices should signal to market participants where and when new investment in generation,
transmission, and demand response would be most valuable to the dysteenshorrun,

prices should provide market participants with incentives to commit sufficient resources in the
day-ahead market to satisfy anticipated system conditions the following dayrieesspould

give suppliers and demand response resources incentives to perfoandvetiprovehe

reliability of the systemparticularly during realime shortagesHowever, it is also important

that shortage pricing only occurs during legitimate shortage conditions rather than as the result of
anticompetitivebehavior or inefficient market operations.

The importance of setting efficient raahe price signals during shortagess been well

recognized. Currently, there arethpee ovi si ons in NYI SO6s mar ket d
shortage pricing. First, NYISO uses operating reseaviel regulatiodemand curves to set real

time clearing prices during operating reseraed regulatiorshortages.Second, NYISO uses a
transmission demand curve to set4t#ak clearing prices during a portion of transmission

shortages. ThirdJYISO allows demand respee resources to set clearing prices when an

operating reserve shortage is avoided bydg@oymenbf demand response

In this section, wevaluate the operation of the market and resulting prices when the system is
thefollowing two types of shortage conditions 2024

1 Shortages of merating resenseand regulation (evaluated in this Subsection); and
1 Transmissiorshortages (evaluated in Subsectipn

Figure A-84: RealTime Prices Durindg’hysicalAncillary Services Shortages

NYl SOb6s approach t oopesatinyéserveamd reguatioshortagegstod ur i n g
useancillary serviceslemand curvesTherealt i me di s pat c leooptimdesthe (A RTDO
procurement of energy and ancillary servjadficiently allocating resources pwovide energy

and ancilary services every five minute8VhenRTD cannot satisfy both the energy demand

and ancillary services requirements with the available resources, the demand curves for ancillary
servicegationalize the pricing of emgy andancillary servicesluring shortage periods by

causng prices to reflect the value of foregone ancillary servicHse demand curves alset

limits on the costs that can be incurred to maind@iaratingreservesand regulation.
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Figure A-84 summarizes physical ancillary services shortages and their effects-timeeal
prices in 2023 and 2024 for the following eight categoffés:

T

30-minute NYCAT The ISO is required to ho®,620MW of 30-minute reserves in the
state and has a demand curve value46fW if the shortage isip to200MW,
$100/MW if the shortage is betwe2A0and325MW, $175/MW if the shortage is
between 325 and 380 MW, $225/MW if the shortage is between 380 and 435 MW,
$300/MW if the shortage is between 435 and 490 MW, $375/MW if the shortage is
between 490 and 545 MW, $500/MW if the shortage is between 545 and 600 MW,
$625/MW if the shortage is between 600 an8 6BV, and ¥50MWh if the shortage is
more thar655MW.

10-minute NYCAT The ISO is required to hold310MW of 10-minute operating
reserves in the state and has a demand curve valT&@MViV.

10-Spin NYCAT The ISO is required to holdb6 MW of 10-minute spinning reserves in
the state and has a demand curve valug o5#W.

10-minute East The ISO is required to hold 1200 MW of-binute operating reserves
in Eastern New Yik and has a demand curve value 6f SMW.

30-minute SENYi The ISO is required to hold at least 1300 MW ofi8iute operating
reserves in Southeast New York for all hours and has a demand curve value of $500/MW.
Additional 3@minute operating reserves are required for a subset of hours and has a
demand curve value of $40/MW in the incremental range.

10-minute NYCi The ISO is required to hold 500 MW of-b@inute operating reserves
in New York City and has a demand curve value of $25/MW.

30-minute NYCi The ISO is required to hold 1000 MW of-8tinute operating reserves
in New York City and has a demand curve value of $25/MW.

Regulationi The ISO is required to hold 150 300MW of regulation capability in the
state and has a demand curve value2&fW if the shortage is less than 25 MW,
$5259MW if the shortage is between 25 and 80 MW, and¥#MW if the shortage is
more than 80 MW.

The top portion of the figure shows the frequency of physical shortages. The bottom portion
shows the average shadow price during physical shortage intervals and the current demand curve
level of the requirement. The table shows the average shadowduites physical shortages
multiplied by the frequency of shortages, indicating the overall price impact of the shortages by
product and in total by region. The table also shows the cumulative effect of all ancillary services
shortages on average réiahe energy clearing prices in:

T

T

Western New YorK This is based on the sum of shadow prices of the NYCA reserve
requirements as well as the effects of positive and negative regulation spites

Eastern New YorKoutside New York City) This equals the Western New York effect
plus the sum of shadow prices of eastern reserve requirements.

296

SeeNYISO Ancillary Services Manufar more details.
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1 New York CityT This equals th&astern New York effect plus the sum of shadow prices
of SENY and New York Cityeserve requirements.

Figure A-84: Real-Time Prices During Ancillary Services Shortages
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Figure A-85& Table A13: Reserves Shortages in New York City

NYISO currentlymodek two reserves requirements in NYC

1 10-minuteReserves RequirementThe ISO is required to hoBO0MW of 10-minute
operating reserves Mew York Cityand has a demand curve value 25#Wh; and

1 30-minuteReserves RequirementThe ISO is required to hottil000MW of 30-minute
operating reserves Mew York Cityand has a demand curve value 25#MWh.

Table A13shows the redime market performance during reserves shortages in New York City
for each month in 2024. The table shows the following quantities:

9 # Intervalsi This is the total number of retine intervals in each month when either 10
minute reserves or 3@inute reserves or both were short in New York City.

1 Average Shortage MW This is the average quantity of reserve shortages over all
shortage intervals in each month. In each interval, the shortage quantity is equal to the
higher amount of Zninute and 3dninute shortages.

T # Intervals wit hiThéisth&ty¥t& dumiizoohrgins shortage
intervals that coincided with congestion on transmission paths into New York City.
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Table A-13: Real-Time Reserve Shortages in New York City
2024

RT Reserve Shortages in NYC in 2024
Month # Intervals Avg. Shortage |#Intervals w/ _toNYC
MW Congestion
Jan 26 25 10
Feb 19 11 0
Mar 11 17 2
Apr 14 40 0
May 92 99 89
Jun 139 201 0
Jul 442 195 0
Aug 60 69 0
Sep 13 59 0
Oct 4 39 0
Nov 13 46 0
Dec 585 78 0
Total 1418 124 101

Figure A-85illustrates a sample reime shortage event aluly 10, 2024 whehew Y ork City
was short of reserves (either-iOnute or 3minute or bothprimarily in the afternoon hours
For each interval from the beginning of hour 9 to the end of hour 21, the $igomes

1 The amount of reserve shortages (red bar); and
T Net imports from upstate are@isiue bary®’

When net imports to New York City drop significantly because New York City generators
increase output, it creates a reserve import capability that can be used during a contingency.
Therefore, when reserve import capability is available into the cityrdessve capacity needs to
be held on generators in New York City to maintain reliability.

297 This is calculated as (NYC load) minus (NYC gen) minus (HTP imports) minus (VFT imports) minus

(flows on the 901/903 lines into NYC) minus (flows on the A line into NYC).
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Figure A-85. Real-Time Reserve Shortages in New York City
Sample Event on July 10, 2024
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Figure A-86: Comparison of Shortage Pricing in NYISO and Neighboring Markets

In recent years, shortage pricing values in the neighboring PJM arNES@gions have
increased dramatically relative to NYISO. While KBIE has reserve shortage pricing
incentives of $1,000/MWh during a 30inute reserve shortage, ISTE implemented Rafor-
Performance in its capacity market in 2018, which currently provides an additiortineal
performance incentive of $5,455/MWh. The additional incentive will rise to $9,337/MWh in
June 2025. PJM Capacity Performance rules providdinealperfomance incentives of
approximately $3,400/MWh, in addition to reserve shortage prices that reach $1,275/MWh
during a 1@minute reserve shortage.

These stronger incentives should encourage generators to invest in making their units more
reliable and available during tight operating conditions. However, when there is an imbalance
between the market incentives provided in two adjacent regions, lgadumarket participants

to schedule interchange from the area with weaker incentives to the area with stronger incentives
even when the area with weaker incentives is in aridgle state. In some cases, this could

lead the operators of the contewka with weaker incentives to maintain reliability through out
of-market actions (e.g., purchases of emergency energy). This may be necessary to maintain
reliability in the shorterm, but it tends to undermine incentives for investment in thetknng

Figure A-86 compares incentives for NYISO resources duringtiea shortage events to those
in neighboring markets. These include maximurm80ute and 1dninute NoRSpin operating
reserve demand curve values as well asfBaiPerformance penalty rates. A resmumay face
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a total incentive that is the sum of each of these sources when multiple reserve product shortages
and/or payfor-performance scarcity conditions are in effect simultaneously. Values shown for

NYISO reflect the revised operating reserve demand curves\aapby FERC in 2021, which
increased some shadow prices. NYlI SO o6l ocatio
border of each neighboring ISO to indicate the comparative incentives faced by NYISO suppliers
when shortage pricing in the neighboringaais in effect®®

Figure A-86: Shortage Pricing inNYISO vs. Neighboring Markets
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Figure A87 - Figure A89: NYISO Operating Reserves Demand Curve vs. MMU EVOLL
Curve

The Value of Lost -tecognizedmathcatiguantifies tee eeconomie | |

impact on consumers during electricity service interruptions. Essentially, VOLL captures the
economic value of reliable service and is commonly determined by assestigg costs.

Outage costs are most accurately estimated through shaseyl studies, as they leverage real

customer experiences to generate more accurate data on outage costs. Survey methodologies
underpin the major benchmark studies of outage co#ftdmdS jurisdictions including key

meta studies that have established versatile outage cost estimators. The most widely referenced
meta studies were conducted by Sullivan, et al. from the Berkeley National Laboratory. The

initial study was conductedin@® ( A2009 Berkeley Studyo) and w

298 Locational prices for ISONE refer to Connecticut. Locational prices for NYISO (PJM Border) assign 54

percent weight to East 3@inute, SENY 38minute, and East 1ninute shadow prices. Locational prices
for NYISO (ISONE Border) include the full value of East-&iinuteand East 10ninute shadow prices

and a 45 percent weight to the SENY-Bhute shadow price.PJM ORDC prices reflect a $1,275/MWh
price cap for 1@minute noRrspinning reserve shortages, divided between $850 (10 minute) and $425 (30
minute) prices. A shortage of only-B@inute or 18minute reserves would result in a price of $850/MWh.
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2015 (A2015 Berkeley Studyo). These studies
impact of various parameters on outage costs across different customer catégeries.

coefficients derived from this model can then be utilized to estimate outagéatlosésl to

specific regions, timeframes, and customer segmBnasving from these research findings, a

VOLL estimate of $30,000 per MWh is considered appropriate for evaluating outage costs
within the NYISO market.

The Operating Reserve Demand Curve (AORDCO)
maintaining certain amount of reserves to avoid shedding load. The marginal reliability value of
reserves at any reserve shortage level can be estimated as thedXadee of Lost Load

(AEVOLLO) = VOLL I conditional probability of

the ORDC is influenced by the rate at which the probability of losing load increases as operating
reserves decreases, which is estimatewh fthe likelihoods of random contingencies and
conditions that could arise during a shortage in the NYISO market.

To account for these unpredictable factors, we employed a Monte Carlo simulation to estimate
the conditional probability of losing load for any given level of reserves. This simulation
considered random forced generation outages, wind forecast errdrigrieeast errors, and

import curtailments by neighboring areas.

Generation Forced Outages and Deratings

We utilize a stochastic Markov Process to model random forced outages and deratings for
generation resources, including conventional thermal generators and large hydro generators. This
modeling approach excludes small+afrriver hydro units and intermént renewable resources.

For each resource, a stochastic Markov Process is developed, where a state space is defined to
represent different levels of deratings and a transition matrix is established to capture the
transition rates between these capagbsiates. The Markov Process has the following property:

Let”Y be the time the Markov Process spends in state i before entering into a different
state j The time’Y is exponentially distributed with transition raie , and the transition
probability from state i to state j over a time intereais:

0 Yo 00Y YO p A VY

During the Monte Carlo simulation, this probability is compared to a random number between
zero and one to simulate forced outages and deratings for each resource. For this analysis, we
utilize the transition rate matrices developed for the annual IRM/AtG&y conducted for the

NYISO capacity market. Additionally, we model all existing resources as being online but their
available capability is adjusted using the following formula to reflect average participation
during summer peak conditions:

Modeled Capacity = ICAP * Participation Factor

For each resource, its Participation Factor is calculated as the ratio of the actual total online
capacity to the total ICAP during the afternoon peak hours (from HB15 to HB 20) in July and
August.It is important to note that this metric assumes resources are fully contributing to meet
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energy, ancillary services, headroom, and ramp capability needs. This approach differs from a
traditional capacity factor, which measures the energy output as a ratio of generation capability.

Wind Forecast Errors

Intermittent resources arepresented in our simulation as forecast uncertainties. For the purpose
of this analysis, w onlyconsidedand-based wind resourcegiven thdimited capacity currently
availablefrom in-service solar, offshore wind, and battery storage resowiti@is the NYISO
market.However, as thpenetratiorof these resources growsthe coming yearour

methodology can be expanded to include them.

To quantify forecast errors,excomputedaggregate forecadiscrepanciefrom select historical
periods acrosgariousforecast windows (e.g., 15 minutes, 30 minutes, or 60 minutes, etc.). The
errors equal the difference between actual wind outputs in time t and the forecastedabutputs
different time intervals preceding t (e.g., 15 minygser to §. We then modeled these actual

error distributions using standardized normal distributions, with mean and standard deviations
derived from the observed dat

During the Monte Carlo simulation,dastinctrandom number between zero and one is generated
for each iteration, which serves as the probability distribution for wind forecast errors. The
simulated wind forecast error is determined by the corresponding inverse of the normal
cumulative distributionWWe model both oveforecasts and undéorecasts in our analysis.

Net Load Forecast Errors

Net load (= load BTM solar) forecast uncertainties are considered in our simulation. Similar to
simulating wind forecast uncertainties, we represent net load forecast errors with standardized
normal distribution curves, with mean and standard deviataleslated from select historical
periods across different forecast windows. The Monte Carlo simulation utilizes random numbers
between zero and one and their corresponidivgrse of theenormal cumulative distributian

to model net load forecast uncertainties. Both deszcasts and unddéorecasts of net load are
simulated in this analysis.

Import Curtailments from Neighboring Areas

Neighboring control areas often curtail their exports to New York after being scheduled by RTC
due to various reasons, such as unforeseen reliability issues, bid mismatches, checkout failures,
or transmission delivery bottlenecks. These closeealtime curtailments introduce unexpected
supply losses to the NYISO market, which our simulation accounts for.

We calculated theggregatémport curtailments across all interfaces between New York and
neighboring control areas using data from select historical periods. Our simulation incorporates
the observed frequency of curtailments, while the magnitude of these curtailments is estimated
using a standardized exponential distribution. The mean of this distribution is derived from the
observed data. In the Monte Carlo simulation, random numbers between zero and one are
generated for each iteration. These numberdhem used with thaverse of theexponential
cumulative distributiorio model the quantity of import curtailments.
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These four random factors described above are then summed together to calculate the net supply
loss in each iteration of the Monte Carlo simulation:

Net Supply Loss = Force@ut Generation Capacity + Wind Ovésrecast + Net
Load Undefforecast + Import Curtailment

The conditional probability of lost load at any point (x MW) on the ORDC curve is then
calculated as:

0@ ¢ GO ©é VQI Qidd BIQa v Q
YDE 6 G QTR0 Q1 b WR & R'UHOD) HEd iwd @
VRO £ i QTR0 Qi 00 QE ¢ i

The EVOLL at x MW on the ORDC curve equals:
OwO 0w 020 @ £ SO & N Qi QIO GIQa Goa Q

Figure A-87 shows our estimated EVOLL curves for NY@#ide operating reserves for an
outage recovery period of 15 minutes, 30 minutes, one hour, and two hours, respectively. These
EVOLL curves are compared to existing ORDCs in the NYISO market.

We compare the EVOLL curves with the stacked ORDCs because they represent the cumulative
value of reserves available for deployment within each respective outage recovery period. For
example, only 1@ninute reserves can be deployed within theriibute ouage recovery period,

while both 18minute and 3éninute reserves can be deployed within the80ute outage

recovery period. Consequently, therbinute EVOLL curve indicates the economic value of 10
minute reserves, compared to the combine@pid ORDCand 16Minute ORDC. This

comparison is shown separatelyHigure A88. The analysis reveals that approximately half of

the current ORDC curve significantly undervalues the marginal reliability-ofibhQte reserves.
Moreover, the MMU EVOLL curve extends beyond the existing 1310 MW ahilute reserve
requirements. This éended portion could serve as the pricing basis for additional reserves in the
form of 10minute reserves that are procured to address uncertainties associated with intermittent
resource availability®

Likewise, the 3éminute EVOLL curve represents the economic value of botimibite and 30
minute reserves, compared to the combine®&pid ORDC, 1éMinute ORDC, 38Minute
ORDC. We derive an EVOLbased 3@minute ORDC as the difference between ther80ute
EVOLL and the 15minute EVOLL.Figure A89 shows this MMU economic 3tinute ORDC,
compared to the current 3finute ORDC.

299 SeeBalancing Intermittency: Percentiles and Shortage Pricing Cur@aPWG/MIWG, March 4, 2024,
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Figure A-87: NYISO ORDCsvs. MMU EVOLL Curve sfor up to 2 Hour Reserves
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$Figure A-89: NYISO ORDC vs. MMU EVOLL Curve for 30-Minute Reserves
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I.  Offline GT Pricing and Transmission Shortages

Transmission shortages occur when power flows exceed the limit of a transmission constraint.
While such tansmission shortagesayrequirethe ISO to shed firm load to maintain system
security,they oftenpersist for many hours withoaecessitating load sheddingaausing
equipmendama@. During transmission shortages, it is important for wholesale markets to set
efficient prices thahccuratelyreflect the acuteness of operating conditioBficient pricing

provides incentives forgeneration and desnd response resources to respond to maintain
reliability.

Therealt i me di spatch model (ARTDO) redispatclnge s tr ansr
available capacity, includg online units thatamp n five minutes and offline quiektart gas

turbinesthat start and synchronize within 10 minutdfsthe availablghysicalcapacity is

insufficient to resolve a transmission constraanGraduated Transmission Demand Curve
(AGTDCO) is used to set prices under shortage
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approach on February 12, 20¥8and made two subsequent enhancenteritaprove market
efficiency during transmission shortagé€s2%?

Additionally, a condition similar to a shortage occurs when an offline egiank gas turbine is
counted towards resolving a transmission constraint but is not given a startup instfidtion.

such cases, the marginal cost of resources actually dispatcredigve the constraint iswer

than the shadow price set by the offline gas turbiech isnot actuallystarted. The

Commission has recognized that it is not efficient for such units to set the clearing price because
they: (a) do not reflect the marginal cost of supply that is available to relieve the constraint in
that time interval, and (b) do not reflect the giaal value of the constraint that may be violated
when it does not generate as assumed in BfDhis category of shortage is evaluated in this
section.

Figure A90: RT Congestion Management with GTDCs

Of fline GTs have been used far more frequent|
transmission facilities compared to other regions in recent years. Accordiigglye A90

focuses on analyzing the price effects of offline GTs on transmission constraints specific to Long
Island, grouped based on CRMs used: (a) the 345 kV transmission circuits from upstate to Long
Island with a CRM of 50 MW; (b) the 138 kV transmission casts on Long Island with a

CRM of 20 MW; and (c) the 69 kV transmission constraints on Long Island with a CRM of 10

MW.

The scatter plots show transmission constraint shadow prices oraiiee gnd transmission
violations on the axis. For a given constraint shadow price, the blue diamond represents the
transmission violation as recognized by RTD, while the red diamgmdsents the violation

after excluding the relief provided by offline GTs.

300 See Section V.F in the Appendix of ®016 State of Market Repddr a detailed description of the initial

implementation of the GTDC

301 The first enhancement was made on June 20, 2017. Key changes includdifg¢ngthe second step of

the GTDC from $2350 to $1175/MWhnd 2) removinghe fifeasibility screedand applyng the GTDC to

all constraintswithanema er o Constraint RelACRMisaredugtionMaatugli n ( A CR M
physical limit used in the market software, largely to account for loop flows and otleodeled factors.

These changes are discussed in detail in Commission Docket EISBDO0O0.

302 The second enhancement was made on November 14, 2023. Key changes include: 1) replacing the three

step GTDC curve with a sigtep curve with distinct shortage values at $200, $350, $600, $1500, $2500,
and $4000, respectively; and 2) replacing the statiel@0GTDC curve with a CRMlependent curve for
each transmission facility. Each of the first five steps of the GTDC curve equals to 20 percent of the
assigned CRM value. These changes are discussed in detail in Commission Dock&8 ERAR.

303 Offline quick-start gas turbine is usually the most expensive available capacity due to their commitment

costs, so offline gas turbines are usually not counted towards resolving the constraint unless all available
online generation has already been sahetl If a gas turbine is scheduled by RTD das not satisfy the
startup requirement (i.e., economic for at least three intervals and scheduled at the full output level for all
five intervals) it will not be instructed to stattp after RTD completes execution.

304 In Docket RM1%3-0 0 O, see the Commi ssionbd6s NOPR on Fast St ar
comments of Potomac Economics, dated March 1, 2017.
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Figure A-90: Transmission Constraint Shadow Prices and Violations
With and Without Relief from Offline GTs, 2024
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When the wholesale market does not meet all forecasted load and reliability reqtsrehee
NYISO (or anindividual TransmissiorOwner) commits additional resources to ensuhat
sufficient resources will be available in ré@the. Supplemental commitmenitscrease the
amount of supply available in retiine, leading to distorted resime market prices, whictend

to undermine market incentives for meeting reliability requiremamiisgenerate expenses that
are uplifted to the market. Hendeis important for supplemental commitments to be as limited
as possible.

In this subsectionye examine supplemental commitment for reliabiind focus particularly on
New York City where most reliability commitments occur. In the next subseei®summarize
uplift charges that result from guarantee payments received by generators, which are primarily

caused by supplemental commitments for local reliability.
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Figure A91: Supplemental Commitment for Reliability in New York

Supplemental commitment occurs when a generator is not committed by the economic pass of
the dayahead market but is needed for reliability. Supplemental commitment primarily occurs
in the following three ways:

1T DarAhead Reliabil ity Un,iwhichtypicéllfpotdrrdatjhe Co mmi t m
request of local Transmission Owrperor tothe economic commitment in SCUC;

9 DayAhead Local Rel i abi Jwhithyake$ glaceRiRiogtheCo mmi t me
economic commitment pass in SCUC to seaeliability in New York City; and

T Suppl ement al Resour ce Evwlicueeduraftenthed@dyySREO) C
ahead marketloses

Generators that are committed for reliability are generally not econommie\atilingmarket
prices, but they affect the market: lfg) reducing prices from levels that would otherwise result
from a purely economic dispatch; and (b) increasinglooal reliability uplift since a portion of
the uplift caused by these commitments results from guarpayeeents to economically
committed generators that do not cover theibidscosts at the reduced LBMPKence, it is
important to commit these units as efficiently as possible.

To the extent LRR constraints in SCUC reflect the reliability requirements in New York City, the
local Transmission Owner does not need to make DARU and SRE commitments. LRR
commitments are generally more efficient than DARU and SRE commitments, which are
selected outside the economic evaluation of SCUC. However, to commit units efficiently, SCUC
must have accurate assumptions regarding the needs in each local reliability area.

Figure A-91 shows the quarterly quantities of total capacity (the stacked bars) and minimum
generation (the markers) committed for reliability by type of commitment and region in 2023 and
2024. Four types of commitments are shown in the figure: DARU, LRR, SRE paechbt

Pass. The first three are primarily for local reliability needs. The Forecast Pass represents the
additional commitment in the forecast pass of SCUC after the economic pass, which ensures that
sufficient physical resources are committed in theateead market to meet forecasted load.

The figure shows these supplemental commitments separately for the following four regions: (a)
West Upstate, which includes Zones A through E; (b) East Upstate, which includes Zones F
through I; (c) New York City, which is Zone J; and (d) Long Island, tviscZone K. The table

in the figure summarizes these values for 2023 and 2024 on an annual basis.
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Figure A-91. Supplemental Commitment for Reliability in New York
By Category and Region, 20232024

Total Total
600 LRR DARU SRE Forecast Capacity Min Gen
2023
New York City | 31 271 20 2 324 79
Long Island 0 43 8 1 52 14
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i 2024
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S Long Island 0 91 18 0 109 30
E East Upstate 0 1 2 2 5 2
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Figure A92 & Figure A93. ForecastPass Commitment in New York

In the dayahead market, when the Bid Load Pass does not commit enough physical resources to
meet forecast load and reserves requirements, the subsequent Forecast Pass will commit
additional physical resources accordin@ihdicated by the yellow bars Figure A91).

However, this need is not currently priced in the market software, leading units committed for
this purpose to often recoup their costs through BPCG upltfiough the amount of FGT

committed capacity was modest thie vast majority oflays,it would still be beneficial to reflect

the underlying needs through market signals.

Figure A92 examined-orecast Pass commitmenise xaxis shows all days when Forecast
Pass commitments occurregd2024 The solid blue bar shows, for each day, the total MWh
committed by the Forecast Pass, including capacity from-staw units and nehlocked quick
start unitsThe empty bar shows available offline capacity from-htwtked quickstart units
during the hours when FCT commitments occurred. This capacity is currently not treated the
same as blocked quigiart units in the FCT pass to satisfy load and reserveresgemts!f

these units were recognized as qestirt by the softwarenost of the ET commitments would
not have been needed

The inset table summarizaanual totals from 2020 to 2024r: (i) number of days when FCT
commitments occurredii) MWh committed in the FCT pasgii) available offline capacity
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from nonblocked quickstart units during FCT commitment hours; &w resulting BPCG

uplift.

Figure A93 compares the FCT commitment with forecast physical energy needs in the day

ahead market in 2024, summarizing the following quantities on a daily basis:

1 Forecast Required Energy for DispafciThis summarizes the difference between
NYISO forecasted load and scheduled physical energy in the economic pass, in total
MWh for each day; and

1 ForecastPass Committed CapacitySummarizes additional capacity committed in the
forecast pass to meet NYISO forecast load on each day. The reported quantity includes
capacity from internal slowstart resources anmtbn-blocked quickstart unitsn the hours

where it is not online in the economic pass but is online in the forecast pass.

10,000

Figure A-92: ForecastPass Commitment

2024
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# FCT Total FCT Available Offine BPCG
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60
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Figure A-93: FCT Commitment and DAM Forecast Physical Energy Needs

By Day, 2024
8000
m Forecast Required Energy for Dispatch 6000
m Forecast-Pass Committed Capacity §
=
4000 >
‘T
a
2000
40000 ], I , ltJI lIJ | |1 " | 1y 0
30000
<
2
. 20000
'S
a

10000

‘ Jan ‘ Feb ‘ Mar ‘Apr ‘May ‘ Jun ‘ Jul ‘ Aug ‘ Sep‘ Oct ‘ Nov‘ Dec‘

Figure A94: Key drivers to SRE Commitments for Systemwide Capacity

The following chartighlights three main categories of supply and demand changes after the
day-ahead market that contributed to a shortfall in capacity margin and necessitated SRE
commitments by NYISO.

1 Reduction in Expected Imports This category represents expected reductions of in
scheduled net imports, primarily from virtual external transactions. Additional reduction
comes from physical transactions that fail to clear the-dagad checkout process or are
expected to reduce because of#t@ak system conditions.

1 Increases in Load ForecastThis category shows the reduction in supply margin due to
upward adjustments in load forecasts.

1 Generator Derates and OutagesThis category represents the reduction in generating
capacity caused by resource outages and deratings.

When the total loss in supply exceeds-dhgad scheduled supply margin, NYISO initiates an
SRE commitment to secure additional resourtasse SREs reflect reserve needs that are not
fully represented in the deghead market.

2024 STATE OF THE MARKET REPORT |A-131



Appendix i Market Operations

Figure A-94: Key Drivers to SRE Commitments for Systemwide Capacity
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Figure A95& Figure A96: Supplemental Commitment for Reliability in New York City
and North Country Load Pockets

Figure A-95 examines the necessity of reliability commitmentslew York City, which
accounted for the majority of the reliability commitments in NY@&ing 2024 The figure
shows theeliability commitmentjuantitesin stacked barir each month of 202ih four
distinct categories:

1 Economic MWh: This categoryrepresents the total MWh of the initial DARU
commitments that eventually qualify as economic capacity within the scheduling
software(because they are still committed if the DARU and LRR requirements are
removed from the SCUC run)

1 Verified i Needed MWHh: This categoryrepresents the total MWh of the initial DARU
commitmentsand applicable LRR and SRE commitmethist do not qualify as
Economicbut are verified y t h e adddddin@rg as necessary for maintaining
reliability (includingknownthermal and voltage requirements) in the applicable load
pockets.

o Our assessment relies on information available in thealapdand reattime
markes, including factors such as load forecast, resource availability, and
transmission network conditions.

9 Verified i Headroom MWh: This category represents the total MWh that are associated
with Verified commitments but exceed the amounNeededMWh.
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o For example, if a 100 MW unit is verified for a reliability need of 50 MWh over two
hours but has a minimum run time commitment of five hours, the headroom MWh
would be 450 MWh (= 5*1080).

1 Unverified MWh: This category represents the remaining DA&1d SREcommitments
that do not fit into the otheéhreecategories.

Figure A-95: Evaluation of DARU/LRR/SRE Commitments in New York City
By Month, 2024
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Figure A-96 examines the necessity of dalgead reliability commitments of fossil fuel
generators in the North Zone for North Country Reliability across 2024. The figure shows the
reliability commitment quantities in the same four categories as used in the N.¥lySisaof

Figure A95. Reliability commitments in the region have been abnormally high in recent years
due to ongoing maintenance work related to the various Smart Path transmission upgrades.
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Uplift charges from guarantee payments accrue from the operation of individual generators for
local reliability and noflocal reliability reasons in both the dapead and redime markets.

Figure A-96: Evaluation of DARU Commitment for North Country Reliability
By Month, 2024
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Uplift Costs from Guarantee Payments

The following figuressummarize the three categories of Aonal reliability uplift that are
(ALSEso) and

allocatedto alLlLoadS er vi ng

Ent i

allocated to local Transmission Owaer

The three categories of ndocal reliability uplift are:

toi

e s

t

he

1 Day-Ahead Markei This primarily includes guarantee payments to generators that are
economically committed in the daahead market. These generators receive payments

when dayahead clearing prices are not high enough to coveothkof their asbid costs

(includes starup, minimum generation, and incremental cos@®hen a DARU unit is

committed by the NYISO for statewide reliability, the resulting guarantee payments are
uplifted statewide. However, these account for a very small portion of DARAgitap

RealTime Marketi Guarantee payments are made primarily to gas turbines that are
committed by RTC and RTD based on economic criteria, but do not receive sufficient

revenue to cover staudp and other running costs over their run time. Guarantee

payments in the categoaye also made for: a) SRE commitments anebduerit
dispatch that are done for bulk power system reliablifymports that are scheduled
with an offer price greater than the réiahe LBMP; and c) demand response resources
(i.e., EDRP/SCRSs) that adeployed for system reliability.

A-134 | 2024 STATE OF THE MARKET REPORT

f

0

u



Appendix i Market Operations

1 Day-Ahead Margin Assurance PayménGuarantee payments made to cover losses in
margin for geneators dispatched by RTD below their dayead scheduledVhen a unit
has been dispatched or committed for local reliability, anyadtesad margin assurance
payments it receives are allocated as local reliability uplift. However, the majority of
day-ahead margin assurance payments are allocated dsaabmeliability uplift.

The four categories of local reliability uplift are:

1 Day-Ahead Markei Guarantee payments are made to generators committed in the
SCUC due to Local Rel i aAheat Reliapity Bnitd e ( ALRRO
(ADARUO) for | ocal reliability needs at t
Although the uplift from payments to these units is allocated to the local laeee, t
commitments tend to decrease ddnead pricesAs a result of lower prices, more (ron
local reliability) uplift is paid to generators that are economically committed before the
local reliability pass.

1 RealTime Marketi Guarantee payments are made to generators committed and
redispatched for local reliability reasons after the-dlagad market. While this can occur
for a variety of reasons, the majority of this uplift is related to Supplemental Resource
Evaluation (ASREO) commitments.

)
h

1 Minimum Oil Burn Compensation PrograimGuarantee payments made to generators
that cover the spad between oil and gas prices when generators burn fuel oil to help
maintain reliability in New York City due to potential natural gas supply disruptions.

1 Day-Ahead Margin Assurance PayménGuarantee payments made to cover losses in
margin for genetars dispatched otdf-merit for local reliability reasons below their
day-ahead schedules.

Figure A97 - Figure A98: Uplift Costs from Guarantee Payments

Figure A-97 shows the seven categories of uplift costs associated with guarantee payments on a
monthly basis foR023and2024.The uplift costs associated with the EDRP/SCR resources are
shown separately from other reahe statewide uplift costs. The table summarizes the total

uplift costs under each category on an annual basis for these two years.

Figure A-98 shows the seven categories of uplift charges on a quarterly b@digdand2024

for four regions in New York: (a) West Upstate, which includes Zones A through E; (b) East
Upstate, which includes Zones F through I; (c) New York City, which is Zone J; and (d) Long
Island, which is Zone K. The uplift costs paid to import transactiams heighboring control

areas and EDRP/SCR resources are shown separately from the generation resources in these four
regions in the chart. The table summarizes the total uplift costs in each region on an annual basis
for these two years.

It is also noted thahese two figureare based on information available at the reporting time and
do not include some manual adjustments resulting from mitigation consultations, hence, they can
be different from final settlements.
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Figure A-97: Uplift Costs from Guarantee Payments by Month
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Figure A-98: Uplift Costs from Guarantee Payments by Region
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VI. CAPACITY MARKET

This section evaluates the performance of the capacity market, which is designed to ensure that
sufficient resources are available to satisfy
The capacity market supplements the incentives provided byéngyeand ancillary services

markets. In combination, these three sources of revenue provide incentives for new investment,
retirement decisions, and participation by demand response.

The New York State Reliability Council (ANYSR
(Al RMo) for NYCA, which is the amount of pl an
standards for New York State. NYISO uses the IRM in conjunction witartheal peak load
forecast to calculate the Instail®INISO&sapacity
determines the Minimum Locational Il nstall ed C
City, the GJ Locality, and Long Island, which it uses in conjunction with the locational annual

peak load forecast to calculate the locational ICAP requant3°®

Since NYI SO operates an Unforced Capacity (AU
translated into UCAP requirements, using locatiode availability rates known as Derating

Factors. The obligations to satisfy the UCAP requirements are allocated_®Hken

proportion to their annual coincident peak load in each area. LSEs can satisfy their UCAP
requirements by purchasing capacity through bilateral contracts, ksckelfluling their own

capacity, or by participating in UCAP market auctions run ¥yS0O.

NYISO conducts three UCAP auctions: a forward strip auction where UCAP is transacted in six
month blocks for the upcoming capability period, a monthly forward auction where UCAP is
transacted for the remaining months of the capability period, and a mepttlguction. The

two forward markets are voluntary, but all requirements must be satisfied at the conclusion of the
spot market immediately prior to each month. Market participants that have purchased more
than their obligation prior to the spot auctisell the excess into the spot auction. Demand

curves are used to determine the clearing prices and quantities purchased in each locality in each
monthly UCAP spot auctio??’ The amount of UCAP purchased is determined by the

intersection of UCAP supply offers in the spot auction and the demand curve (adjusted for
capacity sales through bilateral contracts and forward auctions). Hence, the spot auction
purchases more capacthan is necessary to satisfy the UCAP requirement when more capacity

is available.

The demand curve for a Locality is defined as a straight line through the following two points:

305 The ICAP requirement = (1 + IRM) * Forecasted Peak Load. The IRM was set at 22 percent in the most

recentCapability Year (i .e., the period from May 20214
be f o ittpdwwavinysrii.org/NYSRC NYCA ICR_Reports.html

306 The locational ICAP requirement = LCR * Forecasted Peak Load for the location. These are set in the

annual Locational Minimum Installed Capacity Requirements Study, which may beHetsd

307 The capacity demand curves are not used in the forward strip auction and the forward monthly auction.

The clearing prices in these two forward auctions a
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T

Net CONE at Level of ExcedsThe demand curve price equals the levelized cost of a
new peaking unit (net of estimated energy and ancillary services revenue) when the
guantity of UCAP procured exceeds the UCAP requirement by a small margin known as
thevédlLeof 3 Excesso.

$0 at Zero Crossing PointThe demand curve price equals $0 when the quantity of
UCAP procured exceeds the UCAP requirement by 12 percent for NYCA, 15 percent for
the GJ Locality, and 18 percent for both New York City and Long Island.

Every four years, NYISO establishes the capacity demand curves through a study that includes a
review of the selection, costs, and revenues of the peaking technology. Each year, NYISO
further adjusts the demand curve to account for changes in Net CCiNiieaf peaking unit.

This report evaluates a period when there were four capacity market Localiflésodality
(Zones G to J), New York City (Zone J), Long Island (Zone K), and NYCA (Zones A to K).
New York City, Long Island and the-GLocality are each nested within tN& CA Locality.
New York City is additionally nested within theI3Locality. The clearing price in a nested
Locality cannot be lower than the clearing price in the surrounding Locality.

This section evaluates the following aspects of the capacity market:

T

Trends in internainstalled capacitycapacity exportsand imports from neighboring
control areagsubsectiors A andB);

Equi val ent ForceddsOdt agd Re tsebsdactoiCE F@RBRt or s

Capacity supplyandquantities purchased each month as well as clearing prices in
monthly spot auctions(bsectionD);

Analyses of the efficiency of the capacity market design, including the correlation of
monthly spot prices with reliability valusver the yea(sub-sectionE), zonal spot prices

with reliability value in each regio(sub-sectionF), and our proposed approach for
adjusting the capacity payments of generators that have a positive or negative impact on
transfer capability that affect planning reliability needs {settionG);

Need forFinancial Capacity Transfer Rightsi FCTRs 0) t o i ncentivi ze
transmissiorprojects(sub-sectionH);

Our recommendation to address the potential for extreme market conditions before
NYISO implements a seasonal capacity market if large resources sell significantly less
capacity in the winter than in the summer ¢selotionl); and

Our assessment of key inefficiencies that result from the use of the deliverability
construct rather than efficient capacity pricing to limit capacity additions in export
constrained areas (s$lectionJ).

308

The demand curves have maximum price levels which apply when UCAP procured falls substantially
below the UCAP requirement. The demand hererves can
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A. Installed Capacity of Generators in NYCA

Figure A99- Figure A100 Installed Summer Capacity and Forecasted Peak Demand

The following figures show the amount of installed capacity in specific regions by fuel and
technology type and how they have changed over time. Capacity has shifted away from coal and
nuclear toward natural gas and renewable resources. Since theaetioéitine Indian Point

nuclear units in 2020 and 2021, Eastern New York has become largely dependent-on fossil
fueled capacity with virtually all renewable, hydro, and nuclear resources in upstate regions.

The bottom panel dfigure A99 shows the total installed summer capacity of generation (by
prime mover) and the forecasted and actual summer peak demands for the New York Control
Area for the years 2014 through 209231° The top panel oFigure A-99 shows the amount of
capacity that entered or exited the market during each*{fedBenerator retirements in the
coming years will include units that plan to operate as wintéy resources.

Figure A-99: Installed Summer Capacity of Generation by Prime Mover
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309 Forecastegheak demand shown is based on the forecasted NYCA coincident peak demand from the Gold

Book of each year. Capacity is based onGlodd BookandGenerator Status Upddites.

310 Reconstituted peak demand value&igure A99 andFigure A100include demand reductiofiom

NYISO andutility -basedprograms

81l Both the annual capacity and capacity from raglditions from wind resources are given for units with

both ERIS and CRIS right€£RIS-only wind units do not appear in this chart as capacity resources.
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Figure A100shows a regional distribution of generation resources and the forecasted and actual

noncoincident peak demand levels for each region over the same timeframe. The installed
capacity shown for each year is based on the summer rating of resourcesdpatatienal at

the beginning of the Summer Capability Period of that year (i.e., capacity online by May 1 of
each given year).

Figure A-10Q Installed Summer Capacity of Generation by Region and by Prime Mover
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B. Capacity Imports and Exports

Figure A101 NYISO Capacity Imports and Exports by Interface

NYISO procures a portion of its installed capacity from neighboring regions, and some internal
capacity is sold to neighboring regiorfsigure A101shows the monthly average of net capacity
imports into the NYISO from neighboring control areas from Summer 2015 through Winter
2024/25 along with capacity prices in the New York Control Area and its neighboring control
areas, including, HyohrtarQuwe b 6icONKESH AN dRgadity an d
imported from each region is shown by the positive value stacked bars, while the capacity
exported from NYCA is shown as negative value bars. The capacity prices shown in the figure
are: (a) the NYCA spot auction price for NYISO; (b) the@Rfrice in the Base Residual

Auction for PJM; and (c) the NY AC Ties price in the Forward Capacity Auction foiNEO

812 The values for Winter 2023/24, reflect average net imports and average prices through February 2024.
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Figure A-10L NYISO Capacity Imports and Exports by Interface
Summer 201% Winter 2024/25
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C. Derating Factors and Equivalent Forced Outage Rates

The UCAP of a resource is equal to its installed capacity adjusted to reflect its expected
availability, as measured by its Equivalent F
generator with a high frequency of forced outages over the precedingtwoye@sa pabi | i t vy
Periods (i.e. a unit with a high EFORd) would not be able to sell as much UCAP as a reliable

unit (i.e. a unit with a low EFORd) with the same installed capacity. For example, a unit with

100 MW of tested capacity and an EFORd of 7 percentdvoe able to sell 93 MW of

UCAP 3% This gives suppliers an incentive to perform reliably.

The localityspecific derating factors are used to translate ICAP requirements into UCAP
requirements for each capacity zone. The NYISO computes the derating factor for each

capability period based on the weightaterage EFORd of the capacity resourbes are

electrically located within the zone. For each Locality, a derating factor is calculated from the

two most recent like&Capability Period average EFORd values of resources in the Locality in
accordance with Section dtyManual$* t he NYI SO6s I n

313 The variables and methodology used to calculate EFORd for a resource can Heefeund

314 The Derating Factor used in each-sionth capability period for each Locality may be founsie

2024 STATE OF THE MARKET REPORT |A-141


http://www.nerc.com/pa/RAPA/gads/DataReportingInstructions/Appendix_F%20-%20Equations.pdf
https://www.nyiso.com/installed-capacity-market

Appendix i Market Operations

Table Al4: Historic Derating Factors by Locality

Table A-14 shows the derating factors the NYISO calculated for each capacity zone from
Summer 2020 onwards. Derating factors tend to be highest in regions with the most intermittent
capacity and most volatile yeaveryear in regions with older generation fleets.

Table A-14: Derating Factors by Locality
Summer 2020 Winter 2024/25

Lol Summer Summer Summer Summer Summer| Winter Winter Winter  Winter  Winter
2024 2023 2022 2021 2020 | 2024/25 2023/24 2022/23 2021/22 2020/21

G-l 13.49% 11.82% 7.63% 5.45% 5.77% | 12.49% 10.62% 10.39% 8.41% 3.21%
LI 8.66% 7.29% 6.27% 4.91% 6.91% | 9.36% 10.66% 10.31% 7.21% 5.91%
NYC 462% 1.64% 3.26% 2.69% 351% | 4.13% 4.12% 3.41% 248% 2.70%
A-F 18.03% 14.48% 14.20% 13.27% 11.78%| 18.68% 13.16% 10.70% 11.36% 9.63%
NYCA 13.21% 10.14% 9.78% 8.77% 8.30% | 13.46% 10.39% 8.91% 8.40% 6.61%

Figure A102to Table A15: Unavailable Capacity to RTC & RTD from Various
Technologies in Summer Capability Periods

The NYISO tariff describes a DMNC testing process to determine the ICAP ratings for
traditional generators such as nuclear units, combined cycles, steam turbines, and peaking
facilities. The process is similar for each of these unit types, but it tékesoimsideration

certain technologygpecific characteristics in fine tuning testing obligati$his One such

technologys peci fi ¢ obligation that exists is for di
combi ned cycl easjdsttheio DMNE tagi esults basad en an output factor curve
that is dependent on one variable, ambient air tempestand a seasonal peak temperature
rating determined by the previous Transmission District peak conditions across the most recent
four like-Capability Periods. Functionally, this tends to cause the ICAP ratings for these unit
types during the summer @ability Periods to be lower than the value at which they test since
tests are often done at cooler temperatures than the seasonal peak.

Figure A102shows the estimated ICAP that was functionally unavailable to the market in peak
conditions in the summer of 2024 on fodsiéled and nuclear units by the following categories:

1 EmergencyMW Capacity offered above a generator ¢
(AUOLNO) that is only availab%e under NYI S

1 Low ISO Conditiong the amount of capacity unavailable due to actual peak summer
temperatures that exceeded the fpear average peak temperature adjustment values
used in the DMNC process. The effects of air temperature of generator capability are
detemined based on an output factor equation certified by each plant with the N¥ISO.

1 Other Ambient the amount of capacity explicitly derated from combined cycle and
peaking units that cannot be explained by air temperature conditions.

315 See Section 4.2 of the ICAP Manual.
316 See NYISO Emergency Operatiokisinual

317 See NYISO ICAP Manual Attachment M for further details on output factor equations.
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1 Cogen Steam Demaiidthe amount of capacity unavailable from cogeneration resources
with active host steam load obligations.

1 Ambient Water & Tide$ the amount of capacity explicitly derated from otiw®ugh
cooled fossil and nuclear steam turbines due to ambient water temperatures and tides.

Values for each category are presented as percentages of total by unit type on the primary axis
with the total ICAP across all resources summed in the secondary axis.

Figure A-102 Functionally Unavailable Capacity from FossitFuel and Nuclear Generators
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Facility Cycle Turbine

Most of the ICAP identified ifrigure A102is sold into the market. NYISO filed tariff
revisions that will start to reduce DMNC values in the 2025/26 and 2026/27 Capability Years to
address the following:

1 Relative humidity will be accounted for in the ambient adjustment farcailted
generators with certain evaporative cooling equipment.

1 Summer DMNC tests of once through cooled nuclear and fossil steam turbines will be
conducted in either July or August between 10 AWD PM so that ambient water
temperatures during the test will be more consistent with those at peak conditions.

1 The Capacity Limited Resource designation will be sunset and theheayl offer
obligation on ICAP suppliers will be set by the UOIA.

318 Exemptions for capacity related to duct burners of combined cycles and peak firing efdalded peakers

are included until the market models are improved to enable offering and scheduling of those components.
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These changes should improve capacity accreditation for conventional generators, though
additional improvements are necessary to accurately account for expected -aujoisted
capability of resources impacted by ambient water temperature conditionarantetric
pressure conditions (which are discussed below).

Other Ambient Barometric Pressure on Combustion Turbines

Barometric pressure affects the power output and efficiency of certain generation technologies,
particularly CTs in simple cycle and combined cycle configurations. This is because air density
falls as barometric pressure drops leading to lower mass flaw through the CP°

Therefore, barometric pressure and the CT maximum output are correlated. Barometric pressure
conditions are inversely correlated with NYISO load values on the warmest summer days.
Figure A103shows the relationship between barometric pressure values at the generator
locations for all generators with at least one CT in the NYISO versus the systemwide hourly
demand from each hour of Summers 2@P24. Each point represents the average barametri
pressure across all generators during hours where thgmeadystem demand was within

defined 200 MW buckets. For example, the first point shows the average barometric pressure
when systemwide demand was between 16.3 GW and 16.5 GW was 14.71s8) (yith an
average system load in that range of 16.31 G\&/i(g).

Figure A-103 Relative Humidity vs Systemwide Load at Generator Locations
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319 See:https://www.gevernova.com/content/dam/gepewew/global/en_US/downloads/gasw

site/resources/reference/egs67hge-gasturbineperformancecharacteristics. pdf
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This analysis shows that average barometric pressure does not vary much under most load
conditions3?° Under summer peak load conditions when demand surpassed roughly 27 to 28
GW, the air was less dense than average. Therefore, CT capability at peak conditions will, on
average, be lower at peak conditions than throughout the rest of the summer ddetaobye

lower pressure conditions.

The next figureevaluates the average barometric pressure at each generating station in NYISO
with at least one CT during its DMNC test in the 2024 Summer Capability Period. The
combined DMNC MW submitted from these tests is given by the blue line, which shows how
muchcapacity was tested at barometric pressures at or below the value given -@xithe ke

vertical green line shows the maximum hourly barometric pressure at any one generating station
during those load conditions in Summer 2024. Thaocablue line shows the minimum hourly
barometric pressure from any one generator during those same load conditions. The barometric
pressure corresponding to sea level (14.7 psig) is shown with the black vertical line as a point of
reference. Finally, & estimated the expected barometric pressure at the forecasted peak demand
levels for Summer 2025 from the 2024 Goldbook using the relationship between pressure and
high load conditions froreach generator location

Figure A-104 Cumulative Capacity by Barometric Pressure during DMNC Tests
2024 Summer DMNC Tests
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320 Warmer air is less dense which means barometric pressure predictably drops as temperatures rise. See

https://www.noaa.gov/jetstream/atmosphere/air
pressure#:~:text=This%20change%20in%20pressure%20is%20caused%20by,are%20farther%20apart%20t
han%20in%20cooler%20air
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Roughly 96.5 percent of all capacity from those generators that are impacted by barometric
pressure conditions came from DMNC tests that occurred at pressure conditions that were more
favorable than what ought to be anticipated at the 2025 forecastedgreakd levels. The

seasonal DMNC rating is meant to quantify the capability of the CT at peak load conditions, i.e.,
when air temperatures are highest. However, the DMNC testing procedures allow testing during
any hours of June through rm&kptember focombined cycle units and CTs. Most generators

test at optimal barometric conditions (i.e., cool, sunny days when barometric pressures are at or
above sea level). Hence, total installed capacity is likely overstated since no barometric pressure
adjustments included in the requirements of ambient conditions dependent resources.

Table A15s ummari zes t he MMUOGOs estimates of overval
pressurémpacted generators based on: (a) forecasted 2025 peak demand cGAtiimhb)

actual conditions during DMNC tests from each of the past three surfihdise relationship

between station max output and barometric pressure used in this analysis was 10.34 percent per 1
psig change in pressut& Since barometric pressure predictably falls with hotter air

temperatures and most DMNC tests occur at milder conditions, the total impact of barometric
pressure on functionally unavailable capacity is estimated at 234.4 MW from the 2024 Summer
DMNC tests with nearly 78 percent of that value coming from combined cycle stations.

Table A-15: Overestimate of ICAP due to Barometric Pressure by Unit Type
Based on DMNC tests from 202024 at Forecasted 2025 Peak Loads

Type 2022 2023 2024
CcC 180.6 191.0 182.8

Peaker 43.9 46.7 51.6

Total 2245 237.7 234.4

Although NYISO has filed tariff changes to improve the accuracy of DMNC values, additional
improvements are necessary to accurately account for expected aatpiestéd capability of
resources impacted by ambient water temperature (shokigure A102) and barometric
pressure conditions (shownTable A15).

Water temperatures tend to rise steadily over the summer. Temperatures are predictably lower in
early-July than in lateJuly and midAugust. Insofar as the peak conditions occur further into the
summer months, tests conducted in eddiy will likely underestimate the water temperature

impact on these resources. Additionally, there is more than 9 GW of once through cooled fossil
fired steam turbine capacity in southeast NY which is impacted by tidal conditions. Ambient
adjusted capability is highestlasigh tide and can fall as the tides drop. Any DMNC test

conducted at abovaverage tidal conditions is likely to minimize or mask the effects of tides.

321 See:https://www.nyiso.com/documents/20142/2226333/2@d-Book-Public.pdf

822 We pull weather conditions for each generator location based on data at the ZIP Code level.

323 See Figured 10 ohttps://www.gevernova.com/content/dam/gepowew/global/en_US/downloads/gas

newsite/resources/reference/g@B67hge-gasturbineperformancecharacteristics. pdf
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Barometric pressure affects the capability of CTs in a predictable way with higher pressures
allowing for increased CT output. Hot air tends to be lower pressure than cooler air. Since most
generators with one or more CTs conduct DMNC tests on mild;griggsure days in the early

or late summer, actual capability tends to be lower at peak conditions. Therefore, we
recommend that:

1 Ambient water & tidal dependent resources adjust DMNC test results to peak temperature
and average tide conditions using an approach similar to what the NYISO has chosen for
ambient air temperature and humidity conditions dependent resources; and

1 Generators that are impacted by barometric pressure make an adjustment from DMNC
test conditions to an IS@etermined expected value pressure value implicit in the peak
load forecast.

D. Capacity Market Results

Figure A-1057 Figure A-108 Capacity Sales and Prices

FigureA-105shows capacity market results in the NYCA for the past foumsinth Capability

Periods. In the lower portion of each figure, the bars show the quantities of internal capacity
sales, which include sales rel ataaddsalasbomUnf or c e
SCRs??* The hollow portion of each bar represents th&tate capacity in each region not sold
(including capacity not offered) in New York or in any adjacent market. The line indicates the
capacity requirement for each Capability Period for NYCA. Additigndlle figure shows sales

from external capacity resources into NYCA and exports of internal capacity to other control

areas. The upper portion of the figure shows clearing prices in the monthly spot auctions for

NYCA (i.e., the Rest of State).

The capacity sales and requirements in the figure are shown in the UCAP terms, which reflect
the amount of resources available to sell capacity. The changes in the UCAP requirements are
affected by changes in the forecasted peak load, the minimum cagggcityement, and the

Derating Factors. To better illustrate these changes over the period examined, the figure also
shows the forecasted peak load and the ICAP requirements.

Figure A106to Figure A108show capacity market results in New York City, Long Island, and
the GJ Locality for the past four simonth Capability Periods. These charts display the same
quantities agigureA-105does for the NYCA region and compare the spot prices in each
Locality to the ResOf-State prices.

In addition to the changes that affect the NYCA capacity requirements (e.g., forecasted peak load
and the Derating Factors), requirements in the local capacity zones can also be affected by
changes in the Local Capacity Requirement that are unrelateadtchanges.

324

Special Case Resources (ASCRs0) are Demand Side Res
upon demand, and/or Demand Side Resources that have a Local Generator, which is not visible to the
| SO6s Mar ket I nfor mat i o nrigleryteat cambe aperdteditoseducaltoaddroml 0 0 Kk V

the NYS Transmission System and/or the distribution system at the direction of the NYISO.
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Figure A-105 UCAP Sales and Prices in NYCA
May 2023 to February 2025

$12
=

$9 E
<

$6 &
@
Q
a

IN
\S)

AL
$0

C—Internal Capacity

40 UnOffered/Unsold
C—Exported
§38 -5 a--Ea- FS-FF - & 2-F &
o =3 External Capacity
g 36 _ mmm SCRs
IS,
= @ Internal Capacity
O 34
mmm Spot Price
32 * il === Forecast Peak Load
30 —m— ICAP Requirement
N/DIJIFIM|IAIM|J|J|A|S|O
Summer 2023 Winter 2023/24 Summer 2024 Winter
2024/25
Figure A-106. UCAP Sales and Prices in New York City
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Figure A-107- UCAP Sales and Prices in Long Island
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Figure A-108 UCAP Sales and Prices in the & Locality
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Figure A109 Capacity Procurement by Type and Auction Price Differentials

Figure A-109describes the breakdown of capacity procured by mechanism (bilateral markets,
strip auctions, monthly auctions and spot auctions) and the resulting prices for various auctions
over the last ten Capability Years. Bilateral prices are not reported torisNand are not
included in this figure. The stacked columns correspond to the left vertical axis and indicate the
percentage of total capacity procured via the four procurement methods for each month in a
given Capability Period. The top panel of thertifeorresponding to the left vertical axis) shows

the monthly prices for each of the spot, monthly and strip auctions since the Summer 2015
capability period on a dollgrerkilowatt-month basis.

Figure A-109 Auction Procurement and Price Differentials in NYCA
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E. Resource Adequacy Modeling Framework and Assumptions

Pot omac Economi csd Re sRAM)isagprodraimedgsigrred tp eviluate e |
the impacts of market desigmoposals related to resource adequacy. Itis an hourly
chronological model that considers load forecast uncertainty, generator outages, transmission
limitations, intermittent resource profiles, and energy storage limitationdR ANEis not

designed toeplicate outcomes of other programs such as GE MARS and is not used to perform
absolute assessments of the NYI SO systemobs
changes to modeling rules and assumptions for use in examining the impackef design
changes. PIRAM has the following major components:

1 Hourly model: the simulation consists of a number of run years, each of which simulates

load and supply in all 8,760 hours of the year. Each run year considers a different
combination of load and generator availability assumptions.
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1 Load model: each run year simulates an hourly load pattern and peak load level reflecting
a particular level of load forecast uncertainty.

1 Generator model: summer and winter generation capacity and outage states are
represented at a zonal level. Zonal outage scenarios are based on probabilistic simulation
of aggregate outages of generators within each area.

1 Transmission model: the simulation represents individual areas connected by
transmission |Iimits in a fApipe and bubbl eo
available capacity to meet local load, it imports supply from other areas until
transmission nits are binding.

1 External areas: external areas are currently not modeled directly. Instead, emergency
import patterns representing variations in available external supply are modeled in each
run year.

1 Intermittent resources: intermittent generators are modeled using arh®ui6Capacity
factor profile for each resource type in each zone. Renewable profiles may vary by run
year.

1 Gasonly resources: generators that rely on natural gas are subject to reduced availability
in winter based on a relationship between-fion gas availability and daily winter peak
load.

1 Energy limited resources: resources such as battery storage are modeled with energy
limitations and are dispatched when needed to avoid load shedding. Energy limited
resources recharge during-giéak hours if sufficient supply is available on the system.
The simulation uses heuristics to determine the sequence of discharge of energy limited
resources, generally deploying resources with more remaining duration or irviaiwer
zones first.

PE-RAM produces the following outputs for use in market design evaluations:

1 Expected Unserved Energy (EUE): each simulation calculates the total MWh of unserved
energy, (UE) in each run year. UE occurs when there is insufficient available generation
to serve load or when transmission constraints limit the ability of supplywadldoad.
Unserved energy across run years is weighted by probability values associated with the
assumptions for that run year. The sum of these values is the total EUE of the simulation.

1 Marginal Reliability Impact (MRI): for each resource type and each zone, the simulation
calculates an MRI value. This is the change in EUE resulting from a small addition of
the examined resource.

1 Capacity Requirements: the simulation calculates IRM and LCR values using an
optimizer approach that minimizes investment costs to satisfy a target level of EUE. Net
CONE values are defined for areas included in the simulation. For those areas, the MRI
and Cost of Reliability Improvement (CRI, see sectoof this appendix) is calculated
after each simulation run. Perfect capacity is removed from areas with high CRI values
and added to areas with low CRI values. This is repeated until EUE is equal to the target
level and CRI values across zones convesgbjéct to tolerance criteria). The resulting
zonal ICAP requirements are the total installed capacity plus positive or negative PCAP
adders in each capacity region.
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Table Al6andFigure A1107 Resource Adequacy Model Assumptions for Winter
Accreditation Analysis

Sectionlll .C discusses the potential impact of modeling winter fuel inventory depletion in

reliability studies on capacity accreditation outcomes. We performed this analysis using PE

RAM with the following assumptions:

Table A-16:. Resource Adequacy Model Assumptions for Winter Accreditation Analysis

Assumption

Description

Load

2024 Gold Book load forecast; load forecast uncertainty levels
based on 2024/25 IRM Study. Gold Book BTM solar forecast
modeled as resource separate from gross load.

Existing generation
capacity

Summer and winter ICAP based on 2024 Gold Book. For 203
run year, generator status changes of remaining units affectec
DEC Peaker Rule and retirement of NYPA peaker plants in N¢
York City were modeled. Fossil outage rates were modeled b
on 2024IRM Study.

New generation capacity,
(cumulative)

Solar PV:17 GW (2030), 28 GW (2035) and 49 GW (2040)
(including utility and BTM)

Land Based Wind: 1.7 GW (2030), 3 GW (2035), 12 GW (204
Offshore Wind: 2 GW (2030), 9 GW (2035), 12 GW (2040)
Battery Storage4.5 GW(2030) 8.2 GW(2035),14.3 GW(2040)

Intermittent generator
capacity factors

Based on NYISO 2021 Outlook profiles derived from NREL da

Zonal topology

Simplified set of areaselected to capture major transmission
constraints including A, BCE, D, F, G, HI, J, and K.

Transmission limits

Based on transmission limits after completion of AC PPTN
projects from NYISO 2024 RNA MARS topology. For 2030/3]
included upgrades based on estimated MARS limit impact of |
Island PPTN projects from NYISO Long Island PPTN study.

New HVDC
Transmission

Included CHPE project as 1,250 MW injection into NYC in
summer and 0 MW injection in winter. Included CPNY project
1,300 MW link between zones BCE and J.

Firm Gas

Approx. 2,000 MW firm gas modeled in zone&kkn winter
based on recent NYISO fuel surveys

External Assistance

Based on NYSRC 2023 EOP whitepaper

SCRs

Included based on 2024 enrollment levels
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Our analysis of how accreditation could be affected by winter fuel security modeling used a
modeling approach that tracks remaining oil inventories chronologically. We included the
following modeling features in this analysis:

Oil inventories We model oil and dual fuel generators as capable of generating up to their ICAP

in winter, adjusted for forced outages. Each unit is modeled with a starting oil inventory and
timeframe before spent fuel is replenished based on recent NYISO generasorfags. Oil

generators are dispatched by the model wherfuelidimited supply is insufficient to meet load.

Each unitdés inventory is tracked over time, a
reaches zero until replenishmetcurs. The model employs a heuristic approach to the order in

which oil units are dispatched. Units with larger inventories and more frequent replenishment

are generally dispatched first, and units are held in reserve upon reaching low inventory unless
needed to prevent load shedding. This approach is intended to simulate the expectation that units
running short on fuel would submit higher energy market offers.

NonFirm Gas we modeled a relationship between daily winter peak load and daily maximum
nortfirm gas generation. Nefirm gas historically made available by LNG imports is netted out
from the available gas supply. For future run years, the historically observedtashoonfirm

gas at each load level is scaled up proportionate to growth in the winter peak load forecast, to
account for higher projected load levels during the same weather conditions.

Figure A110below shows the modeled daily legds relationship for the 2026/27 capability
year. The modeled winter peak load levels under the baseline forecast and an upper load forecast
uncertainty level (based on Bin 2 load forecast uncertainty from the 202&t&i#).

Figure A-110 Modeled Non-Firm Gas Availability at each Daily Peak Load Level
2026/27 Case
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F. Cost of Reliability Improvement from Additional Capacity

An efficient capacity market would signal for capacity to locate where it is mosgitestive to
improve system reliability. In this subsection, we discuss a framdaorkeasuing capacity
prices relative tahis objective and evaluate the effectiveness of NYISO market at meeting it.

Since the inception of NYISO, the installed capacity requirements have been primarily based on
resource adequacy criteria, which require sufficient capacity to maintain the likelihood of a load
shedding event in the NYCA below the prescribed level (i.daylin 10 years). Hence, the

capacity price in a particular location should depend on how much capacity at that location
would reduce the likelihood of load shedding in NYCA. Since implementing the downward
sloping capacity demand curves in 2004, NY %3 used the cost of new entry as the basis for
placing the demand curve sufficiently high to allow a hypothetical new entrant to recover its
capital costs over an assumed project life. Heragaaty markets should prowgrice signals

that reflect thereliability impactand the cost of procuring additional capacitgachlocation

The Cost of Reliability |I mprovement (ACRI 0),
to a zone that would improve LOLE by 0.001, characterizes the value of additional capacity in a
zone and captures the two key factors that should be consudieitedietermining capacity

prices. Under an efficient market design, the CRI should be the same in every zone under long
term equilibrium conditionsThis will reduce the overall cost of maintaining reliabiktyd

direct investment to the most valuahideations. To achieve these efficient locational capacity
prices,the market should procure amounts of capacity in eachtzatainimize the cost of

satisfying the resource adequatgndard

NYI SO6s methodol ogy f{déaOpdeéemezmidnketkRtot Met bGR®)
minimize the total procurement cost of capacity under long term equilibrium while conforming

to: (a) an LOLE of less than 0.1 days per year, (b) the N¥8&&mined IRM, and (c)
transmission security | imiTthe HOPSL M zfeadr LICRGI
minimizes procurement costs (i.e., capacity clearing price times quantity) rather than investment
costs (i.e., the marginal cost of supply in the capacity njarkénimizing procurement costs is

inefficient because it does not necessarily select the lowest cost supply to satisfy reliability.
Minimizing investment costs is efficient because it selects the lowest cost resources just as the
energy and ancillary services markst¢tect the lowest cost resources to satisfy load and

ancillary services requirements.

Table A17: Cost of Reliability Improvement

Table A17 showsthe CRI in eachzonebased on the lonterm equilibrium that is modeled in

the demand curve reset procesinder these conditionsach locality has a modest excess

(known as its AExcess Level o) so that the sys
criteria3?®> An Excess Level is assumed so that the demand curve in each area is set sufficiently

325 The demand curve reset process is required by tariff to assume that the average level of excess in each

capacity region is equal to the size of the demand curve unit in that regiotasidemand curve reset
assumed proxy units of approximat@@0MW (ICAP) in each areaFor the MARS results discussed in
this section, the basmse was set to the Excess Level in each area.

A-154 | 2024 STATE OF THE MARKET REPORT



Appendix i Market Operations

high to ensure the system never exceeds the 0.1 LOLE criteria. This modest excess results in an
LOLE of 0.066 in the 2025/26 Capability Yearhetable shows the following for each area:

1 Net CONE of Demand Curve UiiiBased on thélet CONE curves filed by NYISO for
the2025/2026 Capability Year, converted to UCAP using the 2025/26 CAF values

1 NYCA LOLE at Excess Level in Demand Curve Res$htsis a single value for NYCA
that isfound by setting the capacity margin in each area to the Excess Level from the last
demand curve reset

1 LOLE from100 MWUCAP AdditionT The estimatedd OLE from placing100 MW of
additionalUCAP in thearea®?®

1T Margi nal Re |l i a b il [The esyimatedrrpliabdity befefitddition i
LOLE) from placing100 MW ofadditionalUCAP in the area.This is calculated as the
difference between the NYCA LOLE at Excess Level and the LOLE from adding 100
MW of UCAP to the area.

T Cost of Rel i abi | iitThe ahnogblevelized imesintent Coit @iRal 0 )
0.001 improvement in LOLE from placing capacity in the ai€&?® This iscalculated
based orhe ratio ofthe Net CONE of Demand Curve Unitthe MRI for each area.

Table A-17: Cost of Reliability Improvement
2025/26 Capability Year

NCHESNIZEL - IS Cel Sl Marginal Cost of Reliability
Locality/Zone Demanq Curve LOLE at 100 MW Reliability Impact Improvement
Unit Excess UCAP
SIKW-yr Level Additon ELOLE peuM$ per 0.
NYCA
A $61 0.061 0.0053 $1.2
B $61 0.061 0.0053 $1.2
C $61 0.061 0.0051 $1.2
D $61 0.061 0.0051 $1.2
E $61 0.061 0.0052 $1.2
F $61 0.061 0.0051 $1.2
G-J Locality
G $62 0.066 0.061 0.0051 $1.2
H $62 0.061 0.0053 $1.2
| $62 0.061 0.0053 $1.2
NYC
J $201 0.060 0.0059 $3.4
Long Island
K $83 0.056 0.0097 $0.9

326 These values were obtained by starting withsygtem at Excess Level with an LOLE of 0.066 and

calculating the change in LOLE from a 1MW perfect capacity addition in each area.

327 For example, for Zone F: $61/kyear x 1000kW/MW =+ (0.0053 LOLE change/100MW) x 0.001 LOLE
change = $1.2 million.

328 Note, this value expresses the marginal rate at which LOLE changes from adding capacity when at the

Excess Level.However the actual cost of improving the LOLE by 0.001 might be somewhat higher since
the impact of additional capacity tends to fall as more capacity is added at a particular location.
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Figure A11landFigure A112 Cost and CRI Curveis LCR Optimizer

Figure A111andFigure A112illustrate how the current design of the LCR Optimizer
contributes to volatility and inefficient outcomes. Both figures compare the marginal cost of
capacity for the 2022/23 capability ydssed on two formulations:

1 Investmentost minimizationi This uses the Net CONE curves to represent marginal
investment cost?® These are shown in the top panel of each figure, which are monotonic
upwardsloping marginal cost curves. These investment costs include the categories of
costs that could be saved by procuring capacity more efficiently.

1 LCR Optimizer formulatioit The marginal cost function at each location is derived
assuming NYISO minimizes overall consumer cdtdn the bottom panel of each
figure, these nomonotonic marginal cost curves are shown to be discontinuous with
irregulardownwardsteps because the marginal consumer cost is strongly affected by
slight changes in the steepness of Net CONE curve $tepar exampleFigure A111
shows that if the LCR in Zone J rises from 80.6 to 86.6 percent, the Net CONE rises just
4.4 percent, while the corresponding marginal consumer cost curve falls by 24.0 percent.

For each localityn each formulationf-igure A-111shows the marginal cost of capacity per-kW
year, whileFigure A112shows the CRI curve. Each CRI curve equals the marginal cost curve
from Figure A-111divided by the marginal reliability impact of capacity in the localf?>?

Thus, the CRI curve is the marginal cost of capacity per uhi©bE improvement. The red
diamonds indicate simulated LCRs determined using the LCR Optimizer cost function.

In Figure A112, the bottom panel illustrates how the LCR Optimizer seeks a solution that
equalizes CRI values across localities while satisfying the LOLE criterion, IRM, and*¥SLs.
However, because the Optimizer calculates the marginal cost of capacity based on consumer
costs, it relies on CRI curves that are not monotonic and may produce similar values for multiple
different LCRs. Ultimately, this raises the following concerns:

1T Because the Optimizer computes each | ocali
value at multiple different LCRs, changes in model assumptions may lead to
unpredictable and volatile changes in LCRs.

329 This is because the firstrder conditions of the investment cost minimizing optimization problem include

the Net CONE functions in each location.

330 Marginal cost functions are derived from first ordenditions of the consumer cost minimization problem.

331 Monotonicity is an important because it allows a solver to find the uniquergoshizing solution more

quickly, while nonmonotonic cost functions make the problem+gonvex and more difficult to solve.

332 We simulated MRI curves based on MAJSrived LOLE values for various combinations of LCRs.

Because all possible combinations of LCRs cannot be feasibly tested, the MRI curves are approximate.

333 This chart assumes a fixed IRM at the 2022/23 level of 119.6 percent. With a constant IRM, the CRI in

locality X is equal to: (marginal cost of adding capacity in localily idarginal cost of adding capacity in
NYCA) / (MRI of locality X7 MRI of NYCA).

334 The simulated LCRs indicated by the red diamondsguare A-112differ slightly from the actual 2022/23

LCRs because MRI was simulated using a limited number of MARS data points.
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1 The Optimizer does not produce efficient LCRs. In this example, the Zone K LCR is
inefficiently low and the @ Locality LCR is inefficiently high.
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By contrast, the top panel shows how calculating the marginal cost of capacity based on
investment costs produces uniformly upward sloping CRI curves, which allow the optimal
solution to be found more quickly and reliably.

G. Mathematical Example of Capacity Constraint Pricing (CCP) for Capacity Resources

SectionVIIl .C of this report discusses our proposal to create a more granular set of capacity
pricing zones. As part of this proposal, we recommend applying a financial Capacity Constraint
Pricing (CCP) Credit or Charge to capacity payments of resources that ppsitinelgatively

impact aggregate deliverability between zones. We propose the following process to determine
generator payments:

1 Calculate a set of generator Capacity Constraint Pricing Factors (CCP Factors) for each
interface between nested capacity zones (e.g. between two nested Import Zones or
between and Import and Export zone). The CCP Factor is the amount by which an

additiora | MW of output at a generatords | ocati
capacity deliverable over the interface to change. Each generator would be assigned a
CCP Factor for each interface between the

CCP Factocan be positive, negative, or zero, indicating that the generator improves,
harms or does not affect the interface limit.

1 Calculate the zonal price difference for each interface between nested capacity zones.
This is the difference in capacity prices between the zones connected by the interface.

1 Each generator earns a total capacity payment equal to its UCAP MW times the sum of
the zonal Capacity Price and generatoro6s u
Credit/ Charge is calculated as the sum of
CCP Factor for each constraint.

This subsection provides an example of how CCP Factors would be calculated and how they
woul d affect r e gaated comapersatitnot al capacity

Capacity Constraint Pricingractors with One Transmission Constraint

Table A18throughTable A20provide an illustrative example in which flows on the interface
between an export zone and an import zone are limited by one constrained facility. The example
includes five generators (unitsB), each of which have a different generator shift factoH)GS

on the most constrained facility that limits transfers over the interface (Line 1). The generators
are classified as belonging to the import zone or export zone based on the direction of their GSF
on Line 1. Load is assumed to be only in the impanezo

To estimate the interface limit from the export zone to the import zone, the output of all five
generators is adjusted until the maximum amount of combined output in the export zone is

reached, subject to constraints: (1) total generation equals tota(2pdédws on Line 1 cannot
exceed its Iimit of 45 MW, and (3) each gener
FI ows on Line 1 are calculated as the product
(plus the load times the load &Hactor). The maximum export zone output of 232.5 MW is

reached by maximizing output from generators with lower GSFs on Line 1 (Units A, B and E)

and reducing output from generators with higher GSFs on Line 1 (units C and D).
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The export zone has 7.5 percent more capacity than its export limit (row (i)). We assume a 20
percent export zone demand curve length and a $10 pendith price in the import zone.

Based on the export demand curve proposal discussed in Sédtid) this results in a capacity
price of $6.2 per k\Wmonth (62 percent of the import zone price) in the export zone. The
discounted price in the export zone reflects the reduced value of capacity there due to the
presence of a binding transmission constraint

Finally, each unitdéds CCP Factor (row (n)) i
that unit by 1 MW and then recalculating the interface limit (row (g)) by adjusting all units to
maximize output while maintaining the load balance and Line it libnits C and D each have

a CCP Factor of zero, because additional capacity at these locations would not change the
maximum amount of output that can occur in the export zone without violating the limit of Line

1 (however, additional capacity at unitM@uld increase the capacity surplus in the export zone
and lower its price). Units A, B and E have positive CCP Factors because these units have low
GSFs on Line 1, so additional capacity at these locations would allow a larger total amount of
output in he exporzone For example, an additional MW at Unit A would cause the interface
limit of 232.5 MW to increase by 0.5 MW.

Table A-18: Line and Unit Characteristics in One Line CCP Factor Example

Line Limits
|Line 1 Limit (MW) 45|

Unit Characteristics and Output Levels

Unit A B C D E Load | Total
Net Gen Capacity (MW) (@ 100.0 100.0 50.0 | 100.0 100.0| -400.0| 50.0
GSF (b) 0.10 0.12 0.30 | -0.10 -0.20| -0.10
Zone (c) Export Export Export| Import Import| Import
Output Scalar d) 1.00 100 065 | 0.67 1.00| 1.00
Scaled Net Gen (MW) (e)=()* () 100.0 100.0 325 | 67.5 100.0|-400.0({ 0.0
Impact on Line 1 (MW) M =([b)*(e) 10.00 12.00 9.75 | -6.75 -20.00| 40.00 | 45.00

Table A-19: Calculation of Capacity Prices in One Line CCP Factor Example

Calculation of Zonal Prices

Export Zone Limit (MW) (9) = Sum of (e) in export zone 232.5(
Export Zone Supply (MW)  (h) = Sum of (a) in export zone 250.0d
Export Zone Surplus =M /(g)-1 7.5%
Export Demand Curve Length(j) 20%
Import Zone Price ($/kW-mo)(k) 10.00
Export Zone Price ($/kW-mo)() = (k) * (1 - () / (j)) 6.24
Zonal Price Difference (m) = (k) - () 3.76
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Table A-20: CCP Factors in One Line CCP Factor Example

CCP Factors and Credit/Charge A B C D E

CCP Factor (n) 050 045 0.00 0.00 0.25
Zonal Capacity Price ©@=Kor() 6.24 6.24 6.24 10.00 10.00
CCP Credt P)=(m*mn) 188 169 000 0.00 0.94
Total Payment (@=(0©)+((p) 812 793 6.24 10.00 10.94

CCPFactors withTwo Transmission Constraiat

Table A21throughTable A23 provide an illustrative example in which flows on the interface
between an export zone and an import zone are limited by more than one constrained facility. It
uses the same assumptions as the example with one line shoalienA 18, but includes a

second |ine (Line 2) with a Iimit of 135 MW.
the same as its GSF on Line 1. To determine the interface limit from the export zone to the
i mport zone, each (¢ estedtoamaxonizéositpudinthepexportzbne v e | I S

while maintaining the load balance and respecting the limi®thfLine 1 and Line 2. In this
example, the optimal export limit of 230.2 MW occurs when both lines are constrained.

Compared to the example with one line, fewer units have positive CCP Factors. This is because
additional capacity at a generatoros | ocation
generator has a low GSF baothconstraints. For example, raising output at the location of Unit

A would allow for less loading on Line 1 (which resulted in a positive CCP Factor in the

example with one line), but cause additional loading on Line 2, so it will not allow more total
geneation in the export zone. UnitBahs a GSF bel ow t he &6dmarginal 6
so it has a positive GSF and received a CCP Credit which increases its capacity payment.

Table A-21: Line and Unit Characteristics in Two Line CCP Factor Example

Line Limits

Line 1 Limit (MW) 45

Line 2 Limit (MW) 135

Unit Characteristics and Output Levels

Unit A B C D E Load | Total
Net Gen Capacity (MW)  (a) 100.0 100.0 50.0 | 100.0 100.0 | -400.0| 50.0
GSF on Line 1 (b) 0.10 0.12 0.30 | -0.10 -0.20 | -0.10

GSF on Line 2 (©) 0.32 0.25 0.30 | -0.30 -0.30 | -0.30

Zone (d) Export Export Export| Import Import | Import

Output Scalar (e) 0.95 1.00 0.70 0.70 1.00 1.00

Scaled Net Gen (MW) H=@*(E)| 953 100.0 34.8 69.8 100.0 | -400.0( 0.0
Impact on Line 1 (MW) @=0m)*® 9.5 12.0 10.5 -7.0 -20.0 | 40.0 45.0
Impact on Line 2 (MW) (h)=(@)*@®| 30.5 25.0 105 | -21.0 -30.0 | 120.0 | 135.0
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Calculation of Zonal Prices

Export Zone Limit (MW) () = Sum of (f) in export zone 230.2
Export Zone Supply (MW) (j) = Sum of (a) in export zone 250.0

Export Zone Surplus K=0/0-1 8.6%
Export Demand Curve Lengti) 20%
Import Zone Price ($/kW-mojm) 10.0d
Export Zone Price ($/kW-mojn) = (m) * (1 - (k) / () 5.69
Constraint Shadow Price  (0) = (m) - (n) 4.31

Table A-23: CCP Factors in Two Line CCP Factor Example

Table A-22: Calculation of Capacity Prices in Two Line CCP Factor Example

CCP Factors and Credit/Charge A B C D E

CCP Factor (p) 0.00 0.11 0.00 0.00 0.02
Zonal Capacity Price (@ =(@m)or (n) 5.69 5.69 5,69 10.00 10.00
CCP Credit (N=(@©)*({p) 0.00 047 0.00 0.00 0.09
Total Payment (s)=()+( 5.69 6.16 569 10.00 10.09

This proposal has two primary advantages.

First, it differentiates payments of resources based

on their ability to improve deliverability across constrained transmission interfaces. This will
improve the efficiency of capacity market signals for motngtiesources to enter at the most
valuable locations and avoid legaluable locations. Second, the use of CCP Factors reduces the
risk that a resource will receive inefficient capacity payments due to being grouped into a
capacity zone to which it doestrfully belong. For example, a resource that is located in an
export zone but has a very | ow GSF
limit would be compensated under this proposal at a price similar to resources in the import
zone. A resource could incur a CCP Charge (a negative adjustment to its capacity payment) if it
is defined as belonging to an import zone but contributed to increased loading on a constrained
interface into that zone.

on

the con

The CCP Charge/Credit for generators that decrease/increase transfer capability that affects
resource adequacy assessment is a particular type of Financial Capacity Transfer Right

(AFCTRO) . FCTRs can al so be us e drsthat
construct facilities that increase transfer capability that improves resource adequacy. FCTRs are
discussed further in the next subsection.

H.

Financial Capacity Transfer Rights for Transmission Projects

compensa

Investment in transmission can significantly reduce the cost of maintaining adequate installed
reserve margins, enhance the deliverability of existing resources, and reduce the effects of
contingenciesRecognizing these reliability benefits of transmission projects and providing them
access to capacity market revenues cpubdidesubstantialncentives to invest in transmission

In this subsection, we discuss the reliability value of transmission projects and the potential for
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financi al capaci tyinprovidingsniestmentrsigrglh forsner¢hanE CT Rs 0 )
transmission projects®

Figure A113 Breakdown of Revenues for Generation and Transmission Projects

Figure A-113compares the breakdown of capacity and energy revenues for two hypothetical

new generators (Frame CT and a CC) in Zone G with the revenue breakdown for the Marcy
South Series Compensation (AMSSCO0) project <co
net revenues for these projects against their gross CONE and highlights the reduction in shortfall

of revenues due to the proposed FCTRs. The ability to earn capacity revenues would have

greatly improved the economic viability of the MSSC project, potintiendering it

competitive with generation solutions to providing reliability downstate. The information

presented in the figure is based on the following assumptions and inputs:

1 The MSSC project is assumed to increase UFNENY transfer capability by 287
MW.336

1 The systenis assumed to bat the longterm equilibrium that is modeled in the demand
curve reset proceswjth each localityatits Excess Level GEMARS simulations of the
2019 IRM topology indicate that thestimated reliability benef{reduction in LOLE)
from increasinghe transfer capability of the UPNSENY interface by 50 MW is 0.0009
events per year.

1 The FCTR revenues for the transmission project equal the productfofitihang three
inputs:

- The effect on the transfer limit of one or more interfaces (only WHSEXY in
the case of the TOTS projects) from adding the new facility to tieuasl
system, and

- The MRI of the increasing the transfer limit of UNFSENY, and

- The value of reliability in dollars per unit of LOLE. Based on the results of the
GE-MARS runs for the 2019 IRM topology, this value is assumed to be $2.65
million per 0.001 events change in LOEE,

335 See Recommendation 2012 in Sectiorl.

336 Although the MSSC project increased the limit for the Cerierdt interface, GIMARS simulations using

the 2019 IRM topology indicated that the MRI for this interface is zero. Our assumption for increase in
UPNY-SENY transfer capability is based on tb#owing filing.

We estimated the Gross CONE for the TOTS projects using the following inputs:

a) Carrying charge of 9.2 percent based on the WACC developed in the 2016 demand curve reset study, a
40 year project life and 15 years MACRS depreciation schedule.

b) An investment cost of $120 million for the MSSC project (see), inflated to 20193.

c) An additional annual charge of 5 percent of investment costs to account for O&M and other taxes,
based on the share of these costs reported in the
09/30/2017 for the TOT§Brojects.

337 See NYI SO Mar ket Monitoring Unitdés MNeaateand 10, 2020 p

Marginal Pricing of Capacity Implementation Issues and Market Issues
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1 The energy market revenues for the transmission projects are estimated using the value of

T

Figure A-113 Breakdown of Revenues for Generation and Transmission Projects
At Level of Excess
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1. Winter -Summer Ratio Issue that Could Lead to Etreme Market Outcomes

The current seasonal market framework requires NYISO to make assumptions about the

difference in the amounts of ICAP sold in summer and winter. This assumption (the Winter

incremental TCCs that were assigned to the MSSC project. Consistent with the 2019/20
Demand Curve annual update, the TCCs were valued based on the energy priges duri
September 2015 through August 2018.

The gross CONE, energy and capacity market revenues for the Zone G Frame and CC
units are based on the 2019/20 annual Demand Curve update.

Summer Ratip o r )mad¥ & Rrge impact on the value of the demand curve reference point
prices. If the WSR is biased or inaccurate, the referencespalhot be set at levels that
produce revenues equal to the Net CONE when summer surplus is equal to tpegseitbed
level of excess (LOE)In the past, the WSR was primgrdriven by predictable differences in
generator so
Champlain Hudson Power Express (CHPE) project) will likely change the relative availability of

summer and winter capacity the localities. There is a risk that seasonal variation in sales by

seasonal

capability. I n the

UDRs will result in an inaccurate WSR and extreme pricing outcomes under current rules.

Many thermal generators have higher capability in winter than in summer. Hence, since the
ICAP requirements are the same in all months, there is typically more surplus ICAP in winter

than in summer. When the NYISO sets the demand curve reference iptahkess into account
that the auction will clear further down the demand curve in winter than in summer. The WSR

parameter is used to set reference points that will result in the reference unit earning its Net
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CONE when summer capacity is equal to the requirement plus theptastiribed level of
excess, and winter capacity includes the additional surplus available in winter.

The WSR is calculated as the average amount of available ICAP patrticipating in the winter
capacity auction relative to the summer capacity auction over a historicaytaeperiod>2

The calculation of the WSBoes not account for unsold capacity by resources that are available

to participate in the auction. As a resUlRsare assumed to providee same amount of

capacity in all months of the year, based on annual elections that the owners of the UDR make as
part of the IRM process. However, UDR&ynot necessarilysell capacity in all months of the

year. Hence, if UDR sales are lower in winter than in summer, the WSR calculation will assume
a larger amount of winter surplus e&fty than is actually sold.

Figure A-114showsestimatedvinter demand curves for New York City with CHPE in service,
using 2024/ 25 parameters araculdioht*®*sS0O6s seasonal

Figure A-114 Recommended ZPart Capacity Pricing when an LCR Is Based on the TSL
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For the analysis shown Figure A114, we estimated demand curves assuming either a low
level of winter risk in the LCR Study (so that the targeted winter revenue is at the floor of 35
percent olNet CONE) or a high level of winter risk (so that the targeted winter revenue is equal
to 65 percent of Net CONE). The WSR is calculated assuming that €Eld&tE to sell 1,250

338 The procedures for calculating the winters u mmer r ati o are defined by NYI SO«

5.14.1.2.2.3 . Annual calcul ati ons o ICAR Maeet VEbpgendem be f ound
iDemand Curve Reset Annual Updates) .
3% The risk highlighted in this subsection would be pr e

reference point proposal, because the historic process for setting reference points also relies on the WSR.
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MW of capacity as a UDRThe reference point is determined so that the price is equal to the
target level when supply is equal to the LOE @ldditional winter capacity assumed by the
WSR. In this example, CHPE actually sells 0 MW of ICAP in winter. Heheeactual amount
of capacity sold in winter is lower than the amount assumed in the WSR calculation.

Importantly, theextremepricesin Figure A114do not imply that there is elevated winter
reliability risk if CHPE fails to sell capacity in winter. Instead, the inflated winter price is an
artifact of the WSR calculation (which considers seasonal ICAP levels, not risk or available
capacity)ratherthanreliability issues

Hence we recommenthat NYISO update its market processes to mitigate the risk of extreme
pricing outcomes caused by inaccuracies in the WSR (Recommendatich)2(28tential

solutions for the treatment of UDRs could include a requirement for UDR owners to make
separate ssonal elections for summer and winter in the IRM study process, and/or changes to
the calculation of the WSR parameter to account for unsold capatiagdition, the WSR
calculation should account for changes to the resource nalk égiknown entry or retirements)
rather than rely on a backwalabking calculation. Finally, corresponding modifications to the
seasonal reference point formula may be required to ensure appropriate prices if the WSR value
is less than oneWe recommend making these improvements on an expedited basis to address
the neaiterm risk of WSR distortions caused by UDRs. In the long term, our recommendation
to adopt a seasonal capacity market discussed earlier in this section would eliminage fioe ne
the WSR parameter entirely.

J. Analysis of NYI SO6s Deliverability Test Met

SectionvVof this report critiques the deliverabild]i
Year process and other interconnection studies to examine whether new resources are deliverable
under the Deliverability Interconnection Standard (DIS). The DIS wasrasbsig ensure that

new resources will be deliverable throughout their capacity zone. However, the deliverability
framework uses a test methodology that is poorly aligned with the resource adequacy analyses

that are the primary basis for determining raligbneeds and capacity prices in each region. As
participation of renewabl es and storage gr ows
deliverability inaccurately during tight hours when capacity is most valuable. Consequently, the
deliverablity framework may identify and allocate excessively large SDUs to project developers.

We discuss these concerns in this subsection.

Overview of theHighways andByways Test

NYI SO evaluates new resourcesd deliverability
OATT3* The fhighway/ bywayo anal ysi sandisis t he pri meé

340 See OATT Section25.78YCA Deliverability is defined as: #f@AThe
able to deliver the aggregate of NYCA capacity resources to the aggregate of the NYCA load under
summer peak load conditions. This is accomplished, in the Class Year Study, thmeughgethe
deliverability of each Class Year CRIS Project, in
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designed to examine whether all resources within a capacity zone are deliverable throughout that
zone under a deterministic set of conditidHslt uses the following general procedure:

1 The capacity zone is divided into several distinct subzones based on the location of
relevant transmission bottlenecks.

1 A base case power flosimulationis developed in which total generation in the capacity
zone is brought in balance with summer peak f5ad.

1 For each subzone, generation in that subzone is increased while generation outside of the
subzone is decreased, preserving the balance of generation and load. If this causes a
transmission constraint to be violated before all generation in the subzoreachrits
maximum level, resources in that zone are considered to be not deliverable.

The highway/byway test is deterministic and models a specific set of conditions representing
summer peak load. The model includes all existing resources, new resources requesting CRIS in
the Class Year, and proposed resources that obtained CRIS in @lpassrYear. Each resource

is modeled with a maximum output level equal to its CRIS MW multiplied by one minus its

UCAP Derating Factor (UCDF).

The UCDF is intended to reflect the resourcebo
conditions and may differ from its UCAP value used in the capacity market. For dispatchable
resources (including energy storage), the UCDF is equal to the aver@freltif-the capacity

zone. For intermittent resources, it is based on the average output of that rggsudeeing

summer afternoon hourdNYISO has recently proposed changes to the calculation of the UCDF

for intermittent resources as discussed furbetow.

The Deliverability Test is Inconsistent with Resource Adequacy and Reality

The deterministic highway/byway test does not represent a realistic or likely dispatch of the
system. In fact, when a capacity zone has substantial excess capacity, raising the output to the
maximum in one subregion and lowering it in others can prodapatdh conditions that would

never be observed in actual operations. Consequently, this test is likely to identify required
SDUs to mitigate identified constraints that may never bind in actual operations. This problem is
exacerbated by performing thest in relatively large zones with many intrazonal constraints.
Hence, defining more disaggregated capacity zones would greatly mitigate the concern.

In stark contrast to the deliverability test, resource adequacy requirements are assessed using a
probabilistic framework intended to reflect reality and model conditions that are most likely to
lead to capacity and energy shortages. Increasingly, tbadéions may not correspond to the
deterministic conditions modeled in the deliverability study. Hence, the deliverability test may

341 The SDU Study process also includes the interface t
discussed in detail here because it has not led to identification of SDUs in recent Class Year studies.

342 These subzones may correspond to individual NYISO load zones within the same capacity zone, or to local

areas within one load zone.

343 This is done by scaling all capacity in the zone proportionally to its modeled maximum output level, until

total generation is equal to peak load (plus load forecast uncertainty) net of imports from other areas.
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fail to accurately reflect whether resources are deliverable at the times when they are most
needed for resource adequacy. If resources are highly likely to be deliverable during the hours of
greatest reliability need, it is inefficient to prevent theamfrentering and selling capacity or to
compel them to incur large SDUs for constraints that would be unlikely to bind in these hours.

Concernswith the Current Deliverability Testfor Renewables and Storage

Participation in the Class Year has heavily shifted towards renewables and storage in recent
years. Unfortunatell Y1 SOG6s det er mi testtendstooverestmate er abi | ity
transmission impacts of these resources:

1 The deliverability tesbverestimates the output of intermittent resourdeassumes they
always produce at their UCBderated maximum output. The timing of reliability needs
is increasingly likely to coincide with hours when renewable output is low. Since the
deliverability test does not account for this, it will overestimatewable output in hours
when capacity is needed and underestimate transmission headroom in those hours.

1 Deliverability test ignoreshecomplementary nature of storage and intermittent
renewabls. Storagecansupport reliability by operating in hours when renewable output
is low, but the deliverability test assunadbresource®perate simultaneously.

1 Overassignment of SDUs will grow as energy storage penetration risestorage
penetration increases, batteries may be able to support reliabityne caselsy
operating at a lower output level for nadrours. The deliverability test assumes they
operate at theimaximum output level (derated by a UCDF reflecting forced outage risk).

Hence, the deliverability test is likely to overestimate the need for SDUs as renewable and
storage capacity grow. These technol ogi es ma
interconnection queu€erl he preliminary SDU assigned fiwe solar projects in the Thousand

Island region of Zone E in CY21 illustrate this concern:

T Of the projectsd 564 MW of requested CRI S,
implies that 120 MW of UCAP can be simultaneously delivered based on the assumed
summer peak solar capacity factor of 47.6 percent.

1 By contrast, NYISO recently estimated that the marginal capacity value of solar
resources in Zones-R is 16.7 percent in 2023, meanithgt solar resources are expected
to have a capacity factor of 16.7 percent on average in hours when additional capacity
would improve reliability>**

1 Hence, the 252 MW of solar CRIS found to be deliverable would have an expected
output of only 42 MW (252 MW times 16.7 percent) in tight hours, well below the 120
MW that can be simultaneously delivered.

344 NYISO has adopted changes to accredit capacity suppliers based on their marginal contribution to

reliability, which largely reflects their expected availability during tight ho®se Sectiowvlll .D. See
NYlI SO presentation to | CAPWG on Novembhewr 21, 2022 n
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NYISO recently adopted changes to the calculation of the UCDF for future Class Year studies
(the Aupdated B0CDBepr obedmeadppproach, an int
assumed output level will reflect its hourly summer capacity factor weighted by the load

shedding risk in each hour of day in the latest/&&RS IRM case**® This will help align the

modeling of resources that have a consistent output pattern by timeiofdely as solar with

the timing of reliability needs. However, it will continue to inaccurately estimate deliverability
when r esour c enghe same hoyr antdiffaremtrdaye (for example, a resource with a

late afternoon capacity factor of 80 percent on one day and 10 percent the next day). The

following analysis highlights inefficiencies that will remain under the updated UCDF procedure.

Analysis of the Deliverability Test Methodology with Updated UCDF Procedure

Recent Class Year studies have identified large SDUs needed for new wind and storage projects

in Long Island, including over $900 million in the preliminary CY21 SDU Stugigure A115

andFigure A-116below illustrate how the deterministic methodology used in the deliverability

study will overestimate the transmission headroom needed to make wind and storage on Long

Island deliverable during tight hours, compared to the type of probabilistic metleatius

project intermittent resource availability in
UCDF procedured has been developed to address
assumptions and probabilistic approaches used in resourceaageaalyses, but the following

analyses show that significant differences will remain.

Figure A115shows a duration curve of Long Island offshore wind outffuhe curve shows

the wind capacity factor in each hour ending 11 through 18 in June through August, arranged
from highest to lowest?® The black horizontal line shows the assumed wind output calculated
using the updated UCDF procedure. The hourly weights used to calculate the UCDF are derived
from a resource adequacy simulation assuming all Long Island offshore wind projects in the
CY21 and CY19 Class Year studies (3.1 GW of requested CRIS) are in séfvidee red

vertical lines mark the individual critical reliability hours in Long Island in the same

simulation3>®

345 See di s cTuandatioo RactarsS for RM/LCR Studies and Deliverability Testingi n Oct ober 19,
2022 | CAPWG presentation A Qarganddraft CAPAVarual Atthchmemtt | on 0 (
N published with December 14, 2022 Business Issues Committee meeting materials, daiéable

346 For exampl e, i f ougputinkosrelVyl8 and ¥ orasunenreradgys is 30%, 40% and 50%

respectively, and the proportion of load shedding in hours 17, 18 and 19 in the IRM case is 10%, 20% and
70%, then the r e¢$ld (30%>10% + 40% OFO% w5H0% X 70pee54%

347 The offshore wind output profile shown is based on
Resource Outlook study, which are derived from NREL offshore wind profiles.

348 All critical hours in the resource adequacy simulation described here took place in these hours.

349 New Yorkds state climate | aw required 9 GW of offsh

2.2 GW of offshore wind on Long Island to date, with another solicitation underway at the time of writing.

350 Critical hours are in the resource adequacy simulation are defined as hours in which load shedding occurs

or hours in which storage resources were discharged prior to load shedding in the same day. The
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Critical hours inFigure A1150ccur more frequently when offshore wind output is low because
high offshore wind output results in a capacity surplus. As a result, the updated UCDF
procedure significantly overstates offshore wind output during critical hours. Furthermore, over
estimding the transmission utilization by offshore wind will cause other projeeppear
undeliverable even if they would be deliverable during the hours of greatest reliability risk. This
is particularly problematic for energy storage projects, which would be very effective in
generating more during periods of low offshore wind production.

Figure A-115 Long Island Offshore Wind Hourly Output and UCDF in Critical Hours
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Figure A-116estimates the amount of offshore wind and storage capacity in eastern and central
Long Island made deliverable by a given amount of transmission headroom under (1) the
deliverability study approach (using the updated UCDF procedure) and (2) a probabilisti
approach that considers the marginal reliability impact (MRI) of resources upstream of a

potential transmission bottlene&k. These amounts are compared to the requested CRIS of
offshore wind and storage resources in eastern and central Long Island in the last two Class Year
studies®®? We estimate capacity made deliverable by a given increase in headroom as follows:

1 Under the UCDF approach, we calculate the amount of offshore wind and storage
installed capacity that would be made deliverable by a given increase in transmission

simulation assumes a system at the target level of reliability. It includes internal transfer limits between
West, Central and East subzones in Long Island derived from the CY21 Preliminary SDU Study.

351 MRI quantifies the improvement in a reliability metric (such as loss of load expectation or expected

unserved energy) provided by an incremental unit of a given type or location of capacity.

352 The deliverability test divides Long Island into West, Central and ¢tdstones. Most offshore wind and

storage resources in CY21 and CY19 intended to interconnect in Central and East Long Island and faced
constraints from east to west. For the purposes of this test, we added wind and storage in fixed proportions
consistentvith the Class Year resources. We also included 1,356 MW of offshore wind requested CRIS in
West Long Island that participated in CY21 in the resource adequacy simulation described in this section.
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headroom, considering their assumed output under the updated UCDF procedure.
Incremental headroom is assumed to be provided by retirements of existing resources.

1 Under the MRI approach, we used an hourly resource adequacy simulation to determine
the amount of offshore wind and storage in eastern and central Long Island that would
provide comparable marginal reliability benefits to capacity in western Long Island,
assuming a given increase in headroom is made available by retirefifents.

1 The yellow diamonds show the capacity value of the wind and storage in eastern/central
Long Island that is deliverable under each approach. This is the amount of conventional
UCAP in Long Island that can be removed in the resource adequacy simulation afte
adding the deliverable resources, while holding total unserved energy cotitant.

Figure A-116shows that retirements that create transmission headroom make a smaller amount
of wind and storage capacity deliverable under the UCDF method than under a probabilistic MRI
approach. This is because the UCDF method overestimates offshore wind outjpietin c

hours and does not consider the complementarity between offshore wind and energy storage.
The 2.3 GW of offshore wind and energy storage in eastern/central Long Island that participated
in the last two Class Year studies would require 1,200 MW&aotmission headroom under the
UCDF approach, but they are made deliverable by just 600 MW of headroom under the MRI
approach. Adjusting the UCDF values over time under the updated procedure will provide only
a minor improvement in deliverability becausfghe misalignment of the hours used in the

UCDF with the timing of critical hours shown kigure A115.

353 We use the following methodology to calculate deliverable MWs under the MRI approach:

First, the resource adequacy model is brought to a target level of reliability consistent with recent IRM
studies. Transfer limits are modeled between NYISO capacity zones and between three subzones in Long
Island (West, East and Central). Estimateddiemlimits between Long Island subzones were based on the
results of the CY21 Preliminary SDU Study. In the starting case at reliability criteria, capacity is removed
such that available headroom for witliong Island transfers is zero (e.qg., all thsedzones have similar

MRI but additional capacity in Central or Eastern Long Island would cause the MRI of those zones to fall).

Next, 6perfect capacityd representing conventional
Island, corresponding to each level of headroom shmwihe xaxis Offshore wind and storage ICAP is

then added to central/eastern Long Island, and additional perfect capacity is removed or added in Long

Island so that the system returns to the target level of reliability. The largest amount of wind and storage
capadiy that can be added in this way while maintaining an MRI in each Long Island subzone equal to at

least 90 percent of each other subzone is shwthe shaded bars

354 We calculate the amount of conventional UCAP that can be displaced by the wind and storage resources as

the headroom shown (represented in the resource adequacy model by a removal of perfect capacity in east
and central Long Island), plus or minus aduial perfect capacity that must be added or removed in Long
Island so that the system remains at the target level of reliability. This is not equivalent to the marginal
accredited value these resources would receive in the capacity market. It effeefivebents the average
capacity value of the resources added to eastern and central Long Island.
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Figure A-116. Transmission Headroom from Potential Retirements for New Resources
Deliverability Study vs. MRI Approach East/Central Long Island Example
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This analysis also shows that a portfolio of offshore wind and storage resmguees more
substantially more headroom under the UCDF approach (green triangles) than the capacity value
it provides (yellow diamonds). For example, retirement of 1,200 MW of UCAP in eastern and
central Long Island would provide deliverability headraomm2.3 GW of offshore wind and

solar ICAP, but these resources would provide capacity benefit equivalent to approximately just
500 MW of conventional UCAP. This implies that under the deliverability study approach: (1) if
deliverability headroom is praded by construction of SDUSs, the upgrades will be inefficiently
oversized, or (2) if headroom is provided by retirement of existing resources, the new resources
that can replace them will provide far less reliability value. By contrast, a probabilRtic M

based approach more accurately indicates the amount of new resources that can make use of the
headroom afforded by retiremenrits.

355 This analysis shouldot be taken as a suggestion that simply using UCDFs derived from MRI results in the

current deliverability test would yield accurate results. MRI results will not accurately reflect deliverability
constraints unless the relevant transmission bottleneckepesented in the underlying MARS case.
Additionally, MRI results represent an expected improvement in reliability derived from many individual
MARS iterations with different conditions, so they are not appropriate for use in a deterministic model.
Ourrecommendations for improving the deliverability framework can be found at the end of this section.
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VII. NET REVENUE ANALYSIS

Revenues from the energy, ancillary services, and capacity markets provide the signals for
investment in new generation and the retirement of existing generation. The decision to build or
retire a generation unit depends on the expected net revenued thiél uieceive. Net revenue

is defined as the total revenue (including energy, ancillary services, and capacity revenues) that a
generator would earn in the New York markets less its variable production costs.

If there is not sufficient net revenue in the shrart from these markets to justify entry of a new
generator, then one or more of the following conditions exist:

1 New capacity is not needed because sufficient generation is already available;

1 Load conditions are below expectations due to mild weather or reduced demand, leading
to lower energy prices than expected; and

1 Market rules or conduct are causing revenues to be reduced inefficiently.

Alternatively, if prices provide excessive revenues in the shortthis would indicate a

shortage of capacity, unusually high load conditions, or market rules or conduct resulting in

inflated prices. Therefore, the evaluation of the net revenues gratlucf r om t he NYI SO0
markets is one of our principal means for assessing whether the markets are designed to provide
efficient longrun economic signals.

In this section, we estimate the net revenues the markets would have provided to: (a) new and
existing gadired units (subsectioA), (b) existing nuclear plants (subsect®) (c) new utility

scale solar PMand-based wind, and offshore wind unssubsectiorC), and (d) new battery
storage (subsectidd). Net revenues vary substantially by location, so we estimate the net
revenues that each unit would have received at a number of locations across New York.

A. GasFired and Dual Fuel Units Net Revenues

We estimate the net revenues from the market for four types of hypothetidmedamits:
1 Anew frametype HClasssimple ycl e combustion turbine (AN
T An existing Steam Turbine (ASTO) wunit
1 AnexistinglGmi nut e Gas -ITQa )biwmrei t(,A Garn d
1 Anexisting3Gmi nut e Gas -JTuda)biwmrei t(.AGT

We estimate the historical net energy and ancillary services revenues-foedamits in Long

Island, the 345kV portion of New York City, the Hudson Valley Zone, and the West Zone. For
energy and ancillary services revenues for units in the Capitel Zod West Zone, energy

prices are based on average zonal LBMPs. For Long Island, results are shown for the Caithness
CC1 generator bus, which is representative of most areas of Long Island, and for the Barrett 1
generator bus, which is representativéhef Valley Stream load pocket. For New York City,

results are shown for the Ravenswood GT3/4 generator bus, which is representative of most
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areas of the 345kV system in New York Cit§.For the Hudson Valley zone, results are shown
for the average of LBMPs at the Roseton 1 and Bowline 1 generator buses, since these are
representative of areas in the zone that are downstream of the-BENY interface. We also
estimate historical capdgirevenues based on spot capacity prices.

Table A24to Table A26. Assumptions for Net Revenues of Fossil Fuel Units

Our net revenue estimates for gmed units are based on the following assumptions:

1 All units are scheduled based on dgdyead prices, considering commitment costs,
minimum run times, minimum generation levels, and other physical limits.

1 ST units may sell energy, 4finute spinning reserves, and-Bnute reserves; while
CTs may sell energy and -tfinute or 3@Gminute noRspinning reserves.

f CTs (including older gas turbines) are committed in-tiead based on RTC pricés’
CTs settle with the ISO according to réiahe market prices and the deviation from their
day-ahead schedule. To the extent that these combustion turbines are committed
uneconomically by RTC, they may receive DAMAP and/or Reale BPCG payments.
Consstent with the NYISO tariffs, DAMAP payments are calculated hourly, while-Real
Time BPCG payments are calculated over the operating day.

1 Online units are dispatched in rgathe consistent with the hourly retaine LBMP and
settle with the ISO on the deviation from their ¢dyead schedule. However, for the ST
unit, a limitation on its ramp capability is assumed to keep the unit witréntairc
margin of the dayahead schedule. The margin is assumed to be 25 percent of UOL.

1 Generators in New York City, Long Island and Lower Hudson Valley are assumed to
have duafuel capability. During hourly OFOs in New York City and Long Island,
generators are assumed to offer in the-aagad market as follows:

Table A-24: Day-ahead Fuel Assumptions During Hourly OFO#°®

Technology Gas-fired Dual Fuel
Gas Turbine No offer Oil
Steam Turbine Min Gen only Oil/ Gas**

T Regional Greenhouse Gas | nitincladed ve (ARGGI 0

1 The minimum generation level is 90 MW for the ST unit. At this level, its heat rate is
13,000 btu/kWh. The heat rate and capacity for a unit on a given day are assumed to vary

356 Prices at locations on the 345 kV network in New York city often differ from those on the Voltage

138 kV network, which typically experiences more localized congestion.

357 We assume Frameunit is committed for an hour if the average LBMP in RTC atddeis greater than

the applicable statip and incremental energy cost of the unittar full RTC lookahead period of 2.5
hours, and an aeroderivative unit@nmitted for an hour if the average LBMP in RTC at its location is
greater than the applicable stapt and incremental energy cost of the unitdoe hour.

358 **Dual-fuel STs are assumed to offer Min Gen on the least expensive fuel and to offer incremental energy

on residual oil in the DAM.
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linearly between the summer values on August 1 and the winter values on February 1.
The summer and winter values and operating and cost assumptions are listed below.

1 Fuel costs include a 6.9 percent natural gas excise tax for New York City units, a one
percent gas excise tax for Lotgjand unitsand transportation and other charges on top
of the dayahead index price as shown in the table below. Intraday gas purchases are
assumed to be at a premium due to gas market illiquidity and balancing charges, while
intraday gas sales are assumed to laedicount for these reasons. The analysis
assumes a premium/discount as shown in the table.

Table A-25: Gas and Oil Price Indices and Other Charges by Regidr®
Transportation & Other Charges ($/MMBTU) Intraday Premium/

Region Gas Price Index

Natural Gas Diesel/ ULSD Residual Oil Discount
April - November:
West Tennessee Zn 4 - 200 Leg $0.27 $2.00 $1.50 10%
December - March:
Niagara
Capital Iroquois Zn 2 $0.27 $2.00 $1.50 10%
Hudson Valley  Iroquois Zn2 $0.27 $1.50 $1.00 10%
New York City ~ Transco Zn6 $0.20 $1.50 $1.00 20%
Long Island Iroquois Zn 2 $0.25 $1.50 $1.00 30%

1 Existing GTs in NYC are modeled as matrticipating in the energy or capacity markets
in the May through September o0ozone season,
plans with NYSDEC Peaker Rule regulatioffs.

Table A-26: Gas-fired Unit Parameters for Net Revenue Estimate¥?

Characteristics ST GT-10 GT-30 NewCT
Summer Capacity (MW) 360 32 16 358
Winter Capacity (MW) 360 40 20 370
Heat Rate (Btu/kWh) 10000 15000 17000 9300
Min Run Time (hrs) 24 1 1 1
Variable O&M (2024$/MWh) [ $10.7 $5.4 $6.6 $1.5
Startup Cost (20243%) $7,185 $1,436 $621 $28,228
Startup Cost (MMBTU) 3500 50 60 490
EFORd 5.14% 10.46% 19.73% 4.30%

359 The analysis assumes that the units in New York City region would switch from Transco Zn6 to Iroquois

Zn2 when the Transco Zn6 pipeline is congested.

360 The Peaker Rule regulations first took effect in May 2023. The majority of affected capacity in New York

City has indicated plans to either retire or cease operations during the ozone season. Although the Peaker
Rule did not restrict revenues of Heeunits in 2022, we show only noaone season revenues to reflect
revenues under the future operating status of these facilities.

361 The parameterfor the new CTare based on threcent NYISOCAP Demand Curve resstudy. See
Independent Consultant Study to Establish New York ICAP Demand Curve Parameters for the 2025/2026
through 2028/2029 Capability Yeaird-inal Report
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1 In 202, New York State generators were in CSAPR Group 3, aaodjrade program
requiring generators to obtain allowances for their NOx emissions during the Ozone
Season. However, this allowance cost was partly offset by the provision that allowance
allocationsn future years will be partly based on 2024 emissions. To estimate the
resulting net cost of NOx emissions in 2024 derive the opportunity cost that would be
implied if aST emits a quantity equal to the average allowance allocatigararators in
the same zonef-or Hudson Valley ST unitghe high NOx case corresponds to a unit
with a higher level of historical allowances under the CSAPR program, while the low
case corresponds to a unit with a lower level.

1 All peaking units incur a $2.00/MWh cost when committed to provide operating reserves.
This assumption is reflective of historical reserve market offers and is intended to
represent costs incurred to make a generator available, secure fuel, and/or aterfpens
performance risks when providing reserves.

Figure A117to Figure A119 Net Revenues Estimates for Fossil Fuel Units

The followingthreefigures summarize our net revenue and run hour estimatdadéiuel units

in various locations across New York. They also indicate the levelized CONE estimated in the
Demand Curve Reset for comparison. Net revenues and CONE values are showrypar kW

of Summer Installed CapabilityNet revenues from the sale of energy in the alagad market

are shown separately for hours when the unit would operate on gas and hours when it would
operate on fuel oil. Likewise, the additional netenues that would be earned from the sale of
day-ahead operating reserves and from participating in the balancing market aepalsdely

for hours when the unit would operate on gas and hours when it would operate on fuel oil.

Figure A-117- Net Revenue & Cost for Fossil Units in West Zone and Hudson Valley

2022-2024
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Figure A-118 Net Revenue & Cost for Fossil Units in New York City
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Figure A-119 Net Revenue & Cost for Fossil Units in Long Island
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B. Nuclear Unit Net Revenues

We estimate the net revenues the markets provide to the nuclear plants in the Genesee and
Central Zones. The estimates are based on LBMPs at the Ginna bus (for Genesee), and the
Fitzpatrick and Nine Mile Unit 1 buses (for Central Zone).

Figure A120 Net Revenues for Nuclear Plants

Figure A120shows the net revenues and the&¥®rage operating costs for the nuclear units

from 202 to 2024. Estimated net revenues assutimatnuclear plants are scheduled e&yead

and only sell energy and capacitfuclear unitaare assumed t®@arn energy revenues

throughout the year except during periods of forced outages and outages related to refueling. We
assumed an EFORd of two percent and a capacity factor of 67 percent during March and April to
account for reduced output during refuelig

Figure A-120 Net Revenue of Existing Nuclear Units
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The costs of generation (including O&M, fuel, and capex) for nuclear plants are highty plant
specific and vary significantly based on several factors that include numinsitsoét the plant,
technology, age, and location. Our assumptions for operating costs forwirtgdad larger
nuclear plants are based on observed average costs of nuclear plants in the U2Zrom 20

362 The refueling cycle for nuclear plants is typically28 months. We assume a reduced capacity factor in

March and April every year to enable a year over year comparison of net revenues.
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through 203.2%3 The nuclear units located in upstate zones are eligible for additional revenue in
the form of Zer o EM ThesZEG priceQuasssali3s8/MWh(fai thep&rind ) .
April 2021 to March 2022&nd $18.27/MWh for the period April 2023 to March 2025

C. Renewable Units Net Revenues

We estimate the net revenues the markets would have provided tesaidie/solar PV in the
Central and Capital zones, labdsed wind in the Central and North zones, and offshore wind
plants interconnecting in Long Island and New York City. For eathese technologies, we
estimated the revenues from the NYISO markets and the state and federal incentive programs.

Table A27 andFigure A121 Costs, Performance Parameters, and Net Revenues of
Renewable Units

Table A27 shows cost estimates for solar PV, ldrased wind and offshore wind units we used

for a unit that commence operationsin202 Cost s are based on NYI SO¢
Technology Costs study and NRE%0Thetablea@soal Tech
shows the capacity factor and capacity value assumptions we used for calculating net revenues

for these renewable units.

Assuming the operating and cost parameters showabte A27, Figure A121shows the net
revenues and the estimated CONE for each of the units during ye2r2@®32 The CONE and
net revenues of a unit in a given year correspond to those of a representative unit that
commences operation in the same year.

Our methodology for estimating net revenues and the CONE for dil#the solar PV and land
based wind units ass@snet E&AS revenues are calculated using real time energy prices.
Energy production is estimated using technology and locapeuwific hourly capacity factors.
The capacity factors are based on locaspacific resource availability and technology
performance dat2f®

363 The average cost of operation of nuclear plants in the US are based on NEI/ EUCG reports and

presentationsSeehere

364 SeeSt at e of Ne @rdeYyadopking ®e@nderergiistandatd | ssued omtpagegust 1,
130.The price of ZECs is determined by 1) starting wi
of carbon; 2) subtractinfixed baselingortion of this cost already captured in current wholesale power
prices through théorecastRGGI prices embedded in the CARIS phase 1 re@ord 3) converting the
value from $/ton to $/ MWh, wusing a measur €esef the N
prices are subject to reduction by any increase in the Zdoenard capacity and energy pricaisove a
threshold o39/MWh. ZEC prices are fixed in advance for two year tranches and published by the
NYDPS in Case 1¥-0302.

365 We used costs and capacity factors from NRELGO6s ATB
Capital costs also include an estimated interconnection cost based on average by technology in recent Class
Year studies. Property tax paymefusland-basedvind and solar P\project areestimatecas0.5% of
capital cost

366 Assumed yearly capacity factors for solar PV, Hwaded wind, and offshore wind units are sourced from

the 2023 NREL ATB and operational data from NYISO resources.
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Table A-27: Cost and Performance Parameters of Renewable Units

Parameter Utility-Scale Solar PV Onshore Wind Offshore Wind
'(;‘(’)ezsig}miftb(jgg) Upstate NY$1,688 Upstate NY$2,017 | NYC/Long Island: $6,493
Fixed O&M
(2024$KkW-yr) $25 $37 $99
Federal Incentives ITC PTC ITC
Project Life 30 years 20 years 25 years
Debt Term 20 years
Depreciation Schedule 5-years MACRS
Average Annual Capacity 20.0% 35.0% 45.0%
Factor
Unforced Capacity Summer: 16% Summer: 13% Summer: 32%
Percentage Winter: 14% Winter: 12% Winter: 32%
Onshore Wind and Solar PV:
2024 - $33.98
Renewable Energy Credits 2023 -$29.36
(Nominal $/MWHh) 2022 -$20.67
Offshore Wind: Calculated using Offshore Wind Solicitation Index REC strike price
$150/MWh ($2026)

The capacity revenues for solar PV, larased wind, and offshore wind units are calculated
using prices from the spot capacity mark€apacity valuesre based on tHatest Capacity
Accreditation Factors (CAFs) beginning in 2694

We estimated the value of Renewabl-swaesoar gy Cr
PV and lanebased wind units using annual Tier 1 REC sale prices published by NYSERDA.

Of fshore REC ( i @fimakd jisingtheiaerge Index REC strike price of

recently announced Offshore Wind procurement with expected commercial operation date in

2026, converted to dollars of the year shofin

Solar PV, offshore wind, and lasishsed wind plants are eligible for the Investment Tax Credit
(Al TC0) or the Production Tax Credit (APTCO),
renewable generation. The ITC reduces the federal income tax of th@rs\umsa portion of a
unités eligible investment costs depending o
the projectds commer ci-ldNhtaw gedirfa the etectricity prddnbced P T C

=]

367 Capacity values before 2024 are defined in NYI SO6s
year, capacity values in all months are determined by the new Capacity Accreditation prodess(see

368 For more information on the recent RES Tier 1 REC procurementieseeThe average Tier 1 REC sale

price for LSEs to satisfy Renewable Energy Standard (RES) requirements by purchasing RECs from
NYSERDA for the 2024 Compliance Year was $33.98/MWh.

369 See NYSERDA press release for 2023 Offshore Wind Solicitation, avallalde
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by a wind facility over a period of 10 ye&¥8. We incorporate the value of these federal
incentives as an additional revenue stream for solar PV and windnits.

Figure A-121 Net Revenues of Solar, Lanébased Wind and Offshore Wind Units

2022-2024
—= Capacity Spot Auction mmm E&AS Net Revenue @ Renewable Energy Credits
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Renewable generators are assumed to incur a lower cost of capital due to the availability of
revenues from sale of renewable energy credits, which carry a lower risk relative to NYISO
market revenues. Accordingly, we assumed a weighted average costaifrefipcting a mix
of merchant and regulated risk based on publicly available information about the cost of

870 For solar PV, the ITC was 30 percent for projects that began construction in 2019 or earlier, with a safe
harbor period up to four years. Consequently, for the timeframe of our analysis, we assumed 30 percent
ITC for solar PV projects.
For offshore wind, the ITC is 3@ercent of the eligible investment costs for projects that commence
construction before 2026. The safe harbor period for the projects is up to ten years. Consequently, we
assumed 30 percent ITC for offshore wind projects.
For land based wind, under the Inflation Reduction Act, projects that entered service in 2022 are eligible
for the full PTC at 100 percent of the new rate of 2.6 cents per kWh. The PTC is available only for the first
10 years of the project life. The val of PTC shown is levelized on a-#8ar basis using the afteax
WACC.

371

level incentivesé€.g, property tax exemptions) in New York. However, our analysis does not consider any
other renewablespecific revenue streams or cost offsets beyondetenues from sale of Renewable
Energy Creditand the PTC or the .
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financing for renewable project® Our estimated CONE for renewable generators assumes a 2
percent annual escalation of revenues after Year 1.

D. Energy Storage Revenues

We estimate the revenues the markets would have provided to energy storage resources in the
NYC and Long Island zoned=or each of these zones, we estimate the revenues from the
NYISO markets and from state and federal incentive programs.

Figure A122 Costs, Performance Parameters, and Net Revenues of Energy Storage Units

The assumed operating characteristics are as follows:

1 We studied a grigcale battery storage unit with a power rating of one MW and four
hoursor two hours of storage capacity. We assume a roundtrip efficiency of 85 percent.

1 We model storage revenues assuming that the battery offers a portion of its capacity as
10-minute spin reserves in the daliead market, then sathedules to charge or
discharge in the real time market to take advantage of energy arbitrage andeeal
reserve opportunitie$Ve assume that the battery operator lacks perfect foresight-of real
time market prices. Instead, we develop threshold prices at which to charge or discharge
using an algorithm that considers the -@énead forecast, RTC forecast, dradkward
looking prices from the week prior to each operating dagure A122assumes that 100
percent of the batt e-ahegall seseovespaichiwasythe highesb f f er
revenue strategy in the period 262@24.

1 Capacity credit for a fodinour storage resourcehased on the final capacity
accreditation factors (CAFs) for the 2024/25 capability year for 2024 and previous
default values (90 percent for febour, 45 percent for twhour) in prior years. The
CAF for a fourhour battery is 68.8 percent in New YorkyCand 78.9 percent in Long
Island. The CAF for a twhour battery is 55.9 percent in New York City and 52.8
percent in Long Island.

T Cost assumptions are based on NYI SO6s 20214
NREL ATB. Assumed capital costs for a feuwur battery in 2024 are $3,380 per kW in
NYC, $2,168 per kW in Long Island, and $2,036 per kW upstate. Assumed capital costs
for a two-hour battery in 2024 are $2,094 per kW in NYC, $1,343 per kW in Long Island,
and $1,261 per kW upstate. We assume a 20 year project life and merchant cost of
capital with afteitax WACC of 9.6 percent in 20243

3r2 See Norton Rose Fulbright Cost of Capital: 2025 Outlook, availeske We estimated cost of capital in

each year assuming a g cost of debt equal to the Secured Overnight Financing Rate (SOFR) plus

indicated lender spreads, a debt to equity ratio targeting a debt service coverage ratio (DSCR) that reflects a
combinaton of merchant and contractual revenues, and a
Demand Curve Reset. For 2024, we calculate an ATWACC of 8.6 percent for wind, 8.5 percent for solar,

and 9.6 percent for merchant storage.

373 See description of our methodology for estimating cost of capital in Se&ztion
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1 Bulk storage resources are assumed to be eligible for the NYSERDA Bulk Storage
Incentive program, at a rate of $75 per kWh of installed storage capdcitye levelize
this benefit over the course of the projec

i1 Standalone battery storage entering service through 2022 was not eligible for the federal
Investment Tax Credit, but storage projects entering service beginning January 1, 2023
will quality for a 30 percent ITC. We show the impact that the ITC would hagteon
storage economics Figure A122

Figure A-122shows the net revenues and dstimated CONE for each of the units during years
2022-2024. The CONE and net revenues afrat in a given year correspond to those of a
representative unit that commences operation in the samé&ear.

Figure A-122 Net Revenues and CONE of Energy Storage Unit$

202-2024
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NYC Long Island
374 Seehere Bulk projects in Con Edison service territory are eligible to compete for contracted payments

from the utility instead of this bulk incentive; for this analysis we assume the incentives to resources in
Zone J under this approach are comparable to thesharage incentive available elsewhere.

375 In addition to revenues from capacity, E&AS, and Bulk Incentive, we show theoretical revenues from the
ITC, which is available starting in 282

376 Capacity revenues are shown for each calendar year.
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VIII. DEMAND RESPONSEPROGRAMS

Demand response contributes to reliable system operationgglongesource adequacy, lower
production costs, decreased price volatility, and reduced supplier market power. Even modest
reductions in consumption by end users during4pigte periods casignificantly reduce the

costs of committing and dispatching generation to satisfy the needs of the system. These benefits
underscore the value of designing wholesale markets that provide transparent economic signals
and market processes that facilitdesmand response.

NYISO currently operates five demand response programs that allow retail loads to participate in
the wholesale market. Three of the five programs allow NYISO to curtail loads-tmmedbr
reliability reasons:

T Emergency Demand Res pidlheseaesdrceas gre [zaichthd higheD R P 0 )

of $500/MWh or the rediime clearing price.There are no consequences for enrolled
EDRP resources that fail to curt3l.

Il nstall ed Capacity/ Speci al iClheseresBuecssater ce (
paid the higher of their strike price (which can be up to $500/MWh) or théimeal

clearing price. These resources sell capacity in the capacity nmagkethange for the

obligation to respond wheaeployed®’®

Targeted Demand Re s piolrhispeogrdhr cargils BDRP anitl SARR P 0 )
resources when called tiyelocal Transmission Owner for reliability reasatghe sub

load pocketevel, currently onlyin New York City. EDRP resources are paid the higher

of $500/MWh or the redime clearing price. SCRs are paid the higher of their strike

price or the reatime clearing price Response fromhese resources voluntary

The other two are economic demand response progranaltdvaidemand response resources to
participate in the daghead energy market or in the ancillary services markets:

1T DayAhead Demand Res pon sidhishrogranrabomws criaibdeD RP 0 )

loads to offer into the daghead markets(bject toa floor pricg like any supply
resource®’® If the offer clears in the daghead market, the resource is paid the day
ahead clearing price and must curtail its load intiea accordinglyFailure to curtail
may result in penalties being assessed in accordance with applicable rules.

Demand Side Ancil |l ary GHFisprogame allow®entagdr am ( i D
Side Resources to offaheir load curtailment capability to providegulation and
operating reservaa bothday-ahead and redgime markets.DSASP resources that are

377

378

379

Resources participate in EDRP through Curtail ment S
interface between the NYISO and resources.

SCRs participate through Responsible Interface Part
called uporby NYISOto do so with twar morehours in-daynotice, provided that the resource is
informed on the previous day of the possibility of such a call.

The floor price was $75/MWh prior to November 208nce then it has been updated on a monthly basis
to reflect the Monthly Net Benefits Floor per Order 745 compliance.

2024 STATE OF THE MARKET REPORT |A-185



Appendix i Demand Response

dispatched for energy in retine are not paid for that energy. Instead, DSASP resources
receive DAMAP to make up for any balancing differences.

Despite these programs, significant barriers to participation in the wholesale market by loads
remain. The most significant barrier is that most retail loads have no incentive to respond to
reattime prices even when they exceed their marginal valuensfuroption. Hence, it is

important to develop programs to provide efficient incentives to demand response resources and
facilitate their participation in the redime market.

NYISO has been working on a series of market design projects that are intended to facilitate
more active participation by consumers. These projects include:

T Meter Servi ce Enft The MSE(ruiebMEeRtinjo effead in May EORO,
which authorize third party metering that provides greater flexibility to consumers and
retail load serving entities for demand side participation.

T Dual Par t i cliTheDP ruleswert ifit®éfféc) in May 2020, which allow
resources that provide wholesale market services to also provide retail market services.

1 DER and Aggregation Participation ModeThe NYISO implemented its DER and
Aggregation participation model on April 16, 2024, allowing individual large consumers
and aggregations of small consumers to participate more directly in the market. This
model eables resources to better reflect duration limitations in their offers, payments,
and obligations.As part of this transition, NYISO is phasing out DADRP and DSASP
programs. Current DSASP and DADRP resources are required to either transition to the
DER and Aggregation Participation model or withdraw from the market before the target
sunset date of October 31, 2025.

This section evaluates the performance of the existing programs in 2024 in the following
subsections: (a) reliabilitfemand response progran(is) economiademand response programs
and (c) the ability for demand response to sieepduring shortage conditiondNo resources
actively participated in the DER and Aggregation Participation Model in 2024. Future reports
will examine its performance as participation increases.

A. Reliability Demand Response Programs

The EDRP, SCR, and TDRP programs enable NYISO to deploy reliability demand response
resources when the NYISO and/or a TO forecast a reliability issue.

Figure A123 Registration in NYISO Demand Response Reliability Programs

Figure A-123summarizes registration in two of the reliability prograahthe end of each
summerfrom 2001t 024 as reported in the NYIT®®ds annu
stacked bar chart plots enrolled ICAP MW by year for each program. The lines plot the number
of enduse locations by year for each prograince EDRP resourcesid SCRsn New York

City participate in the TDRP program on a volupthasis, TDRP resources aret shown

separately.
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Over the past decade, SCRs have accounted for nearly all of the total enrolled MWs in the
reliability-based programs because capacity masketnus account for most of the revenues
available to emergency demand response resouftesExpanding Capacity Eligibility market

rules became effective in May 2021 and began to discount the capacity payments to SCRs by the
same amount asHour duration limited resources. In May 2021, the Duration Adjustment

Factor was 90 perceffl® After the Capacity Accreditation rules went into effect, the Capacity
Accreditation Factor of-4hour duration limited resources and SCRs ranged betioeghly 64

and79 percent (depending on the Capacity Region) in the 2024/25 Capability Year and between
79and87 percent in the 2025/26 Capability Year.

Figure A-123 Registration in NYISO Demand Response Reliability Programg?!
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B. Economic Demand Response Programs

The NYISO offers two economic demand respagmegrams:? First, theDADRP program
allows retail customers to offer load curtailment in the-alagad market in a manner similar to

380 See Section 4.1.1 of ICAP Manual for more details

381 This figure is excerpted frolYI1SO2024Annual Report on Demand Response Progrdrabruary 28,
2024, available atvww.nyiso.com/demandesponseinderii D R O BlYISO SermAnnual Demand
Response Repor2025 0

382

I n addition, there is a Mandatory Hourly Pricing
which is currently regulated under the New York Public Service Commission. This pregcaurags
loadsto respond to wholesale market pricefich intends to shift customer load to less expensivpeadk
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generation supply offersurrentlysubject tahe Monthly Net Benefit Offer Floot® Like a
generation resource, DADRP participants may specify minimum and maximum run times and
hoursof availability. Load reductions scheduled in teyrahead marketbligate the resource

to curtail the next day. Failure to curtail results in the imposition of a penalty for each such hour
equal to the product of the MW curtailment shortfall and the greater of the correspdaging
aheadand thereaktime price of energyDADRP enrollment has been static and no enrolled
resources have submitted demand reduction offers since December 2010.

Second,lte DSASP prograrallowsdemand response resources to provide ancillary services.
This programhasincreasd the supply ofoperatingreserveswhich enhanescompetition,
redu@scosts, and imprasreliability. Under this program, resources must qualify to provide
operatingreserves or regulation under the same requirements as genenatbtisey are paid the
same market clearing prices as generators for the ancillary service products they prouiue
extent thaDSASPresources increase decrease consumption when deployed for regulation or
reservesn the realtime, they settle the energy consumption with their load serving entity rather
thanwith the NYISO. But theyare eligible for a DayAhead Margin Assurance Payment
(ADAMAPO) to make up for any bahdadoperating esecvasbrf er e n
regulation service schedule and réale dispatch, subject to their performance for the scheduled
servie. Currently, twelve DSASP resources actively participate in the market as providers of
operating reserves. These resources collectively can provide up to 433 MW of operating
reserves.

However, NYISO is phasing out the DADRP and DSASP programs with a target sunset date of
October 31, 2025. Current DSASP and DADRP resources will have to either transition to the
DER and Aggregation Participation Model or exit the market.

C. Demand Response and Scarcity Pricing

In an efficient market, clearing prices should reflect the cost of deploying resources to satisfy
demand and maintain reliability, particularly undearcityconditions. Ordinarily, to be

involved with setting prices in the refine market, resources must be dispatchable by the real

time market model on a fivaminute basis. EDRP and SCR resourcest be called in advance

based on projections of operating conditidhgy are not dispatchable by the réale model.

Hence, there is no guarantee ttingise resources i | | -nbeer ifition r el a&me ve t o t h
clearing price, and their deploymeranlower prices. Prices can bery lowafter EDRP and

SCR resources are curtailed, if adequate resources are available to the systetimia.real

NYISO currentlyhas two market rules that improve the efficiency of-teaé prices when

demand response resourcesaaployed.

periods and reduce electric system peak dembimdler the MHPprogram retail customers as small as
200 kW (depending on their load serving entity) pay for electric supply based on thbety market
LBMP in their load zone in each hour.

383 Prior to November 2018, DADRP Resource offers were subject to a static floor price of $75/MWh. The

Monthly Net Benefit Offer Floor prices are available at: www.nyiso.com/demesubnse
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First, to minimize the price f f ec t -of-mefr i i @utde mand r e s phastlee
TDRP currently available in New York City. This progranableghelocal Transmission

Ownerin New York Cityto call EDRP and SCResource$n blocks smaller than an entire zone.

This prevents thivcal TransmissiorOwnerfrom calling all the EDRPand SCResourcesn
New York Cityto address local issuasd avoids deployingubstantial quantities of demand
response that provide no reliability benéiitt unrecessarilydepress reaime prices and

increase uplift.

SecondNYISO has speciacarcitypricing rules for periods when demand response resources

are deployed Generally, whera shortage 0B0-minutereservess prevented by théeployment

of demand response certain regions (e.g., stateéde, Eastern New York, or Southeastern New

York), realtime energypriceswill be set to $50MWh or higherwithin the region. This rule
helps reflect the cost of maintaining adequate reserve lievedattime clearing priceand

improves the efficiency of reatime prices duringscarcityconditions. Prior to June 22, 2016, the

reattime LBMPs during EDRP/SCR activations were set iexapostfashion, which tended to
cause inconsistencies between resource schedules and pricing outcomes and result in potential
uplift costs. NYISO implemented a Comprehensive Scarcity Pricing on June 22, 2016 to address

this issue. Under this enhanced rule,3Baninute reserve requirement in the applicable region

is increased to reflect the expected EDRP/SCR deployment in the pagingdetting the
LBMPs in the applicable region at a proper level iregantefashion.

Table A28 - Figure A124 Reliability Demand Response Deployments by NYISO

resao

Table A28 summarizes the reliability demand response events in 2024. The table lists for each
event the program type (i.e., TDRP or SCR/EDRP), the start and end times, required zones, and
obligated ICAP MWs. The table also indicates whether the scarcity pridegvas triggered
during the event and affected LBMPs in how many intervals.

Table A-28: Summary of Reliability Demand Response Activations
2024

DR Program

SCR/EDRP
SCR/EDRP
SCR/EDRP
SCR/EDRP

Event Date

6/20/2024
7/15/2024
7/16/2024
8/1/2024

Start
Time
15:00
15:00
15:00
15:00

End Event Obligated

Time
19:00
20:00

20:00
22:00

# of RT Market
Intervals w/ Scarcity

2512 G LY Pricing Triggered

K 28 0
A-K 1429 12
A-K 1429 11
A-K 1434 20

Figure A124summarizes market outcomes during three reliability demand response activations
on July 15, 16, and August 1. The figure reports key market quantities attimeite interval
level for NYCA during the afternoon peak hours (HBi12B 22), including:

1 Available capacity This includes three categories of unloaded capacity from online
units and the capacity of offline peaking units up to their Upper Operating Limits:
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o 30-minute reserves that are scheduled by the market model;
o 30-minute reserves that are available but are not scheduled by the market model; and

o Additional capacity that is only available beyond an3@ute ramping window.

1 Constraint shadow prices on the NYCA-Bhute reserve requirement.

1 The NYCA 30@minute reserves requirement, adjusted for SCR/EDRP calls when
applicable, which is 2620 MW plus estimated SCR/EDRP deployment. The figure
represents this with a black solid line. Additionally, a dashed black line shows the sum of
the amount otleployed DR by local utilities and the SCR/EDR#usted NYCA 30
minute reserves requirement.

Figure A-124 Demand Response Deployments by NYISO and Market Outcomes
2024
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Therefore, the difference between the solid black line and the scheduheid&@ reserves

indicates the size of the shortage in the market model; while the difference between the dashed
black line and the scheduled-B8inute reserves indicates the sif¢he shortage that would

have occurred without utility DR deployments.
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